
Agenda 
Planning Committee 
December 12, 2017 | 1:00 – 5:00 p.m. Eastern 
December 13, 2017 | 8:00 a.m. – noon Eastern 

The Whitley Hotel  
3434 Peachtree Road 
Atlanta, GA 30326 

Welcome and Introductions 

NERC Antitrust Compliance Guidelines and Public Announcement 

Agenda  

1. Remarks and Reports

a. NERC Remarks – Mark Lauby

b. Chair Report – Brian Evans-Mongeon

i. November Board of Trustees Meeting Update

ii. CIPC/PC Joint Efforts

iii. Supply Chain Effort

iv. Standards Efficiency Review – need for team leader

v. 2018 Work Plans

vi. Committee leadership updates

vii. Planning Committee website changes

c. Remarks by John Moura, Director, Reliability Assessments and System Analysis

i. Potential Special Assessment topics

2. Consent Agenda – Approve

a. September 12-13, 2017 Meeting Minutes

3. Subcommittee Leadership Reports and PC Work Plan Updates*

a. Performance Analysis Subcommittee (PAS) – Paul Kure

i. Generator Availability Data System Working Group (GADSWG)

ii. Transmission Availability Data System Working Group (TADSWG)

iii. Demand Response Data System Working Group (DADSWG)
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b. Reliability Assessment Subcommittee (RAS) – Phil Fedora 

i. Probabilistic Assessment Working Group (PAWG) 

c. System Protection & Control Subcommittee (SPCS) – Mark Gutzmann 

d. Synchronized Measurements Subcommittee (SMS) – Ryan Quint (for Jim Kleitsch) 

e. System Analysis and Modeling Subcommittee (SAMS) – Michael Lombardi 

i. Load Modeling Task Force (LMTF) 

ii. Power Plant Modeling and Verification Task Force (PPMVTF) 

f. Methods for Establishing IROLS Task Force (MEITF) – Ryan Quint 

g. Inverter Resource Performance Task Force (IRPTF) – Jeff Billo 

h. Essential Reliability Services Working Group (ERSWG) – Brian Evans-Mongeon 

i. Geomagnetic Disturbance Task Force (GMDTF) – Mark Olson  

4. Reliability Guidelines* 

a. Integrating Inverter-based Resources into Low Short Circuit Strength Power Systems – Approve 
– Michael Lombardi 

b. Power Plant Model and Verification Testing Guideline – Authorize Posting – Ryan Quint 

c. Methods for Establishing IROLs – Authorize Posting – Wayne Guttormson 

5. Implementation Guidance* 

a. PRC-023-4 – Endorse – Mark Gutzmann 

b. PRC-024-2 – Endorse – Mark Gutzmann 

6. Items for Approval, Endorsement, or Acceptance* 

a. MEITF Proposed NERC Glossary Definitions and IROL Framework – Endorse – Hari Singh 

b. Essential Reliability Services Working Group (ERSWG) Technical and Policy Briefs – Approve – 
Mark Ahlstrom 

i. Brief for Regulators and Policymakers on ERS Measure 6 Ramping/Balancing using a 
Historical Perspective 

ii. Technical Brief on ERS Measures 1, 2, and 4 Frequency Response using a Historical 
Perspective 

iii. Brief for Regulators and Policymakers on ERS Measures 1, 2, and 4 Frequency Response 
using a Historical Perspective 

c. NERC Rules of Procedure Section 1600 Data Request for Geomagnetic Disturbance Data – 
Authorize Posting – Ganesh Velummylum 
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7. Discussion Topics– Information*  

a. Overview of Distributed Energy Resource (DER) Impacts to UFLS/UVLS programs – Regional 
Representatives 

b. PC/OC Survey on State of Reliability Report Process – Paul Kure 

c. 2017 Long-Term Reliability Assessment (LTRA) Process Feedback– Elliott Nethercutt 

d. Scope Overview: Special Reliability Assessment on Accelerated Generation Retirements 
Impacts – Mark Olson 

e. Member Roundtable 

8. Closing Remarks – Brian Evans-Mongeon 

9. Adjournment 
*Background materials included, if appropriate. 
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PC Executive Committee Meeting Schedule 
NERC Calendar 
NERC 2017 PC Meeting Dates 
 

Meeting / Conference Call Date / Time Objectives / Goals 
PC Executive Committee Planning Session 
Conference Call Mid-February, 2017 Planning Session for March Meeting Agenda 

PC Executive Committee Meeting 
Atlanta, GA Tentative 

March 7, 2017 
8:00-10:00am (ET) 

 

OC/PC Joint Session 
San Diego, CA 

March 7 2017 
10:00am-12:00pm (ET) 

MEITF Update 
OC/PC Reliability Guidelines 
Inverter Disconnects Task Force 
Special Assessment on Single Points of Disruption (SPOD):  Gas-Electric 
Interdependency 

PC Meeting 
Atlanta, GA **Tentative** 

March 7, 2017 
1:00-5:00pm (ET) 
March 8, 2017 
8:00am-12:00pm (ET) 

2016 Probabilistic Assessment | Approval 
Reliability Guideline: Load Composition | Present for Approval Vote 
2017 State of Reliability Report | Approval 
 

PC Executive Committee Planning Session 
Conference Call 

Early-May 2017 
TBD 

Planning Session for June Meeting Agenda 

PC Executive Committee Meeting 
San Diego, CA 

June 6, 2017 
8:00-10:00am 

 

OC/PC/CIPC Joint Session 
San Diego, CA 

June 6, 2017 
10:00am-12:00pm 

BPS Reliability Perspectives 
Inverter Disconnects Task Force, Level 2 Alert, and Report Status 
Solar Eclipse White Paper 
2017 State of Reliability 
Methods for Establishing IROLs Task Force (MEITF) 

PC Meeting 
San Diego, CA 

June 6, 2017 
1:00-5:00pm 
June 7, 2017 
8:00am-12:00pm 

State of Reliability 2017 | Approval 
Draft RG:  DER Modeling | Approval to Post 
PCPMTF Technical Reference Document | Approval 
Draft RG:  Integrating VER into Weak Grids | Approval to Post 
Solar Resource Performance Task Force | Scope Approval 
SPCS | Updated Scope Approval 

PC Executive Committee Planning Session 
Conference Call 

August 11, 2017 
August 31, 2017 

Planning Session for September Meeting Agenda 

PC Executive Committee Meeting 
Québec City, Québec 

September 12, 2017 
8:00-10:00am 

 

PC Meeting 
Québec City, Québec 

September 12, 2017 
1:00-5:00pm 
September 13, 2017 
8:00am-12:00pm 

2017-2018 Winter Reliability Assessment Presentation 
2017 Long-Term Reliability Assessment Presentation 

PC Executive Committee Planning Session 
Conference Call 

Early-November, 2017 
TBD 

Planning Session for December Meeting Agenda 

PC Executive Committee Meeting 
Atlanta, GA 

December 12, 2017 
9:00-11:00am (ET) 

 

PC Meeting 
Atlanta, GA 

December 12, 2016 
1:00-5:00pm (ET) 
December 13, 2016 
8:00am-12:00pm (EST) 

 

 
  

http://www.nerc.com/pa/RAPA/Pages/Calendar.aspx
http://www.nerc.com/comm/PC/Related%20Files%202013/2017%20PC%20Meeting%20Schedule.pdf
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PC Subgroup Organization Chart 
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PC Subgroup Work Plan 
PC Subgroup Rosters 
 
Reliability Assessment Subcommittee (RAS) 

Website:  RAS  Chair:  Phil Fedora NERC Lead:  Bill Lamanna 
Hierarchy:  Reports to PC Vice-Chair:  Tim Fryfogle Scope Update:  December 2016 

# Task Description Risk 
Profile(s) 

Strategic 
Focus Area(s) 

Target 
Completion  PC Review Status 

1 2016 ProbA Report 1, 2, 3 1, 2, 3 1Q-2017 Yes Approved & Released 
2 2017 Summer Reliability Assessment 1, 2, 3 1, 2, 3, 4 2Q-2017 Yes Approved & Released 

3 
2017 NERC Special Reliability Assessment on BPS 
Impacts of Natural Gas Disruption 1, 2, 3 1, 2, 3, 4 4Q-2017 Yes 

- Update presented at   
  September PC meeting 
- Sent to NERC Board for 
acceptance at Nov Board 
meeting  
   

4 2017 Long-Term Reliability Assessment 1, 2, 3 1, 2, 3, 4 
4Q-2017 
Link to 
schedule 

Yes 

- Endorsed by PC on Oct 
25 email vote 
- On track for December 
BOT Approval  
   & Release 

5 2017-18 Winter Reliability Assessment 1, 2, 3 1, 2, 3, 4 
4Q-2017 
Link to 
schedule 

Yes 

- September PC Update &  
   Schedule 
Email vote for PC 
Endorsement Oct 27 – 
Nov 3  

 
Probabilistic Assessment Working Group (PAWG) 

Website:  PAWG Chair:  Matt Elkins NERC Lead:  Noha Abdel-Karim 
Hierarchy:  Reports to RAS Vice-Chair:  Josh Collins Scope Update:  December 2016 

# Task Description Risk 
Profile(s) 

Strategic 
Focus Area(s) 

Target 
Completion  PC Review Status 

1 2016 Core Probabilistic Assessment 2, 3 1, 2, 3 1Q-2017 Yes Approved & Released 

2 
Probabilistic Adequacy and Measures Technical 
Guidelines Report 3 1, 2, 3 4Q-2017 Approval 

- November RAS Review &  
  Approval 
- December PC  
  Endorsement 

3 
NERC Special Probabilistic Assessment on Natural Gas 
Availability and Pipeline Outages 1, 2, 3 1, 2, 3 1Q-2018 Yes 

- November RAS Status  
   Report 
- March 2018 PC  
  Acceptance 

4 
Data collection approaches and recommendations 
white paper 2 1, 2, 3 2Q-2018 Yes 

- November RAS Status  
  Report 
- June 2018 PC  
  Endorsement 

5 Support Ramping and Frequency capabilities study 1, 2, 3 1, 2, 3 TBD-2018 No 

Ongoing; coordination 
and briefing of PAWG 
activities at ERSWG 
meetings. 

6 2018 Core Probabilistic Assessment (ProbA) 2, 3 1, 2, 3 Q1-2019 Yes 

- November RAS Review    
  Of:  
• PAWG schedule and 

work plan 
• Core 2018 ProbA  

Schedule and 
Proposed Scenarios  

- October 2018 LTRA 
includes 2018 ProbA 
dashboards 
- March 2019 PC Approval  

http://www.nerc.com/AboutNERC/Resource%20Documents/roster.pdf
http://www.nerc.com/comm/PC/Pages/Reliability-Assessment-Subcommittee-(RAS)-2013.aspx
http://www.nerc.com/comm/PC/Reliability%20Assessment%20Subcommittee%20RAS%202013/2017LTRA_Schedule-RAS_2017.07.19.pdf
http://www.nerc.com/comm/PC/Reliability%20Assessment%20Subcommittee%20RAS%202013/2017LTRA_Schedule-RAS_2017.07.19.pdf
http://www.nerc.com/comm/PC/Reliability%20Assessment%20Subcommittee%20RAS%202013/2017_WRA_Schedule_v3.pdf
http://www.nerc.com/comm/PC/Reliability%20Assessment%20Subcommittee%20RAS%202013/2017_WRA_Schedule_v3.pdf
http://www.nerc.com/comm/PC/Pages/Probabilistic-Assessment-Working-Group-(PAWG).aspx
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  of ProbA Scope 

 
Performance Analysis Subcommittee (PAS) 

Website:  PAS Chair:  Paul Kure NERC Lead:  David Till 
Hierarchy:  Reports to PC Vice-Chair:  Maggie Peacock Scope Update:  December 2016 

# Task Description Risk 
Profile(s) 

Strategic 
Focus Area(s) 

Target 
Completion  PC Review Status 

1 2017 State of Reliability Report 3, 4 1, 5 Q2-2017 Yes Complete: Approved by 
BOT on June 8 

 
Generating Availability Data System Working Group (GADSWG) 

Website:  GADSWG  Chair:  Leeth DePriest NERC Lead:  Margaret Pate 
Hierarchy:  Reports to PAS Vice-Chair:  Steve Wenke Scope Update:  December 2016 

# Task Description Risk 
Profile(s) 

Strategic 
Focus Area 

Target 
Completion  PC Review Status 

1 Develop content for 2017 State of Reliability 3, 4 1, 5 Q2-2017 No Complete 

2 GADS Solar DRI:  Collect and analyze solar outage data 3, 4 1, 5 Ongoing No 

WG members with solar 
experience drafting the 
reporting instructions 
with the objective of 
preparing a section 1600 
data request in 2018. 

3 
GADS Wind DRI: 2017: Implement voluntary wind 
reporting 3, 4 1, 5 Q4-2017 No 

On-track; Phased-in 
mandatory reporting 
status begins in 2018. 
Four training sessions 
held in 2017. Three 
training sessions planned 
for 2018.  

 
Transmission Availability Data System Working Group (TADSWG) 

Website:  TADSWG Chair:  Kurt Weisman NERC Lead:  Jack Norris 
Hierarchy:  Reports to PAS Vice-Chair:  Brian Starling Scope Update:  December 2016 

# Task Description Risk 
Profiles(s) 

Strategic 
Focus Area(s) 

Target 
Completion  PC Review Status 

1 Develop analysis for State of Reliability 3, 4 1, 5 Q2-2017 No Complete 

2 Establish Quality Assurance Guidelines 

3, 4 

1, 5 Q2-2018 No 

Draft outline has been 
developed and is under 
review by TADSWG, 
GADSWG, and DADSWG 

3 
Investigation into the use of “Unknown” cause codes 
and formulate and implement action plan 

3, 4 
1, 5 Q3-2017 No 

Report will be presented 
to PAS at August PAS 
meeting 

4 Develop in-person training 

3, 4, 5 

1, 5 Q4-2017 No 

On-track 
TADS In-person training 
conducted in November 
2017. Additional training 
will be scheduled for 
2018. 

5 
Investigation of STAT COMS / SVCs and their impact on 
the system 

3, 4 

1, 5 On hold No 

Next steps recommended 
actions to PC/OC include: 
RAS to include devices in 
reliability assessment data 
collection, EAS to include 
impacts to devices in EA 
reporting, and SAMS 
review of standards for 
gaps. 

http://www.nerc.com/comm/PC/Pages/Performance-Analysis-Subcommittee-(PAS)-2013.aspx
http://www.nerc.com/comm/PC/Pages/Generating-Availability-Data-System-Working-Group-(GADSWG)-2013.aspx
http://www.nerc.com/comm/PC/Pages/Transmission-Availability-Data-System-Working-Group-(TADSWG)-2013.aspx
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Demand Response Availability Data System Working Group (DADSWG) 

Website:  DADSWG  Chair:  OPEN NERC Lead:  Donna Pratt 
Hierarchy:  Reports to PAS Vice-Chair:  Joe Ballantine Scope Update:  December 2016 

# Task Description Risk 
Profile(s) 

Strategic 
Focus Area(s) 

Target 
Completion  PC Review Status 

1 
Develop reliability metrics to be used in State of 
Reliability 3, 4 1, 5 Ongoing No 

DADSWG determined that 
no additional metrics for 
demand response are 
needed at this time 

2 
Determine necessary modifications to DADS to collect 
and distinguish reliability Demand Response from 
market-based Demand Response 

3, 4  1, 5 Ongoing No 

On-track; data clean-up 
underway; ISO/RTOs 
heavily engaged; 
developing reporting 
requirements for ancillary 
service events 

System Analysis & Modeling Subcommittee (SAMS) 
Website:  SAMS  Chair:  Michael Lombardi NERC Lead:  Ryan Quint 
Hierarchy:  Reports to PC Vice-Chair:  Hari Singh  Scope Update:  December 2016 

# Task Description / Deliverable 
Risk 
Profile(s) 

Strategic 
Focus Area(s) 

Target 
Completion 

PC 
Review Status 

1 Integrating Inverter-Based Resources into Low 
Short Circuit System 
Develop reliability guideline on studying, 
simulating, and modeling inverter-based 
resources interconnecting to low short circuit 
systems; provide useful guidelines and 
mitigation strategies for potential issues. High-
level summary of information developed by 
CIGRE B4.62.  

2, 3 8, 9 Q4-2017 Yes On-track; PC approved for 45 
industry comment period  
on July 11-August 25. Final draft to 
be presented to NERC PC in 
December 2017. 

2 Technical Reference Document: Applications 
for Three Phase Modeling of Transmission 
Networks 
Develop a white paper related to modeling 3-
phase modeling of the power system to 
address detailed generator interactions and 
possibly inverter-based generation 
interactions. 

2, 3 8, 9 Q2-2018 Yes On-track; Southern Co. has 
developed an outline of the technical 
reference document; SoCo will be 
soliciting input and support for the 
development of the document from 
SinCAL user’s group and NERC SAMS 
members. Project timeline pushed 
back due to resource limitations. 

3 Monitoring IEEE 1547 
SAMS monitoring and supporting, as 
necessary, revisions of IEEE 1547 – IEEE 
Standard for Interconnecting Distributed 
Resources with Electric Power Systems.  

2, 3 8, 9 Ongoing No On-track; draft 6.7.2 was posted for 
WG ballot ending June 18, 2017 (did 
not pass). WG will meet June 20-22 
to report out on balloting status and 
review next steps. Milestone: 
Revised 1547 Published, before end 
of 2017 

4 ERS Measure 7 Data Analysis  
SAMS will review Measure 7 data and provide 
conclusions back to ERSWG based on data. 

2, 3 8,9 Q1-2017 No Complete; Recommendation to 
discontinue Measure 7 provided to 
ERSWG.  SAMS provided assessment 
of Measure 7, with 
recommendations for discontinuing 
the measure, to ERSWG. 

5 NERC-NATF Modeling Workshop 
Industry workshop on modeling efforts at NERC 
and industry 

2, 3 8,9 Q2-2018 No Scheduled for June 20-21, 2018 at 
AEP in New Albany, Ohio. 

6 Node-Breaker Planning Model Representation 
Support advancement of node-breaker 
representation in planning models and 
alignment between planning and operations 
cases. 

2, 3 8, 9 Ongoing No On-track; See sub-tasks (#7 through 
9) 

http://www.nerc.com/comm/PC/Pages/Demand-Response-Availability-Data-System-Working-Group-(DADSWG)-2013.aspx
http://www.nerc.com/comm/PC/Pages/System-Analysis-and-Modeling-Subcommittee-(SAMS)-2013.aspx
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7 Gather Experience and Lessons Learned 
Share industry experience and lessons learned 
and bring issues or deficiencies 

2, 3 8, 9 Q2-2017 No Complete.  
Regions volunteered to kick off small-
scale pilot projects with interested 
entities (NPCC, WECC, SERC, RF) 

8 Small-scale pilot of node-breaker 
implementation 
Select utilities have successful deployment of 
node-breaker modeling capability 

2, 3 8, 9 Q2-2018 No On-track; pilot projects with 
interested Regions underway. 

9 Wide-scale construction of planning base case 
with full node-breaker capability by MOD-032 
Designee 
Select utilities have successful deployment of 
node-breaker modeling capability 

2, 3 8, 9 Q4-2020 No On-track 

10 Model Validation Procedure Document 
Develop procedure document in support of 
MOD-033 

2, 3 9 Q3-2017  No Complete; NERC staff support of 
NATF reference document. NATF 
released MOD-033 Reference 
Document, to NATF public website 
and submitted to NERC for 
compliance implementation 
guidance. 

11 Modeling Notifications 
Developing Modeling Notifications, creating 
industry announcements and educational 
webinars on notifications 

2, 3 9 Ongoing No On-track;  
 
SAMS approved the modeling 
notification on gas turbine modeling 
(GAST) at the August 2017 meeting. 
Draft notifications on second 
generation renewables models, 
generator protection GP1/GP2 
models, and composite load model 
benchmarking are underway. 

12 NERC Acceptable Models List 
Maintain and document for industry list of 
‘approved models’ for powerflow and 
dynamics; periodic updates to list based on 
industry advancements. 

2, 3 9 Ongoing No On-track; SAMS updated and 
approved the NERC Acceptable 
Models List at the August 2017 
meeting. , provided the updates to 
the MOD-032 Designees, and posted 
the list to the SAMS webpage. 

13 Periodic Review - Data Change Management 
Processes for RTCA and Planning Models 
(Recommendation 16) 
Periodic review of this document previously 
approved by SAMS. 

2, 3 8,9 Q2-2017 Accept Complete 

14 Generator Protection Model Implementation 
Implementation of new dynamic models per 
PCPMTF Recommendations 

2, 3 8,9 Q2-2018 No On-track; working on specification 
document and with software vendors 
to get model implementation 
underway 

15 Special Reliability Assessment: Case Creation 
Practices (MOD-032-1) for Interconnection-
Wide Models 
Review and assessment of practices (e.g., 
generation dispatch, demand response, firm 
transfers, demand levels) to identify areas for 
improvement or consistency. 

2, 3 8,9 Q3-2018 No On track; forming assessment 
framework in SAMS. 

 Governor Deadband Modeling 
 
Develop a technical reference document on 
consolidated and unified generator governor 
deadband modeling 

9 Q2-2018 No On-
track 

New task added at August SAMS 
meeting. 
 

 Monitoring IEEE T and D interface coordination 
 
SAMS monitoring and supporting, as 
necessary, IEEE activities addressing T and D 
interface coordination 
 

? Ongoing No On-
track 

New task added at August SAMS 
meeting. 
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Load Modeling Task Force (LMTF) 
Website:  LMTF  Chair:  Dmitry Kosterev NERC Lead:  Ryan Quint 
Hierarchy:  Reports to SAMS Vice-Chair:  Scope Update:  December 2016 

# Task Description / Deliverables Risk 
Profile(s) 

Strategic 
Focus Area(s) 

Target 
Completion 

PC 
Review Status 

1 

Software Implementation Improvements: Common 
Initialization Procedures & Network Boundary 
Equations 
Improving software implementation robustness and 
precision, addressing initialization and network 
boundary equation issues 

2, 3 8, 9 Q1-2017 No 

Complete; all major software 
vendors benchmarked 
composite load model 
successfully. Developing 
Modeling Notification in SAMS 
to announce. 

2 
Reliability Guideline: Load Composition 
Reliability guideline on developing load composition 
data for dynamic load models  

2, 3 8, 9 Q4-2017 Yes 

On-track; resent for industry 
comment. Posted May 22 – 
July 7. 
 

3 Load Model (Software) Benchmarking 2, 3 9 Ongoing No 

On-track; all major software 
vendors benchmarked 
composite load model 
successfully; beginning 
implementation and 
benchmarking of composite 
load model with DER 
component. 

4 

Robust (Default) Data Sets 
Default datasets to support utilities seeking guidance 
on reasonable load model parameters (e.g., starting 
point or no other data available) 

2, 3 9 Q2-2017 No 

On-track; LMTF will approve 
new default data set for Phase 
2 (single phase motor stalling) 
parameters 

5 
System Impact Assessment 
Utility members sharing experience of load modeling 
and studies; user forum for sharing lessons learned. 

2, 3 8, 9 Ongoing No On-track; ongoing information 
sharing. 

6 

Dynamic Load Modeling in Real-Time Stability Analysis 
Assessment of industry practices for use of dynamic 
load models for real-time or operations planning 
studies 

2, 3 8, 9 Q4-2017 No 

Delayed due to higher priority 
topics; resetting completion to 
Q4 2017. Survey released to 
LMTF members; follow-up and 
compilation is next step. 

7 

Progressive Protection System Modeling 
Testing and studying progressive tripping, 
reconnection, and stalling modeling approach for 
improved model performance 

2, 3 9 Q4-2017 No 
On-track; longer-term goal; 
beta testing being performed 
by multiple software vendors. 

8 Improved Single-Phase Motor Model 2, 3 9 Q4-2017 No On-track 
9 Improved Three-Phase Motor Model 2, 3 9 Q4-2017 No On-track 

10 Efficient Data Format & Model Management 
New data format to modularize dynamic load models 2, 3 9 Q4-2017 No 

On-track; beta testing being 
performed by multiple 
software vendors. 

11 
DER Dynamic Load Model Parameters 
Reliability Guideline on dynamic models and model 
parameters for DER resources in stability studies. 

2, 3 9 Q4-2017 Yes Complete. Approved by PC in 
September. 

12 

Modeling Notifications: Composite Load Model 
Benchmarking. Develop composite load model 
benchmarking notification to share with industry the 
completion and usability of the models across all 
major software platforms. 

2, 3 9 Q1-2018 No On-Track 

 
Plant-Level Controls and Protection Modeling Task Force (PCPMTF) Deactivated in Sept 2017 

Website:  PCPMTF Chair:   NERC Lead:  Mohamed Osman 
Hierarchy:  Reports to SAMS Vice-Chair: Scope Update:  May 2016 

# Task Description Risk 
Profile(s) 

Strategic 
Focus Area(s) 

Target 
Completion  PC Review Status 

1 

Publish technical reference document on plant level 
controls and protection modeling gaps; draft model 
specification document for software implementation; 
prioritizing model developments and modeling practices 

2, 3 8 Q2-2017 Acceptance Complete 

http://www.nerc.com/comm/PC/Pages/Load%20Modeling%20Task%20Force%20(LMTF)/Load-Modeling-Task-Force.aspx
http://www.nerc.com/comm/PC/Pages/Plant-Level-Controls-and-Protection-Modeling-Task-Force-(PCPMTF).aspx
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Power Plant Modeling & Verification Task Force (PPMVTF) 

Website:  PPMVTF Chair:  Shawn Patterson NERC Lead:  Ryan Quint 
Hierarchy:  Reports to SAMS Vice-Chair: Scope Update:  May 2016 
# Task Description / Deliverable Risk 

Profile(s) 
Strategic 
Focus Area(s) 

Target 
Completion 

PC 
Review Status 

Synchronous Generation Fleet 

1 

Reliability Guideline: Power Plant Model Verification for 
Synchronous Machines 
Reliability Guideline on power plant model verification 
and testing 

2, 3, 4 8,9 Q2 2018 Yes 

On-track; approval to post 
for industry comment period 
expected at December 2017 
PC meeting. 

2 
Power Plant Modeling & Verification Forum 
Forum to share expertise and experiences with power 
plant modeling & verification 

2, 3, 4 8,9 Ongoing No On-track 

3 
Implementation Guidance Development 
Develop NERC compliance implementation guidance for 
relevant NERC MOD standards 

2, 3, 4 8,9 Cancelled n/a 

Cancelled; decided to 
include guidance and 
clarification in guideline – 
implementation guidance 
deemed not necessary at 
this time. 

4 
Power Plant Model Review 
Review NERC acceptable list of models for power plants, 
provide guidance to development of list 

2, 3, 4 8,9 Ongoing No 
On-track; provided SAMS 
with recommended updates 
to List of Acceptable Models. 

5 
Plant Auxiliary Modeling Practices 
Develop modeling practices for possible tripping of plant 
auxiliary equipment 

2, 3, 4 8,9 Q1 2018 No Target completion revised 
due to prioritization  

6 

Reliability Guideline: MOD-032-1 Generator Data 
Requests 
Develop technical guidance material for MOD-032-1 
data requests and sharing; in response to NAGF letter 
seeking guidance 

2,3 8,9 Q2 2018 Yes New task added Nov 2017. 

       

Inverter-Based (Renewable) Generation Fleet 

6 

Reliability Guideline: Power Plant Model Verification for 
Inverter-Based Resources  
Reliability Guideline on power plant model verification 
for inverter-based resources 

2, 3, 4 8,9 Q2 2018 Yes On-track; ongoing 
coordination with UVIG 

7 

Inverter-Based Resource Short Circuit Representation 
Coordinate with IEEE PSRC WG C24 focused on short 
circuit modeling improvements for inverter-based 
resources 

2, 3, 4 8,9 Q2 2018 No On-track 

8 
Inverter-Based Resource Modeling & Verification Forum 
Forum to share expertise and experiences with modeling 
& verification practices for inverter-based resources 

2, 3, 4 8,9 Ongoing No 
 On-track 

9 

Implementation Guidance Development 
Develop NERC compliance implementation guidance for 
relevant NERC MOD standards as it pertains for inverter-
based resources 

2, 3, 4 8,9 cancelled n/a 

Cancelled; decided to 
include guidance and 
clarification in guideline – 
implementation guidance 
deemed not necessary at 
this time. 

10 

Advocate Use of Phase 2 Renewable Models for Generic 
Dynamic Models 
Raise industry awareness of Phase 2 dynamic models for 
renewable generation; support transition to Phase 2 
away from Phase 1 models 

2, 3, 4 8,9 Q4 2017 No 

On-track; discussion of VER 
modeling at NERC-NATF 
Modeling Workshop and 
NERC VER Modeling 
Workshop. 

12 NERC VER Modeling Workshop 2, 3, 4 8,9 Q3 2017 No Completed 

 
  

http://www.nerc.com/comm/PC/Pages/Power-Plant-Modeling-and-Verification-Task-Force-.aspx
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System Protection & Control Subcommittee (SPCS) 
Website:  SPCS  Chair:  Mark Gutzmann NERC Lead:  Jack Norris 
Hierarchy:  Reports to PC Vice-Chair:   Scope Update:  June, 2017 

# Task Description Risk 
Profile(s) 

Strategic 
Focus Area(s) 

Target 
Completion PC Review Status 

1 Review of auxiliary supply to FACT devices 2, 3, 4 8 TBD No 

Presentation at June PC 
meeting; develop a clear 
problem statement for 
SCPS review to determine 
how to proceed 

2 
Review IEEE Stationary Battery SAR concerning PRC-
005 1, 2, 3, 4 8 Q1-2017 Yes Complete 

3 
PRC-024 Implementation Guidance 

2, 3, 4 8 Q4-2017 Yes 
PC Reviewers assigned in 
Sept 2017. Review in 
progress.   

4 
PRC-023 Implementation Guidance 

2, 3, 4 8 Q4-2017 Yes 
PC Reviewers assigned in 
Sept 2017. Review in 
progress. 

5 
PRC-019 Implementation Guidance 2, 3, 4 8 Q1-2018 Yes Planning and prioritizing 

work 

6 
Reactive Generator undesired tripping 
analysis/tracking 2, 3, 4 8 Ongoing No Ongoing 

 
Synchronized Measurements Subcommittee (SMS) 

Website:  SMS  Chair:  Jim Kleitsch NERC Lead:  Ryan Quint 
Hierarchy:  Reports to PC Vice-Chair:  Aftab Alam Scope Update:   
# Task Description Risk 

Profile(s) 
Strategic 
Focus Area(s) 

Target 
Completion  PC Review Status 

1 Reliability Guideline on PMU Placement 2, 3, 4 8,9 Q1-2017 Yes Complete 

2 State Estimator Line-Based Phase Angle Alarming: 
Primer for Ops Engineers and Operators 2, 3, 4 8,9 Q1-2017 No Complete 

3 Reliability Guideline on Forced Oscillations 2, 3, 4 8,9 Q3-2017 Yes 

Complete. 
 
Approved by PC in 
September. 
 

4 NERC-NASPI Workshop on Power System 
Oscillations  2, 3, 4 8,9 Q3-2017 Yes 

Complete; scheduled in 
conjunction with NASPI Fall 
meeting and SMS meeting. 

5 PMUs for Cascading Outages 2, 3, 4 8,9 Q3-2018 Yes Pushed date back; lower 
priority task 

6 Applications for Leveraging PMUs to Support 
Reliability Objectives 2, 3, 4 8,9 Q4-2017 Yes Repurposed tasks to small 

primer documents 

7 Special Reliability Assessment: Interconnection-
Wide Oscillation Analysis 2, 3, 4 8,9 Q1-2018 Yes 

On-track; performing 
oscillation analysis and 
collecting event data 

8 PDC-PDC Communications Guidelines 2, 3, 4 8,9 Q3-2018 Yes New task to support 
industry need for data 
sharing between 
RCs/ISOs/TOs with large 
datasets 

9 Technical Reference Document: PMU-Based State 
Estimation 

2, 3, 4 8,9 Q3-2018 Yes New task to lay out 
fundamentals and 
application of PMU-based 
state estimation techniques 

 
  

http://www.nerc.com/comm/PC/Pages/System-Protection-and-Control-Subcommittee-(SPCS)-2013.aspx
http://www.nerc.com/comm/PC/Pages/Synchronized-Measurement-Subcommittee-(SMS)-Scope.aspx
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Geomagnetic Disturbance Task Force (GMDTF) 
Website:  GMDTF  Chair:  Frank Koza NERC Lead:  Ganesh Velummylum 
Hierarchy:  Reports to PC Vice-Chair:  Vacant Scope Update:  December 2016 

# Task Description / Deliverable Risk 
Profile(s) 

Strategic 
Focus Area(s) 

Target 
Completion  PC Review Status 

1 

Recommend a research work plan for NERC to 
pursue; Develop and vet a multi-year work plan in 
support of FERC directives 
Research Plan 

3, 7 2, 8 Q1-2017 Yes Complete; submitted to 
FERC 

2 

Final Report on Research; Upon completion of 
research deliverables, the task force will review, 
comment, and provide an assessment of the 
research results and outcome 
Assessment Report 

3, 7 2, 8 Q4-2019 Yes  

3 

GIC Monitoring and Magnetometer Data Collection 
Assessment; recommend how NERC should assess 
and report on the degree to which industry is 
following guidance for GIC monitoring. (Guidance 
for GIC monitoring is to be developed by the GMD 
Standards Drafting Team as part of revisions to TPL-
007). (Ref P. 88) 
Plan for reviewing GIC data 

3, 7 2, 8 Q3-2018 No 

Ultimate schedule depends 
on when TPL-007 revisions 
are completed; revised 
wording comes from FERC 
Order and should help 
clarify roles of GMDTF and 
GMD SDT 

4 

Data Request; Develop an ROP Section 1600 Data 
Request for the collection of existing (data since 
2013) and new GIC and magnetometer data that 
can be made available to public 
Section 1600 Data Request to PC and OC 

3, 7 2, 8 Q4-2017 Endorse 

NERC Staff to coordinate; 
GMDTF to develop data 
request; OC Review; PC 
Sponsor; NERC Board 
approval targeted for May 
2018 

5 

Geo-electric Field Calculation Tool; evaluate 
available tools (NASA DHS, Space Weather Canada, 
others) for calculating geo-electric field from 
magnetic field data for given earth conductivity 
structure using benchmarks for comparison. Guide 
development of tools that will meet industry needs 
Publicly available tool 

3, 7 2, 8 Q2-2018 No  

6 

Transformer Thermal Model Tool; Develop and 
make available a tool for transformer thermal 
assessment. Tool will provide transformer thermal 
response to input GIC data, given a transformer 
thermal model 
Publicly available tool 

3, 7 2, 8 Q4-2017 No 

Ongoing; currently funded 
with EPRI. Transformer 
thermal modeling based on 
measurement and 
simulations in progress. 
Contractor estimated 
completion of the tool in 
November 2017. 

7 

Improve Harmonics Analysis Capability ; develop 
“Protection and Controls Harmonics Analysis” 
Technical Reference Document and tool for system-
wide assessment 
Technical Reference Document 
Tools for system-wide assessment 
Workshop 

3, 7 2, 8 Q4-2019 Yes  

 
  

http://www.nerc.com/comm/PC/Pages/Geomagnetic-Disturbance-Task-Force-(GMDTF)-2013.aspx


 

NERC Planning Committee Work Plan 13 

Essential Reliability Services Working Group (ERSWG) 
Website:  ERSWG / DERTF  Chair:  Brian Evans-Mongeon (PC) NERC Lead: Nicole Segal 
Hierarchy: Reports to PC and OC Chair:  Todd Lucas (OC) Scope Update:  December 2016 
 # Task Description Risk 

Profile(s) 
Strategic 
Focus Area 

Target 
Completion  PC Review Status 

1 Develop a mechanism to track and report ongoing 
efforts of the various ERS measure subgroups 1, 2, 3 2, 3, 8 Ongoing No On-track 

2 Develop ERSWG White Paper on Sufficiency 
Guidelines for each ERSTF measure 1, 2, 3 2, 3, 8 Q4-2016 Yes Complete;  

3 

Determine how measures will continue to feed into 
other existing reports (e.g., SOR, LTRA); assign as 
applicable to existing groups (RS, RAS, PAS) or 
establish a new one to continue this effort 

1, 2, 3 2, 3, 8 Q4-2017 No Ongoing 

3.1 Measures 1 through 4 - Frequency      

3.1.1 
Measure 1: Interconnection-level Inertia: Historic 
tracking mechanism data collection complete, 
process identification complete;  

1, 2, 3 2, 3, 8 Q4-2017 No ongoing 

3.1.2 

Measure 2: ROCOF: Historic tracking mechanism 
data collection complete, process identification 
complete; Load damping factor under 
development. 

1, 2, 3 2, 3, 8 Q4-2017 No ongoing 

3.1.3 

Measure 3: BA-level Inertia: Historic tracking 
mechanism Evaluation of data is still ongoing, value 
of collecting BA level inertia data is under review by 
the RS;  

1, 2, 3 2, 3, 8 Q4-2017 No ongoing 

3.1.4 

Measure 4: Frequency Metric dynamics:  Historic 
tracking mechanism data collection complete, 
process identification complete; RS continuing to 
refine the various sub metrics.  

1, 2, 3 2, 3, 8 Q4-2017 No ongoing 

3.1.5 Technical brief document for Measures 1 through 4 
Historical under development 1, 2, 3 2, 3, 8 Q4-2017 No ongoing 

3.1.6 

Measures 1 through 4: Forward Looking FR 
perspective Continued work with Interconnections 
on the development of a FL Freq Response Model.  
The plan for forward looking model development 
and analysis to be complete by yearend with the 
intent of having model developed and analysis 
performed prior to the 2018 LTRA publication.   

1, 2, 3 2, 3, 8 Q4-2017 No ongoing 

3.1.7 
Measures 1 through 4: Forward Looking FR 
Technical Brief Technical brief document for 
Measures 1 through 4 approvals by OC and PC 

1, 2, 3 2, 3, 8 Q4-2017 No ongoing 

3.2 Measure 6 – Ramping/Balancing      

3.2.1 Measure 6: Ramping/Balancing historic perspective 
CPS1 data complete, process has been identified 1, 2, 3 2, 3, 8 Q3-2017 No Completed 

3.2.2 To develop a technical Brief on historic Measure 6 1, 2, 3 2, 3, 8 Q3-2017 No ongoing 

3.2.3 
Measure 6: Ramping/Balancing frwd perspective 
ERSWG and RAS to develop a forward-looking 
ramping/balancing perspective model. 

1, 2, 3 2, 3, 8 Q4-2017 No ongoing 

3.2.4 To develop a Technical Brief outlining this 
information 1, 2, 3 2, 3, 8 Q4-2017 No ongoing 

3.3 
Measure 7: Voltage Support OC and PC approved 
an ERSWG recommendation to discontinue 
Measure 7 under this project.   

1, 2, 3 2, 3, 8 Q2 -2017 Yes Completed. 

4 Distributed Energy Resources      

4.1 Distributed Energy Resources: Creation of a SAR for 
MOD-032 for the transition from LSE to DP 1, 2, 3 2, 3, 8 Q2 -2017 Yes Completed 

4.2 
Distributed Energy Resources:  Establishing a data 
collection guide for DERs within the requirements 
of NERC Reliability Standards 

1, 2, 3 2, 3, 8 Q4-2017 No Ongoing 

4.3 Distributed Energy Resources: Develop a 
policymaker paper on the data collection guide 1, 2, 3 2, 3, 8 Q1-2018 No Not started 

4.4 Distributed Energy Resources: Establishing a scope 
for developing a load forecasting guide for DERs 1, 2, 3 2, 3, 8 Q4-2017 No Ongoing 

http://www.nerc.com/comm/Other/Pages/Essential-Reliability-Services-Task-Force-(ERSTF).aspx
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4.5 Distributed Energy Resources: Treatment of DERs 
going forward within the PC and OC 1, 2, 3 2, 3, 8 Q4-2017 No Starting 

 

Methods for Establishing IROLs Task Force (MEITF) 
Website:  MEITF PC Liaison:  Hari Singh NERC Lead: Ryan Quint 
Hierarchy: Reports to PC and OC PC Liaison:  Wayne Guttormson Scope Update:  December 2016 
 
# Task Description Risk 

Profile(s) 
Strategic 
Focus Area(s) 

Target 
Completion  PC Review Status 

1 
Reliability Guideline: Methods for Establishing IROLs 
Reliability Guideline 2, 3, 4 8, 9 Q1-2018 Yes 

On-track. expecting 
initial draft complete by 
December 2017. 

2 

Review gaps or discrepancies in statutory definition of 
Reliable Operation, existing IROL definition, current 
planning and operations practices, and relevant FERC 
Orders 
Short white paper 

2, 3, 4 8, 9 Q1-2018 No 

On-track Survey 
created and shared 
with RCs; data 
collection complete; 
compiling results. 

3 
Define types of system and unit instabilities and their 
impacts on reliability 
Short white paper 

2, 3, 4 8, 9 TBD-2017 No Cancelled; added to 
reliability guideline 

4 

Develop framework for assessing impacts of system 
instability, understanding limitations of commonly used 
simulation methods, and types of analysis to provide 
justification for quantifying impact of instability 
Short white paper 

2, 3, 4 8, 9 TBD-2017 No Cancelled; added to 
reliability guideline 

5 
Develop framework and criteria for establishing IROLs 
Short white paper to SDT 2, 3, 4 8, 9 TBD-2017 

No; review 
and 
comment 

On-track 

6 

Assess existing methods for establishing IROLs and 
reliability impacts 
Confidential review/documentation of SOL (IROL) 
Methodologies 

2, 3, 4 8, 9 Ongoing  On-track 

7 
Guidance to Standard Drafting Team on requested topic 
areas 
White paper for SDT 

2, 3, 4 8, 9 Q4- 2017 No; review 

On-track; Proposed 
definitions will be 
provided to PC and OC 
at Dec 2017 meeting 

8 

Review metric M-8 IROL Exceedances and modify as 
needed to align with updated definition of IROL 
Exceedances  
Short white paper on direction for M-8 

2, 3, 4 8, 9 Q4-2018 No 

Complete; 
recommendations 
provided to PC 
leadership and PAS for 
further action. 

 
Inverter-Based Resource Performance Task Force (IRPTF) 

Website:  TBD Chair:  Al Schriver NERC Lead: Ryan Quint; Rich Bauer  
Hierarchy: Reports to PC and OC Vice Chair:  Jeff Billo Scope Update:  June 2017 
 
# Task Description Risk 

Profile(s) 
Strategic 
Focus Area(s) 

Target 
Completion  PC Review Status 

1 Reliability Guideline on Inverter-Based Resource 
Performance 
 
Reliability Guideline 

  Q2 2018 Yes On-track 

2 Frequency Response Simulations of Western 
Interconnection 
 
Study of WI performance and RLPC, providing 
recommendations to NERC RS 

  Q4 2017 No On-track 

 
 

http://www.nerc.com/comm/PC/Pages/Methods-for-Establishing-IROLs-(MEITF).aspx
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that may arise from weak grids when connecting or operating inverter-based resources. The 
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Preface  
 
The North American Electric Reliability Corporation (NERC) is a not-for-profit international regulatory authority whose 
mission is to assure the reliability and security of the bulk power system (BPS) in North America. NERC develops and 
enforces Reliability Standards; annually assesses seasonal and long-term reliability; monitors the BPS through system 
awareness; and educates, trains, and certifies industry personnel. NERC’s area of responsibility spans the continental 
United States, Canada, and the northern portion of Baja California, Mexico. NERC is the Electric Reliability 
Organization (ERO) for North America, subject to oversight by the Federal Energy Regulatory Commission (FERC) and 
governmental authorities in Canada. NERC’s jurisdiction includes users, owners, and operators of the BPS, which 
serves more than 334 million people.  
 
The North American BPS is divided into eight Regional Entity (RE) boundaries as shown in the map and corresponding 
table below. 

 
The North American BPS is divided into eight RE boundaries. The highlighted areas denote overlap as some load-serving entities 
participate in one Region while associated transmission owners/operators participate in another. 
 

FRCC Florida Reliability Coordinating Council 

MRO Midwest Reliability Organization 

NPCC Northeast Power Coordinating Council 
RF ReliabilityFirst 

SERC SERC Reliability Corporation 

SPP RE Southwest Power Pool Regional Entity 
Texas RE Texas Reliability Entity 

WECC Western Electricity Coordinating Council 
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Preamble 
 
NERC, as the FERC-certified Electric Reliability Organization (ERO),1 is responsible for the reliability of the Bulk Electric 
System (BES) and has a suite of tools to accomplish this responsibility, including but not limited to the following: 
lessons learned, reliability and security guidelines, assessments and reports, the Event Analysis program, the 
Compliance Monitoring and Enforcement Program, and Reliability Standards. Each entity, as registered in the NERC 
compliance registry, is responsible and accountable for maintaining reliability and compliance with the Reliability 
Standards to maintain the reliability of their portions of the BES.  
 
It is in the public interest for NERC to develop guidelines that are useful for maintaining or enhancing the reliability 
of the BES. The NERC Technical Committees—the Operating Committee (OC), the Planning Committee (PC), and the 
Critical Infrastructure Protection Committee (CIPC)—are authorized by the NERC Board of Trustees (Board) to develop 
Reliability (OC and PC) and Security (CIPC) Guidelines per their charters.2 These guidelines establish voluntary 
recommendations, considerations, and industry best practices on particular topics for use by users, owners, and 
operators of the BES to help assess and ensure BES reliability. These guidelines are prepared in coordination between 
NERC Staff and the NERC Technical Committees. As a result, these guidelines represent the collective experience, 
expertise, and judgment of the industry.  
 
The objective of each reliability guideline is to distribute key practices and information on specific issues to support 
high levels of BES reliability. Reliability guidelines do not provide binding norms and are not subject to compliance 
and enforcement (unlike Reliability Standards that are monitored and subject to enforcement). Guidelines are strictly 
voluntary and are designed to assist in reviewing, revising, or developing individual entity practices to support 
reliability for the BES. Further, guidelines are not intended to take precedence over Reliability Standards, regional 
procedures, or regional requirements. Entities should review this guideline in conjunction with Reliability Standards 
and periodic review of their internal processes and procedures, and make any needed changes based on their system 
design, configuration, and business practices. 
 
  

                                                           
1 http://www.ferc.gov/whats-new/comm-meet/072006/E-5.pdf  
2 http://www.nerc.com/comm/OC/Related%20Files%20DL/OC%20Charter%2020131011%20(Clean).pdf 
  http://www.nerc.com/comm/CIPC/Related%20Files%20DL/CIPC%20Charter%20(2)%20with%20BOT%20approval%20footer.pdf 
 http://www.nerc.com/comm/PC/Related%20Files%202013/PC%20Charter%20-%20Board%20Approved%20November%202013.pdf  

http://www.ferc.gov/whats-new/comm-meet/072006/E-5.pdf
http://www.nerc.com/comm/OC/Related%20Files%20DL/OC%20Charter%2020131011%20(Clean).pdf
http://www.nerc.com/comm/CIPC/Related%20Files%20DL/CIPC%20Charter%20(2)%20with%20BOT%20approval%20footer.pdf
http://www.nerc.com/comm/PC/Related%20Files%202013/PC%20Charter%20-%20Board%20Approved%20November%202013.pdf
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Executive Summary 
 
The electric utility industry is undergoing a rapid change in the way the bulk power system (BPS) is planned and 
operated, predominantly driven by a changing resource mix and increasing penetration of renewable energy 
resources such as wind and solar. One aspect of this change is the growing use of newer technologies, such as wind 
plants, solar photovoltaic solar plants, and battery energy storage systems that are asynchronously connected to the 
grid through a power electronic interface. As a group, these types of resources are commonly referred to as inverter-
based resources or non-synchronous resources. The changing resource mix not only affects dispatch and essential 
reliability services such as voltage control, frequency response, and ramping, but also affects grid dynamics and 
controls. Grid planners and operators are faced with addressing these engineering issues as more of these resources 
connect to the grid.  
 
Grid strength is a commonly used term to describe how “stiff” the grid is in response to small perturbations such as 
changes in load or switching of equipment. While strong grids provide a stable reference source for resources, weak 
grids can pose challenges for connecting new resources and particularly for connecting inverter-based resources. 
These resources rely on an adequate grid strength (relative to the size of the resource) for synchronizing the power 
electronics. In addition, inverter-based resources do not provide significant levels of fault current. While these issues 
alone do not pose a reliability risk, existing control, and protection paradigms need to be adapted to accommodate 
these changing characteristics from the generation fleet. 
 
This guideline provides the electric utility industry with background and useful reference information pertaining to 
the topics of identifying weak grid conditions and potential issues that may arise from weak grids when connecting 
or operating inverter-based resources. The goal of this guideline is to proactively provide the industry with 
information to consider as these types of issues emerge for increased penetrations of inverter-based resources. 
 
Key takeaways discussed throughout this guideline include: 
 

• Increasing Penetration of Inverter-Based Resources and “Weak Grid” Conditions: Inverter-based resources 
(e.g., wind and solar) continue to be a significant component of new generating resource additions. As the 
resource mix and technologies interconnecting to the BPS continue to evolve, the electric power grid will 
undergo changes. Utility-scale, inverter-based resources are often located in areas of the BPS with relatively 
sparse transmission and few synchronous generating resources; and are generally considered “weak” parts 
of the system due to their low short circuit strength relative to the size of the interconnected inverter-based 
resources. 

• Need for Enhanced Coordination and Communication: The most important aspect of identifying and 
mitigating issues with inverter-based resources in a weak grid is coordination and communication between 
the Transmission Planner (TP), Generator Owner (GO), and manufacturer of the inverter-based resource. 
Increased coordination between these entities will help ensure any weak grid issues that may arise can be 
addressed and mitigated effectively.  

• Inverter Controls Affected: The control systems of a vast majority of inverter-based resources rely on the 
voltage magnitude and angle at their terminals to not be largely affected by the current injection of the 
resource for stable operation. In this context, electrical system strength refers to the sensitivity of the 
resource’s terminal voltage to variations of current injections. In a “strong” system, voltage and angle are 
relatively insensitive to changes in current injection from the inverter-based resource, while this sensitivity 
is higher in a “weak” system. 

• Short Circuit Ratio (SCR) Based Metrics: The SCR metric is most appropriate when considering a single 
inverter-based resource interconnecting to the BPS. It does not account for the presence of other inverter-
based resources or power electronic-based equipment. Additional SCR-based metrics have been developed 
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by industry to address the presence of multiple inverter-based resources, and should be considered 
accordingly for each system being studied. Each SCR-based metric has potential benefits and drawbacks in 
its application that are discussed herein. In general, SCR-based metrics should be used by planners, 
manufacturers, and developers to obtain a high level understanding of area system strength. The relative 
impact the inverter-based resource (s) will have on the larger power system is assessed with more detailed 
studies using specific knowledge of the equipment (from the manufacturers and developers) and the network 
(from the planners) to confirm whether the plant will work correctly. 

• Weak Grid Issues: A number of issues may manifest under weak grid conditions. These issues may include 
anything from classical voltage instability to control instability and control interactions. Examples of these 
types of issues are provided in this guideline to raise industry awareness of the issues and means by which 
to study these issues. The most important aspect of identifying and mitigating these issues is coordination 
and communication between the TP, GO, and manufacturer of the inverter-based equipment.  

• Planning Considerations: TPs need to ensure accurate and representative models are available to perform 
grid reliability studies, including inverter-based resources. Planners are recommended to use the screening 
methods outlined in this guideline to identify areas where weak grid conditions may be a concern. Once these 
areas are understood, modeling requirements should be put in place that clearly define the types of models, 
list of acceptable models, and intended use of these models. Transient stability models may have limitations 
to model detailed inverter-response, particularly under weak grid conditions. Detailed electromagnetic 
transient (EMT) models may be needed to identify any weak grid issues that could arise. 

• Solution Strategies: The TP, GO, and manufacturer have a number of exploratory solution options to mitigate 
potential weak grid issues that may arise for interconnecting inverter-based resources. These range from 
reinforcements or equipment that improve grid strength directly to enhancing inverter-based resource 
controls to enable more reliable operation under weak grid conditions.  

 
 



 

NERC | Integrating Inverter-Based Resources into Low Short Circuit Strength Systems | December 2017 
ix 

Introduction  
 
Inverter-based resources such as variable energy resources (VER) like wind and solar continue to be a significant 
component of new capacity additions. The cumulative additions of these utility-level resources to the North American 
power system surpassed 100 GW in 2016 (Figure 1.1). While wind has been the predominant renewable resource, 
solar capacity additions are rapidly growing in many areas of the BPS. As the resource mix and technologies 
interconnecting to the BPS continue to evolve, the electric power grid will undergo changes. Many of the large utility-
scale renewable generating resources are not located near major load centers. These resources are often in areas of 
the grid with sparse extra high voltage (EHV) transmission backbone and few synchronous generating resources to 
provide short circuit current and grid strength. These parts of the grid are generally considered “weak” parts of the 
system for these reasons.  
 

 
 

Figure 1.1: Cumulative Wind and Solar Additions (2008-2016) 
 
There are engineering challenges when integrating inverter-based resources into weak electric systems. More 
common challenges that planners and operators have had to face include: 
 

• Transmission overloading: need for higher capacity transmission in the local area to accommodate higher 
penetrations of inverter-based resources 

• Voltage profile or voltage deviation challenges: additional reactive power compensation or inverter-based 
controls to ensure acceptable voltage profiles across the system and sufficient reactive power available 
following major grid events 

• Low short circuit ratio (SCR): no significant short circuit sources driving need to ensure sufficient levels of 
current for fault clearing and generator protection 

 
There are additional challenges that can occur when interconnecting inverter-based resources to weak parts of the 
BPS that are typically more complex and involve more advanced engineering analysis. A technical brochure was 
recently published by CIGRE WG B4.62, titled Connection of Wind Farms to Weak AC Networks, which describes some 
of these more advanced issues related to interconnecting wind power plants (WPPs). The purpose of this guideline is 
to highlight some of the key takeaways from the CIGRE technical brochure, in coordination with CIGRE and the subject 
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matter expertise that helped contribute to the brochure, and introduce some additional points that are relevant for 
the North American BPS. The focus is to provide utility planners, modelers, generation developers and owners, and 
operations engineers with useful experience-based information, tools, techniques, and recommendations around 
identifying weak grids and mitigating potential issues that could arise in weak grid conditions. 
 
Qualitative Description of System Strength 
Most inverter-based resources are interfaced with the 
BPS using power electronic converters. Examples 
include wind turbine generators (WTGs) with full 
converter technology (Type 4 WTGs), doubly-fed 
induction generators (Type 3 WTGs), and solar PV 
inverters. The vast majority of control systems for these 
resources rely on the voltage magnitude and angle at 
their terminals to not be largely affected by the current 
injection for stable operation. In this context, electrical 
system strength refers to the sensitivity of the inverter-
based resource terminal voltage to variations of its 
current injection. In a “strong” system, this sensitivity is 
low; in a “weak” system, this sensitivity is higher.  
 
Inverter-based resources connecting to a portion of the BPS with synchronous generation that is electrically close or 
relatively large is likely to be connecting to a strong system. If the size (rating) of resource connecting to this system 
increases or the electrical distance to the synchronous generation increases, then relative system strength becomes 
weaker. Technology and control advances in recent years has enabled certain inverter-based technologies to perform 
satisfactorily in these weaker systems. Regardless, system strength continues to be a useful and simple indication to 
anticipate potential performance issues and facilitate discussions with inverter-based resource developers and 
manufacturers regarding any identified issues.  
 
A different definition of system strength is occasionally used to characterize the tolerance of system frequency to 
active power unbalances. While that aspect is relevant to BPS reliability, and is also an issue that will grow with 
increased penetration of inverter-based resources, it is not related to the subjects discussed in this guideline. 
 
Variable Energy Resources 
The predominant reason the issues highlighted throughout this guideline are more prevalent with variable energy 
resources is that these resources are connected to the grid through power electronic controls. Inverter-based 
resources offer faster, more advanced controls than synchronous machines, but the additional flexibility also adds a 
layer of complexity when it comes to ensuring their reliable operation when interconnected to the BPS. This section 
provides a high-level overview of the types of inverter-based resources3 described throughout this guideline; in 
particular, Type 3 and Type 4 wind turbine generating plants and solar photovoltaic plants.  
 
  

                                                           
3 Battery energy storage systems are also inverter-based resources with full converter controls that are essentially the same as those in solar 
PV plants. These resources are not covered in detail in this guideline since the penetration of these resources on the BPS is relatively low 
(although growing).  

Key Takeaway: 
The control systems of a vast majority of inverter-
based resources rely on the voltage magnitude and 
angle at their terminals to not be largely affected 
by the current injection of the resource for stable 
operation. In this context, electrical system 
strength refers to the sensitivity of the resource’s 
terminal voltage to variations of current injections. 
In a “strong”, voltage and angle are relatively 
insensitive to changes in current injection from the 
inverter-based resource, while this sensitivity is 
higher in a “weak” system. 
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Wind Turbine Generator Technologies 
WPPs consist of many individual WTGs connected through a collector system to a WPP collector substation where 
the voltage is typically stepped up to same voltage as the BPS voltage in which it is connected to. The individual WTG 
ratings are usually in the range of 1 to 5 MVA, and are one of the four major technology types (Figure 1.2): 
 

• Type 1: Fixed speed induction generator 

• Type 2: Variable slip induction generator with variable rotor resistance 

• Type 3: Variable speed doubly-fed induction generator 

• Type 4: Variable speed full converter interface 
 

 
 

Figure 1.2: WTG Technologies and Grid Interfaces [Source: WECC4] 
 
Type 1 and 2 WTGs are induction generators directly connected to the electric power system. Type 1 WTGs are 
induction generators with simple controls and a steep torque-speed characteristic so they operate at nearly constant 
speed and larger units use (relatively slow) blade pitch controls to aid in speed control. Type 2 WTGs vary the rotor 
resistance using power electronics. The (fast) rotor resistance control works with the blade pitch control to control 
speed, improve stability following disturbances, and reduce mechanical stress. It also helps smooth out voltage flicker 
caused by variable output, improving power quality. As induction generators, these WTGs consume reactive power 
                                                           
4 https://www.wecc.biz/Reliability/WECC-Second-Generation-Wind-Turbine-Models-012314.pdf 

https://www.wecc.biz/Reliability/WECC-Second-Generation-Wind-Turbine-Models-012314.pdf
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and require shunt compensation to meet power factor requirements at the point of interconnection (POI). While 
these technologies may still exist, they are relatively older technologies and are not typically being installed in the 
North American market. 
 
Type 3 and 4 WTGs are connected to the grid through some form of power electronic interface that includes an AC-
DC-AC conversion. This inverter interface and fast electronics allow for a much more flexible control of speed vs. 
torque, enables independent control of active and reactive power, provides more efficient conversion of kinetic 
energy to electrical energy, and enables these resources to support steady-state and dynamic voltage control. The 
stator of a Type 3 WTG is directly interfaced with the electric power system while the rotor is connected through a 
power electronic interface allowing for variable speed of the machine and fast control response. Type 4 WTGs are 
connected through a full AC-DC-AC interface, asynchronously isolating the WTG from the system. This requires the 
converter to be fully sized to the rating of the WTG the electric machine which may be an induction generation, 
synchronous generator, or permanent magnet generator that operates at variable speeds. 
 
WPPs, particularly WPPs with Type 3 and 4 WTGs, typically have a plant level control strategy where each individual 
WTG has its own controls to ensure some level of speed-torque, aerodynamic, pitch, and converter controls, and an 
overall plant controller coordinates these turbine level controls to ensure overall stable operation of the entire fleet 
of WTGs. The plant level controls generally use a voltage or MW/MVAR reference and distribute active and reactive 
power set points to each individual WTG, allowing the entire plant to operate with the grid in a coherent way. Figure 
1.3 shows a block diagram of the overall wind plant control functions and how they operate together.  

 
 

Figure 1.3: Wind Plant Controller Block Diagram [Source: WECC5] 
 
  

                                                           
5 https://www.wecc.biz/Reliability/WECC%20Wind%20Plant%20Dynamic%20Modeling%20Guidelines.pdf 

https://www.wecc.biz/Reliability/WECC%20Wind%20Plant%20Dynamic%20Modeling%20Guidelines.pdf
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Solar Photovoltaic Generator Technologies 
Utility-scale solar PV plants are built and designed in a similar fashion to Type 3 and 4 WPPs in that they consist of 
many individual inverter-based resources aggregated up to a central plant-level control system. The PV arrays are 
connected to the grid by a DC bus connected through power electronics and an isolation transformer (Figure 1.4). 
Being fully electronic, these resources have significant control flexibility as a result of the capabilities of the power 
electronics driving the inverters. Similarly, solar PV technology does not involve rotating mechanical parts so any 
mechanical limitations of WPPs that may hinder their control capabilities are not present with solar PV resources. 
Plant-level controls operate in much the same fashion as a wind plant in sharing controls amongst the PV panels 
based on inverter capability, available irradiance, panel status, and grid operating conditions. 
 

 
 

Figure 1.4: One Line Diagram of a Solar PV Plant [Source: WECC6] 
 
Inverter-based resources are particularly susceptible to weak grid conditions for several reasons. First, they have little 
or no inertia in their mechanical systems to provide the synchronizing power inherent in more traditional generation 
forms. Their ability to provide expected real and reactive power is dependent on the electronic controls which 
separate the power source from the grid. These controls in turn depend on a stable voltage reference from the grid. 
As the system is weakened, the voltage reference becomes less stable, and control dynamics and tuning become 
increasingly influential on overall system behavior. The specifics of some of the issues that may be encountered and 
the reasons for them will be covered later in this guideline. 
 

                                                           
6 https://www.wecc.biz/Reliability/WECC%20Solar%20Plant%20Dynamic%20Modeling%20Guidelines.pdf 

https://www.wecc.biz/Reliability/WECC%20Solar%20Plant%20Dynamic%20Modeling%20Guidelines.pdf
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Chapter 1: Qualifying a Weak power System  
 
The ability to identify “weak” systems helps to reliably plan and operate the BPS by understanding potential areas 
where weak grid issues could arise. Weak grids and the challenges associated with them are usually system-specific, 
making blanket interconnection standards or requirements often difficult to apply in a reasonable and fair manner. 
Therefore, it is often more appropriate for planners to use tools, techniques, and approaches to identify weak grid 
and determine if more detailed analyses are required for each interconnection or areas where weak grid issues and 
high penetration of inverter-based resources may occur. Similarly, it is important to understand, where applicable, 
the types of credible system conditions that could drive the grid into a weak condition and result in weak grid issues. 
 
There are a number of different methods in which system strength can be quantified. Each method has its benefits 
and drawbacks, which are described briefly in the following sections. However, some of these metrics are useful 
screening tools to determine potential weak grid conditions or areas.  
 
As described before, the strength of a system is associated to the sensitivity of the inverter-based resource terminal 
voltage to its current injection changes. Hence, the quantification of system strength is related to the equivalent 
impedance seen from resource’s terminals into the BPS for small voltage variations during normal or contingency 
conditions. The indices described in this section can be calculated using short circuit programs to estimate these 
equivalent impedance values. It should be noted that these estimations are not related to the operation of the system 
during any particular short circuit condition. 
 
Short Circuit Ratio (SCR) 
The most basic and easily applied metric to determine the relative strength of a power system is short circuit ratio 
(SCR). SCR is defined as the ratio between short circuit apparent power (SCMVA) from a 3LG fault at a given location 
in the power system to the rating of the inverter-based resource connected to that location. Since the numerator of 
the SCR metric is dependent on the specific measurement location, this location is usually stated along with the SCR 
number. 
 

𝑆𝑆𝑆𝑆𝑆𝑆𝑃𝑃𝑃𝑃𝑃𝑃 =
𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑃𝑃𝑃𝑃𝑃𝑃
𝑆𝑆𝑀𝑀𝑉𝑉𝑉𝑉𝑉𝑉

 

 
Where 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑃𝑃𝑃𝑃𝑃𝑃 is the short circuit MVA level at the POI without the current contribution of the inverter-based 
resource, and 𝑆𝑆𝑀𝑀𝑉𝑉𝑉𝑉𝑉𝑉 is the nominal power rating of the inverter-based resource being connected at the POI. This 
metric was developed as an aid in classical line-commutated converter 
(LCC) HVDC design, and is commonly used by the utility industry to 
quantify system strength. A low SCR area (“weak system”) indicates high 
sensitivity of voltage (magnitude and phase angle) to changes in active and 
reactive power injections or consumptions. High SCR (“stiff”) systems have 
a low sensitivity and are predominantly unaffected by changes in active 
and reactive power injection. The SCR metric is most appropriate when 
considering a single inverter-based resource operating into a relatively 
conventional power system (does not account for the presence of other 
inverter-based resources or power electronic-based equipment 
electrically close to the POI under study (e.g., other WPPs nearby)). 
 
  

Key Takeaway: 
The SCR metric is most appropriate 
when considering a single inverter-
based resource interconnecting to a 
power system. It does not account 
for the presence of other inverter-
based resource or power electronic 
equipment. 



Chapter 1: Qualifying a Weak power System 
 

NERC | Integrating Inverter-Based Resources into Low Short Circuit Strength Systems | December 2017 
2 

Other SCR-Based Metrics 
SCR, as defined above, cannot be easily applied to understand the strength of a grid when multiple inverter-based 
resources are connected electrically close. More specifically, the use of SCR to estimate system strength for an 
inverter-based resource connected close to other inverter-based resources can lead to overly optimistic results. 
Several methods have been proposed to estimate system strength for groups of inverter-based resources connected 
electrically close. These are described briefly below for reference. Refer to the CIGRE technical brochure for more 
detailed examples.  
 
Weighted Short Circuit Ratio7 (WSCR) 
The weighted short circuit ratio (WSCR) has been recently applied in Texas to assist in defining operational limits for 
total transmission of power from inverter-based resources across key power system interfaces. WSCR is defined as: 
 

𝑀𝑀𝑆𝑆𝑆𝑆𝑆𝑆 =
∑ 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑖𝑖 ∗ 𝑃𝑃𝑉𝑉𝑅𝑅𝑅𝑅𝑖𝑖
𝑁𝑁
𝑖𝑖

�∑ 𝑃𝑃𝑉𝑉𝑅𝑅𝑅𝑅𝑖𝑖
𝑁𝑁
𝑖𝑖 �2

 

 
where SCMVAi is the short circuit capacity at bus i without current contribution from non-synchronous generation 
and PRMWi is the MW output of non-synchronous generation to be connected at bus i. N is the number of wind plants 
fully interacting with each other and i is the wind plant index. 
 
Composite Short Circuit Ratio (CSCR) 
Composite short circuit ratio (CSCR) estimates the equivalent system impedance seen by multiple inverter-based 
resources by creating a common medium voltage bus and tying all inverter-based resources of interest together at 
that common bus8. The composite short circuit MVA at the common bus without current contribution from the 
inverter-based resources, CSCMVA, is then calculated. CSCR can then be calculated as 
 

𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 =
𝑆𝑆𝑆𝑆𝑆𝑆𝑅𝑅𝑉𝑉𝑀𝑀
𝑆𝑆𝑀𝑀𝑉𝑉𝑉𝑉𝑉𝑉

 

 
where 𝑆𝑆𝑀𝑀𝑉𝑉𝑉𝑉𝑉𝑉 is the sum of the nominal power rating of all inverter-based resources considered. This method 
calculates an aggregate SCR for multiple inverter-based resources, rather than each resource like the conventional 
SCR approach.  
 
Both the CSCR and the WSCR calculation methods are based on the assumption of strong electrical coupling between 
non-synchronous generation plants. This is equivalent to assuming that all non-synchronous generation plants are 
connected to a virtual POI. In practice, there is usually some electrical distance between each non-synchronous 
generation plant’s POI, and the non-synchronous generation plants will not fully interact with each other. The CSCR 
and WSCR values obtained with this method will typically give a more accurate estimate of the system strength 
compared to SCR values when more than one inverter-based resource is present. 
 
Short Circuit Ratio with Interaction Factors (SCRIF)9 
Other methods have been proposed which more directly account for impedances between the considered plants. 
This is done either through impedance matrix manipulation, or calculated changes in voltage at all other locations 
when reactive power is injected at each location. Although this method is more rigorous and allows consideration of 
                                                           
7 Y. Zhang, S. H. F. Huang, J. Schmall, J. Conto, J. Billo and E. Rehman, "Evaluating system strength for large-scale wind plant integration," 2014 
IEEE PES General Meeting, National Harbor, MD, 2014, pp. 1-5. 
8 Details related to connection of medium voltage buses of different voltages and specifics of using short circuit programs for these estimations 
are described in: Report to NERC ERSTF for Composite Short Circuit Ratio (CSCR) Estimation Guideline, GE Energy Consulting: Fernandes, R., 
Achilles, S., MacDowell, J., January 2015. 
9 This metric is titled “Equivalent SCR” in the Cigre brochure, which is distinct from the classical “Effective SCR” used in LCC HVDC design. 
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each individual wind plant in the presence of the others, it is more difficult to apply as a screening method (for 
example, on the back of an envelope), and may be more difficult to determine what actions should be taken when 
used as an area wide operating screening tool.  
 
SCR with Interaction Factors (SCRIF) has been proposed to capture the change in bus voltage at one bus 
corresponding resulting from a change in bus voltage at another bus. Electrically close inverter-based resource buses 
will have a relatively higher Interaction Factor (IF) than inverter-based resource buses that are electrically separated. 
When multiple inverter-based resources are located very close to each other, they share the grid strength and short 
circuit level; hence, the grid strength is actually much lower than the overall short circuit level calculated at that bus 
or buses. SCRIF captures the voltage sensitivity between inverter-based resources as a screening tool for potential 
controls issues by using inverter-based resource interaction factors, as follows: 
 

𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑖𝑖 =
𝑆𝑆𝑖𝑖

𝑃𝑃𝑖𝑖 + ∑ �𝑆𝑆𝑆𝑆𝑗𝑗𝑖𝑖 ∗ 𝑃𝑃𝑗𝑗�𝑗𝑗
 

 
Where IF is the change in bus voltage at bus i (∆𝑆𝑆𝑖𝑖) for a change in bus voltage at bus j (∆𝑆𝑆𝑗𝑗), as follows: 
 

𝑆𝑆𝑆𝑆𝑖𝑖𝑗𝑗 =
∆𝑆𝑆𝑖𝑖
∆𝑆𝑆𝑗𝑗

 

 
An advantage of the use of SCRIF is that it can be readily amended to cater for any conceivable configuration for 
connection of multiple inverter-based resources.  
 
Application of Metrics using MW vs. MVA 
SCR, WSCR, CSCR, and similar metrics should be carefully applied, understanding the assumptions and limits of each 
metric. For example, if a system is determined to be extremely weak, such that the inverter-based resource is likely 
to have a problem, the equation for SCR immediately presents several mitigation solutions. Increasing the SCMVA at 
the interconnection (increasing the numerator) directly increases SCR. Synchronous condensers, lower impedance 
transformers, and additional interconnecting transmission all increase the short circuit level and generally improve 
weak system behavior. Conversely, decreasing inverter-based resource output (decreasing the denominator) also 
directly increases SCR, and is also effective to improve weak system behavior.  
 
However, in both cases care is needed. Adding synchronous condensers can introduce new modes of angular 
instability, and may also introduce protection and maintenance challenges. Reduction in active power from the wind 
plant (through curtailment) relieves stress on loaded lines and generally improves stability, but can leave a fully rated 
inverter (with associated voltage controls etc.) still actively connected to the same grid. Since SCR generally does not 
consider inverter capacity, but MW output, other inverter-based equipment such as static var compensators (SVCs) 
or flexible AC transmission system (FACTS) devices are generally ignored in these calculations, even though they also 
require a stable voltage for their own power electronic controls. 
 
It is clear that disconnecting half of the units in an inverter-based resource plant may result in the same SCR increase 
as 50% active curtailment, the resulting electrical system is not the same and may respond differently in a weakened 
condition. 
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If applying such a metric as a generic operating procedure (for 
example, WSCR should stay above a given threshold), the 
threshold for WSCR calculated using MVA could be different 
from WSCR calculated using MW. In this case, the WSCR metric 
could be applied both in terms of MW and MVA, as expressed 
below. 
 

𝑀𝑀𝑆𝑆𝑆𝑆𝑆𝑆𝑅𝑅𝑅𝑅 =
∑ 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑖𝑖 ∗ 𝑃𝑃𝑉𝑉𝑅𝑅𝑅𝑅𝑖𝑖
𝑁𝑁
𝑖𝑖

�∑ 𝑃𝑃𝑉𝑉𝑅𝑅𝑅𝑅𝑖𝑖
𝑁𝑁
𝑖𝑖 �2

 

 

𝑀𝑀𝑆𝑆𝑆𝑆𝑆𝑆𝑅𝑅𝑉𝑉𝑀𝑀 =
∑ 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑖𝑖 ∗ 𝑃𝑃𝑉𝑉𝑅𝑅𝑉𝑉𝑀𝑀𝑖𝑖
𝑁𝑁
𝑖𝑖

�∑ 𝑃𝑃𝑉𝑉𝑅𝑅𝑉𝑉𝑀𝑀𝑖𝑖
𝑁𝑁
𝑖𝑖 �2

 

 
Comparison of SCR Methods 
Each of the methods described in the preceding sections has benefits and drawbacks as a screening tool to identify 
weak grid conditions and potential issues with inverter-based resources. Table 2.1 provides an illustrative description 
of the similarities, differences, benefits, and drawbacks of these metrics10. The red ‘X’ represents that the metric 
cannot be applied for the described purpose. One star represents that the metric can be applied with some additional 
effort or processing, or can be applied to a limited extent, and two stars represents that the metric is easily or directly 
applied for these purposes.  
 

 
* e.g., STATCOMs or partial power inverter-based resources 
 
Each metric has benefits and drawbacks in its application for assessing system strength and potential weak grid issues. 
These may include: 

• Simple calculation using short circuit programs: Metric utilizes positive sequence short circuit program for 
primary results. Some simple additional manipulation or post-processing may be required. 

• Accounting for nearby inverter-based equipment: Metric inherently considers the presence of nearby 
inverter-based equipment, particularly if the equipment is very close. 

                                                           
10 Note that WSCR-MW and WSCR-MVA are separated here to illustrate that consideration of MW vs. MVA rated metrics may have different 
benefits; however, this concept applies to all the metrics listed below. 

Simple calculation 
using short circuit 

program

Accounts for 
nearby inverter 

based equipment

Provides common 
metric across a 
larger group of 

VER

Accounts for weak 
electrical coupling 

between plants 
within larger 

group

Considers non-
active power 

inverter capacity*

Able to consider 
individual sub-
plants within 
larger group

SCR
Short Circuit 

Ratio  X X X X X
CSCR

Composite 
SCR    X X X

WSCR-MW
Weighted SCR 

using MW     X X
WSCR-MVA

Weighted SCR 
using MVA      X

SCRIF
Multi-Infeed 

SCR X  X   

Metric

Table 2.1: Comparison of SCR Methods

Key Takeaway: 
The equations for SCR and other SCR-based 
metrics help illustrate why curtailment of 
inverter-based resources under weak grid 
conditions can be used as a mitigation strategy, 
particularly for temporary outage conditions. 
As the active power injection (or capacity) to 
the system increases, SCR and other metrics 
are reduced. By limiting the injection (or 
capacity) into the system, this may help 
increase SCR.  
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• Common metric across large group of inverter-based resources: Metric provides a single consolidated value 
for all the plants within the selected group.  

• Accounts for weak coupling between plants within larger group: Metric is able to consider the isolating 
effect of impedance between inverter-based resource plants, or to consider that each plant may be obtaining 
system strength from different sources. (As opposed to assuming plants are perfectly coupled - essentially a 
single plant). 

• Considers non-active power inverter capacity: Metric accounts for capacity of inverters nearby which may 
require a strong system, but do not generate active power. Examples could be curtailed wind plants, static 
compensators (STATCOMs), or SVCs. 

• Considers individual sub-plants within larger group: Metric provides a system strength value at any number 
of individual buses within a group, accounting for the presence of the others. 

 
Limitations of Screening Metrics  
There are some critical limitations when SCR-based screening tools are used in power systems planning. First among 
these is the wide variety of problems which may be encountered under weak conditions. When the system is 
generally unable to support stable operation as well, the specific limits which will be encountered are very dependent 
on the precise nature of the interconnection. Specific control revisions within a vendor family of controls, specific 
system and outage conditions, and the precise nature of nearby equipment can all determine whether there will be 
a problem at a given SCR or not. The temptation for planners is to apply screening metrics in a general way to 
determine whether their system will operate correctly, while the reality is that weak system issues are usually not 
general but specific. Lower SCR typically increases the likelihood of issues, but often doesn’t predict the exact mode 
of failure or the precise point at which system stability will be compromised. This uncertainty means that usually SCR-
based metrics should be relegated to a high level of screening, and if specific knowledge is required regarding whether 
a given system will operate as expected, more rigorous study is required, often entailing EMT study tools. 
 
Even when used purely as screening metrics, there is a 
temptation for planners to use SCR-based tools to set 
“minimum system strength” criteria. The danger with this is that 
as equipment and control technology evolves, or as different 
types of equipment are mixed, the appropriate threshold 
becomes perilously difficult to set correctly. What is “weak” for 
one manufacturer may not be a problem for another. What was 
“weak” for one manufacturer two years ago may no longer be 
difficult to achieve. The addition of a new piece of equipment 
may (through poor controls, for example) suddenly destabilize 
otherwise very well controlled existing equipment. 
 
Appropriate use of SCR-based metrics 
In general, SCR-based metrics should be used by planners, manufacturers, and developers to obtain a high level 
understanding of the relative impact the interconnecting generator(s) will have on the larger power system. Based 
on that information, and combined with specific knowledge of the equipment (from the manufacturers and 
developers), and specific knowledge of the network (from the planners), further studies may be required to confirm 
whether the plant will operate correctly. 
 

 

 

Key Takeaway: 
While lower SCR typically increases the 
likelihood of potential issues with inverter-
based resources, these methods should be 
used as a screening tool. Weak grid issues 
are system- and equipment-specific and it 
is difficult to define a “minimum system 
strength” criteria that can be applied 
uniformly. The equipment manufacturer 
should also be apprised of which SCR-based 
metric was used by the planning engineer. 
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Chapter 2: Issues Associated with Weak Systems 
 
A number of issues can occur under weak grid conditions. Once these potential conditions have been identified, it is 
useful to understand the different types of issues that have been observed and how these issues may be mitigated. 
All issues should be addressed in close coordination between the TP, Planning Coordinator (PC), GO, and 
manufacturer of the generating resources under consideration. These issues are relatively complex and this close 
coordination helps ensure all entities develop the most effective and efficient solution to the problem(s). This chapter 
provides an overview of some of the issues that may be encountered under weak grid conditions, particularly for 
inverter-based resources. Appendix B provides some illustrative examples of actual weak grid interconnection issues. 
 
Classical Voltage Stability in Weak Grids 
Weak grid issues have been addressed by transmission planning engineers in different aspects for many years. One 
relatively well understood aspect of weak grids is steady-state voltage stability, which relates to how much the system 
voltage changes (dV) relative to changes in real or reactive power flow (dP or dQ) across the network. The change in 
system voltage compared to real or reactive power flow (dV/dP or dV/dQ) are well known measures quantifying grid 
voltage stability. The amount of reactive loss in the network is proportional to the square of the current (I2). The 
amount of voltage drop across the network is also based on the magnitude of current flowing through it. Network 
elements (e.g., transmission lines, transformers, and cables) are inherently lossy during periods of high power 
transfer due to their relatively high leakage and series reactance properties, ultimately lowering system voltage. 
During periods of lower demand, transmission line or cable shunt susceptance (also known as line charging) 
dominates and adds to the overall system reactive power supply, raising the voltage.11  
 
When the grid is strong, there are a relatively large number of online synchronous machines providing a substantial 
amount of available short circuit current and reactive support to the network. In a strong grid, the system series 
impedance is relatively low and the voltage is relatively constant vs. load level. That is, as power flow increases in a 
strong grid, dV/dP and dV/dQ is small. However, a weak grid has a comparably small availability of short circuit current 
(either due to fewer online synchronous machines or a higher network impedance due to long transmission lines and 
multiple voltage transformations). This low short circuit availability causes higher dV/dP and dV/dQ sensitivity, and 
these sensitivities increase as the electrical network becomes weaker (i.e., higher risk of voltage collapse).  
 
The increased active power variability of inverter-based resources, their connection to weak grid locations, and the 
nature of their inverter controls can result in potential weak grid issues that may not generally be studied (or as 
closely considered) as synchronous resources. Figure 3.1 shows two illustrations of grid strength and control modes 
and how they may impact voltage stability.  

• The left figure illustrates the impact that control modes can have on grid performance in a relatively strong 
grid. For a given installed rating of the generating resource, the constant power factor (unity power factor in 
this example) is unable to maintain voltage as strongly as the same resource in voltage control mode. While 
this is expected, this is an important concept and similar to the requirements put forth in FERC Order 82712. 
In both cases, the voltage does not sag all that much in the strong grid case as load level is increased, but 
closed-loop dynamic voltage control of the POI and supply of reactive power to maintain voltages does a 
better job of supporting grid voltage during steady state operation. For inverter-based resource plants (as 
with any new generator following FERC Order 82713), closed-loop voltage regulation is an essential reliability 
service for the BPS.  

                                                           
11 Overvoltage issues at weak points of interconnection are often easily overlooked, in part because planning cases often do not represent 
actual light load conditions. Also, actual system voltage measurements may not be available until after a POI substation is constructed (for 
example looping a new POI substation into the middle of a long transmission circuit). 
12 See FERC Order 827 “Reactive Power Requirements for Non-Synchronous Generation”, Docket No. RM16-1-000, June 16, 2016. 
13 Federal Energy Regulatory Commission, Order No. 872, 16 June 2016. Available: http://www.ferc.gov/whats-new/comm-
meet/2016/061616/E-1.pdf 

http://www.ferc.gov/whats-new/comm-meet/2016/061616/E-1.pdf
http://www.ferc.gov/whats-new/comm-meet/2016/061616/E-1.pdf
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• The right figure illustrates the impact of power transfer on voltage in weak grids and how the different control 
points enable more active power transfer and a more stable local power system. The plot shows the PV curves 
under voltage control mode (green) and power factor control mode with various set points. As more power 
is transferred across the system in this weak grid scenario, dV/dP becomes larger. To support the grid voltage 
in these cases, shunt capacitor banks are switched on to discretely add reactive power and extend the power 
transfer capability, hence the spikes in the plots. Voltage control mode is able to stably support the most 
active power transfer across the system and also maintains a steady system voltage at higher power transfers. 
Conversely, power factor control mode at unity causes a quick degradation in system voltage for increased 
power transfer since the system requires an exponentially higher amount of reactive power for this case. 
Decreasing power factor levels (i.e., pf = 0.99, 0.98, 0.97) delivers more reactive power to the grid and result 
in high voltage conditions since the system is unable to accommodate the increasing reactive output at higher 
active power levels. In all power factor modes, the steepness of the PV curve and instability points are at 
relatively higher voltages than the voltage control mode. 

 

 
 

Figure 3.1: Illustration of Grid Strength, Voltage Stability, and Wind Plant Control  
[Source: GE] 

 
With inverter-based resources, output variability (e.g., changes in cloud cover or wind speed) may illuminate potential 
voltage issues that could arise in a classical voltage stability sense. Synchronous generation is typically held at 
constant active power output and ramped relatively slowly. Daily load changes can drive some instability issues, and 
those can be dealt with accordingly on a relatively slow basis. Individual inverter-based resources, on the other hand, 
can ramp output very quickly depending on available input power. This variability, coupled with the load profile, can 
exacerbate voltage stability risks. This can be further complicated by network topology changes, planned or forced 
outages, etc. While the system is planned for N-1 security, weak grid issues can materialize under a wide range of 
conditions, particularly under outage conditions. It is critical to have closed-loop voltage control for all grid-connected 
inverter-based resources, particularly in weak areas of the grid.  
 
This issue of classical voltage stability is relevant and important to consider regardless of the source technology. 
However, it is not the only issue to be resolved. Separately, control stability is also an important issue to resolve in 
weak grids that have power electronic sources.  

Control Interactions and Control Instability 
Control interaction refers to any interaction of control systems between elements on the BPS. This term is typically 
associated with power electronic-based generation interacting with other power electronic resources such as 
generators and FACTS devices, but also conventional generation and non-power electronic-based devices such as 
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series capacitors or switched shunt devices. Control interaction is more prominent in weak grid areas because each 
device attempting to control a specific electrical quantity or point on the BPS has more impact on other devices. 
Conversely, in strong (“stiff”) parts of the system, each device has little overall impact in changing that quantity and 
therefore little impact on other devices. 
 
Control Instability 
“Control instability” encompasses a broad spectrum of phenomena when applied in power systems, but one of the 
important modes of instability in weak systems relates to interactions between fast, high gain controllers of power 
electronic resources such as wind (Type 3 and Type 4) or solar plants and relatively high impedances connecting the 
resources to the power system. In general, the open loop gain as experienced by the interacting controllers is higher 
when they are connected and operated in weak AC systems, making them more susceptible to control instability 
(sometimes referred to as “small signal14” instability). These instabilities may result in growing or erratic oscillations 
that have negative consequences to grid reliability such as unit tripping, flicker or power quality concerns, and 
ultimately potential human safety concerns or damage to equipment. Small signal stability concerns such as these 
are usually functions of the linear control regions and the network impedance, and are often characterized by 
oscillations occurring in the absence of any disturbance. 
 
Figure 3.2 shows an example of a wind turbine connected to a test system where the SCR is gradually decreased by 
increasing the impedance between the WPP and the simulated bulk system. At some point, every conventionally 
controlled wind plant will reach a minimum SCR, below which its controls will experience instability.  

                                                           
14 “Small signal stability” term is often used to describe electromechanical oscillations that occur between synchronous machines or groups of 
synchronous machines in the BPS. In this guideline, “small signal stability” is used differently and refers to instabilities or oscillatory behavior 
of fast controls in PV converters, WTGs, plant controls, or dynamic compensation equipment. In this case, the instability is triggered by small 
perturbations associated with normal operation of the BPS (line switching, capacitor/reactor operation, etc.). 
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Figure 3.2: WPP Control Instability Example for Weak Grid  

[Source: Electranix] 
 
Other Modes of Control Instability 
Other modes of instability become more common as the system is weakened, depending on specific control and 
protection configurations of individual plants. These can include non-linear controls or control-mode changes which 
activate during system disturbances or external events. 
 
Figure 3.3 shows an example of control instability at a wind plant connected to a weak grid. Following a fault, the 
plant enters a separate ride-through control mode, where active power is reduced and quickly ramped back up 
following fault clearing. However, as the active power ramps, the reactive support available from the inverter is 
unable to support the voltage due to the high impedance between the plant and the larger grid, and voltage collapses. 
This causes the plant to re-enter ride-through mode and reduce its active power, which in turn allows the voltage to 
recover, and the cycle repeats, causing severe voltage oscillations to propagate through the system. 
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Figure 3.3: Example of Control Instability (Mode Cycling) at Wind Plant Connected to Weak 
Grid [Source: Electranix] 

 
Figure 3.4 shows an example of control instability at a wind plant connected to a weak grid. Following a fault, the 
plant enters a separate ride-through control mode, where active power is reduced and quickly ramped back up 
following fault clearing, as in the prior example. However, the plant is unable to find a stable post fault operating 
point in the weakened system, and following several severe oscillations, the plant trips. 
 

 
 

Figure 3.4: Example of Control Instability at Wind Plant Connected to Weak Grid  
[Source: Electranix] 

 
These types of control interactions and instabilities are often not detectable using positive sequence simulation tools 
since these models usually do not represent the fast inner controllers that are responsible for the unstable modes. 
More complex studies using EMT tools may be required to identify control interactions or control instability for power 
electronic resources connected to weak grids. Furthermore, utilities with power electronic resources connected to 
weaker parts of the grid should be aware of these types of control interactions and should be proactive in identifying 
and mitigating these types of issues so as to ensure reliable operation of the BPS and avoid any unnecessary 
oscillatory behavior and/or plant tripping.  
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Disturbance Ride-Through Capability 
Ensuring ride-through capability and coordinated controls during abnormal grid conditions is essential for effectively 
integrating inverter-based resources into weak grids. Two aspects related to ride-through include meeting Reliability 
Standard requirements related to voltage and frequency protective relays, as well as stability of the phase lock loop 
(PLL) and inverter-based resource response to any PLL issues.  
 
Ride-Through Requirements 
NERC Reliability Standard PRC-024-2 describes how generator protective relays should be set such that generating 
units remain connected during frequency and voltage excursions (see Figures 3.5 and 3.6). The curves specify a “No 
Trip Zone” where the BES resources should not trip within the specified time durations. Outside this specified region, 
BES resources may remain online to support grid reliability to the best extent possible. There is no explicit 
requirement for BES resource to trip; this is driven by plant protection requirements and local grid reliability issues. 
 
Within the “No Trip Zone”, resources are not permitted to “trip” or disconnect from the grid. Inverter-based resources 
typically incorporate a Momentary Cessation (“block”) mode where they cease to supply current to the grid. Inverter-
based resources should support the grid during fault conditions by supplying active and reactive current to the best 
extent possible within their inverter capability. Momentary cessation should be used as sparingly as possible, and 
current injection should resume immediately following fault clearing in most cases. The concept of momentary 
cessation contradicts the general intent of PRC-024-2 to ride through abnormal conditions to continue operation and 
injection of active and reactive power (according to grid conditions and unit capabilities). The misinterpretation of 
PRC-024-2 standard requirements by asynchronous resources warrants a revisiting of PRC-024-2 to clarify these 
issues15. 
 
Balancing the contribution of active and reactive current with the grid needs of voltage and frequency response may 
require detailed studies of inverter capability and coordination with the inverter-based resource manufacturer. 
While, in general, priority should be given to reactive current to ensure local voltage stability and maintaining voltages 
within acceptable limits during the transient timeframe and post-contingency steady-state, this should be 
coordinated between the TP, PC, GO, and manufacturer. Any inverter momentary cessation should be reserved for 
severe fault (zero voltage) conditions, and inverters should be capable of fast resumption of active and reactive power 
control once the fault condition has been cleared, depending on the energy and frequency requirements for the area. 
Manufactures should design their equipment such that it reliably supplies current to the grid within the "No Trip 
Zone" of the PRC-024-2 ride-through curves. Any local interconnection requirements should be met in addition to 
the PRC-024-2 requirements.  
 
Voltage and frequency ride-through is critical under weak grid conditions for the following reasons: 
 

• Weak grids experience a high sensitivity of voltage to changes in power (i.e., higher dV/dP, dV/dQ), and are 
more prone to potential voltage collapse conditions. Attempting to push active current during low voltage 
conditions could further degrade system voltage and result in collapse. Reactive current should be given 
priority during fault conditions in these weak grid conditions; however, studies should ensure that reactive 
current contribution during fault conditions does not cause voltage overshoot or other problems that could 
trip the inverters.  

• Weak grids are indicative of a lack of synchronous generators or transmission in the local area. Tripping of 
inverter-based resources during abnormal voltage and frequency excursions would further exacerbate issues 
of grid support. 

                                                           
15 See the Disturbance Report developed by a NERC/WECC task force to explore fault-induced solar loss events. Available: 
http://www.nerc.com/pa/rrm/ea/1200_MW_Fault_Induced_Solar_Photovoltaic_Resource_/1200_MW_Fault_Induced_Solar_Photovoltaic_R
esource_Interruption_Final.pdf. 

http://www.nerc.com/pa/rrm/ea/1200_MW_Fault_Induced_Solar_Photovoltaic_Resource_/1200_MW_Fault_Induced_Solar_Photovoltaic_Resource_Interruption_Final.pdf
http://www.nerc.com/pa/rrm/ea/1200_MW_Fault_Induced_Solar_Photovoltaic_Resource_/1200_MW_Fault_Induced_Solar_Photovoltaic_Resource_Interruption_Final.pdf
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• Tripping of inverter-based resources could result in high voltage conditions due to loss of power transfer, 
which could result in cascading outage of inverter-based resources and further voltage rise.  

 

 
Figure 3.5: PRC-024-2 Voltage Ride-Through Curve 

 

 
Figure 3.6: PRC-024-2 Frequency Ride-Through Curve 
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Phase Lock Loop Stability 
 The majority of inverter-based resources use a PLL to synchronize to the grid. Figure 3.7 shows a generic inverter 
schematic and how the PLL is a key component of the overall control system between the network and the inverter. 
The inverter operates in a “grid following” fashion by deriving the grid phase and frequency using a closed loop 
control system (Figure 3.8). The PLL voltage phase estimation is used to derive the d- and q-axis voltages and currents 
that are fed to the control algorithms. Similarly, the PLL voltage phase estimation is used to convert the control action 
(i.e., converter modulation) from d-q to phase quantities. Inaccurate PLL system voltage phase angle results in 
inaccurate control of the inverter-based resource active and reactive power. Following clearing of a fault, the PLL 
should regain synchronism sufficiently fast in order to control reactive power to maintain system voltage. In the short 
period (1-2 cycles following a fault), this critical PLL function becomes even more difficult in weak systems, as the 
phase angle may have shifted drastically, and the post fault voltages may be especially noisy. Inverter manufacturers 
should ensure PLL stability and the ability to withstand large changes in phase that are typically experienced under 
EHV fault conditions. Actual PLL functionality is 
often considered by manufacturers to be 
proprietary information, supported by internal 
research. However, this consideration should 
also be balanced against the requirement for TPs 
to understand the characteristics of the 
resources connected to the BPS. Transient 
stability models do not represent the PLL in 
detail, and this is a major limitation for studying 
integration of inverter-based resources in weak 
systems. This issue supports the need for 
appropriate models to perform detailed EMT 
studies for weak grid conditions. 

 
 

Figure 3.7: Generic Inverter Control Schematic [Source: EPRI] 
 

Key Takeaway: 
The PLL is used to synchronize to the grid using a fast 
closed loop control system. The PLL estimates voltage 
phase and derives d- and q-axis voltages and currents fed 
to the control algorithm. These controls are typically not 
modeled in the generic positive sequence models used for 
bulk grid studies. However, some detailed positive 
sequence models may include a PLL control system 
representation. Future work may explore incorporating 
some form of PLL logic into the generic models. EMT 
modeling can capture PLL dynamics in much more detail.  
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Figure 3.8: Common PLL Structure – Synchronous Frame [Source: EPRI] 
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Chapter 3: Planning Study Considerations 
 
The following sections describe useful considerations that TPs and PCs should make when studying integration of 
inverter-based resources to the BPS. 
 
Transient Stability Limitations 
Transient stability simulation tools are widely used in planning applications to evaluate stability of the BPS. These 
tools are effective in predicting disturbance response, generator stability, voltage stability, load dynamics, and many 
other phenomenon for most applications. However, as the penetration of inverter-based resources grows and the 
prevalence of weak grid interconnections becomes more important, these tools may encounter limitations which 
should be well understood by those who use them. Some considerations that should be made with respect to weak 
grids studies using transient stability tools include: 
 

• Validity for Phenomena Slower than 5 Hz: “Transient stability programs use simplified generator models 
ignoring the dynamics of stator flux. In addition, the transmission network is modeled using a constant bus 
admittance matrix calculated for the power frequency. Due to these simplifications, any oscillations above 
the range of electromechanical oscillations (up to 5 Hz) produced by a transient stability program are not 
reliable.”16 Subsynchronous phenomena or harmonic effects due to switching or controls are not accurately 
represented using these models. 

• Positive Sequence-based: Positive sequence RMS quantities are typically calculated in these tools. The effect 
of DC current components, as well as zero and negative sequence components are usually neglected in these 
calculations. Some of the limitations of these approximations are commonly understood for unbalanced 
conditions (for example, the negative sequence aspects may become relevant for evaluating limitation of 
overvoltages in unfaulted phases during unbalanced faults). Zero sequence aspects may not be critical 
because the transformer connection group in the inverter-based systems often isolates the zero sequence 
system in the inverter-based resource from the BPS, but this may require additional review.  

• RMS-based: Phasor-based tools require that the power system electrical quantities be represented as 3-
phase rms quantities. The operation of protection systems is highly dependent on how measurement is 
modeled; there may be limitations in transient stability tools on measurement delays. Measurement, in 
general, must be approximated in these models, as the rms quantities are inherent to the transient stability 
tools (instantly available), while in the real controls they must be calculated from phase quantities. 
Additionally, the unique individual phase dynamics implicit in a severe contingency event such as a fault may 
not be captured, and this can result in different behavior from control elements which use these phase 
quantities, such as instantaneous phase-based protection circuits and synchronization controls (PLL details).  

• Large simulation time step: A typical power electronic converter contains control loops and algorithms with 
very fast response times – faster than can be represented with the relatively large simulation time steps used 
in transient stability programs. These control loops include PLL controllers and inner current loop controllers, 
are often key drivers of instability modes in weak systems (such as small signal instability modes), and govern 
the ability of the plant to maintain synchronism and quickly provide grid support. If a smaller time step in the 
transient stability tools can more accurately represent the controller, then the time step may be reduced for 
the simulation; however, this may cause numerical issues with the simulation and the time step often cannot 
be reduced to a sufficiently small interval to capture the dynamics necessary for weak grid stability studies.  

• Convergence issues: The iterative nature of the transient stability and powerflow calculations can be 
challenging in weak systems, manifesting in convergence problems as the system becomes very weak. This 

                                                           
16 WG B4.62, “Connection of Wind Farms to Weak AC Networks,” Cigré Technical Brochure 671, December 2016.  
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aspect in some cases is driven by limitations of specific models and not the tool itself, but can prevent proper 
analysis.  

• Limited converter electrical representation: Depending on the sophistication of the model, internal 
converter electrical representation is simplified. For example, the converter DC bus (including associated bus 
voltage protections, choppers, and controls) may be assumed to be infinitely strong. Likewise, interfaces and 
controls relating to the inverter-based resource energy source are often approximated or ignored, where 
these elements can in some circumstances influence the converter behavior. 

 

 
 

Figure 4.1: Comparison of Fault Response between Transient Stability and EMT Models 
(Modified from public ERCOT Panhandle Study Report) [Source: Electranix, ERCOT] 

 
Manufacturers of modern inverter-based equipment have 
in some cases gone to considerable lengths to overcome 
some of the above limitations and often use creative 
approximations to provide the best possible representation 
of their specific equipment using user-defined models. 
However, for some phenomena these tools are not 
appropriate, and as interconnecting systems become very 
weak, most manufacturers will recommend using EMT tools 
to confirm equipment behavior or validate the transient 
stability results.  
 

Electromagnetic Transient Models  
In very weak system interconnections, planners and manufacturers may deem more detailed analysis to be necessary 
using EMT simulation tools. EMT simulation programs have in common a key distinction from phasor-based transient 
stability models. Power-flow and transient stability programs iteratively solve a system of equations to satisfy a set 
of constraints in the phase domain. EMT software solves systems of differential equations which describe the three-
phase electrical network in the time domain, allowing unbalanced faults, harmonics, fast transients, and other effects 
to be modeled. In addition, extremely high levels of detail may be used in modeling the fast controllers which are 

 

Key Takeaway: 
The above approximations typically result in 
increasing differences between the positive 
sequence, phasor-based simulation methods, and 
the EMT simulations as the system strength 
becomes lower. This can lead to misrepresentation 
of ride-through performance, false stability 
evaluations, or failure to predict control 
interactions. 
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used in real equipment converters, capable of capturing the very fast time constants used in current controls and 
switching algorithms. In many cases, the actual firmware code used in the power electronic devices may be inserted 
as-is into the model, eliminating most modelling approximations and approaching perfectly accurate control 
representation under transient conditions.  
If it is determined that EMT studies are required, this very high level 
of detail is necessary, as the control modes which lead to the weak 
system issues described above are critically dependent on the 
specific control implementation (including PLL, inner current 
controls, specific protection implementation, etc.). Use of “generic” 
or “typical” EMT models is usually not recommended, as they cannot 
predict with accuracy the specific issues which may be encountered. 
If conventional transient stability models are not sufficiently 
accurate, detailed EMT models are required. 
 
In some cases, it is useful to validate transient stability models using detailed EMT models (particularly in systems 
which are “marginally weak”), to provide justification to the planners that their standard transient stability models 
and studies are accurately predicting performance.  
 
An example set of requirements for EMT models is shown in Appendix A. 
 
Study Model Recommendations 
The increasing penetration of inverter-based resources and potential weak grid issues drives the need for TPs to 
understand where weak grid conditions may be a concern and ensure accurate and representative models are 
available to study the impacts inverter-based resources may have on grid reliability, and vice versa. Planners are 
recommended to use the screening methods outlined in this guideline to identify areas where weak grid conditions 
may be a concern. Once these areas are understood, modeling requirements should be put in place that clearly define 
the types of models, list of acceptable models, and intended use of these models. The following concepts should be 
considered when developing these requirements: 
 

• Generic Positive Sequence Stability Model: A generic model used for interconnection-wide modeling should 
be required for every resource seeking interconnection to the BES. Generic models are expected to accurately 
represent the general dynamic behavior of the inverter-based resources, and should be benchmarked to 
more detailed models by the manufacturer, to the best extent possible. These generic models should be part 
of the standard model library within the commercial software platforms, and should also conform to the data 
requirements specified by the TP and PC under NERC Reliability Standard MOD-032-1.  

• Detailed Positive Sequence Stability Model: Interconnection stability studies (e.g., System Impact Studies) 
should use the most detailed model available for the study being performed. These studies are often positive 
sequence transient stability analyses. Detailed models from the inverter-based resource manufacturer 
should be provided for these studies to ensure stability and security of the BES prior to connection of these 
resources. It is very important that these models be developed to a sufficient quality, with appropriate 
documentation, to allow for dependable use in system studies. 

• Electromagnetic Transient Model: In the event that a weak grid condition has been identified, or a possible 
weak grid condition may occur in the future, EMT models should also be required from the GO. The EMT 
models should follow the considerations listed in Appendix A. 

 
Sharing EMT models usually requires confidentiality agreements between the manufacturer and data owners and 
users. These types of models are used for detailed local studies; however, the data sharing and software support 
for these models create challenges from an interconnection-wide modeling perspective. Transient stability models 

Key Takeaway: 
Use of “generic” or “typical” EMT models 
is usually not recommended, as they 
cannot predict with accuracy the specific 
issues which may be encountered. If 
conventional transient stability models 
are not sufficiently accurate, detailed 
EMT models are required. 
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typically do not have the same degree of confidentiality restrictions (i.e., user-defined transient stability models 
may still require a confidentiality agreement). Hence, these models, particularly the generic models, are used for 
larger system modeling purposes. 
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Chapter 4: Coordination and Potential Solution Options 
 
There are a number of potential solutions that can be considered and deployed to address weak grid conditions. 
Some of the solutions can mitigate the weak grid condition from occurring entirely. Others help support the 
integration of inverter-based resources under the weak grid conditions. In either case, the potential reliability risks 
described previously can be minimized. Similar to the weak grid issue, the solutions deployed are dependent on the 
system characteristics for each inverter-based resource interconnection, as well as the manufacturer capabilities of 
the inverter-based resource. Coordination and engagement with the manufacturer is critical to identify the best 
solution for each potential given weak grid issue. 
 
Manufacturer Involvement 
Manufacturers play an integral role in the design of WTG and plant performance and should be incorporated into any 
discussions around weak grid conditions. The most important aspect of identifying and mitigating issues with inverter-
based resources in a weak grid is coordination and communication between the TP, GO, and equipment 
manufacturer. Increased coordination between these entities helps ensure any weak grid issues that may arise can 
be addressed and mitigated effectively. The following considerations are useful when interacting with manufacturers: 
 

• Short Circuit Thresholds: The manufacturers should understand what a “weak grid” is for their equipment 
and controls, and should be able to clearly articulate this to the TP. TPs should request documentation and 
demonstration that the equipment to be installed on the system can meet the performance specifications 
under the expected low short circuit levels. The manufacturer may need additional information to 
understand how the SCR-based metric was used and applied. Detailed EMT simulations or comparable 
manufacturer information should be provided to the TP to clearly illustrate that the PV converter or WTG 
product has a stable performance in similar system strength conditions. This should include the ranges of 
system strength that the equipment can tolerate and operate as designed (e.g., ride-through). Prior to 
commercial operation and as part of the planning evaluation, TPs should have an understanding of the 
controls design, expected performance, and demonstrated results showing this performance. TPs should not 
simply ask for the ‘acceptable’ SCR level from manufacturers; rather, a bidirectional engineering conversation 
should address these considerations.  

• Control Design: Operation of inverter-based resources in weak grid conditions can be an important 
consideration in the control design for manufacturers. In the design process, manufacturers evaluate the 
capability to comply with performance requirements with different system strengths for predefined product 
configurations. It should be noted that at the product design stage, the specific BPS topology and 
characteristics of all future inverter-based resource applications with this product are unknown. In this 
context, manufacturers can characterize applications with system strength levels that are well covered within 
the design processes. For example, strong and weak system strength may be well within the design 
verifications. 

• Additional Inverter-Based Resource Studies: Manufacturers may also suggest low system strength levels 
where additional inverter-based resource application studies may be required to complement the product 
performance design verifications. For example, for very weak system strength, a manufacturer (or TP) may 
recommend to evaluate the performance in a detailed EMT study, particularly early in the interconnection 
process. 

• Performance Requirements: There is no industry standard for what strong, weak, or very weak system 
strength means. This characterization is useful for comparison with the design criteria of the product under 
consideration. The different control technologies used in the industry can result in a wide range of capabilities 
related to weak grids. Early dialogue with the manufacturers related to the application characteristics will 
typically reduce potential weak grid issues. 
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It is recommended that planners, developers, and 
consultants characterize the system strength of an 
inverter-based resource application and discuss with 
the manufacturer potential performance concerns. 
The analysis and product configuration to mitigate 
issues integrating inverter-based resources into very 
weak grids requires understanding of the power 
electronic controls and capabilities, operational 
understanding of how the plant will perform, and 
understanding of the specific equipment used in each 
application.  
 
 
Potential Solution Options 
Potential solution options to mitigate issues associated with weak grids include: 
 

• Synchronous condenser: Synchronous condensers are often the primary solution for weak grid issues, 
primarily due to the multifaceted benefits from these resources. Some of the benefits include large capability 
to supply fault current (higher short circuit capacity), increased system inertia, voltage capability and 
improved voltage stability, and other power quality improvements. This solution is particularly useful in 
situations where synchronous resources are being retired (or being considered for retirement) since there 
are a number of options that can be explored. New synchronous condensers can be installed or the existing 
unit(s) may be able to be used as synchronous condensers.  

• Plant Control Changes: In some cases, changes to the plant control system(s) may alleviate weak grid issues. 
Time constants and gains may be adjusted to reduce the risks of unstable response under weak grid 
conditions. Voltage control strategies such as reactive droop can be deployed to minimize inter-plant control 
interactions. These changes are system specific and should be determined in close coordination between the 
TP, GO, and manufacturer. The evaluation of these changes can be time consuming, and may not be a viable 
option in the timeframe needed for maintaining grid reliability (e.g., interconnection study process, necessary 
maintenance outages, etc.). 

• Converter Control Changes: In some cases, changes to the power electronic controls in WTG or PV converters 
may alleviate weak grid issues. These changes can consist of modifications to control parameter values 
and/or modifications to the control structures. These modifications may require complex engineering efforts, 
but can avoid the need to add equipment to the project. Not always weak grid issues can be fully addressed 
with converter control changes. In some cases the required changes may be significant and impractical 
modifications to the selected products. Terminal voltage control or PLL enhancements are examples of 
potential control modifications in weak grid systems. These changes should be determined in close 
coordination between the TP, GO, and manufacturer. 

• Reduction in Plant Capacity or Power Output: Short circuit ratio and potential negative impact of an inverter-
based resource can have on the BPS can be improved by either reducing the plant capacity or limiting plant 
output. As the capacity or output reduces, the SCR will increase; similarly, any sensitivities to active or 
reactive power output will be reduced by the reduction in plant capacity or output. Other solution options 
may be more applicable in the planning stages; however, this may be the only viable short-term solution if 
weak grid conditions are encountered in real-time or near real-time. Restricting plant output under specific 
operating conditions may be used as a bridge strategy until a longer-term solution such as reinforcement or 
controls improvements can be implemented. In cases where the SCR is so low that the transfer of power is 

Key Takeaway: 
TPs, PCs, and GOs should coordinate with the 
manufacturer of the inverter-based resource to 
characterize the system strength, understand potential 
performance concerns, and develop necessary 
solutions. Manufacturers should ensure that their 
equipment will reliably operate during potential weak 
grid conditions. Further, the TP and PC should ensure 
sufficient justification from the manufacturer that any 
potential weak grid issues have been addressed prior to 
interconnection. 
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unfeasible during a particular N-1 condition (i.e., SCR well below unity), inverter-based resource output may 
need to be reduced rapidly to avoid system instabilities. In such cases, the TP, GO, and manufacturer may 
need to agree on an operating plan that reduces the power output of the inverter-based resource under 
certain operating conditions where the critical contingency could result in weak grid issues or during all 
operating condition depending on the complexity of the situation and the ability of the operator to manage 
these conditions and ensures stability and BPS reliability. 

• Transmission Reinforcement: Transmission system reinforcement (e.g., line reconductoring, new 
transmission circuits, new or larger transformers) can increase SCR at the point of connection of the inverter-
based resource, particularly when coupled with system upgrades necessary to accommodate the capacity of 
the new generating resource in the weak system area. Series compensation can also mitigate some aspects 
of weak grid operation and can be an effective way of mitigating the need to build additional lines. Care 
should be taken in using series compensation for transmission of inverter-based resources, as it introduces 
the risk of sub-synchronous oscillation phenomena. 

• FACTS Devices: FACTS devices such as SVCs and STATCOMs can help control BPS voltages by providing 
dynamic reactive support. This may help in controlling voltage fluctuations under weak grid conditions as 
well as help with transient ride-through capability. However, these devices have fast control loops that can 
interact with inverter-based resources on weak grids, are limited in their contribution to fault current (similar 
to an inverter-based resource) and do not provide any system inertia. Battery energy storage systems are 
becoming more common, and may be able to provide fast frequency response and mitigation for voltage 
control instabilities. However, care should be taken as these devices may also be subject to weak grid 
instabilities depending on their control philosophy. 
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Chapter 5: Conclusion 
 
Most inverter-based resource control systems rely on the voltage magnitude and angle at their terminals to not be 
largely affected by its current injection for stable operation. System strength refers to the sensitivity of the terminal 
voltage of the inverter-based resource to variations of current injections. Weak grid conditions with a higher 
sensitivity are a key consideration when integrating inverter-based resources to the BPS.  
 
Weak grids are typically system-specific and require system-specific studies and solutions. It is important for TPs to 
apply appropriate tools, techniques, and simulation approaches in weak grid systems and higher penetration of 
inverter-based resources. To identify these systems, a number of SCR-based metrics have been developed by the 
industry. The benefits and drawbacks of each method, as well as a high-level description of how to apply the method, 
are provided in this guideline. There is no specific short circuit threshold one can consider as a “weak grid”, so 
understanding system short circuit levels, and engaging with the GO and manufacturer of the inverter-based 
equipment is key to reliably planning and operation under these weak grid conditions.  
 
The most important aspect of identifying and mitigating issues related to integrating inverter-based resources into 
potentially weak grid conditions is coordination and communication between the TP, GO, and the equipment 
manufacturer. With increasing penetration of inverter-based resources, a number of issues may manifest and have 
been discussed in this guideline to raise industry awareness along with the means by which to study these issues. 
Controls instability, control interactions, small signal instability, and classical voltage stability issues are more 
prominent in weak grids. This guideline provides a description of each phenomenon, as well as some illustrative 
examples of weak grid issues that have been experienced by grid operators across North America. Simulation tools 
and their inherent limitations should be understood by the planners identifying potential weak grid conditions. 
Conventional positive sequence, phasor-based simulation tools may not be able to capture some of the weak grid 
issues described in this guideline. More advanced EMT modeling may be required in certain situations, and these 
models should be provided by the GO to the TP for any potential weak grid area of the system.  
 
Solutions to weak grid issues are also system specific and will depend on the weak grid issue identified, the local grid 
characteristics, and plant control capabilities. Potential solution options are described briefly in this guideline to 
provide TPs with a suite of options to explore in more detail.  
 
The changing resource mix and increasing penetration of inverter-based resources are driving parts of the BPS 
towards “weak grid” conditions. This guideline serves as a high-level overview of how to identify potential weak grid 
conditions, considerations TPs can make when studying these types of systems, and potential mitigation techniques 
to ensure a reliable BPS when interconnecting inverter-based resources to weak grids. The recommendations are 
based on industry experience during the interconnection planning process and experience operating inverter-based 
resources in weak grids. 
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Appendix A: Requirements for EMT Modeling 
 
Specific modeling requirements for an EMT study depend on the type of study to be performed. An EMT study that 
may cover topics such as weak system interconnection, ride-through evaluation, voltage control and event response, 
control interactions with nearby devices, and islanding performance should require a model that has the 
characteristics17 described in the following sections. 
 
Model Accuracy Features 
For the model to be sufficiently accurate, it should: 

• Represent the full detailed inner control loops of the power electronics. The model should not use the same 
approximations classically used in transient stability modeling, and should fully represent all fast inner 
controls as implemented in the actual equipment. It is possible to create models which embed the actual 
hardware code into an EMT model component, and this is the recommended type of model.18 19 

• Represent all control features pertinent to the type of study being done. This may include external voltage 
controllers, plant level controllers, customized PLLs, ride-through controllers, subsynchronous control 
interaction (SSCI) damping controllers, weak grid options, or other types of controls. Actual hardware code 
is recommended to be used for most control features. Operating modes that require system specific 
adjustment should be user accessible. In some cases, plant level voltage control should be represented along 
with adjustable droop characteristics. If the plant level controllers are very slow, these may be approximated 
using constant reactive power modes. 

• Represent all pertinent electrical and mechanical configurations. This includes any filters and specialized 
transformers. There may be other mechanical features (e.g., gearboxes, pitch controllers, etc.) that should 
be modeled if they impact electrical performance. 

• Have all pertinent protection systems modeled in detail for both balanced and unbalanced fault conditions. 
This typically20 includes various over- and under-voltage protections (individual phase and RMS), frequency 
protections, DC bus voltage protections, and overcurrent protection. Actual hardware code is recommended 
to be used for these protection features.  

 
Model Usability Features 
In order to allow study engineers to perform system analysis using the model, the EMT model should: 
 

• Have control or hardware options which are pertinent to the study accessible to the user. These may 
include adjustable protection thresholds or real power recovery ramp rates, for example. Diagnostic flags 
(flags to show control mode changes or protection activations) should also be accessible to aid in analysis. 

• Be capable of running at a minimum time step of 10 µs. Most of the time, requiring a smaller time step (e.g., 
10 µs) means that the control implementation has not used the interpolation features of the EMT simulation, 
or is using inappropriate interfacing between the model and the larger network. Lack of interpolation support 

                                                           
17 More specialized studies may require additional features. 
18 The model should be a full IGBT representation (preferred), or may use a voltage source interface that mimics IGBT switching (i.e., a firing 
pulse based model). A three-phase sinusoidal source representation is not acceptable. Code that is actually programmed into the actual 
controller of the inverter-based resource (e.g., C code) should be used in the model. Tools such as MATLAB can be used to generate the C code. 
Block diagram representations or other high-level code should not be used. The controller source code may be compiled into DLLs or binary if 
the source code is unavailable due to confidentiality restrictions. 
19 If the model is assembled using standard blocks available in the EMT simulation library, approximations are usually introduced and specific 
implementation details for important control blocks may be lost. In addition, there is a risk that errors will be introduced in the process of 
manually assembling the model. Note that for this type of manually assembled model, (i.e., not using “real code”), validation is recommended. 
20 There may be other types of protection that should be modeled based on the specific implementation. 
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introduces inaccuracies into the model at higher time steps. Models should be able to run at a small time 
step down to, at least, 10 µs. 

• Include documentation and a sample implementation test case. Access to technical support engineers is 
desirable. 

• Be capable of initializing itself. Model should initialize and ramp to full output without external input from 
simulation engineers.  

• Accept external reference values. This includes real and reactive power reference values (for reactive power 
control modes), or voltage reference values (for voltage control modes). 
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Appendix B: Challenges with Weak Grid Issues 
 
This section provides illustrative examples of challenges utilities have faced integrating inverter-based resources into 
weak grid conditions. These examples are intended to be useful references for future awareness and understanding 
of the various issues that may be faced moving forward. 
 
High Penetration of Wind in West Texas  
The Panhandle region of ERCOT in West Texas is remote from synchronous generators and load centers and is 
considered a weak grid with a large amount of wind generation. Several system characteristics and challenges that 
were detected and or studied in a weak grid include: 
 

• In a highly compensated weak grid, static voltage collapse can occur within the normal operating voltage 
range (0.95 to 1.05 pu) masking voltage stability risks in real time operations. Static var compensators 
contribute to this effect and have limited effectiveness for further increasing transfer capability. 

• A grid with low short circuit ratios and high voltage sensitivity of dV/dQ requires special coordination of 
various complex control systems. Typical voltage control settings can result in aggressive but un-coordinated 
voltage support strategies, causing un-damped oscillations potentially leading to overvoltage cascading or 
voltage collapse.  

• Wind projects connected to the Panhandle region are effectively connected to a common POI such that each 
wind plant control may interact with other wind plants controls strategies. 

 
ERCOT identified the need to maintain adequate system strength using WSCR in the Panhandle region to avoid 
potential control inability problems. The WSCR is a measure of system strength and therefore stability that accounts 
for the lack of conventional generation or significant load in the Panhandle region, the low fault current contribution 
of the region’s wind units, and the mutual interactions between the power electronic converters through which these 
units are connected to the grid. To determine a proper threshold of WSCR, ERCOT conducted a detailed PSCAD EMT 
Program (EMTP) analysis and assessment of the ERCOT Panhandle region and confirmed that a WSCR of 1.5 is 
appropriate for the Panhandle region for the proposed network topology21. In addition, for Panhandle WSCR levels 
at 1.5 or higher, PSS/E dynamic models and PSCAD models performed adequately. As the WSCR drops below 1.5, the 
need for more detailed EMTP type models becomes more critical. System enhancements, including a newly added 
transmission circuit and two synchronous condensers, were verified to be adequate to improve the system strength 
and address weak grid issues.  
 
It should be noted that WSCR is currently used to monitor the Panhandle region susceptibility to weak-grid problems 
and will require further analysis to evaluate applicability of such WSCR metrics in other regions. With the continued 
growth of renewable generation in the ERCOT system, periodic PSCAD studies should be considered to validate PSS/E 
studies and further develop WSCR planning metrics and practices.  
 
  

                                                           
21 Panhandle System Strength Assessment PSCAD Study. 
Available:http://www.ercot.com/content/news/presentations/2016/Panhandle%20System%20Strength%20Study%20Feb%2023%202016%2
0(Public).pdf.  

http://www.ercot.com/content/news/presentations/2016/Panhandle%20System%20Strength%20Study%20Feb%2023%202016%20(Public).pdf
http://www.ercot.com/content/news/presentations/2016/Panhandle%20System%20Strength%20Study%20Feb%2023%202016%20(Public).pdf
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Synchronous Condenser and Wind Farm Interactions 
The following example discusses the application of a synchronous condenser at a wind power plant. In the first steps 
of the interconnection study for the proposed wind facility, it was identified that the generator was interconnecting 
to a point on the system with low SCR through a long radial transmission line. In this case, the SCR was calculated 
using the standard SCR calculation methodology described earlier in this document. Because of the low SCR, EMT 
analysis was conducted for the project and confirmed that the project did not have stable response for certain 
credible contingencies. This unstable behavior was not observed using the positive sequence stability model. As a 
result of the unstable EMT performance, a synchronous condenser was proposed and sized to provide stable behavior 
for the conditions tested. As well as providing stable transient performance, the synchronous condenser can be used 
to help meet the interconnecting power factor and voltage control requirements for the facility. Figure B.1 shows a 
simplified one line diagram of the installation.  
 

 
 

Figure B.1: Simplified One-Line Diagram of Wind Generating Facility with a Synchronous Condenser 
 
Later, operations engineering studies identified further concerns. Stability analysis demonstrated that when the 
synchronous condenser was on-line, the limiting system condition was steady state post-contingency voltages. When 
the synchronous condenser was off-line, the limiting condition was actuation of the wind farm’s low voltage ride 
through protection, which would cycle in and out actuation. Tripping the plant would cause local voltage to rise 
enough to allow reconnection of the plant, which in turn caused actuation of the low voltage ride through protection. 
The resulting voltage variation and transients were unacceptable, as was the loss of the plant for the limiting 
transmission contingency. 
 
There are some limitations that need to be considered with this type of installation: 
 

• The synchronous condenser should be sized for a reasonable range of system conditions, considering facility 
outages or maintenance; however, it is not practicable to cover all possible operating conditions. 

• Since the project response is unstable without the synchronous condenser, the output of the generating 
facility may have to be limited when the synchronous condenser is out of service. This presents additional 
complications to the calculations of operating limits. 

• The protection for the synchronous condenser will be challenging to coordinate, especially for contingencies 
that island the facility from the system. 

• Determining the actual lagging operating limits of the synchronous condenser is key, and behavior of the 
condenser when that lagging limit is reached can be critical for local system performance. 
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Weak Grid Voltage Stability Issues Interconnecting on Weak Circuits  
BPA encountered classical voltage instability conditions caused by a high penetration of WPPs connected near the 
midpoint of a long (nearly 200 miles) 230 kV transmission line. This relatively weak part of the network experienced 
high dV/dP and dV/dQ sensitivities. Figure B.2 shows a wind power hub with a Type 2 plant and Type 3 plant operating 
in power factor mode in late 2010. Illustrated differently, Figure B.3 shows a wind ramp at this location in December 
2011, expressed as a classical PV plot. The wind plant and local network experienced a voltage collapse following the 
wind ramp.  
 

 
Figure B.2: Voltage Fluctuation Issues for a WPP Connected to a Weak Grid Area  

[Source: BPA] 
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Figure B.3: Classical Voltage Instability (PV Curve) for a Wind Ramp Event   

[Source: BPA] 
 
To monitor plant performance in the future, BPA used V-Q plots to monitor the WPP modes of operation. Figure B.4 
shows two examples of a plant’s operation along with the required dynamic voltage control on a reactive droop 
characteristic. The left figure shows the plant operating in voltage control mode with a fairly aggressive (i.e., low) 
droop characteristic where small changes in voltage result in large changes in reactive power output. In response to 
this, the plant operator switched to power factor mode without notifying the TOP. The right figure shows the power 
factor mode of operation, where reactive power output is held near 0 regardless of system voltage (no dynamic 
voltage support). 
 
To mitigate the conditions shown in Figure B.5 where one WPP at the wind hub is supplying reactive power and the 
other is consuming reactive power, BPA coordinated with the WPPs to ensure correct voltage control (and reactive 
power) mode of operation and also devised a wind hub voltage control scheme. The goal of the scheme was to 
automatically control two 230 kV capacitors to aid operators in managing voltage in this area, maximize dynamic 
reactive reserves, and maintain acceptable pre- and post-contingency voltage levels. 
 
Figures B.4 and B.5 demonstrate that planned operation of a WPP can be very different from actual operation; 
therefore, monitoring a power plant’s performance after energization is key. 
 

0 50 100 150 200 250 300 350 400 450
233

234

235

236

237

238

239

240

241

242

243
   g    

Power (MW)

V
ol

ta
ge

 (k
V

)



Appendix B: Challenges with Weak Grid Issues 

NERC | Integrating Inverter-Based Resources into Low Short Circuit Strength Systems | December 2017 
29 

 
 

Figure B.4: WPP Volt/Var Droop: Desired vs. Actual Operation Examples [Source: BPA] 
 

 

Figure B.5: Poorly Coordinated Volt/Var Control during Wind Ramp [Source: BPA]  
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Transformer Energization in Weak Grids 
Energizing a transformer can cause it to draw significant initial inrush currents that are unbalanced in nature and that 
decay over time to much smaller steady state magnetizing currents. The main factors affecting the inrush current 
magnitude and duration include transformer design, initial conditions, and network factors. These inrush currents 
that can take several seconds to decay are supplied by the system, and flow through the network impedance which 
results in system voltage drop. In energizing transformers from weak grids, there is increased likelihood of resultant 
system voltage drops exceeding allowable limits or even the withstand level of any voltage-sensitive industrial loads 
or other inverter-based resources in the vicinity. 
 
Power quality monitoring systems have captured significant voltage drops associated with energization of the 
transformers of several solar facilities (see Figure B.6 for illustration of typical interconnection) that have connected 
to the BPS. Figure B.7 shows the rapid voltage changes on the three phases measured at a 12 kV bus in response to 
energization of a solar facility connected to a nearby weak 46 kV bus. It can be seen that inrush caused 12 kV bus 
voltage to drop from pre-energization value of 1.02 pu to 0.87 pu for the worst phase and the recovery to pre-
energization voltage took around five seconds. It may be noted that the voltage at the 46 kV bus dropped to an even 
lower value of 0.85 pu. Such rapid voltage changes easily exceed the typical limit of 5% (for up to four instances per 
day, IEEE 1453.1) at a PCC of a fluctuating facility connected to BPS.  
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Figure B.6: Illustration of Typical Solar Facility Interconnection to Utility System [Source: 

Southern Company] 
 

 
Figure B.7: Example Rapid Voltage Change due to GSU Energization at a Solar Facility 

[Source: Southern Company] 
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Solutions being investigated to address these issues include: 

• Pre-insertion Switching: This solution involves use of a switching device that is equipped with a pre-insertion 
resistor. It is a very effective solution to mitigate the transient magnetizing currents and resultant system 
voltage drops. It may be noted that a comprehensive EMT study is recommended for each location where 
this is to be applied, to arrive at an optimal value for the pre-insertion resistor and insertion time.  

• Point-on-Wave (POW) Control Switching: This solution involves using segregated pole breakers with special 
purpose point-on-wave control. It is another effective strategy but more complicated to implement in 
practice. 

• Moving interconnection: In some cases, it may be possible to move the point of interconnection to a higher 
voltage level where the SCR is expected to be higher, resulting in smaller rapid voltage changes on the BPS. 

• Energizing Solar Facility Transformers in Stages: Energizing the GSU along with all the inverter transformers 
yields the worst case scenario. Therefore, energizing the GSU first followed by various inverter transformers 
in stages may help minimize the rapid voltage changes caused by energization. 

 
 



 

NERC | Integrating Inverter-Based Resources into Low Short Circuit Strength Systems | December 2017 
32 

Appendix C: References  
 
[1]  WG B4.62, “Connection of Wind Farms to Weak AC Networks,” Cigré Technical Brochure 671, December 2016.  

[2]  WG C4.601, "Modelling and dynamic behavior of wind generation as it relates to power system control and 
dynamic performance," Cigré Technical Brochure 328, August 2007. 

[3]  WG C6.08, "Grid Integration of wind generation," Cigré Technical Brochure 450, February 2011. 

[4]  WG C1/C2/C6.18, "Coping with Limits for Very High Penetrations of Renewable Energy," Cigré, 2013. 

[5]  WECC MVWG, “WECC Solar Plant Dynamic Modeling Guidelines,” Western Electricity Coordinating Council, 
Salt Lake City, UT, April 2014. [Online]. 
Available:https://www.wecc.biz/Reliability/WECC%20Solar%20Plant%20Dynamic%20Modeling%20Guidelines
.pdf. 

[6]  WECC MVWG, “WECC Second Generation Wind Turbine Models,” Western Electricity Coordinating Council, 
Salt Lake City, UT, January 2014. [Online]. 
Available:https://www.wecc.biz/Reliability/WECC%20Second%20Generation%20Wind%20Turbine%20Model
s%20012314.pdf. 

[7]  WECC MVWG, “WECC Wind Plant Dynamic Modeling Guidelines,” Western Electricity Coordinating Council, 
Salt Lake City, UT, April 2014. [Online]. 
Available:https://www.wecc.biz/Reliability/WECC%20Wind%20Plant%20Dynamic%20Modeling%20Guideline
s.pdf. 

[8]  WECC MVWG, “Value and Limitations of the Positive Sequence Generic Models of Renewable Energy 
Systems,” Western Electricity Coordinating Council, Salt Lake City, UT, December 2015. [Online]. 
Available:https://www.wecc.biz/Reliability/White%20Paper%20Generic%20Model%20Limitations.pdf. 

[9]  Y. Zhang, S. H. F. Huang, J. Schmall, J. Conto, J. Billo and E. Rehman, "Evaluating system strength for large-scale 
wind plant integration," 2014 IEEE PES General Meeting, National Harbor, MD, 2014, pp. 1-5. 

 



 

NERC | Integrating Inverter-Based Resources into Low Short Circuit Strength Systems | December 2017 
33 

Appendix D: List Of Acronyms  
 

Table D.1: List of Acronyms 

Acronym Term 

AC Alternating Current 

BPS Bulk Power System 

BES Bulk Electric System 

CSCR Composite Short Circuit Ratio 

DC Direct Current 

EHV Extra High Voltage 

EMT Electromagnetic Transient 

ERO Electric Reliability Organization 

FACTS Flexible AC Transmission System 

FERC Federal Energy Regulatory Commission 

GO Generator Owner 

GOP Generator Operator 

HVDC High Voltage Direct Current 

IF Injection Factor 

LCC Line Commutated Converter 

NERC North American Electric Reliability Corporation 

PC Planning Coordinator 

PLL Phase Locked Loop 

POI Point of Interconnection 

POW Point-on-Wave 

SCMVA Short Circuit MVA 

SCR Short Circuit Ratio 

SCRIF Short Circuit Ratio with Injection Factors 

SSCI Subsynchronous Control Interaction 

STATCOM Static Compensator 

SVC Static Var Compensator 

TO Transmission Owner 

TOP Transmission Operator 

TP Transmission Planner 

VER Variable Energy Resource 

WPP Wind Power Plant 

WSCR Weighted Short Circuit Ratio 

WTG Wind Turbine Generator 
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Preface  
 
The North American Electric Reliability Corporation (NERC) is a not-for-profit international regulatory authority 
whose mission is to assure the reliability and security of the bulk power system (BPS) in North America. NERC 
develops and enforces Reliability Standards; annually assesses seasonal and long-term reliability; monitors the 
BPS through system awareness; and educates, trains, and certifies industry personnel. NERC’s area of 
responsibility spans the continental United States, Canada, and the northern portion of Baja California, Mexico. 
NERC is the Electric Reliability Organization (ERO) for North America, subject to oversight by the Federal Energy 
Regulatory Commission (FERC) and governmental authorities in Canada. NERC’s jurisdiction includes users, 
owners, and operators of the BPS, which serves more than 334 million people.  
 
The North American BPS is divided into eight Regional Entity (RE) boundaries as shown in the map and 
corresponding table below. 

 
The North American BPS is divided into eight RE boundaries. The highlighted areas denote overlap as some load-serving 
entities participate in one Region while associated transmission owners/operators participate in another. 
 

FRCC Florida Reliability Coordinating Council 

MRO Midwest Reliability Organization 

NPCC Northeast Power Coordinating Council 
RF ReliabilityFirst 

SERC SERC Reliability Corporation 

SPP RE Southwest Power Pool Regional Entity 
Texas RE Texas Reliability Entity 

WECC Western Electricity Coordinating Council 
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Preamble 
 
It is in the public interest for NERC to develop guidelines that are useful for maintaining or enhancing the reliability 
of the Bulk Electric System (BES). The Technical Committees of NERC; Operating Committee (OC), Planning 
Committee (PC) and the Critical Infrastructure Protection Committee (CIPC) per their charters1 are authorized by 
the NERC Board of Trustees (Board) to develop Reliability (OC and PC) and Security Guidelines (CIPC). These 
guidelines establish a voluntary set of recommendations, considerations, and industry best practices on a 
particular topic for use by BES users, owners, and operators in assessing and ensuring BES reliability. These 
guidelines are coordinated by the technical committees and include the collective experience, expertise, and 
judgment of the industry. The objective of this reliability guideline is to distribute key practices and information 
on voltage and reactive power planning and operations which are critical in maintaining the highest levels of BES 
reliability. Reliability guidelines are not to provide binding norms or create compliance type parameters similar to 
compliance standards that are monitored or enforced. Guideline practices are strictly voluntary and are designed 
to assist in reviewing, revising, or developing individual entity practices to achieve the highest levels of reliability 
for the BES. Further, these guidelines are not intended to take precedence over regional procedures or 
requirements.  
 
NERC as the FERC certified ERO2 is responsible for the reliability of the BES and has a suite of tools to accomplish 
this responsibility, including but not limited to: lessons learned, reliability and security guidelines, assessments 
and reports, the Event Analysis program, the Compliance Monitoring and Enforcement Program and mandatory 
reliability standards. Each entity as registered in the NERC compliance registry is responsible and accountable for 
maintaining reliability and compliance with the mandatory standards to maintain the reliability of their portions 
of the BES. Entities should review this guideline in detail in conjunction with the periodic review of their internal 
processes and procedures and make any needed changes to their procedures based on their system design, 
configuration, and business practices. 
 
 
 
 
 

                                                           
1  http://www.nerc.com/comm/OC/Related%20Files%20DL/OC%20Charter%2020131011%20(Clean).pdf 
  http://www.nerc.com/comm/CIPC/Related%20Files%20DL/CIPC%20Charter%20(2)%20with%20BOT%20approval%20footer.pdf 
   http://www.nerc.com/comm/PC/Related%20Files%202013/PC%20Charter%20-%20Board%20Approved%20November%202013.pdf  
2  http://www.ferc.gov/whats-new/comm-meet/072006/E-5.pdf  

http://www.nerc.com/comm/OC/Related%20Files%20DL/OC%20Charter%2020131011%20(Clean).pdf
http://www.nerc.com/comm/CIPC/Related%20Files%20DL/CIPC%20Charter%20(2)%20with%20BOT%20approval%20footer.pdf
http://www.nerc.com/comm/PC/Related%20Files%202013/PC%20Charter%20-%20Board%20Approved%20November%202013.pdf
http://www.ferc.gov/whats-new/comm-meet/072006/E-5.pdf
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Executive Summary 
 
The development and verification of accurate steady-state and dynamic models that accurately represent the 
equipment installed in the field is a critical component of planning and operating the bulk power system (BPS). 
Models of individual elements on the BPS are provided by the equipment owners (e.g., Generator Owners, 
Transmission Owners, etc.) and combined by the Transmission Planners and Planning Coordinators to form steady-
state powerflow, and dynamics cases. Those cases are used for Planning Assessments, outage coordination 
studies, the establishment of IROLs, and many other system reliability studies. The purpose of some of the NERC 
MOD Standards is to ensure some degree of verification and testing occurs to verify that the model represents 
the actual behavior of the equipment. Many of the activities performed to meet the requirements of these 
Standards – namely MOD-025-2, MOD-026-1, and MOD-027-1 – are described in detail in this Reliability Guideline 
(“guideline”) to provide technical reference material and guidance on power plant testing, model verification, and 
modeling practices for synchronous generators.  
 
The aforementioned NERC Standards primarily apply to the equipment owners, and it is their responsibility to 
perform verification to prove that the modeled response reasonably represents reality when the equipment is in-
service and operational. This often requires some form of testing or other methods to demonstrate the responses 
match. The guideline recommends close coordination between the equipment owner (e.g., Generator Owners), 
the testing engineer (if different than the Generator Owner), the Transmission Planner and Planning Coordinator 
(the model user), and the equipment manufacturer (if necessary). In addition, other entities are often directly or 
indirectly involved in the testing, development, or use of these models including the Generator Operator, 
Transmission Operator, and Reliability Coordinator. 
 
The guideline covers many of the potential tests that may need to be performed to develop or ensure a verified 
model; however, not all of these tests are necessary under all verification scenarios. A well-developed baseline 
model created during commissioning may still be accurate many years later and verification may be completed 
fairly easily with certain verification tests. On the other hand, when detailed equipment data is not available (e.g., 
older plants, multiple owners, undocumented equipment upgrades, etc.), more extensive testing may need to be 
performed to ensure a reasonable match. Most importantly, testing and verification should ensure the safety of 
plant personnel and protection of the equipment under test at all times. The intent of the guideline is to serve as 
a foundational repository of useful information related to testing; however, the expertise of plant personnel and 
the testing engineer should take precedence over any other guidance. 
 
This guideline aligns with the NERC’s mission of improved reliability through sharing industry practices for planning 
and operating the BPS. It primarily applies to Generator Owners, Generator Operators, Planning Coordinators, 
Transmission Planners, Transmission Operators, and Reliability Coordinators.  
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Introduction 
 
This Reliability Guideline (“guideline”) provides Generator Owners (GOs) and Transmission Planners (TPs) with 
technical reference material and guidance related to testing, model verification, and modeling practices for 
synchronous generating resources3. These activities center around the relevant NERC Reliability Standards listed 
below related to the development and verification of models used for reliable planning and operation of the bulk 
power system (BPS).4 The majority of the material in this guideline is dedicated to power plant testing and model 
verification, and the other relevant standards related to these activities are also covered in varying depths 
throughout the guideline.  
 
Power plant testing and model verification standards: 

• MOD-025-2: Verification and Data Reporting of Generator Real and Reactive Power Capability and 
Synchronous Condenser Reactive Power Capability 

• MOD-026-1: Verification of Models and Data for Generator Excitation Control System or Plant Volt/Var 
Control Function 

• MOD-027-1: Verification of Models and Data for Turbine/Governor and Load Control or Active 
Power/Frequency Control Functions 

 
Power plant protection and limiter coordination standards: 

• PRC-019-2: Coordination of Generating Unit or Plant Capabilities, Voltage Regulating Controls, and 
Protection  

 
Interconnection-wide model development and verification standards: 

• MOD-032-1: Data for Power System Modeling and Analysis 

• MOD-033-1: Steady-State and Dynamic System Model Validation 
 
The development and verification of accurate steady-state and dynamic models of the power system (i.e., MOD-
032-1 and MOD-033-1) is a complex yet crucial component of system studies performed to ensure reliable 
planning and operation of the BPS. While the component data is provided by the equipment owners such as the 
GO (MOD-032-1 R2), the development and verification of the system models (MOD-032-1 and MOD-033-1), as 
well as system studies are often performed by the TPs, Planning Coordinators (PCs), and Reliability Coordinators 
(RCs). Results from these system studies are fundamental in the assessment of BPS reliability and, therefore, are 
of direct concern for the GOs, even though they are typically not involved with the development of system models 
or the execution of system studies. The quality of the results of these studies, as well as the confidence in the 
conclusions from such studies, are directly related to the quality of the information provided for the development 
of the steady-state and dynamic models used in these studies. One of the goals of this guideline is to help in the 
coordination and sharing of information between the transmission and generation entities, helping to bridge the 
gap between the data owners and the data users. 
 
Several other NERC Reliability Standards (MOD-025-2, MOD-026-1, MOD-027-1, PRC-019-2, etc.) apply to the 
equipment owners, particularly GOs, and require testing and verification of models, and documentation and 
analysis of the coordination between protection, limiters, and capabilities. These standards provide critical 

                                                           
3 Including synchronous generators, synchronous condensers, synchronous motors, and pumped storage. 
4 In general, the dynamic models described in this guideline are used to develop the interconnection-wide models used to plan and operate 
the BPS. The NERC List of Acceptable Models can be found HERE. 

http://www.nerc.com/comm/PC/Pages/System-Analysis-and-Modeling-Subcommittee-(SAMS)-2013.aspx
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information that form much of the data that is supplied by a GO in support of the case creation process as per 
MOD-032-1.  
 
As such, this guideline covers an array of testing considerations, actual testing procedures, and how those tests 
help derive or verify the model parameters, as related to MOD-025-2, MOD-026-1, and MOD-027-1. The guideline 
serves as a compendium of potential tests that may or may not need to be performed, depending on specific 
situations for each generating facility. In general, a broader set of tests may be performed during commissioning 
in the development of a baseline5 model while a reduced set of tests may suffice for model re-verification 
purposes.  
 
In addition to the dynamic model verification processes, the inter-related aspects of generator protection 
coordination (PRC-019-2) and generator capability testing (MOD-025-2) are considered in the guideline to provide 
necessary guidance on these activities. The modeling and verification activities centered in the equipment (plant) 
level serve as the fundamental layer to provide the necessary information to create and verify the fidelity of the 
interconnection-wide models, namely associated with MOD-032-1 and MOD-033-1. As these standards come into 
effect, it is important that relevant registered entities have reference material and guidance to understand the 
vast topics covered in this guideline. The guideline serves as a focal point to raise industry awareness, 
understanding, and expertise in the area of power plant model verification and testing (predominantly the 
responsibility of GOs), and how these efforts support the development of accurate and representative 
interconnection-wide models (predominantly the responsibility of the TP, PC, and RC) used to plan and operate 
the BPS. 
 
This guideline aligns with the NERC’s mission of improved reliability through sharing industry practices for planning 
and operating the bulk power system. It primarily applies to GOs, Generator Operators (GOPs), PCs, TPs, 
Transmission Operators (TOPs), and RCs.  
 
Key Testing Principles 
The following principles form the basis for generator testing and model verification for reliable operation of the 
BPS: 
 

• The first and foremost priority of testing is the safety of plant personnel and plant equipment. Testing 
should never call for increased risks to the safety of the personnel directly or indirectly involved with these 
tests, and testing should never result in damage or harm to the machine and its components. In many 
situations, this is the foremost consideration that will determine what is prudent to do in specific 
circumstances. 

• Testing confirms the structure and performance of control systems and the correct operation and 
coordination of these controls relative to the protection systems and limiters. It also provides evidence 
that the controls have been reasonably tuned to provide acceptable response, without oscillatory or 
undesired response for standard tests. 

• Testing develops and/or verifies mathematical models used by TOPs, TPs, PCs, and RCs for system studies 
to represent the behavior of actual equipment installed in the field, to the best extent possible. 

• The verification of dynamic models and model parameters can be completed in a number of different 
ways. This guidelines provides illustrative examples of tests and how those tests support the development 
and verification of models. However, there may be other means of verifying (e.g., other methodologies, 
newer technologies in the future, etc.) of verifying these models.  

                                                           
5 The development of a baseline model, particularly during commissioning, is critical in the overall model creation and verification process. 
The ability to perform a broader suite of tests and develop an accurate and representative model during this time period can often simplify 
the verification process in the future and minimize potential model discrepancies in the longer term. These initial tests are often termed 
“baseline testing” to develop a “baseline model”.  
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• Staged testing and model verification is intended to develop a model that accurately, to the extent 
possible, represents the performance of the unit when synchronized to the BPS. Simulations for the BPS 
in planning studies typically use an integration time step on the order of 4 ms (quarter-cycle) for 
simulation lengths of up to 30-60 seconds. These models are not expected to emulate the equipment 
performance exactly, rather they are intended to match the general dynamic behavior of the machine 
within reason. Differences between simulation and actual response during testing should be explained by 
the testing engineer. This is a good example of how engineering judgment should be applied to any type 
of testing and model verification activities, while being mindful of the needs and expectations of the 
various parties (GO, TP, RC, testing engineers, etc.).  

 
These principles should be considered throughout the entirety of this guideline, as well as in the field while 
performing actual testing and verification practices.  
 

Modeling and Verification Perspectives 
While accurate modeling and verification of these models for the purposes of reliably operating and planning the 
BPS is well understood by all involved parties, there are different perspective between GOs, TPs/PCs, testing 
engineering, and OEMs that should be considered. Table 0.1 proves some of the perspectives from each entity, 
and is intended to shine a light on the different functional aspects of the model, the purpose of the model, and 
the need for accurate and verified models. 
 

Table 0.1: Overview of Model Verification and Testing Standards 

Entity Perspectives 

Transmission Planner/ 
Planning Coordinator 

• Accurate steady-state, dynamic, and short circuit models are needed and used 
to reliably plan and operate the BPS. These models are used to develop 
powerflow, dynamics, and short circuit cases for reliability studies. 

• Model accuracy can impact the determination of System Operating Limits 
(SOLs), Interconnection Reliability Operating Limits (IROLs), and large BPS 
investment decisions 

• The dynamic models should be accurate out to at least 30 seconds and usually 
to 60 seconds. Any plant-level controls that interact within this timeframe 
should be modeled 

• Most reliability studies are performed using positive sequence powerflow and 
dynamic simulation tools; however, some special studies may require more 
detailed electromagnetic transient (EMT) tools and associated models6 

• Powerflow and dynamics data needs to be collected in a timely and efficient 
manner for the purposes of building interconnection-wide cases as well as 
performing planning studies 

                                                           
6 Note that what is discussed in this document, and in the context of the NERC MOD Standards, are typically positive sequence models. 
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Table 0.1: Overview of Model Verification and Testing Standards 

Entity Perspectives 

Generator Owner 

• Safety of equipment and personnel within the plant is of utmost importance. 
• Power plant model verification should be performed at a reasonable cost for 

the reliability benefit achieved. Any time the unit is offline for the purposes of 
testing is lost revenue for the plant. 

• The GO is not a model user and therefore may have limited understanding of 
how these models are developed and verified; often this requires consultation 
with other experts. 

• Compliance obligations should not create undue burden on the GO. 
• Plant operators have the ultimate judgment on what is reasonable and safe 

to perform in terms of testing; they will consult and coordinate with the 
testing engineer. 

• Guidance on the types of verification tests and sufficient model accuracy for 
the purposes of the NERC MOD Reliability Standards is useful. 

• PMU data can be used to perform disturbance-based model verification to 
ensure that the model developed during testing matched actual performance. 

Testing Engineer 

• Understanding the intended use of the models helps develop a test plan that 
meets the modeling needs at least cost. 

• Tests should be performed at an operating point(s) closest to the normal 
operating range of the equipment.7  

• Measurement error cannot be completely eliminated; however, reasonable 
effort should be taken to minimize these errors.8  

• It is desirable to have either manufacturer-provided data or previously 
validated data to start with model verification. Therefore, it is important to 
gather sufficient data from existing plant documentation. 

• Model parameters should fall into reasonable ranges before submitting data 
to the GO. 

                                                           
7 For example, a baseload generator should have the governor step response test performed at about 80% to 90% of the machine baseload 
while making sure sufficient governor headroom is reserved. Similarly, verification of the voltage response with an on-line voltage reference 
step test, it possible, near base load is likely more representative. 
8 Calibration of measurement devices, proper selection of device measurement range to ensure optimal measurement resolution, etc. 
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Table 0.1: Overview of Model Verification and Testing Standards 

Entity Perspectives 

Equipment 
Manufacturer 

• The model is a numerical representation of actual equipment, and is not an 
exact match of all plant physics and controls. This is true of any model, even 
the most detailed EMT models. 

• Proprietary, vendor-specific, “black box” models will typically provide a more 
accurate representation of the dynamic response compared with publicly 
available generic models. 

• Sharing of proprietary models, or access to block diagrams, usually require the 
execution of an NDA, which have proven a challenge and impediment to 
collaboration between involved entities. 

• While not perfect, generic models are generally sufficiently accurate for the 
purposes of powerflow and positive sequence dynamic simulations. 

• Understanding the intended use of the model will help ensure the models can 
be developed and delivered to the GO and TP/PC effectively and accurately. 

• Coordination with the GO during commissioning and operation, and engaging 
with the TP/PC as necessary on any reliability issues, is critical. 

• Understanding the metrics used for determining model accuracy between 
actual and simulated response aids in model development. 

 
Commissioning, Baseline Model Development, and Reverification Tests 
Power plant testing and model verification can take place at different times in a generating unit’s life, with 
different needs and goals. Baseline model development occurs during initial commissioning and is necessary to 
develop a baseline understanding of the characteristics of the machine, and to develop an accurate and 
representative model of the machine. The development of baseline models often alleviates or minimizes the 
potential need for re-verification testing in the future (i.e., disturbance-based verification or other options may 
be more suitable if an effective baseline model is established). Model verification will also need to occur when 
power plant components are replaced or refurbished (e.g., generator rewind, exciter or governor equipment 
replacement, etc.). Lastly, the NERC Reliability Standards require a periodic re-verification of the dynamic models 
used to represent the generator components to ensure that these models reflect a reasonable representation of 
the equipment in the field. Different methods or approaches can be used to re-verify the power plants models, 
including:  
 

• Staged testing 
• Disturbance-based monitoring 
• Operational data 

 
While staged testing procedures and modeling methods are the primary focus of this guideline, it also stresses the 
necessity of relying on manufacturer-supplied data as likely the most accurate data available to represent some 
aspects of the machine and its controls. Disturbance-based power plant model verification (PPMV) is also 
discussed, particularly in situations where baseline testing has developed an accurate and representative model 
in the past.  
 
In all situations, a review of local or regional requirements and engineering judgment should be used to determine 
which set of tests may be required for the specific task at hand. For example, local requirements may require a 
new unit to perform a more exhaustive set of tests to confirm parameters which are based on physical 
characteristics of the equipment. These tests are needed for baseline model performance testing (e.g., power vs. 
gate curve for a hydroelectric units), and are not expected to differ materially over the life of the equipment. In 
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this timeframe, operational data will not exist and disturbance-based monitoring may not be appropriate (i.e., 
disturbance-based monitoring requires a baseline model). For the power vs. gate curve example, this specific test 
may not need to be performed upon re-verification if a good baseline model already exists. Conversely, if a new 
turbine runner is installed, the power vs. gate curve will need to be re-measured. 
 
Figure 0.1 shows an illustrative diagram of the many tests discussed in this guideline and the general applicability 
of these tests for unit commissioning and/or re-verification. The diagram does not stipulate that one must perform 
all the tests listed; rather, it illustrates that commissioning may require more testing to prove that the equipment 
will operate in a stable fashion, provide data for tuning the controls, and to develop a baseline model that can be 
used for re-verification purposes. Verification activities may only need to draw on a select number of these tests 
depending on the quality of the baseline model and ability to match staged test results with simulation. 
 

 
 

Figure 0.1: Framework of Commissioning Tests [Source: IESO] 
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Disturbance-Based Power Plant Model Verification 
Disturbance-based power plant model verification (PPMV) using dynamic disturbance recording (DDR) data (e.g., 
synchrophasor data from phasor measurement units (PMUs)), digital fault recorders (DFRs), or other high 
resolution disturbance monitoring data can serve as a recurring test to ensure that the modeled response to 
system events matches actual response of the power plant or generating unit. Thus, disturbance-based model 
verification is used as a binary check (“yes/no”) that the model is performing as expected. Online performance 
monitoring using disturbance-based PPMV provides a cost effective and efficient means of ensuring that the 
model is accurate. From the TP’s perspective, this approach provides expeditious verification that the modeled 
performance is a reasonable representation of the behavior of actual unit operation. Any significant differences 
can be used to instigate a model check by the GO, and can also be used to guide the GO towards potential 
corrections to the model. From the GO’s perspective, online verification using high resolution measurement data 
can provide evidence of compliance by demonstrating the validity of the model by online measurement. 
Therefore, the GO may not have to take the unit offline for testing of model parameters. Taking the unit offline as 
well as bringing in an outside contractor to perform the model verifications can be costly for the GO.  
 
Figure 0.2 shows a high-level illustration of a PMU9 monitoring phasor quantities of voltage and current signals 
from the power plant. The response of the unit(s) is measured by the DDR and playback capability available in 
most commercially available transient stability simulation software programs is used to recreate the event in 
simulation. The simulated and actual response of the unit are compared. Figure 0.3 shows an example comparison 
for a large nuclear power plant steam turbine generator. The figures show real and reactive power response as 
the measures of success of how well the model matches reality. In this case, the simulated response matches the 
modeled response quite well. In situations where the model does not match the simulated response, disturbance-
based PPMV can identify the discrepancy but additional analysis, testing, or calibration10 would need to be 
performed to determine the source of the differences. 
 

 
Figure 0.2: Online Disturbance Monitoring (Source: BPA) 

 

                                                           
9 Other types of DDR (e.g., digital relay or DFR can also be configured for disturbance-based PPMV as well. 
10 Model calibration from disturbance-based PPMV requires extensive knowledge of the unit and dynamic parameters being studied, and 
also requires a high level of engineering judgment to be applied throughout. Using numerical curve fitting calibration techniques to 
optimize/fit parameters to a model without using engineering judgment is not recommended. 
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Figure 0.3: Nuclear Plant Calibration Example – Pre (Top) and Post (Bottom) Calibration 

[Source: Bonneville Power Administration] 
 
The recommended approach11 is for the model user (the TP and PC) and the model owner (the GO) to work 
together to perform the disturbance-based verification. The TP and PC have the software tools, including the 
playback capability, and the GO may have the data necessary to play back and compare the simulated response. 
GOs should identify potential sources of high speed data recording capability to enable disturbance-based PPMV. 
Many options for acquiring the data (e.g., digital relays, DFRs, and PMUs) are available today. In some cases, the 
TP and/or TO may have a PMU monitoring the unit(s) and can provide that data to the GO if requested for the 
purposes of model verification. To capture the dynamic response of the unit, higher resolution data is 
recommended (i.e., typically 60 samples per second). Lower resolution data may not fully capture the dynamics 
necessary for play-in and comparison of the actual and modeled response.  
 
It is generally more practical for a GO to collect disturbance data at the low-side of the GSU using either a DFR, 
digital relay, or standalone PMU. By also recording field voltage and current of the generator (or exciter in the 
case of a brushless unit), this may enable some model tuning in addition to the verification. Recordings at the 
generator terminals can be an effective tool for troubleshooting issues within the power plant.  
 
The NERC Synchronized Measurement Subcommittee (SMS) developed a guideline on the topic of disturbance-
based PPMV and the steps to performing the verification. This guideline can be found HERE. 

 

                                                           
11 While this is the recommended approach, the GO is responsible for verifying the dynamic models of its resources as per MOD-026-1 and 
MOD-027-1. 

http://www.nerc.com/pa/RAPA/rg/ReliabilityGuidelines/Reliability%20Guideline%20-%20Power%20Plant%20Model%20Verification%20using%20PMUs%20-%20Resp.pdf
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Chapter 1: Relevant NERC Reliability Standards 
 
Several NERC Reliability Standards are inter-related and significant in obtaining accurate and representative 
interconnection-wide models used for planning and operating the BPS. These standards work in tandem and aim 
to ensure the development and verification of models as well as the sharing of these models between applicable 
entities. Each standard has a specific applicability and set of requirements, and should be read in its entirety to 
understand how to meet these standards. This section will provide a high-level overview of the relevant standards, 
as well as some recommendations and key takeaways to consider with respect to each standard.  
 
Development and verification of interconnection-wide steady-state and dynamic simulation models is mostly the 
responsibility of the TPs and Planning Coordinators (MOD-032-1, MOD-033-1). These standards set the data and 
reporting requirements for the equipment owners of the elements on the BPS (e.g., Transmission Owners, GOs, 
etc.). Therefore, the equipment owners have the responsibility of developing accurate and representative models 
of their equipment, providing those models to the TP and PC for development of interconnection-wide models, 
and verifying the accuracy of these models over time.  
 
Several NERC Reliability Standards deal with the accuracy and verification of the information and models, 
particularly from generating resources. In this regard, it is important to distinguish between standards that require 
actual testing at a generator facility (e.g., MOD-025-2, MOD-026-1, and MOD-027-1) and standards that may not 
directly require an actual test (e.g., PRC-019-2, PRC-024-2, and PRC-025-1). Regardless, these standards require 
documentation and analysis of power plant protection, limiters, and capabilities and are important steps in the 
planning and preparation for the power plant tests.  
 
The standards are described below in three categories to aid in the understanding and discussion of each standard 
and its goal: 
 

• Power plant testing and model verification standards 
• Power plant protection and limiter coordination standards 
• Interconnection-wide model development and verification 

 
This guideline primarily addresses power plant testing and model verification activities (and related standards). 
However, the other inter-related standards are described here to help contextualize how these standards all work 
together to ensure accurate and verified models are developed and provided for power system operations and 
planning studies. 
 
Power Plant Capability Testing and Model Verification Standards 
The power plant testing and model verification standards include MOD-025-2, MOD-026-1, and MOD-027-1. Table 
1.1 provides a high level overview of these standards. The testing and verification practices that are used for these 
standards are discussed in this guideline. Refer to the standards for specific details on requirements. 
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Table 1.1: Overview of Model Verification and Testing Standards 

Topic MOD-025-2 MOD-026-1 MOD-027-1 

Effective Date July 1, 2016 July 1, 2016 July 1, 2016 

Applicability 
• GO 
• TO12  

• GO 
• TP 

• GO 
• TP 

Facilities+ 

• Individual unit > 20 
MVA  

• Synchronous 
condenser > 20 MVA  

• Plant/Facility > 75 
MVA  

Eastern or Quebec Interconnections: 
• Individual unit > 100 MVA  
• Plant* consisting of multiple units > 100 MVA  
Western Interconnection:  
• Individual generating unit > 75 MVA  
• Plant consisting of multiple units > 75 MVA  
ERCOT Interconnection:  
• Individual generating unit > 50 MVA  
• Plant consisting of multiple units > 75 MVA  
All Interconnections (MOD-026-1)13  

Types of Tests Steady-State 
Steady-State 
Dynamic 

Steady-State 
Dynamic 

Periodicity 5 years 10 years 10 years 

Primary Focus Real and Reactive 
Generator Capability 

Dynamic model verification 
for synchronous generator, 
exciter, voltage regulator, 
impedance compensation 
and power system 
stabilizer (if applicable) 

Dynamic model verification 
for turbine-governor and load 
control or active power-
frequency control 

Data Recording 
Requirements 

Slow Recording 
(Steady-State) 

Slow and Fast Recording 
(Steady-State and High 
Resolution) 

Slow and Fast Recording 
(Steady-State and High 
Resolution) 

Coordination 
between GOP and 
TOP 

Recommended Recommended Recommended 

* Directly connected at a common BES bus with total generation 
+ Gross nameplate rating for individual units or gross aggregate nameplate rating for multiple units 

 

                                                           
12 That owns synchronous condenser(s) 
13 In MOD-026-1, Facilities for all Interconnections include “Technically justified unit that meets NERC registry criteria but is not otherwise 
included in the above Applicability sections 4.2.1, 4.2.2, or 4.2.3 and is requested by the Transmission Planner.” Technical justification is 
achieved by the Transmission Planner demonstrating that the simulated unit or plant response does not match the measured unit or plant 
response. 
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Each of the modeling and verification standards (namely MOD-025-2, MOD-026-1, and MOD-027-1) has a key 
purpose and primary objectives, including:  
 

• MOD-025-2: Physical testing confirms by observation from measurement that the generator can 
continuously operate within the specified capability curve without tripping or being unexpectedly limited. 
Supplementary information that builds on measurements (e.g., power vs. ambient temp curves) can and 
should be used if actual capability cannot be reached due to limitations in the plant, and allows one to 
extrapolate up to the expected capability. Identification of any coordination issues (tripping, limiters, etc.) 
can start a process to further analyze and correct these issues. This can lead to confirmation of accurate 
Pmin, Pmax, Qmin, Qmax, and transformer tap values used in the powerflow cases (assuming capability is 
reached or calculated, as intended by the standard). The test can also confirm accuracy of telemetry, 
operation in automatic voltage control, and other items that may be required for other local criteria, as 
applicable.  

• MOD-026-1/MOD-027-1: Dynamic model verification confirms that the dynamic performance of the 
excitation system (generator, excitation system, PSS, and voltage compensator) and turbine-governor 
models provided to the TP/PC accurately reflect actual response of the equipment installed in the facility. 
This ensures that the studies performed to plan and operate the BPS are also as accurate as possible.  

 
Interconnection-Wide Model Development and Verification Standards 
Once the individual component models have been developed and/or verified, MOD-032-1 and MOD-033-1 
establish requirements for the PCs to develop interconnection-wide models and test the overall performance of 
these models (see Table 1.2 for an overview). The system-wide validation of these models creates a feedback loop 
that can and may instigate further model verification or model review. 
 

Table 1.2: Overview of Interconnection-Wide Model Standards 

Topic MOD-032-1 MOD-033-1 

Effective Date 
R1: July 1, 2015 
R2, R3, R4: July 1 2016 

July 1, 2017 

Applicability 

• BA 
• GO 
• LSE 
• PC 

• RP 
• TO 
• TP 
• TSP 

• PC 
• RC 
• TOP 

Periodicity Continuous / data submittal at least 
once every 13 months 10 years 

Primary Focus 

Establish consistent modeling data 
requirements and reporting procedures 
for development of steady-state, 
dynamics, and short circuit planning 
cases 

Establish consistent validation requirements 
to facilitate collection of data and building of 
planning models 

Data Recording 
Requirements N/A System-wide steady-state and dynamic data 
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Chapter 2: General Testing Considerations 
 
If disturbance-based PPMV is not an option, testing is necessary to perform the model verification for MOD-026-
1 and MOD-027-1. This chapter, and the forthcoming chapters, provide useful considerations during testing.  
 
Pre-Testing Considerations 
The following topics should be considered leading up to and during testing: 
 

• Calibrated Measurement Equipment: Ensure that the measurement equipment used to record the 
response of the generating unit to various tests is properly calibrated. 

• Minimize Setup Time: To the extent possible, prior to testing, some planning should be done to identify 
the measurement points and needed preparation for testing in order to minimize set up time at the plant. 
Nevertheless, flexibility by the testing staff is still necessary since in a power plant safety of the personnel 
and equipment always comes first, and thus last-minute alterations and changes may be required in the 
test procedures and plans. 

• Signal Check Procedure: All connection points and signals being measured should first be checked to 
ensure proper, and safe, connections have been made and the expected quantities are being measured 
before any testing commences. 

• Noise Mitigation: Power plants are naturally electrically noisy environments and precautions should be 
taken, to the extent possible, to reduce noise level in the signals being measured. For example, use 
shielded twisted pairs to reduce electromagnetic interference, keep unshielded leads short and twisted, 
and use balanced differential signals. In the end, some signals (e.g. field voltage and current) will naturally 
contain significant amounts of noise/ripple (e.g. ripple in rectified field voltage). These will require some 
form of hardware or software filtering. 

• Expertise and Experience: The end goal of the model verification is to perform the minimum number of 
tests in order to collect the necessary data, together with baseline data, to derive and validate the 
computer simulation models for a power plant. This process, as with any other engineering task, is a 
combination of technical details, sound engineering judgment, and experience. There is no absolute right 
or wrong way of addressing this task, and each facility/plant will require certain site-specific 
augmentations and/or flexibility in the process due perhaps to limitations encountered on-site. Thus, 
every effort must be made to ensure safety of personnel and equipment, while exerting judicious effort 
to perform the necessary test, and collect the intended data for the purpose of model verification. 
Expertise and judgment must be exercised to avoid inadvertent mistakes.  

• Controller Settings, Data Sheets, and Calculations: Ensure that all controller settings (e.g., PSS settings, 
AVR settings, operating modes, over-/under-excitation limiters, etc.) are well understood and 
documented to the best extent possible. 

 
Expected Testing Schedule 
It is important to lay out a testing schedule so the GO, GOP, and testing personnel clearly understand the 
expectations and constraints for testing. This also helps ensure data collection prior to testing, procurement of 
any necessary fuel, coordination with the TOP, and clearing for outages properly performed. Figure 2.1 shows an 
example of a typical testing schedule from the testing engineer’s perspective. An experienced testing engineer 
can typically test a unit in about half a day to a full day depending on the circumstances. Any potential constraints 
that may arise during testing may extend the testing schedule or hinder completion of testing within this 
timeframe. Once testing is concluded and all necessary data is collected, significant work goes into developing 
and/or verifying the models and model parameters. This may require further coordination with the GO. 
 
Each of the steps of this example testing schedule are described in detail throughout this guideline. 
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Figure 2.1: Example of Testing Schedule [Sources: GE, Kestrel] 

 
 
Pre-Test Data Request 
Prior to testing, the GO should gather all relevant data related to the plant, generator, controls, and protection 
systems. The individual performing testing will need much of this documentation to understand the type of 
systems being tested as well as for developing the documentations and simulation results to demonstrate 
verification of the modeled performance with actual testing. This data request will often happen about a month 
or more prior to actual testing. If the data is not provided in a timely manner, the testing schedule may have to 
be extended since the testing entity may not have sufficient information to prepare for the day of testing.  
 
Table 2.1 provides examples of types of information the GO should gather that may be requested prior to testing. 
This information can be in the form of tables, models, block diagrams, electrical diagrams, plant schematics, past 
testing reports, etc. 
 

Table 2.1: Possible Requested Plant Information 

Category Relevant Data 

General 
Station information, plant supervisor and/or operator contact information, 
overall plant one-line diagrams, auxiliary equipment operating limits, plant/unit 
voltage schedule 

Transformer Data MVA base and rating, turns ratio, configuration, tap settings, impedances, 
powerflow model, diagrams 

Generator Data 
Individual generator IDs, capability curve diagram, machine ratings (MVA, 
speed, voltage, field quantities, etc.) open circuit saturation curve, 
manufacturer data sheet (unsaturated reactance’s), dynamic model 

Excitation System Data 
Exciter and AVR type, manufacturer information (name, model, model number), 
block diagrams and manufacturer-specified parameters, dynamic model, 
schematics, connection diagrams, saturation curve, commissioning report 
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Table 2.1: Possible Requested Plant Information 

Category Relevant Data 

Power System Stabilizer 
Data 

PSS type, manufacturer information (name, model, model number), block 
diagrams and manufacturer-specified parameters, dynamic model, schematics, 
connection diagrams, latest PSS tuning study14 

Turbine-Governor Data 
Governor type, manufacturer information (name, model, model number), block 
diagrams and manufacturer-specified parameters, dynamic model, schematics, 
connection diagrams, turbine rating and rated speed,  

Protection System Data 
Types of active protection (e.g., V/Hz, loss of field, over-/under-voltage, out-of-
step, etc.), protective relay specification sheets, protection schematics and 
settings sheets, relay PT and CT ratios, PRC-019-2 reports 

Plant-Level Controls Data Plant volt/var or power/frequency controls, connection and controls diagrams, 
data logs, historical plant data 

 
Each entity performing the testing and/or model verification may require or specify data in different formats or 
depth.15 To the extent possible, this information should be provided in its entirety to aid in the successful 
development and/or verification of a model as well as to ensure an effective and efficient testing process. It should 
also be understood that in some cases, particularly for older equipment, some of the above data (e.g. machine 
parameters, exciter saturation curves, etc.) may not be available despite best efforts by the GO to gather them. 
In these cases, a combination of engineering judgment and testing will need to be used to derive the most feasible 
estimate of the missing parameters. When using tests to derive parameter values, some level of error is expected 
since no test or measurement process is free of error, but it will be the only plausible course of action. 
 
 
Data Acquisition, Signals, and Measurement Locations 
Model verification requires comparison of actual test results against simulated or modeled values. This requires 
measurement of electrical quantities during the test conditions. These quantities are either directly measured or 
extracted from modern, digital control systems. Measurement equipment should record electrical quantities at a 
high resolution. Typically, these recordings are in the range of 10-25 kHz16 with at least 6-8 recording channels for 
external devices. Many digital systems may have recording capability integrated into the existing platform. Table 
2.2 shows the signals, the secondary measured range, and the location of measurement usually necessary for 
power plant testing, depending on the specific tests being performed.  
  

                                                           
14 Without the latest tuning report, testing the PSS may require starting from scratch and retuning the PSS (or some other way to verify the 
existing tuning). It is important to retain the PSS tuning reports. 
15 As an example, see “Generator Controls Testing Data Collection” form. Available: http://kestrelpower.com/Articles.php. 
16 Some quantities may not need to be captured at high resolution (i.e., those collected during steady-state tests). 

http://kestrelpower.com/Articles.php
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Table 2.2: Measured Signals 

Signal Range17 Location 

Input Varies Varies – test signal that is inducing a response in 
the unit (used for comparison of response) 

Controller Output 
Signal 

4-20 mA or 0-10 VDC or 
digital output 

From DA transducer, electrical output, or PLC 
digital output signal  

Stator Voltage 0-120 VAC From stator PT secondary in protection/metering 
panels or exciter cabinets 

Stator Current 0-5 AAC Using clamp-on transducer or CT secondary in 
protection/metering panels or exciter cabinets 

Field Voltage 0-1000 VDC From exciter field voltmeter or directly across DC 
bus 

Field Current 0-300 mV From field current shunt in exciter cabinet 

Frequency or Speed N/A 
Deriving or calculating frequency (speed) is likely 
more reliable than direct frequency 
measurement 

Valve Position 4-20 mA or 0-10 VDC From output of LVDT18 or potentiometer (if 
available) 

Fuel Flow Typically in percentage Digital output from turbine controls on digital 
control systems 

Gate Position (Hydro) 4-20 mA or 0-10 VDC From output of LVDT or output from governor on 
digital control systems 

Blade Position (Hydro) 4-20 mA or 0-10 VDC From output of LVDT or output from governor on 
digital control systems 

Jet Deflector Position 
(Hydro) 4-20 mA or 0-10 VDC From output of LVDT or potentiometer (if 

available) 

Note 1: In the case of brushless excitation systems, the field voltage and field current of the exciter is measured. In these 
cases, the field voltage of the exciter can be much lower in magnitude (e.g., as low as 0 – 50 VDC) and the field current of the 
exciter may be measured using clamp-on CTs. 
Note 2: In some older control systems, it may not be feasible to accurately measure valve position, fuel flow, etc. These 
quantifies are generally useful to have, but not essential. 
Note 3: In the case of a steam turbine, there is no single valve position. Thus, if plausible and necessary, the main steam 
throttle valve control command might be measured. Again, this a useful quantity to have for verification purposes, but not 
essential. 
Note 4: Stator voltage and current, and field voltage and current need to be measured at high resolution. The other signals 
may or may not need to be sampled at higher resolution based on the resource type. 

 

                                                           
17 These are typical ranges. There may be some variations to each of these, and are provided here as reference only. 
18 Linear Variable Differential (Displacement) Transformer 
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While Table 2.2 lists the signals to ideally be measured, the absolute minimum required set of measurements are 
the three stator voltages, stator currents, field voltage, and field current. These measured quantities are then 
used, through signals processing and conditioning, to calculated the actual quantities needed for model 
verification, including: 
 

• 3-phase real power (MW) 
• 3-phase reactive power (MVAR) 
• Positive sequence stator voltage (Vt) 
• Field voltage (Efd) 
• Field current (Ifd)  
• Speed/frequency at the generator terminals (Hz) 

 
Where possible, signals for valve position and fuel flow may also be useful. Gate/blade position is also important 
for hydro units. With that said, there are exceptions in the field and non-ideal conditions that may lead to the 
necessity of making appropriate compromises. For example, modern digital controls from certain vendors do not 
have a field shunt; rather, field current is a digitally calculated value in the controls. In these cases, there is no 
useful measurement of field current that can be made for comparison between measured and simulated transient 
events (e.g., voltage reference step test). 
 
 
Good Vendor Data 
In the case of power plants built around the 1980’s and onwards, reliable data from the original equipment 
manufacturer (OEM) should be available and accurate. This includes data sheets for the generator, excitation 
system, turbine-governor, and other relevant generator components. Figures 2.2 show examples of parts of a data 
sheet for a Brush machine. 
 
In the case of some older units (i.e., before the 1970s to 1980s), this type of detailed data sheet may or may not 
exist for all components (i.e., generator electrical parameters, open-circuit saturation curve, generator capability 
curve, etc.).  
 

• If it does exist, is traceable directly to the specific unit 
(e.g. by serial numbers, etc.), and no material changes 
to the unit have been made (or new data sheets 
issued for rotor/stator rewinds), then experience has 
shown that this data is “good” (reliable) and that field 
testing would not yield parameters for the electrical 
generator (i.e. Xd, X’d, X’’d, etc.) that are more 
accurate than those provided by the OEM data 
sheets19. This type of “good” (reliable) OEM data 
should be the starting point of any model verification 
process, and parameters should not be changed 
unless there is justifiable evidence to do so after 
careful consultation with the OEM and other parties 
involved. 

                                                           
19 Some parameters do change in the field and dramatically from the OEM supplied data due to physics of the machine. For example, the 
generator field time constant will change with unit loading because as the unit is loaded, the rotor temperature will rise. This increases the 
rotor circuit resistance and decreases the field time constant. This is a reality of the physical world that cannot be captured by the constant-
parameter type models used in large-scale power system simulations. 

Key Takeaway: 
If reliable OEM data exists, it is likely the most 
accurate data source for many of the 
generator model parameters. Datasheets 
should be updated with the actual 
gains/tuning set upon commissioning, and/or 
any modification to these parameters. 
Likewise, the model parameters should be 
updated to reflect any changes to actual 
installed equipment, and communicated to 
the TP and PC for inclusion in their system 
studies.  
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• If it does not exist and cannot be collected by the GO (e.g., for older units), it may be necessary to consult 
with the OEM and/or perform additional tests (described in some of the following chapters) to make a 
reasonable estimate of the model parameters. 

 
It is quite common, however, to find through testing and model verification that gains and the tunable time 
constants on control systems differ from those in the OEM-supplied datasheets. This is typically because standard 
datasheets provide gains and tuning that are default values and may often not be updated after the equipment is 
commissioned and tuned in the field for the specific conditions of the local interconnection to the BPS. If baseline 
model development through testing and verification has been performed at plant commissioning, then more than 
likely the models provided upon commissioning will form a reliable baseline model for all equipment. In any case, 
datasheets should be updated with the actual gains/tuning set upon commissioning and/or any modification to 
these parameters. Likewise, the model parameters should be updated to reflect any changes to actual installed 
equipment, and communicated to the TP and PC for inclusion in their system studies.  
 
“Good” vendor data is not only reliable and available but also comprehensive enough to deduce information about 
the machine and develop model parameters. This often includes block diagrams with respective parameter values, 
base values, saturated and unsaturated parameters (as applicable), ratings under specified conditions, sensitivity 
curves, etc. 
 

 
 
Representation of Typical Operating Mode(s) 
One of the main purposes of model verification and testing is to ensure that the behavior of the resource can be 
accurately predicted via a set of steady-state and dynamic models. These models are expected to represent the 
expected operation under normal operating conditions. While power plants may have multiple modes of 
operation, these modes of operation should be well understood by the GO and should be communicated to the 
TP and PC who are performing the system studies using these models. It is not realistic to develop models for all 
potential operating conditions; however, a model that represents the normal operating condition should be 
provided. 
 

 
 

Figure 2.2: Generator Electric Data Sheet Examples [Source: Brush] 
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In situations where there are multiple “typical” operating modes (and subsequent variances in modeling 
parameters), the GO should coordinate with their Balancing Authority (BA) and TP to understand the implications 
of these operating modes. The BA and/or TP will likely expect the plant to be operating in one mode based on the 
model provided, and may also be able to provide guidance on the operating mode that will best support BPS 
reliability. For example, governor response from generating resources can be categorized into the following: 
 

• Frequency responsive: The generating unit is responsive to changes in grid frequency and the turbine-
governor controls generator output based on deviations in frequency  

• Load control/Outer-loop MW control (frequency response withdrawal): The generating unit is controlled 
to a load set point. It may respond to changes in grid frequency but will return to a load set point relatively 
quickly (typically considering the initial 30 to 60 seconds following the disturbance). Governor load control 
or outer loop controls will interact20 or override the described response of the turbine-governor. 

• Non-responsive: The generating unit will not respond to changes in grid frequency due to blocked controls 
and/or operating modes that do not respond to changes in grid conditions. Temperature control and 
sliding pressure are considered non-responsive.  

 
Setting changes and dynamic model changes that occur due to status changes (e.g., dual setting automatic voltage 
regulators (AVRs) based on status of the power system stabilizer (PSS)) should be reported to the TP and PC, as 
well as when these situations may arise during normal plant operation. Plant controllers and their interaction with 
the dynamic response of the unit should also be taken into consideration when determining the modes of 
operation and an appropriate dynamic model. The dynamic models are generally used for transient simulations 
typically studying conditions up to 60 seconds21.  
 
TPs and PCs should ensure they understand the mode(s) of operation of the generating fleet in their footprint, 
and apply engineering judgment in the use of the models supplied for system studies. Any potential variances in 
operating conditions should be studied by the TP/PC to identify any potential reliability issues. In situations where 
there is evidence of alternate operating modes or uncertainty in the expected operating condition, the most 
pessimistic representation of machine response should be considered (e.g., non-responsive). Model verification 
and testing should help clarify these issues. 
 
 
 
 
 
 
 
 
 
 

                                                           
20 It is important to accurately model both the turbine-governor as well as the outer loop/load controls that overlay this response.  
21 Most transient stability simulations are often performed for at least 10-15 seconds and commonly up to 30 seconds. Specialized studies 
or studies of poorly damped oscillations may be run up to 60 seconds. Units that take longer to react (e.g., STGs of combined cycle plants) 
are considered to be non-responsive during this timeframe. 
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Chapter 3: MOD-025-2 Testing Procedures 
 
The purpose of MOD-025-2 is to “ensure that accurate information on generator gross and net Real and Reactive 
Power capability and synchronous condenser Reactive Power capability is available for planning models used to 
assess Bulk Electric System (BES) reliability”. The standard applies to GOs and also to TOs that own synchronous 
condensers. The requirements outline a process for the applicable entities to provide its TP with documentation 
of the verification of the active and reactive power capability of each applicable unit following the specifications 
outlined in Attachment 1 using the Attachment 2 (or a form similar to Attachment 2).22 Figure 3.1 provides an 
overview of the specifications in Attachment 1 and how those specifications relate to specific tests for different 
types of generation23 units. The flow of information is unidirectional as the GOs and applicable TOs provide 
verification reports to the TP for review. While TPs are not an applicable entity in MOD-025-2, the TP and GO (or 
applicable TO) should coordinate to ensure the capability testing and verification is completed successfully (as 
described in detail in Appendix D). 
 
It is important to note that the tests associated with MOD-025-2 are quite similar to tests that may be required 
for interconnection agreements or local criteria24, particularly regarding reactive capability. Given the similarities, 
the techniques and approaches for the testing of generating units to fulfill MOD-025-2 requirements are likely 
applicable to meeting25 other requirements. GOs (or TOs) planning to perform MOD-025-2 testing should consult 
with their transmission service provider to determine if additional requirements apply, to streamline the 
execution of similar activities. Furthermore, some regional requirements26 may include provisions for 
coordination with the system operator. Capability testing requirements may be challenging to meet without 
support from the system operator, and such coordination should occur prior to scheduling testing.  
 
The following sections describe technical aspects of MOD-025-2 testing and verification, and how these tests 
relate to the data submitted for interconnection-wide modeling pursuant to the requirements of MOD-032-1. 
Appendix D provides numerical examples that demonstrate various aspects of MOD-025-2 testing. 
 

                                                           
22 NERC Reliability Standard MOD-025-2, “Verification and Data Reporting of Generator Real and Reactive Power Capability and 
Synchronous Condenser Reactive Power Capability,” March 2014. [Online]. Available: HERE. 
23 Note that synchronous condensers are not covered in this flowchart, for simplicity. In addition, some variations apply to variable energy 
resources – for example, there is no way to hold maximum active power constant for 1 hour during testing since power fluctuates within a 
couple minutes or even seconds. 
24 For example, IESO Market Rules: Market Rules Chapter 4 Grid Connection Requirements 
25 Specific interconnection agreements, market rules, or other interconnection requirements should be addressed in their entirety along 
with the NERC MOD-025-2 standard. The material provided here should support all these efforts from an engineering perspective. 
26 ERCOT Nodal Operating Guide, Section 3.3.2.2 Reactive Testing Requirements. Available: 
http://www.ercot.com/mktrules/guides/noperating 

http://www.nerc.com/_layouts/PrintStandard.aspx?standardnumber=MOD-025-2&title=Verification%20and%20Data%20Reporting%20of%20Generator%20Real%20and%20Reactive%20Power%20Capability%20and%20Synchronous%20Condenser%20Reactive%20Power%20Capability&jurisdiction=United%20States
http://www.ieso.ca/en/sector-participants/market-operations/-/media/56d99d6f377b4e02864a04b4a15506ac.ashx
http://www.ercot.com/mktrules/guides/noperating
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Figure 3.1: Flowchart of MOD-025-2 Attachment 1 Testing Requirements 

 

Applicable
Facility? 

APPLICABLE FACILITIES

Individual unit greater than 20 MVA (gross 
nameplate rating) connected directly to BES

Plant greater than 75 MVA (gross aggregate 
nameplate rating) connected directly to BES

Active Power Capability
and 

Over-Excited Reactive Power Capability

• Generator dispatched at its normal expected 
maximum active power output at the time of 
the verification (2.1)

• Minimum 1 hr hold (2.1.1)
• Variable generation units (wind, solar, run of 

river hydro) use maximum power output at 
the time of the verification (2.1.2)

• Wind and PV inverters should have at least 
90% of the units online for the reactive power 
capability test (2.1.2)

• Hydrogen-cooled units at normal H2 pressure 
(2.3)

MOD-025-2 Attachment 1 – 2.1

Y

MOD-025-2 Attachment 1 – 2.2

Wind or PV? 

Maximum Active Power
Under-Excited Reactive Power Capability

• Data gathered as soon as limit is reached 
(2.2.2)

N

Nuclear unit? 

Minimum Active Power
Over-Excited Reactive Power Capability

and
Under-Excited Reactive Power Capability

• Generator dispatched at minimum active 
power output at which they are normally 
expected to operate (2.2.1)

• Data gathered as soon as each limit is 
reached (2.2.2)

N

You are done
(2.2.3)Y

You are done
(2.2)Y

You are done

Recorded Data

Gross Active and Reactive Power output at 
the end of the verification period (3.1)

Voltage schedule provided by the 
Transmission Operator, if applicable (3.2)

Voltages at the HV and LV sides of the GSU 
at the end of the verification period (one value 
might be calculated) (3.3)

Ambient conditions (if applicable) for factors 
associated with active power output at the 
end of the verification period (3.4)

Synchronous generator field voltage and field 
current (not mentioned in the Standard)

Recorded Data

Gross Active and Reactive Power output at 
the end of the verification period (3.1)

Voltage schedule provided by the 
Transmission Operator, if applicable (3.2)

Voltages at the HV and LV sides of the GSU 
at the end of the verification period (one value 
might be calculated) (3.3)

Synchronous generator field voltage and field 
current (not mentioned in the Standard)

What are you doing 
here? N
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PRC-019-2 Protection Coordination 
Prior to performing NERC MOD-025-2 testing, it is highly recommended that the PRC-019-2 requirements be 
fulfilled. PRC-019-2 requires an engineering evaluation be performed to coordinate the voltage regulation 
controls, limiting functions, equipment capabilities, and protection settings of the unit/plant (see Figure 3.2). 
These analyses help prepare the way for successful MOD-025-2 testing by identifying desired MOD-025-2 test 
stopping points, the locations of the over-excitation limiter (OEL) and under-excitation limiter (UEL), and by 
ensuring that running to these limits will not cause inadvertent tripping of the unit. If a unit does not have an OEL 
or UEL the MOD-025-2 test must be planned to avoid thermal damage to the generator and maintain safe margins 
to tripping functions. 
 
In addition to the PRC-019-2 findings, operational limits for the plant equipment should be determined and 
adhered to. These limits may include the acceptable operating ranges for generator terminal voltage, stator 
current, auxiliary voltages, transmission level voltages, generator stator temperatures, and GSU transformer 
cooling temperatures. Often operation outside these limits could lead to extreme equipment damages or simply 
operator alarms that would typically stop an operator from moving the operating point beyond that range. 
 

  
Figure 3.2: Generator Capability Curve 
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Fundamentals of Generator Ratings and Manufacturers Curves 
The capability of a synchronous generator is defined in IEEE C50.13-2014. The rating of a generator is the MVA 
(apparent power) available continuously at the terminals at rated frequency, voltage, power factor, and primary 
coolant temperature. The standard specifies that at rated frequency, generators shall be thermally capable of 
continuous operation within the confines of their reactive capability curves over the range of ±5% in voltage. To 
define the reactive capability, generator manufacturers supply generator capability curves similar to the ones 
shown in Figure 3.3. Note that the capability curve on the left uses a different sign convention for leading 
(consuming) and lagging (producing) conditions. Also note that this curve is only for the generator itself and not 
the “composite capability curve” (see Figure 3.2) that also includes the protection and limiter curves. 

 
 

Figure 3.3: Reactive Capability Curve Examples [Sources: Brush, NRG Energy] 
 
The generator capability curve consists of separate intersecting curves that may include:  
 

• Rotor thermal limit: over-excited (lagging) reactive capability of the generator, established by the rated 
field current limit heating 

• Stator current heating: operating limits at rated stator current and the highest output power at unity 
power factor  

Steady State Stability Limit: 
The steady state stability limit (SSSL) curve is referenced and plotted on the capability curve in PRC-019-2, 
Section G. However, the SSSL curve is based on manual excitation operation only. Manual excitation is not 
allowed by PRC-019-2 Requirement R1.1, by only considering operation with an automatic AVR. Therefore, 
the SSSL curve is not relevant for use in PRC-019-2 coordination. Typically, the stability limits for a unit with 
auto-AVR are much higher in the leading direction, and there are no established industry standards to identify 
the stability limits of a generating operating in automatic AVR mode. 
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• Stator end turn heating: based on geometry of the conductors at the end turns, limit of operation in the 
under-excited (leading) region 

 
Generator manufacturers also supply generator V Curves, which are graphical representations of the generator 
stator current vs. excitation field current for various loading combinations of power and power factor. 
 
Note that the generator capability curve provided by the manufacturer only identifies permissible operation of 
the generator, independent of other factors. When a generator is connected to the BPS, the manufacturer’s 
capability curve does not necessarily represent the achievable operating limits of the generating unit due to 
multiple factors including excitation limiters, GSU impedance, and turn ratio, the POI scheduled voltage, and 
auxiliary system voltage limits.27 It is generally unlikely that a generating unit will operate to the manufacturer’s 
capability curve limits in both the over-excited and under-excited regions. 
 
Fundamentals of Maximum Reactive Capability and Field Current 
The typical representation of a synchronous generator in steady state (power flow) calculations is shown in Figure 
3.4. The generator bus is represented as a PV bus, describing the two primary operating variables within the 
control of the GOP – active power (P) and terminal voltage (V). Pgen is the active power generation and |ET| is the 
magnitude of bus voltage. From those quantities, the power flow solution calculates the bus voltage angle, θ, and 
the reactive power output of the generator, QGEN.  

 

 
 

Figure 3.4: Power Flow Representation of a Synchronous Generator 
 

In the simplest implementation of power flow software, the synchronous generator is modeled as a power source 
with defined active and reactive power limits, as shown in Figure 3.5 with a rectangular capability defined by a 
minimum and maximum active power output for the generator (Pmin and Pmax) and a minimum and maximum 
reactive power output of the generator (Qmin and Qmax). The rectangular capability uses the reactive limits 
(Qmax/Qmin) at the maximum power output (Pmax) as a conservative assumption since the reactive capability of the 
machine is greater at lower active power output levels. More detailed representations of generator reactive 
capability (e.g., piece-wise linear points defining Qmax/Qmin as a function of real power output) are available in 
various commercial software tools, but these do not represent the variation in reactive limits as a function of the 
terminal voltage magnitude. 
 
 
 

                                                           
27 MOD-025-2 Attachment 1, Note 1 indicates that “Under some transmission system conditions, the data points obtained by the reactive 
verification will not duplicate the manufacturer supplied thermal capability curve (D-curve).”  

|ET| 

PGEN 

θ

QGEN 
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Figure 3.5: Simplified Representation of Synchronous Generator Capability in Steady State Powerflow 
 
The power flow solution along with the dynamic model parameters are used to calculate the initial conditions of 
the dynamic simulation models, as represented in Figure 3.6. Values from the power flow solution for the 
synchronous machine terminal conditions (bus voltage magnitude |ET|, bus voltage angle θ, active power output 
PGEN, and reactive power output QGEN) are used to determine the generator field current IFG and field voltage EFG 
(shown in Figure 3.6) as well as turbine mechanical power PMECH (not shown in Figure 3.6). These are the initial 
conditions of the excitation system model and turbine-governor model.  
 

 
 

Figure 3.6: Representation Calculation of Initial Conditions for Excitation System Model 
 
In the initialization of a dynamic simulation, the initial (steady-state) value for generator field current IFG can be 
expressed as the function below. The diagram may give the wrong impression that the generator field current is 
a derived quantity from the selected terminal conditions of voltage active power, and reactive power as expressed 
below. 
 

𝐼𝐼𝐹𝐹𝐹𝐹 = 𝑓𝑓(|𝐸𝐸𝑇𝑇|,𝑃𝑃𝐹𝐹𝐺𝐺𝐺𝐺,𝑄𝑄𝐹𝐹𝐺𝐺𝐺𝐺) 
 
In reality, the generator operating terminal voltage |ET| is controlled primarily by the function of field current IFG. 
To a lesser extent, the magnitude to ET is affected by variations of PGEN and QGEN output.  
 

|𝐸𝐸𝑇𝑇| = 𝑓𝑓(𝐼𝐼𝐹𝐹𝐹𝐹 ,𝑃𝑃𝐹𝐹𝐺𝐺𝐺𝐺,𝑄𝑄𝐹𝐹𝐺𝐺𝐺𝐺) 
 
IFG is adjusted to control ET. Consequently, adjusting ET affects the output of QGEN based on interaction of the 
generator and the BPS as a new steady state is established. The magnitude of QGEN affects ET and field current IFG 
is adjusted as needed to support and maintain ET at its set point. Normally, it is unacceptable to use QGEN as an 
established set point and drive IFG and ET as needed (as per VAR-002-4 R1.). QGEN is an interactive exchange of 
power between the machine and the system without a net transfer of energy (i.e., reactive power). The magnitude 
of reactive power is dependent on the magnitudes of ET and the relative voltage of the system. Due to this 
interaction, the maximum reactive capability of a generating unit cannot be injected at will into the BPS. Rather, 
it is a product of relative voltage magnitude, excitation, and voltage set point.  
 

QGEN 

PMIN PMAX 

QMAX 

QMIN 

IFG 
|ET| θ

PGEN 

QGEN 

EFG 
+

−
excitation 
system
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Figure 3.7 shows simplified circuit diagrams and the relation of voltages and reactive power transfer between the 
generator and system. As ET is raised higher than the system voltage Esystem, the generating unit will export reactive 
power. Similarly, as ET is lower than system voltage, the unit will import reactive power.  
 

 
Figure 3.7: Circuit Diagram of Reactive Transfer [Source: NRG Energy] 

 
The generator automatic voltage regulator (AVR) controls terminal voltage to an established set point |ET| by 
adjusting IFG. In the process, steady state values of PGEN, and QGEN are achieved if not limited by other constraints. 
PGEN, is determined by the mechanical input power to the machine, which is the primary variable to determine 
angular separation of voltages, and is approximated by (quantities in per unit):  
  

𝑃𝑃𝐹𝐹𝐺𝐺𝐺𝐺 =
|𝑉𝑉𝑃𝑃𝑃𝑃𝑃𝑃| × |𝐸𝐸𝑇𝑇|

|𝑋𝑋𝐹𝐹𝐺𝐺𝐺𝐺|
sin (𝜃𝜃) 

 
where 

VPOI = POI voltage, assumed as the high-side of the GSU 
XGSU = Impedance of the GSU (neglecting resistance and due to high X/R ratio, i.e. |X| = |Z|) 
θ = Angular separation between ET and VPOI  

 
Under steady state operating conditions, the primary controllable variable in this equation is θ, based on the 
amount of mechanical input power applied to the turbine (i.e., the ability to control mechanical input power drives 
the ability to control electrical output power). On the contrary, the generator controls ET (within the limits of the 
excitation system and transformer taps) but does not control the VPOI. Therefore, there is no equivalent 
mechanism for direct control over QGEN by the GOP. This is demonstrated by the approximated equation of QGEN, 
expressed as (in per unit):  
 

𝑄𝑄𝐹𝐹𝐺𝐺𝐺𝐺 =
|𝐸𝐸𝑇𝑇|2 
|𝑋𝑋𝐹𝐹𝐺𝐺𝐺𝐺|−

|𝐸𝐸𝑇𝑇| × |𝑉𝑉𝑃𝑃𝑃𝑃𝑃𝑃|  ×  cos(𝛿𝛿)
|𝑋𝑋𝐹𝐹𝐺𝐺𝐺𝐺|   

 
Active power output (and excitation) will determine θ, and the difference of voltage magnitudes between ET and 
VPOI (|ET| - |VPOI|) is the primary variable to determine the generator reactive power output. As ET is adjusted, the 
impact on VPOI will simultaneously affect the reactive output of the generator. Figure 3.8 shows the difference 
between testing conditions that may be encountered during MOD-025-2 testing and the operating conditions 
calling upon a generating unit to deliver reactive power.  
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Figure 3.8: Impact of System Voltage on Test Results [Source: NRG Energy] 

 
The generator maintains VPOI to the scheduled value by delivering the necessary reactive power, achieved by 
raising or lowering ET by adjusting IFG within operating ranges of power output. The purpose of MOD-025-2 is to 
confirm and provide a level of confidence for the operating limits of ET and IFG over the operating range of PGEN. 
The reactive capability of the synchronous generator (in its over-excited condition) is dependent on the maximum 
limit on the generator field current IFGlimit. Regardless, there is a defined limit on the maximum generator field 
current (which restricts maximum reactive power output Qmax) due to the thermal limit of the rotor winding. The 
OEL commonly limits IFG, and acts to keep the field current within the desired operating constraints. Most typically, 
the OEL limit has either a definite-time limit of field current or an inverse-time characteristic based on the pickup 
level of field current. Understanding that reactive power output of a synchronous generator is dependent on 
voltage magnitude |ET|, active power output PGEN, and field current IFG is critical to the interpretation of the results 
of any reactive capability test, particularly those necessary to comply with MOD-025-2.  
 
Before conducting generator reactive power capability verification tests, the current GSU tap setting, expected 
generator terminal voltages, and station service bus voltages should be reviewed since these will affect testing 
constraints. It is crucial to have a proper GSU tap setting for optimizing the utilization of the desired range of 
generator reactive capability.28 Due to the fact that a GSU consumes reactive power, it is typically desirable to 
have a sufficient amount of the gross reactive production capability available to the transmission system. The 
voltage range (Vmax and Vmin) at the generator terminals is the typical limitation for utilizing the full range of the 
generator reactive capability. Figure 3.9 shows the expected operating points with various GSU tap settings at the 
same transmission bus voltage. With a lower tap setting (e.g., a=0.95 or 95%), the generator terminal voltage 
would likely be running high, and, consequently, reaching the high voltage limit at the generator bus and/or the 
other lower voltage buses. Therefore, only a small portion of the reactive power capability can be utilized. On the 
other hand, with a higher tap setting (e.g., a = 1.05 or 105%), the full reactive production capability can most likely 
be utilized. Although the reactive absorption capability may be restricted with a higher tap setting, due to the 
reactive power losses on the GSU, the generating facility should be able to effectively absorb a sufficient amount 
of reactive power from the transmission system when needed. The TP should coordinate with the GO (usually at 
commissioning) to set the tap according to expected operation to minimize the potential of limiting reactive power 
due to voltage constraints. If adjusting taps during testing is an option, this may relieve voltage limit constraints; 
however, this may not be an option in many cases. 

                                                           
28 S-M Hsu and H. J. Holley, “Utilization of Generator Reactive Capability: A Transmission Viewpoint,” IEEE Power Engineering Review, June 
2002, pp. 42-44. 
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Figure 3.9: Generator Terminal Voltage vs. Gross Reactive Power  
[Source: Southern Company] 

MOD-025-2 Testing and Calculations Example 
The capability curve of a synchronous machine consists of a number of different components, which may include 
the generator capability curve, overexcitation limiter curve, underexcitation limiter curve, loss of field protection 
curve, and steady-state stability limit curve. The “composite” capability curve is what is tested during MOD-025-
2 testing, and is the focus of data supplied for machine capability as part of MOD-032-1 (discussed in a following 
section). It is common to express machine capability in terms of a static capability curve such as that drawn in 
Figure 3.2. However, a capability curve and the limiters associated with the capability are functions of voltage (see 
Figure 3.10), even though a machine capability curve is typically drawn at 1.0 pu voltage. This often causes 
confusion since the capability testing results obtained will likely differ from the OEM-supplied capability curve at 
1.0 pu voltage.  
 
To explain how generator capability testing is performed and illustrate some of the challenges associated with 
reactive capability testing, a set of example testing conditions and calculations are provided in Appendix D. The 
examples are based on an actual in-service generator, but the plant configuration and its connection to the grid is 
simplified and represented by a generator step-up (GSU) transformer and a transfer impedance connecting the 
high voltage (HV) bus (plant point of interconnection (POI)) to an infinite bus representing the BPS.  
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Figure 3.10: Impacts of Voltage on Capability Curve [Source: Kestrel] 

Coordination with the Transmission Operator 
Although the TOP is not listed in the Applicability section of MOD-025-2, the TOP plays a key role in generator 
capability testing. Attachment 1 describes: 
 

“If the Reactive Power capability is verified through test, it is to be scheduled at a time 
advantageous for the unit being verified to demonstrate its Reactive Power capabilities while the 
Transmission Operator takes measures to maintain the plant's system bus voltage at the 
scheduled value or within acceptable tolerance of the scheduled value.” 

 
The GOP and TOP should coordinate with each other to ensure system bus voltages are within tolerance of the 
scheduled value. The coordination should include a clear understanding of the extent to which the system bus 
voltage can be varied during testing, within reliability limits, to provide the widest range of voltages such that 
generator capability can be tested to its fullest extent. The size of the generator relative to the strength of the 
system in which it is connected (e.g., short circuit ratio (SCR)) impacts how much that generating unit can influence 
system voltage. Large generators, or generators connected to an area of the grid with relatively low SCR, may 
influence system voltage more. Hence, system voltage limits may be reached sooner and testing limited due to 
this constraint. If the TOP has sufficient time to study the potential to adjust system voltage levels (e.g., switching 
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shunt capacitors or reactors, adjusting SVC or STATCOM voltage set points, adjusting nearby generator schedules, 
etc.), these options may be explored at the discretion of the TOP. However, as mentioned, system voltage plant-
level voltage may hinder testing the generator up to its maximum reactive capability (or applicable limiter settings) 
in some cases.  
 
When performing a lagging (over-excited) capability test, VPOI voltage will typically rise. This is opposite of the 
operating conditions that would otherwise electrically call upon the unit to produce reactive output (a time when 
POI voltage is low). This inherently creates a restriction in the amount of reactive power the unit can produce 
without hitting limits during test. Likewise, high voltage grid conditions that would cause the unit to consume 
(leading) reactive power. However, during testing, the change in ET to under-excite the unit may also lower system 
voltage. 
 
Figure 3.11 graphically illustrates this concept and the difference between normal operating conditions that 
induce changes in reactive power and the operating conditions during test that induce a change in reactive power 
output. The TOP is always trying to maintain Esystem to within limits – but during testing, the changes in VPOI and ET 
are exaggerated. These illustrations assume steady state conditions in which the operator is taking action to 
maintain VPOI to scheduled value. 
 

 
Figure 3.11: Change in Voltages during Test and Normal Operating Conditions [Source: NRG Energy] 

The TOP may elect to assist in coordinating reactive sources to aid in holding POI voltage for the generating unit 
under test, as mentioned in Attachment 1 of MOD-025-2. However, the TOP is not required, as per MOD-025-2, 
to coordinate other resources to support a reactive test if it is not prudent to do so. However, it is recommended 
that the TOP support or accommodate favorable conditions for MOD-025-2 testing. System voltage may be varied 
slightly, to the extent possible, such that the terminal and auxiliary bus voltages of the unit being tested remain 
within normal operating limits. Supplying high amounts of reactive power from the generator increases the 
voltage drop across the GSU, which is not an issue during actual grid disturbances when bus voltages fall and 
MVARs are automatically increased as the excitation system responds to the event (and vice versa for high system 
voltage events). However, exporting maximum reactive power during a test when system voltage is already within 
normal operating ranges tends to drive system voltage to above-normal levels, and this may limit reactive power 
output during testing (before reaching generator capability, or generator terminal or auxiliary bus voltage limits).  
 
Figure 3.12 illustrates how system voltage level may limit the ability of the GO to get to either the field limit or 
UEL29 and under what conditions for a given value of active power output (Pmax). The left figure shows the range 
of reactive power at the generator terminals when the terminal voltage is adjusted between 0.95-1.05 pu, with 
reactive power output of other units on the grid remaining relatively constant, and also shows how the system 
                                                           
29 Field limit, stator limit, and UEL are only shown at 1.0 pu for figure simplicity. 
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voltage will vary when the generator terminal voltage is adjusted when system voltage is at a normal value of 240 
kV when the generator is at 1.0 pu. The middle graph shows how the reactive power range diminishes as the short 
circuit level (grid strength) decreases. The range of available testing reduces because the dV/dQ sensitivity under 
the weaker grid strength increases; changes in reactive power output result in larger changes of system voltage 
level. The right figure shows how the range is affected when system voltage is high when the unit is at 1.0 pu. The 
range of available testing is shifted down, allowing for testing up to or near the full under-excited capability of the 
machine. The same situation is true when system voltage is lower for a 1.0 pu terminal voltage, allowing for 
capability testing up to or nearer full over-excited range. One can observe similar results to those in the rightmost 
figure when the generator transformer taps are set to a position further away from nominal. 
 

 
Figure 3.12: Impact of System Voltage on Capability Testing [Source: IESO] 

Figure 3.13 shows how a unit with no degradation of reactive capability below that shown on the generator OEM 
D-curve can be “dialed-in” to a successful MOD-025-2 test or “dialed-out” depending on the ability and willingness 
of the TOP to adjust system voltages (if possible). In the event that conditions conducive to testing could not be 
achieved, the MOD-025-2 as-measured data may be adjusted using calculations to capability or limiter limits that 
were not restricted by system conditions (i.e., Note 2 of MOD-025-2).  
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Figure 3.13: Adjustment of System Voltage for Successful MOD-025-2 Testing 
 
Utilization of Other Units 
There are electrical configurations and instances where the GO may be able to utilize units at a common station, 
sharing a common bus, or sharing a common transformer to maximize the opportunity that the unit under test 
will reach its maximum reactive power output and not be limited by other factors (e.g., terminal voltage 
fluctuations, system voltage limits, etc.). This is particularly useful in situations of low short circuit ratio where the 
size of the unit is relatively large compared with the short circuit MVA at that interconnection point. In these cases 
(e.g., large units or weak grids), changes in reactive output have a larger impact on system voltage as compared 
with a system with very high short circuit ratio. It is also 
useful to the GO in situations where system voltage is 
high and without capability to utilize other units, testing 
may need to be postponed since system voltages are too 
restrictive. The concept of utilizing other units’ capability 
for the purposes of testing may be constrained by 
additional factors not considered here such as fuel 
availability (e.g., limited reservoir capability (min head)), 
other plant limitations, and system operating condition 
limitations (e.g., dispatch of other generating units in the 
vicinity). 
 
MOD-025-2 does not include requirements focusing on utilization of other units. However, to the extent possible, 
coordination with other resources within the plant can help enable reaching higher reactive power output levels 
closer to the D-curve in many cases. In addition, the TOP may have the ability to adjust the output of nearby 

Recommendation: The GO should coordinate 
with the TP and PC prior to testing to ensure that 
the planned testing procedure and how to utilize 
other units’ capability are adequate. Utilizing 
other units’ capability during capability testing 
helps utilize additional reactive resources to 
ensure to the best extent possible that reactive 
capability is reached. 
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generators and use other transmission elements (e.g., switch shunt capacitors or reactors, change set points of 
dynamic reactive devices, etc.). Appendix D, Cases 2 and 3 provide useful examples that illustrate how utilizing 
other reactive resources can help ensure to the best extent possible that reactive capability is reached. This also 
helps minimize the use of calculations to demonstrate presumed reactive capability under different operating 
conditions. It also helps capture any actual limitations that may not be expected to be reached by these 
calculations. Without accounting for additional nearby units (in the plant, on the common bus, or on the common 
transformer), the tested unit may max out at different levels of reactive output depending on the operating point 
of the other unit.  
 
This process is mutually beneficial for the TOP and GOP in that system voltage fluctuations are minimized and 
potential violations of voltage limits within the plant are mitigated to the extent possible. The GO should 
coordinate with the TP and PC prior to testing to ensure that the planned testing procedure and how to utilize 
other units’ capability are adequate.  
 
Units that Operate at Only One Output Level 
MOD-025-2, Attachment 1, Section 2.2.1 states that applicable generators should be tested “at the minimum real 
power output at which they are normally expected to operate”. At this minimum output, maximum leading and 
lagging reactive values are collected as soon as a limit is reached. Some generators, although relatively rare, may 
be obligated (e.g., contractually, etc.) to operate at a single output level at all times other than when ramping on-
line and off-line. In this case, the maximum and minimum real power output levels at which they are “normally 
expected to operate” are equal to each other. It may be reasonable that the generator is only tested at this single 
real power output level for MOD-025-2, Attachment 1, Sections 2.1.1, 2.2.1, and 2.2.2. When submitting the test 
information for this situation, the GO should include a technical basis and note on the test form stating the 
particular reason why the unit is only expected to normally operate at that single level30. This minimizes any 
extraneous information that could be provided to the TP, reduces the likelihood that the models will misrepresent 
the unit’s capability, and clarifies what is needed for the GO. The steady-state models provided to the TP should 
then also reflect these conditions, with Pmax = Pmin and corresponding Qmax (lag) and Qmin (lead) for this one real 
power output level. 
 
MOD-025-2 Attachment 1, under the specification for applicable facilities, specification 2.2.3 explicitly states that 
“Nuclear Units are not required to perform Reactive Power verification at minimum Real Power output”; hence, 
these units only need to be tested for reactive power capability at maximum real power output. 
 

  

                                                           
30 Units “normally” operating at a single output level due to economic dispatch reasons do not qualify for this condition. The economic 
dispatch of a machine is not technical justification for it to only be tested at one level. The technical justification should be based on a 
contractual or regulatory limitation. Historical output data should be provided as technical justification that the plant normally operates at 
only one output level. 
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MOD-032-1 Data and MOD-025-2 Testing 
MOD-025-2 and MOD-032-1 are two closely related standards for testing and reporting maximum and minimum 
active and reactive power of a generating unit. MOD-025-2 requires testing generating units and reporting the 
following results obtained during test: 
 

• Gross maximum and minimum real power capability  
• Maximum and minimum reactive power capability at real power capabilities provided above 

 
Attachment 1 of MOD-032-1 describes the steady-state data that should be submitted by the GO for generating 
units, including: 
 

• Real power capabilities – gross maximum and minimum values 
• Reactive power capabilities – maximum and minimum value at real power capabilities provided above 

 
While some tools do have the capability to represent a machine’s steady-state capability curve, most tools simply 
model a machine by specifying these four points from both MOD-025-2 and MOD-032-1: 
 

• Pmax: The lesser of the mechanical power of the turbine and the continuous electrical capability of the 
generator for +/- 0.95 lead/lag power factor, measured at the generator terminals excluding all 
supplemental firing capability (and/or any power augmentation) for ambient conditions specified by the 
TP 

• Pmin: The minimum generator output [MW], measured at the generator terminals, to ensure the 
generating unit does not become unstable or violate any emissions regulations 

• Qmax: Maximum sustained overexcited reactive output [MVAR] at the generator terminals, at the 
maximum real power capability (Pmax). These values should be based on the most limiting constraints as 
shown in PRC-019-2 coordination curves (e.g., overexcitation limiter, etc.), and based on 1.0 pu terminal 
voltage. 

• Qmin: Maximum sustained underexcited reactive output [MVAR] at the generator terminals, at the 
maximum real power capability (Pmax). These values should be based on the most limiting constraints as 
shown in PRC-019-2 coordination curves (e.g., underexcitation limiter, loss of field, etc.), and based on 1.0 
pu terminal voltage. 

 
An important consideration is whether the reported maximum and minimum capabilities from the MOD-025-2 
testing should be the same as the data supplied for MOD-032-1 purposes. The answer to this question is “not 
necessarily” for the following reasons: 
 

• MOD-025-2 testing provides the maximum and minimum capability (including limiters) that a unit is able 
to demonstrate under operating conditions at the time of the test. The test may be limited by system 
voltage or auxiliary bus voltage, and these conditions may preclude the unit from achieving its full 
capability at that time. The data reported for MOD-025-2 testing is not required to be representative of 
the reactive capability of the machine. However, values from these tests may be used to determine the 
applicable capability of a unit.31 

• MOD-032-1 generator reactive capability data should be the maximum and minimum reactive capability 
that the unit can provide (including limiters). This should not be any value limited by auxiliary bus voltages 

                                                           
31 MOD-025-2, Attachment 1, Note 2 states: “While not required by the standard, it is desirable to perform engineering analyses to 
determine expected applicable Facility capabilities under less restrictive system voltages than those encountered during the verification. 
Even though this analysis will not verify the complete thermal capability curve (D-curve), it provides a reasonable estimate of applicable 
Facility capability that the Transmission Planner can use for modeling.” 
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or system voltages during the time of any test. In powerflow studies, for example, the reactive power will 
be demanded of the unit when the terminal voltage is low.  

 
Figure 3.14 shows an example of a machine capability curve with the testing results within the capability of the 
machine, which would get reported for MOD-025-2 testing. These are not equal to the specified capability limits 
of the machine (Pmax, Pmin, Qmax, Qmin) that should be provided to the TP for MOD-032-1. For interconnection-wide 
modeling purposes, the TP and PC are expecting values 
that would be associated with the full capability of the 
machine for a 1.0 pu terminal voltage (i.e., the capability 
curve of the machine). As a distinct component in the 
simulation, these quantities should not be limited or 
restricted based on testing (other than limits associated 
with excitation limiters). On the other hand, MOD-025-2 
capability curve testing provides actual values gathered 
during testing or during normal operation of the machine, 
and may not uncover the actual machine capability if they 
cannot be reached due to other limitations during testing. 
The aforementioned Note 2 of MOD-025-2 provides an optional but highly recommended means whereby test 
results restricted by HV system conditions can be corrected to values usable for MOD-032-1. The same analysis 
will also show if limitations other than HV system voltage affected the MOD-025-2 verification, allowing correction 
to values measured during the test that do not reach the generator OEM D-curve boundaries (or applicable 
limiters that prevent reaching this capability).  
 
The TP, PC, and GO should not treat the MOD-032-1 capability data as necessarily the same as the MOD-025-2 as-
tested capability results, nor should they expect for the MOD-025-2 testing results to identically match the 
capability curve of the machine. If the actual capability testing reaches expected generator limitations, or 
calculations are used to demonstrate those limits, then the data should match closely. Otherwise, the MOD-032-
1 data used for planning (and operating) cases will likely differ than the MOD-025-2 testing values. 
 

Takeaway: Machine capability data submitted for 
MOD-032-1 may not match the data collected 
during capability curve testing for MOD-025-2. 
The TP and PC should clearly outline the data to 
be supplied for MOD-032-1 reporting 
requirements, and should understand the 
limitations encountered during testing to make 
sure the data aligns. 
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Figure 3.14: Difference between MOD-025-2 Testing Data and MOD-032-1 Data [Source: NRG Energy]
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Chapter 4: MOD-026-1 Testing Procedures 
 
The purpose of MOD-026-1 is to verify the generator excitation control system or plant volt/var control function 
dynamic models. This section describes the various tests that may be performed to develop or verify the dynamic 
models related to the generator excitation control system. 
 
It is important to note that Footnote 1 of MOD-026-1, which describes the power plant elements that are 
considered part of the excitation control system32 or plant volt/var control function: 
 

1 Excitation control system or plant volt/var control function: 
 

a. For individual synchronous machines, the generator excitation control system includes the 
generator, exciter, voltage regulator, impedance compensation, and power system stabilizer. 

 
b. For an aggregate generating plant, the volt/var control system includes the voltage regulator & 
reactive power control system controlling and coordinating plant voltage and associated reactive 
capable resources. 

 
Footnote 1 explicitly states that for synchronous machines, the generator, exciter, AVR, impedance compensation, 
and PSS are all included as part of the generator excitation control system. Therefore, the generator, PSS, and 
compensation dynamic models, where applicable, should also be verified as part of MOD-026-1. The interactions 
of accuracy between the generator model and excitation system model (e.g., exciter masking bad generator data) 
should be accounted for. It is important to derive an accurate generator model prior to verifying the exciter model. 
This section covers the tests that may be relevant33 to verifying a generator dynamic model as well as the exciter 
and PSS. As noted previously, where good OEM data exists for the generator model parameters (see Chapter 1), 
field testing is not likely to provide results that are deemed “better” for the generator parameters. In these cases, 
the emphasis of testing should be on validating the excitation system (AVR, exciter, current-compensation, and 
PSS). 
 
 
Generator Open Circuit Magnetization (Saturation) Test 
The open circuit magnetization (saturation curve) test is one of the most important verification tests since it 
defines the base values from which many other modeling parameters are derived from. Often, the results of the 
open circuit saturation curve test are iteratively refined to get a set of parameters that provide the best fit for 
capturing overall unit dynamic response.  
 
The machine is operating at full speed, no load (FSNL) with the generator main breaker open (not connected to 
the grid). Quite often, the excitation system is started under manual control at a reduced set point, to start the 
saturation curve tests at a low value for field current and therefore terminal voltage. While maintaining excitation 
in manual control, terminal voltage (and obviously field current) is then increased, such that a sufficient number 
of samples are taken below 60% of rated terminal voltage and a sufficient number of samples are taken between 
60% and up to 110% (generally not exceeding 1.0534) as per IEEE 115-2009. Sometimes, the test is conducted 
without an excitation start up (field flash). In these cases, it is possible to perform the measurements from the 
highest value of terminal voltage (110% or, more typically, 105%) down to values as low as 50% of the rated 

                                                           
32 This echoes IEEE Std. 421.2 in defining the term “excitation control system” as covering the combined performance of the synchronous 
machine, excitation system, and power system stabilizer. 
33 The tests described in this chapter are a suite of possible tests that may be performed under various conditions and circumstances. Not 
all tests are always required to verify a dynamic model; however, some tests may or may not be needed based on model performance. 
34 Typically most V/Hz limiters will be set to a value between 1.08 to 1.15 pu voltages; therefore, it may not be advisable to exceed 1.08 pu 
voltage in the saturation test. 
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terminal voltage or even lower. Note that some excitation systems may not allow the voltage to be reduced to 
below around 80% terminal voltage, even when the generator is off-line. To do so may require completely shutting 
down the unit and making temporary changes to the excitation system controls – this is typically ill-advisable as it 
may lead to inadvertent changes or damage to the unit or controls. Thus, whatever data can be safely and 
judiciously obtained from the open-circuit saturation curve test should be obtained and the best estimate of the 
air-gap line determined. 
 
It is critical to maintain excitation in manual control mode and take the measurements with the field current and 
the terminal voltage being monotonically changed in only one direction to avoid hysteresis35 effects in the 
measurements. Terminal voltage and field current are recorded during the test and plotted against each other 
(Figure 4.1). Depending on the ability of the speed governor to maintain machine speed at a constant value during 
this test, it is necessary to record frequency (or speed) and correct the voltage measurements for deviations from 
nominal speed. Measurements of field voltage may also be useful, as they permit an assessment of the field 
resistance value and/or the field winding temperature during the test. 
 

 
Figure 4.1: Open Circuit Saturation Curve Test Data [Source: US ACE] 

 
The open circuit saturation curve test is used to estimate the air gap line field current at 1.0 pu terminal voltage 
(ifag = ifgbase in Figure 4.2), and the open circuit magnetization saturation factors at 1.0 pu (S1.0) and 1.2 pu (S1.2) 
terminal voltage. A tangential line (air gap line) is drawn starting from the origin (zero terminal voltage and zero 
field current) through the lower voltage data points collected on the curve. Since data is generally only collected 
between around 0.636 to 1.1 pu stator voltage, engineering judgment is applied to get an air gap line that would 

                                                           
35 When a ferromagnetic material, such as the materials used in generators and transformers, is magnetized in one direction, it will not 
return back to zero or the same point it started from, when the imposed magnetic field is removed. This fact that the magnetic history of 
the material is not retraceable is a property commonly referred to as hysteresis. Thus, the measurements made during the saturation test 
must be monotonic to avoid skewing the results due to hysteresis. 
36 Some excitation systems may not be able to reach this low unless put into manual control, and some may not allow this at all. Also, 
residual flux in the machine may slightly skew the results of this test in real life. 
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be tangential to the lower voltage data if that data were available. Once the air gap line is established, a polynomial 
or exponential fit to the saturation curve data is established. Different software platforms may derive these curve 
fits differently and this should be accounted for during model development.  
 
Figure 4.2 shows the data points needed to calculate the S1.0 and S1.2 values, and the equations for these values 
are provided below. It is important to know that these values are ratios of the difference between the air gap line 
and the actual measured data divided by the air gap line value. Therefore, these values should be in all but the 
rarest cases less than 1.0. 
 

𝑆𝑆(1.0) =
𝐼𝐼𝐹𝐹𝐺𝐺𝐹𝐹 − 𝐼𝐼𝐹𝐹𝐹𝐹𝐹𝐹

𝐼𝐼𝐹𝐹𝐹𝐹𝐹𝐹
 

 

𝑆𝑆(1.2) =
𝐼𝐼𝐹𝐹12 − 𝐼𝐼𝐹𝐹𝐹𝐹𝐹𝐹2

𝐼𝐼𝐹𝐹𝐹𝐹𝐹𝐹2
 

 
 

Figure 4.2: Open Circuit Saturation Curve Characteristics  
 
The base field current is then used to find the base field voltage (Efgbase) via the following equations, which is 
needed as a base quantity to per unitize many parameters for the excitation system (i.e., this is not possible 
without ifgbase).37 
 

𝐸𝐸𝑓𝑓𝐸𝐸𝑏𝑏𝑏𝑏𝑏𝑏𝑏𝑏 = 𝐼𝐼𝑓𝑓𝐸𝐸𝑏𝑏𝑏𝑏𝑏𝑏𝑏𝑏 ∗ 𝑅𝑅100°𝐶𝐶 ,𝑓𝑓𝑓𝑓𝑓𝑓 𝑡𝑡ℎ𝑒𝑒𝑓𝑓𝑒𝑒𝑒𝑒𝑒𝑒 𝑢𝑢𝑢𝑢𝑢𝑢𝑡𝑡𝑢𝑢. 
 
                                                           
37 The equations provided here for calculating field voltage base are from the IEEE Standards. These equations, however, do not take into 
consideration the fact that the rotor field resistance is not constant and varies with machine loading and rotor heating. Therefore, 1 pu 
field voltage is not a constant number, nor is the generator field time constant. These are facts of actual testing that cannot be captured 
by simple, constant parameter modeling. 

ai
r g

ap
 li

ne

1.0

1.2

ET
(pu)

IFG
(Adc)

IFAG IFNL IF12IFAG2



Chapter 4: MOD-026-1 Testing Procedures 
 

NERC | Power Plant Model Verification and Testing for Synchronous Machines | December 2017 
39 

𝐸𝐸𝑓𝑓𝐸𝐸𝑏𝑏𝑏𝑏𝑏𝑏𝑏𝑏 = 𝐼𝐼𝑓𝑓𝐸𝐸𝑏𝑏𝑏𝑏𝑏𝑏𝑏𝑏 ∗ 𝑅𝑅75°𝐶𝐶 ,𝑓𝑓𝑓𝑓𝑓𝑓 ℎ𝑦𝑦𝑦𝑦𝑓𝑓𝑓𝑓 𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑡𝑡𝑓𝑓𝑢𝑢𝑒𝑒 𝑢𝑢𝑢𝑢𝑢𝑢𝑡𝑡𝑢𝑢. 
 
It is important to bear in mind that the open circuit saturation curve is nonlinear to some degree over its entirety, 
and that the placement of an assumed tangent air gap line is somewhat subjective, and should be considered as 
a starting point. The subsequent fitting of V-curve data to a model will often suggest a better fit by reconsidering 
the base air gap field current and perhaps the saturation function parameters (S(1.0), S(1.2)). Therefore, the 
definition of the open circuit saturation model and the entire steady state model of the machine can be an 
iterative process. 
 

 
Rotating Exciters 
Excitation systems that incorporate a 
rotating machine are typically modeled such 
that the machine is represented by a single 
time constant, TE, and the effective nonlinear 
gain (which includes machine saturation). If 
the exciter is a DC generator, this portion of 
the model is represented by the blocks 
shown in Figure 4.3.  

To properly model these systems, it is first 
necessary to obtain the saturation 
characteristic of the machine (field voltage as 
a function of exciter field current). If the 
manufacturer’s data is not available, static 
data points taken at different load points of 
the unit can be used to approximate the 
saturation curve, since for DC machines the 
appropriate saturation function is with the 
exciter under load, i.e., supplying current to 
the generator main field circuit. The base 
exciter field current can be set either with the 
air gap line shown in Figure 4.5, or with a 

constant resistance load line drawn against the load saturation curve, akin to the air gap line as drawn against the 
no load saturation curve. 
 

Illustrative Example:  
Assume a static exciter with the following: 

• Excitation transformer Vsecondary = 480V, Vprimary = 
Vgen,rated.  

• Efgbase = 100 VDC , from Ifgbase and R measurements 
• Alpha min = 20, alpha max =150 
• Represented by the ESST4B model 

 
Ed0, the theoretical maximum DC voltage at the output of a 
6-pulse rectifier (and this example is only applicable to 6-pulse 
bridges) is calculated as Ed0 = 1.35 * Vsecondary. 
 
One way to set up the model is then derived using these base 
values: 
KP = Ed0/Efgbase = 1.35*480/Efgbase = 6.48 pu 
VMMAX = 0.94pu 
VMMIN= -0.866pu 
 
This information can be used to determine the value of 
various programmable settings in the AVR and the size of the 
voltage reference step needed to reach the ceilings on open 
circuit. 
 

 
Figure 4.4: Annotated ESST4B Model  

[Source: Siemens PTI] 
 

 
Figure 4.3: DC Exciter Representation 



Chapter 4: MOD-026-1 Testing Procedures 
 

NERC | Power Plant Model Verification and Testing for Synchronous Machines | December 2017 
40 

For rotating exciters which are an AC machine, the no-load saturation characteristic of the machine should be 
used to define SE, since the loading effects are included elsewhere in the model. 
  
 

 
Figure 4.5: AC Exciter Representation 

 
In this case, the manufacturer’s saturation data will be necessary. The time constant of a rotating exciter, TE, is 
critical to the model response, and should be validated through test if the manufacturer’s value is not provided. 
For a brushless excitation system, the manufacturer’s data will be the only possible source of the saturation and 
time constant portions of the model. If the OEM data is not available, then engineering judgment should be used 
to develop a reasonable estimate of the parameters. 
 

 
Figure 4.6: Rotating Exciter Saturation Curve 

 
As long as both the exciter output voltage and exciter field voltage are available for measurement, the entire 
rotating exciter model, including TE can be validated using a variety of dynamic response measurements, such as 
a frequency response as shown in Figure 4.7. 
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Figure 4.7: Example of Frequency Response Test for Rotating Exciter 

 
The remaining components of the rotating exciter models are set by calculation and/or equipment type. Software 
documentation and/or IEEE Standard 421.5 should be consulted for details. 
 
Brushless Exciters 
Measuring the open-circuit saturation curve is 
particularly important in the case of brushless 
excitation systems in order to establish the base 
for the field current of the exciter (see Figure 4.8). 
In the case of a brushless excitation system, the 
graph is a plot of exciter field current versus 
generator stator voltage, and most OEM data 
sheets will not supply this. However, for units 
with static excitation systems, the measured 
open-circuit saturation curve will often match the 
OEM data sheets to within expected 
measurement error, unless the actual equipment 
has defects such as a shorted field winding. Refer 
to IEEE 421.5 for more information. 
 
In all cases, an exciter model outputs field voltage 
with the assumption that the steady-state 
relationship between field voltage and field 
current is constant (fixed resistance). In reality, 
the temperature dependent resistance will 
require greater field voltage under higher 
running temperatures, which is not accounted for 
in the models. Therefore, the model should be set 
for the desired representation, e.g., full load 
temperature, and the effects accounted for 
accordingly in the saturation function in the DC models. In the AC models, variation in temperature can be 
accounted by adjusting KD. Effects such as winding resistances being temperature-dependent are important for 
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Figure 4.8: Rectified Exciter Saturation Curve  
[Source: Brush] 
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matching measurements to simulations (i.e., for MOD-026-1 verification testing) but are then disregarded when 
these models are incorporated into the system database. This is not considered a problem for stability studies, as 
these effects are mostly related to field quantities instead of the overall generator output. 

Brushless Exciters: Determining Base Values Using Field Test  
Having accurate base values for exciter field quantities is critical. They are used to determine the key parameters 
in ac exciter models such as regulator output limits (Vrmax/Vrmin) and OEL pickup levels. However, in many cases, 
vendor-provided exciter saturation curve (Figure 4.8) may not be available. Modelling engineers often have to 
determine the base values from field test data.  
 
Figure 4.9 shows the open-circuit saturation curve obtained from field test for a generating unit with brushless 
excitation system. Since main generator’s field circuit is not accessible, exciter field voltage and current are 
typically recorded and used as the base for field quantities. In this case, exciter field voltage and current base are 
determined as follows: 
 

• IEF_BASE = 1.8 ADC 
• VEF_BASE = IEF_BASE * REF = 10.3 VDC (REF = 5.6 Ohm) 

 
Note that these base values don’t correspond to the ac exciter’s airgap field voltage/current38, as they are taken 
with the ac exciter under loaded condition. Due to the demagnetizing effect of the exciter, the calculated field 
bases (VEF_BASE or IEF_BASE) are much larger than no-load airgap base values. To eliminate the influence of 
demagnetizing effect (represented by KD in the model), base values derived from test data must be adjusted by 
dividing a factor of (1+SE+KD). The base values after being adjusted essentially corresponds to exciter’s airgap field 
voltage and current. 
 
In this example, if we assume KD = 1.8 pu and SE = 0 pu, then the adjustment factor is 2.8 pu. The exciter field 
voltage and current bases after being adjusted are shown below. 
 

• IEF_BASE_adj = 1.8 ADC / 2.8 = 0.64 ADC 
• VEF_BASE_adj = 10.3 VDC / 2.8 = 3.7 VDC 

 
The adjusted base values for exciter field quantities can be used to per-unitize the AVR settings such as regulator 
output limits, and OEL pickup levels.  
 

                                                           
38 Airgap field voltage and current is defined in IEEE 421.1 as “the synchronous machine field voltage required to produce rated voltage on 
the air-gap line”, and the airgap line must be taken at no load conditions. 
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Figure 4.9: Sample Open-Circuit Saturation Curve, Unit with Brushless Exciter 

[Source: Powertech] 
 

V-Curve and Reactive Limits 
The V-curve test is intended to validate the d- and q-axis reactance’s (Xd and Xq), leakage reactive (Xl), and the 
saturation functions39 of the generator model. A necessary use of this test data is in deriving the Kis parameter 
for the GENTPJ mode. In this test, the following values should be recorded: field current, field voltage, real power, 
reactive power, and stator terminal voltage. It is important to monitor terminal voltage and stator current to 
ensure safe operation during this test.  
 
The V-curve test should be performed at a few different load levels on the machine. Typically these are in the 
range of near 0%, some partial load value (e.g., 50% or 70%), and near baseload (e.g., > 90% loading). The machine 
is dispatched at unity power factor (0 MVAR output). The amount of reactive power absorbed from the grid is 
increased slowly toward the lower limit to get steady-state measurements, and stopped when a reactive limit or 
minimum acceptable operating state is reached. Reactive power is then incremented toward the upper limit and 
again stopped when a reactive limit or maximum acceptable operating state is reached. As reactive power is 
incremented from leading to lagging power factor, a half dozen to a dozen points are gathered along the way to 
record the steady-state values of MW, MVAR, kV and field current/voltage. As with the open-circuit saturation 
test, it is critical that this test be done monotonically to avoid magnetic hysteresis. The reactive power is finally 
adjusted back to 0 MVAR output. The active power is adjusted to the new operating state, and the process is 
repeated at that other load levels. Figure 4.10 shows this process on a generic capability curve. Note that for 
nuclear units and large critical thermal units it may not be possible to perform this test at any operating condition 
other than at baseload. This should be sufficient in these cases.  
 

                                                           
39 NERC, “Use of GENTPJ Generator Model,” NERC Modeling Notifications, Nov 2016. Available: HERE. 

 
       

http://www.nerc.com/comm/PC/NERCModelingNotifications/Modeling%20Notification%20%E2%80%93%20Use%20of%20GENTPJ%20Generator%20Model.pdf
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Figure 4.10: Testing Reactive Capability during V-Curve Test [Source: US ACE] 

 
Getting an accurate V-curve and open circuit saturation curve fit (and representative parameters) includes an 
iterative process. First, the air gap line should be approximated from the available data. As described above, test 
data is obviously not collected for low voltages down to 0.0 pu, so the test data is used to fit the air gap line, which 
passes through the origin of the plot. The goal is to get a tangential line near the lowest terminal voltage data 
available since this will more accurately represent the air gap line being tangent to the remainder of the curve. 
Figure 4.11 shows the result of manually determining ifdo. After this first step, the V-curve data between the 
steady-state model parameters and the actual test results are not expected to match.  
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Figure 4.11: First Step in V-Curve Fitting – Determining ifdo [Source: US ACE] 
 
Next, S1.0 is found by curve fitting to the low power output V-curve test results. This is shown in Figure 4.12. After 
this step, ifdo and S1.0 are set.  
 

 
 

Figure 4.12: Second Step in V-Curve Fitting – Determining S1.0 [Source: US ACE] 
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The final step is to iteratively estimate the remaining generator parameters (S1.2, Ld, Lq, Il, Kis) by fitting the v-curves. 
Often it is easier to fit S1.2 using the v-curves because the open circuit saturation curve data does not go far enough 
to clearly define it. When other information is available that can confidently be used to define any of the other 
parameters, those parameters can be fixed, and the other parameters solved for. It is important to note that the 
models are not perfect and theoretically correct parameters may not always give the best fit for the model being 
used. Figure 4.13 shows the final result of this process. There are openly available tools40 that can help 
automatically solve for the optimal parameters following the process just described. There are tools that can do 
this in less steps using optimization algorithms41. 
 

 
 

Figure 4.13: Final Step in V-Curve Fitting [Source: US ACE] 
 
 
  

                                                           
40 An open source Microsoft Excel-based tool can be downloaded from the NERC SAMS webpage (HERE) and (HERE). This tool was 
developed by the US Army Corps of Engineers. 
41 For example, EPRI’s PPPD tool (HERE) or USACE Optimization Tool (HERE, HERE). 

https://www.epri.com/#/pages/product/3002008339/
http://www.nerc.com/comm/PC/System%20Analysis%20and%20Modeling%20Subcommittee%20SAMS%20201/Copy%20of%20GENTPJ%20Steady%20State%20Parameter%20Estimation%202016-06-08%20Locked.xlsm
http://www.nerc.com/comm/PC/System%20Analysis%20and%20Modeling%20Subcommittee%20SAMS%20201/Generator%20Steady%20State%20Parameters%20Estimation%20Tool%20-%20FINAL_v2.pdf
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Load Rejection Test 
The inertia constant (H) of a machine is an integral part of analyzing the stability of the interconnected BPS, and 
has implications on system stability assessment, unit stability performance, and reliable planning and operation 
of the BPS. Inaccurate values of H can lead to either conservative or optimistic results of system stability. If the 
modeled inertia constant is too low, conservative result (less stable) will be observed. On the other hand, an 
optimistic value of H where it is modeled too high can lead to overestimation of system stability conditions and 
potential instabilities during actual system operation that were unexpected during the near-term planning 
horizon, operational planning assessments, or real-time assessments. The inertia constant is also an integral part 
of tuning the PSS and a representative estimate of H is necessary for correct tuning. All these issues can impact 
transmission investments, plant performance, critical clearing times, and other issues related to the interface 
between generation and transmission. 
 
The most accurate means of determining H is to review 
technical drawings or information supplied by the 
manufacturer for the machine. This is because, from a 
fundamental standpoint, the best value of H is determined 
through detailed calculations from the exact dimensions of 
the turbine-generator mechanical shaft. Manufacturers use 
detailed finite element models of the drive-train assembly 
for their design and manufacturing process and thus can 
derive a very accurate value of H for both the electrical 
generator and the turbine-assembly, and thus the combined total turbine-generator value of H. A machine 
manufacturer will always have calculated the inertia for its equipment, but the value may sometimes need to be 
converted to the correct basis. H is the ratio of kinetic energy to generator rated MVA, and is obtained from the 
equation42 
 

𝐻𝐻 =
0.231 ∗𝑊𝑊𝑅𝑅2 ∗ 𝑅𝑅𝑃𝑃𝑅𝑅2 ∗ 10−9

𝑅𝑅𝑉𝑉𝑀𝑀𝐹𝐹𝑏𝑏𝐺𝐺 𝐺𝐺𝑏𝑏𝑁𝑁𝑏𝑏𝑁𝑁𝑁𝑁𝑏𝑏𝑁𝑁𝑏𝑏
 

 
where H has units of MW-sec/MVA and WR2 is lbm-ft2.43 Some OEMs may instead provide a GD2 rotational inertia 
value, which must be converted from diameter to radius and from SI units to imperial units if being plugged into 
the formula above. Additionally, the H value must be recalculated if raising the generator nameplate MVA in a 
manner that leaves the rotational inertia unaffected (e.g. due to cooling system improvements). Manufacturers 
may also only provide H for the generator and not include the turbine or rotating exciter. The turbine inertia must 
be accounted for, as it is often the largest portion of the 
inertia, particularly for large steam-turbines and heavy-duty 
gas turbines. In most situations, these data points collected 
from the manufacturer data should be trusted as the most 
accurate source of data for H, since H is not meaningfully 
affected by manufacturing tolerances, maintenance, repair, 
or long-term wear and tear. 
 
Load rejection tests and derivation of H from these tests 
should not be used to derive H from scratch. In the event 
that no manufacturer data is available, a load rejection test 

                                                           
42 The equation for H in SI units is H= ½Jω2, where J is the total moment of inertia of the combined turbine-generator assembly in kg.m2, 
and ω is the base mechanical angular speed in rad.s-1. 
43 0.5 [kinetic energy is ½mV2] * (lbf-sec2/32.174 lbm-ft) * (lbm-ft2) * (rev/min)2 * (2 * 3.14159 rad)2/rev2 * min2/(60 sec)2 * kW/(737.6 ft-
lbf/sec) = 0.231 * 10-6 kW-sec 

Takeaway: Typically the generator dynamics 
models used for positive sequence stability 
simulations include an inertia parameter that 
includes both the generator and turbine. Verify 
that the data collected from the manufacturer 
includes both components and compare with 
what is expected for the model.  
 

Takeaway: Load rejection tests and derivation 
of H from these tests should not be used to 
derive H from scratch. In the event that no 
manufacturer data is available, if a load 
rejection test is to be used to derive H; 
however, there is inherent error in using this 
test data that result in the slope of the response 
not being an accurate measurement of solely 
the inertia of the machine. 
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may be necessary to derive H; however, there is inherent error in using this test data that results in the slope of 
the response not being an accurate measurement of solely the inertia of the machine. Examples include:  

• Fast-acting fuel/steam shutoff value action following unit breaker-trip signal 

• Governor response 

• Turbine damping 

• Inaccuracy in drawing a tangential line to the acceleration curve near the t = 0 point 

• Friction and windage 

• Mechanical load (e.g., compressor braking for single-shaft gas turbines) 

• Measurement errors in the measured initial power/load rejected and the calculated speed of the unit 
after load rejection 

 
These effects can lead to overestimating or underestimating the inertia, which may also overestimate or 
underestimate system stability. Load rejection tests may also impose unnecessary stresses on boilers, turbines, 
and other equipment, and should not be undertaken at high load levels without justification.  

If no alternative derivation of H is available, load rejection tests can be performed by dispatching the unit online 
carrying load at relatively low levels (e.g., 5-20%). Once measurement recording is started, the operator opens the 
main generator circuit breaker44 and the dynamic response is recorded. The pre- and post-rejection active power 
output should be recorded for the test to determine the change in power output. Frequency is measured during 
the test and a tangential line is drawn at the point of rejection against the frequency measurement over time, 
typically within the first couple hundred milliseconds. Frequency is often calculated from the terminal voltage (Vt) 
waveform measurement (since other frequency measurements may be noisy) and any resulting voltage transient 
may appear in the speed measurement. Figures 4.14 and 4.15 show examples of frequency measured over time 
for load rejection tests. The inertia constant is derived using the following equations below: 

 

𝐻𝐻 =
∆𝑃𝑃𝑁𝑁𝑝𝑝

2 ∗ �
∆𝑓𝑓𝑁𝑁𝑝𝑝
∆𝑡𝑡 �

 

 
∆𝑓𝑓𝑁𝑁𝑝𝑝 = 𝑓𝑓2− 𝑓𝑓1 

 
∆𝑡𝑡 = 𝑡𝑡2 − 𝑡𝑡1 

 
If the test results compare reasonably well to the expected H value, supplied by the manufacturer, verification is 
complete. The load rejection test can be used to check the calculated H value but should not be used in 
determining H value directly. If the calculated H value is not confirmed by the load rejection test then it may be 
necessary to contact the manufacturer or obtain information to determine more accurate characteristics during 
a turbine overhaul. Again, it is emphasized that load rejection tests are not necessary where good vendor 
calculated values of H exist. 
 

                                                           
44 Some testing engineers may, based on their discretion, place the AVR in manual for this test, which may be able to determine inertia as 
well as quadrature axis reactance in one test. However, this is not required and is not recommended at higher loading since tripping a 
higher load at full speed with the AVR in manual will results in high field voltage. 
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Figure 4.14: Load Rejection Test and Estimation of Inertia Constant for 156 MVA Unit 

 

 
Figure 4.15: Load Rejection Test and Estimation of Inertia Constant for Hydro Unit 



Chapter 4: MOD-026-1 Testing Procedures 
 

NERC | Power Plant Model Verification and Testing for Synchronous Machines | December 2017 
50 

Table 4.1: H from Plot Interpretation 
Parameter Value 

Base MVA 78.4 

Pre-Separation Power (MW) 5.84 

ΔP Pre-Separation Power (pu) 0.074 

Base Frequency (Hz) 60.0 

Straight-Line Delta Speed (Hz) 1.30 

ΔS: Straight-Line Delta Speed (pu) 0.0217 

ΔT: Straight-Line Delta Time (sec) 1.615 

H: Inertia Constant (sec) 2.77 
 

 
Current Interruption Test 
In instances where OEM generator design data is unavailable or the accuracy of the data is in dispute, it may be 
possible to perform current interruption tests to help determine the d- and q-axis generator model parameters. 
 
The adequacy of d- and q-axis generator model parameters can be determined through a comparison of dynamic 
simulations and recorded tests. Current interruption tests (or breaker openings) from zero power factor and 
under-excited45 can be used for the identification of the generator model d-axis parameters. Identification of the 
generator model q-axis parameters can be attempted through rejection tests from load conditions which establish 
exclusively q-axis stator currents. 
 
This approach to dynamic generator model parameter identification makes use of time responses of generator 
variables. The basic techniques use time domain analysis of generator variables under disturbances such as load 
rejections and field voltage changes46. Key variables to record for the transient response tests are stator current, 
terminal voltage, field current, field voltage, and frequency or speed. 
 
D-Axis Parameters 
In order to estimate the d-axis generator model parameters, the ideal initial conditions of the unit would be at 
zero active power, absorbing reactive power and in manual control of the excitation system. This condition 
guarantees that flux only exists in the d-axis. The test would consist of opening the generator circuit breaker 
connecting the machine to the power grid and recording the terminal voltage and field current response to the 
breaker opening. With the generator under-excited, saturation effects would not be present and the test results 
can be used to determine the basic unsaturated values of Xd, X’d, X’’d, T’d0 and T’’d0. Figure 4.16 shows terminal 
voltage (blue), stator current (black), field current (green) and field voltage (red) response to a current interruption 
test designed to determine the d-axis generator parameters. 
 

                                                           
45 Current interruption tests under over-excited conditions should be avoided whenever possible to avoid excessive terminal voltage 
condition after the unit breaker opens. 
46 "Derivation of Synchronous Machine Parameters from Tests," F.P. de Mello and J.R. Ribeiro, IEEE Transactions on Power Apparatus and 
Systems, July/August, 1977, pp. 1211-1218 

Takeaway: The spike in measured 
frequency (speed) near the breaker 
opening is an instrumentation artifact 
due to the frequency signal being 
derived from the terminal voltage. When 
the breaker opens, the excitation level of 
the machine is different than what is 
needed open circuited, resulting in a 
voltage transient. It's an indicator of 
when the breaker opened, but should be 
ignored (as best as possible) as far as the 
speed determination is concerned. 
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Figure 4.16: Current Interruption Test Measurement Quantities  
[Source: J. Undrill] 

 
Using the equations below and the values determined in Figure 4.16 by analyzing the changes in terminal voltage 
and stator current, an initial guess for the d-axis impedances can be made. Simulations of the current interruption 
test can also be used to confirm or determine the generator model d-axis parameters. Note that the field current 
response can also be used to determine the T’d0 and T’’d0 time constants as laid out in the de Mello and Ribeiro 
paper47. 
 

𝑋𝑋𝑑𝑑 =
𝑦𝑦𝑉𝑉𝑞𝑞
𝑦𝑦𝐼𝐼𝑑𝑑

=
𝑉𝑉0 − 𝑉𝑉𝑓𝑓
𝐼𝐼0

 
 

𝑋𝑋𝑑𝑑′ =
𝑦𝑦𝑉𝑉𝑞𝑞′

𝑦𝑦𝐼𝐼𝑑𝑑
=
𝑉𝑉0 − 𝑉𝑉𝑞𝑞′

𝐼𝐼0
 

 

𝑋𝑋𝑑𝑑′′ =
𝑦𝑦𝑉𝑉𝑞𝑞′′

𝑦𝑦𝐼𝐼𝑑𝑑
=
𝑉𝑉0 − 𝑉𝑉𝑞𝑞′′

𝐼𝐼0
 

 
It should be noted that there are some limitations to this test when applying the ideal theory to real world 
applications. In many instances, it is impossible to run a synchronous generator at zero active power either due 
to reverse power relay action or the inability of the plant controls to successfully maintain zero or low load for any 
significant period of time. In these cases, reducing the generator output to less than 5% of maximum output may 
be acceptable in achieving a model match. 
 
Note that the theory behind this test is that when the generator breaker is opened, the field voltage is expected 
to be held constant. However, most static excitation systems work in constant field current regulator (FCR) mode 

                                                           
47 F. P. de Mello and J. R. Ribeiro, “Derivation of Synchronous Machine Parameters from Tests”, IEEE Trans. on Power Apparatus and 
Systems, vol. 96, no. 4, pp. 1211-1218, July/August 1977. 
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when switched into manual48 operation and not field voltage regulator (FVR) mode. Figure 4.17 shows expected 
FVR behavior (left) versus the unexpected FCR behavior (right) during a current interruption test. It is clear from 
the right plot that field voltage (red) is not held constant during the test. This impacts the terminal voltage (blue) 
and field current (green) response significantly when compared to the ideal response. The equations laid out in 
the de Mello and Ribeiro paper can no longer be determined by analyzing the plots, but rather must be simulated. 
In addition, field voltage would need to be “played back” into the generator model in order to replicate the 
response accurately. Most commercial and open source software packages offer this type of play back feature. 
 
Lastly, units that use brushless excitation systems offer even less ability to determine the generator model 
parameters via this method as field current and field voltage are not measurable/recordable values. 
 

 
Figure 4.17: Constant Field Voltage vs. Variable Field Voltage during Interruption Test  

[Source: J. Undrill] 
 
Q-Axis Parameters 
In order to estimate the q-axis generator model parameters, it would be ideal to establish a loading condition on 
the unit where the stator current is composed only of a quadrature axis component. The desired loading condition 
can be arrived at by successive current interruption tests where the field current deviation is recorded each time. 
The objective is to find the ideal loading condition that results in no noticeable transient deviation for the field 
current. While multiple current interruption tests could be performed to find this location, a minimum of two 
various conditions which result in transient deviation in opposite directions can be used to locate the point where 
ΔIfd is zero as shown in the de Mello and Ribeiro paper.  
 
An alternative method of finding the correct q-axis loading condition is to utilize a rotor position signal and 
calculate the relative rotor angle between the stator current and the measured rotor position. The q-axis loading 
condition then can be achieved by adjusting the unit P and Q such that the relative rotor angle is 90° additional to 
the rotor angle measured during d-axis current interruption test prior opening the unit breaker. The rotor position 
signal can be obtained through one-pulse-per-revolution key phasor signal or laser tachometer measurement by 
means of placing a reflective tape on the generator shaft. Figure 4.18 below illustrates the rotor angle positions 
during d-axis test and q-axis test. The advantage of this method is that it significantly reduces the number of load 
rejection tests need to be performed on-site. The disadvantage is when one-pulse-per-revolution key phasor 
signal is not available, the generator needs to have a complete shutdown to allow placement of a reflective tape 
on the shaft.  
 

                                                           
48 The GOP should notify its associated TOP of any status change on the AVR, PSS, or alternative voltage controlling device within 30 minutes 
of the change, as per VAR-002-4 Requirement R3. 
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Figure 4.18: Illustration of Rotor Positions in D-Axis and Q-Axis 
[Source: Powertech] 

 
Once the location is found, a final current interruption test using that real and reactive power level to produce 
zero d-axis stator current component will result in a transient voltage (blue) as shown in the top plot of Figure 
4.19. 
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Figure 4.19: Flux Comparison to Confirm Q-Axis Data  

[Source: GE] 
 

In order to determine the q-axis parameters, flux (Vt,pu/speedpu) shown in the center plot of Figure 4.19 is used to 
eliminate any differences between simulation and test frequency, often caused by the inability to exactly match 
the governor offline control responses.  
 
While the q-axis current interruption tests can be achieved, they may not derive the exact generator model 
parameters and lead to additional errors. It is recommended that this test not be the sole source for 
determining/verifying the q-axis parameters. A combination of this interruption test along with an exciter step, 
an exciter impulse, and a generator synchronization can be used to confirm q-axis parameters. 
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Exciter Step Test 
Excitation system and PSS models are typically verified using voltage reference step tests49 with the PSS offline 
(OFF) and PSS online (ON). PSS OFF tests verify the automatic voltage regulator (AVR) models while the PSS ON 
tests help to verify PSS models. Table 4.2 shows the signals that should be captured during these tests. The step 
signal should be recorded or the step size should be clearly noted. If the excitation system is a static exciter, then 
only the field voltage and current of the generator main field need to be recorded. If the excitation system is a 
rotating AC exciter, both the main field of the generator and the exciter field quantities should be captured, if 
possible. However, only one of these is adequate, and the testing engineer may have a particular preference. For 
brushless excitation systems, only the field voltage and current of the exciter can be measured. Sampling rates 
should be at least 120 samples per second or faster. Data should be collected for at least 1-5 seconds prior to the 
step injection and for at least 10-20 seconds after.50  
 

Table 4.2: Exciter Step Test Signals 

Online Verification Signals Offline Verification Signals 

MW 
MVAR 
Terminal voltage 
Field voltage 
Field Current 
Exciter field voltage 
Exciter field current 
Frequency51  
PSS Output 

 
Terminal voltage 
Field voltage 
Field Current 
Exciter field voltage 
Exciter field current 
Frequency 

 
Table 4.3 shows some of the potential step tests that may be performed for verification purposes. Not all of these 
step tests necessarily need to be performed to collect sufficient data to verify the model; however, the tests 
typically conform to one of these options. 
  

                                                           
49 For additional reference, see IEEE Std. 421.2-2014 “IEEE Guide for Identification, Testing, and Evaluation of the Dynamic Performance of 
Excitation Control Systems”. 
50 The necessary duration of recorded response will vary from case to case based on the response rate of the particular excitation system. 
The testing engineer should evaluate this to ensure that adequate pre- and post-step data has been recorded. 
51 For most PSSs, this is compensated frequency (calculated from electrical quantities (e.g., voltage from PT and current from CT)). This is 
important when comparing to simulated response. Some software vendors allow for use of the compensated frequency as part of either 
user-written models or part of the standard models (based on software vendor). 
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Table 4.3: Potential Voltage Reference Step Tests 

Unit 
Status 

PSS 
Status Loading Vref Step 

% 
Step Duration 

(sec) 

Offline Off No Load ±2-5%52 10-20 

Online Off Min Load ±2-4% 10-20 

Online Off Full Load ±2-4% 10-20 

Online On Min Load53 ±2-4% 10-20 

Online On Full Load ±2-4% 10-20 

 
The smaller reference step tests help validate AVR parameters (e.g., KPR, KIR) while the larger reference steps 
with the unit offline54 help validate the ceiling parameters in the model. Performing the larger reference steps 
with the unit online is not recommended, particularly because this could cause the unit to change from consuming 
a large amount of reactive power to producing a large amount of reactive power which is not ideal for grid 
reliability as it may violate downstream equipment limitations or local criteria. In addition, larger steps are 
performed offline to avoid any interactions from components such as the PSS, UEL, and OEL (e.g., the test targets 
specific aspects of the model verification).  
 
Performing the smaller steps at full load helps 
validate any droop or line drop compensation since 
this is based on current. It can be shown that droop 
is present by applying a 2% step offline and 
observing a 2% terminal voltage change and then 
applying this step online and observing a terminal 
voltage change that is less than 2% and in 
proportion to the droop quantity. Full load testing 
also validates the PSS (note that the PSS is typically 
turned off by the controls at very low generator 
output levels). So the steps to verify PSS 
performance should be performed when the unit is 
loaded near rated load. The test is performed at full 
load rather than partial load since these conditions 
have the highest propensity for oscillations. The 
testing also confirms that the machine is well 
damped for these types of step changes common 
during grid disturbances.  
 
In summary, in the case of the on-line tests, these should be done as close to rated unit MW output as possible, 
with, and without the PSS ON. In the case of the off-line tests, these should be done at rated speed. Note that the 

                                                           
52 The Vref step should be large enough to confirm the ceiling quantities. This step may be as high as 8-10% depending on the expected 
ceiling voltage and gains implemented; however, caution should be taken when performing this test to prevent the unit and its auxiliaries 
from operating outside their normal voltage range post-step (i.e., the pre-step voltage may need to be adjusted up or down to facilitate 
larger voltage steps). 
53 Ensure loading is above PSS minimum load level (i.e., PSS is online and active). 
54 Consider any changes in operating settings for online vs. offline conditions (e.g., exciter gains).  

Example of Step Size Required to Hit Ceiling:  
Consider the ESST4B model again and assume the 
ceiling is set to > 200% rated field voltage when the unit 
is at rated field current and rated voltage.  
 
To get from EFGOC to hitting the ceiling voltage, the 
combination of (Vref-Vmeas)*(KPR+KIR/s)*KP needs to 
equal the Vceiling/Efgbase. Removing the gain from the 
excitation transformer, (Vref-Vmeas)*(KPR+KIR/s) needs 
to be equal to cos (αmin).  
 
Therefore, the size of the step to hit ceilings will depend 
on exciter gains. If the exciter is set up with KPR = 27.8 
and KIR = 2.78, a step of at least 3.64% would be needed 
to hit the ceiling. On the other hand, if the exciter was 
set up with KPR = 12 and KIR = 1, a step of at least 8.3% 
would be needed to hit the ceiling. 
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off-line tests are, as indicated above, an additional confirmation of the AVR dynamics, and often a good way (by 
comparing off-line and on-line step tests) of verifying the current-compensation values in the AVR controls. 
However, the off-line step tests are not absolutely essential, particularly for digital control systems where the 
current-compensation values can be easily determined and verified from the digital settings. Also, the ceiling of 
the excitation system can also be confirmed by calculation. During the course of these tests, the GOP should notify 
its TOP of any status change of the PSS, as per VAR-002-4 Requirement R3, when the PSS is turned OFF and then 
back ON. 
 
Figure 4.20 shows the dynamic response from a 5% voltage reference step test at full speed, no load (FSNL). The 
terminal voltage and field voltage are matched between simulation and actual response to confirm modeled 
performance. In the left plot, the dynamic response is verified; in the right plot, the field voltage ceiling is verified 
from the step response. Figures 4.21 and 4.22 show results from a 2% voltage reference step test with the unit 
online loaded near full load with the PSS off and on, respectively. Note the relatively close match of field voltage, 
terminal voltage, and reactive power for both cases.  
 

  
 

Figure 4.20: Voltage Reference Step Tests at Full Speed, No Load [Source: GE] 
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Figure 4.21: 2% Voltage Reference Step Test at Online Near Full Load, PSS ON 

Measured (Blue) vs. Simulation (Red)  
[Source: GE] 
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Figure 4.22: 2% Voltage Reference Step Test at Online Near Full Load, PSS OFF 

Measured (Blue) vs. Simulation (Red)  
[Source: GE] 

 
Generating units that share a common bus at the terminals are equipped with some form of compensation that 
allows for stable operation through sharing of reactive load. This can be accomplished through reactive or cross 



Chapter 4: MOD-026-1 Testing Procedures 
 

NERC | Power Plant Model Verification and Testing for Synchronous Machines | December 2017 
60 

current compensation55. For units that share a low side bus, it is easiest to simply validate one unit with all other 
units’ offline (Figure 4.23). In this case, compensation can be validated in and out of service as a normal part of 
staged testing, if desired. If verification is performed with other units online, compensation cannot be removed 
without other units first being placed in manual mode to prevent instability. Care must be taken when performing 
staged testing with units connected to the same bus and excitation system in manual mode as machine limits 
could be exceeded. Verification of compensation settings for all parallel units can be performed simultaneously if 
the compensated responses of all parallel units are captured when performing staged testing on a single machine. 
 
See Figure 4.24 where a 2% voltage reference step test in Auto mode was performed in the high pressure (HP) of 
a cross compound machine and the low pressure (LP) data was captured at the same time. Data was then validated 
through a single machine infinite bus (SMIB) system. 
 

 

 
 

Figure 4.23: RCC Verification using Voltage Reference Step Tests [Source: USBR] 
                                                           
55 Western Electricity Coordinating Council, “Cross-Current Compensation Model,” WECC, Salt Lake City, Nov 3, 2014. [Online]. Available: 
https://www.wecc.biz/Reliability/Cross-Current_Compensation.pdf. 
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Figure 4.24: RCC Verification for Cross Compound Unit w/ Both AVRs in Auto [Source: Duke] 
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The effect of the reactive current compensation can also be validated using frequency response methods (see 
Figure 4.25). The process is similar in cases when the RCC is set for line drop compensation as well, or if cross 
current compensation is employed between two (or more) units. Since the reactive current output determines 
the compensated response, in order to properly validate the values of reactive current compensation parameters 
it is necessary that the model reactive current responses very closely match the measured reactive current 
responses as well as the voltages. Playback methods are very effective for validating reactive current 
compensation models. 
 

 
Figure 4.25: Frequency Response Verification for RCC [Source: USBR] 

 
Power Factor and VAR Controllers 
In some instances, the GOP may have been granted exemption from operating in automatic voltage control mode 
to a scheduled voltage value or range56. In those cases, the resource is allowed to operate in a power factor or 
reactive power (VAR) control mode. These controllers act as a secondary control loop in the AVR controls, slowly 
adjusting the AVR reference in order to maintain a specific MVAR or power factor set point. These models can be 
determined from online AVR reference step tests with the controller active. In most cases, these outer loop 
controls are very slow in response and the field measurement recordings need to be longer to capture the return 
of the reactive power to its original set point. The timeframes of these controls should be considered when 
determining how and if to model them. If the MVAR or power factor controls interact with the AVR in a timeframe 
that is simulated as part of the transient stability or mid-term stability simulations (e.g., out to approximately 60 
seconds), then a representative model should be provided. Otherwise, a suitable match between simulation and 
actual test without these additional models can be attained. In this case, the GO should still inform the TP that 
the plant operates in a VAR or power factor control mode. 
 
Figure 4.26 shows an example of a relatively fast outer loop VAR controller for a 112.8 MVA generating unit. The 
outer loop VAR control comes from the plant-level distributed control system (DCS) rather than internal to the 
exciter. The DCS overrides the 2% voltage reference step test within 10 seconds. The figure also shows how the 
standard excitation system model was not able to accurately represent this overriding outer loop control. In this 
case, an additional model is needed to represent the outer loop controller otherwise the actual response of the 

                                                           
56 See NERC Reliability Standards VAR-001-4.1 Voltage and Reactive Control (HERE) and VAR-002-4 Generator Operation in Maintaining 
Network Voltage Schedules (HERE). 
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plant to changes in voltage cannot be accurately modeled. Dynamic models such as pfqrg (reactive power 
regulator/power factor angle control) can be used in conjunction with the excitation system model to capture 
these effects. 
 

 
 

Figure 4.26: Power Factor Controller Response Compared to Simulation 
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Exciter Impulse Step Test 
In order to provide a better local mode real power oscillation, exciter impulse tests are often performed (see 
Figure 4.27). While similar to the exciter step tests, the exciter impulse tests are typically larger in magnitude (5% 
- 10%) but for much shorter durations (0.1 – 0.5 seconds). Exciter impulse tests are often used in analysis of PSS 
commissioning to determine its effectiveness in damping oscillations. This type of test can also be used as part of 
a collection of tests in determining/verifying generator model q-axis parameters. 
 

 
Figure 4.27: 5% Exciter Impulse Test (PSS Off) [Source: GE] 

 
This test can be used to help confirm Xq, X’q, T’q0 and T’’q0 by a comparison of the simulation to measured real 
power oscillations. Assuming the inertia constant is confirmed, the magnitude, and period of these oscillations 
are greatly affected by the q-axis parameters. Note that the 2% exciter voltage step test also offers a similar 
opportunity in verifying the q-axis parameters, but the real power oscillations may not be as observable. 
 
To evaluate the damping of the PSS, the results of the exciter impulse tests with and without the PSS enabled is 
compared in Figure 4.28. A reduction in the “local” mode oscillation is observed with the PSS in-service.  
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 Figure 4.28: 5% AVR Impulse Test – PSS Off vs. PSS on [Source: GE] 
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To further clarify the PSS performance the MW signals of the impulse test with and without PSS are processed by 
using Fast Fourier Transform (FFT) to get a power spectral density of the signal as a function of the signal 
frequency. Figure 4.29 compares the MW with and without PSS and clearly demonstrates the reduction in signal 
magnitude provided by PSS around the local mode frequency (~1.25Hz).  
 

 
 Figure 4.29: Impulse Test FFT [Source: GE] 

 
 
Generator Synchronization 
With the unit running at full-speed no-load (FSNL), the operator will synchronize the unit to the grid. This normal 
event can often be recorded during a testing session. It is important to capture the real power, reactive power, 
terminal voltage, stator current, and generator frequency response pre- and post-synchronization. Often this 
recorded response is used along with a q-axis current interruption test, voltage reference step and impulse tests 
in confirming and/or determining q-axis reactance’s and time constants. Initially, the reaction of the real power 
response during a synchronization of the unit to the grid can be compared to dynamic model simulations, as the 
initial real power oscillations are primarily driven by the q-axis parameters. Along with iterations with the current 
interruption test and voltage reference step tests, the data can be estimated fairly well. 
 
In order to simulate the synchronization correctly, the pre- to post-synchronization change of speed and voltage 
needs to be accounted for. This type of simulation requires the use of a user-written model to adjust for any off-
nominal pre-synchronization speed, voltage magnitude and voltage angle (or synch angle). 
 
Figure 4.30 shows a comparison of the real power output of a dynamic simulation model to the recorded response 
of the generator.  
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Figure 4.30: Active Power during Synchronization [Source: GE] 

 
Frequency Response Test 
The mathematical representation of generator control systems (e.g., excitation control systems, speed governors, 
etc.) is based on block diagrams of these systems expressed in the Laplace domain. This representation lends itself 
most naturally to consider these system in terms of transfer functions in the S or frequency domain. While it is 
most common to consider model verification test methods that are easily replicated in time domain simulation 
(e.g., step response tests), there are situations in which it is more appropriate, even necessary, to consider the 
verification of the block diagram models with respect to their native, frequency domain transfer function form. 
 
Although there are several methods that can be used to measure the control system response as a function of 
frequency, the level of noise in the electrical signals from the generator measurements of interest make most of 
these methods ineffective. A simple and effective way to measure the frequency response of these systems is 
using a variable frequency sine wave input and measuring the response of each frequency over the range of 
interest. The output signal for one or more exact periods of a single frequency is compared to the input signal and 
the differences in amplitude and phase angle are used to calculate the magnitude and phase responses. The 
injection of the sine wave input and reading of the output signals can be performed in simulation identical to how 
it is performed during testing at the plant. Commercial analyzer equipment and modeling software are available 
for this type of analysis, although many practitioners develop their own tools. The compiled results of the test are 
then plotted on a Bode plot. The exact same test performed in simulation is then used and model results are 
compared against the measured responses: 
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Figure 4.31: Frequency Response Test Plots [Source: USBR] 
 

In this case, the responses of Vt/Vref as a function of frequency prove to be a valuable and effective verification 
of the excitation control system model. Frequency response measurements are necessary to validate power 
system stabilizer tuning as well as the model. The minimum load measurement of Vt/Vref is used to tune the 
phase compensation of the stabilizer, as shown in Figure 4.32. This method of analysis can also be used to measure 
the response of the governor control loops as well. 
 

 
 

Figure 4.32: Tuning of Phase Compensation Plot [Source: USBR] 
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Figure 4.33: Turbine-Governor Frequency Response Test Plot [Source: USBR] 
 

Frequency response analysis is valuable for accurate baseline model development, as it not only verifies the model 
over the entire frequency band of interest but can be used to identify the characteristics of individual components 
or subsystems of the control systems. Figure 4.34 is a verification of a subsystem of the governor system in the 
Figure 4.31 above. 
 

 
 

Figure 4.34: Turbine-Governor Subsystem Frequency Response Test Plot [Source: USBR] 
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PSS Verification Testing 
A PSS modulates an AVR to produce terminal voltage changes in phase with rotor speed deviations, which provide 
damping torque to reduce both low frequency and local mode power oscillations. It is fairly standard practice for 
interconnection agreements57 to require a PSS on new units, which is tuned during commissioning. A PSS can 
improve stability during abnormal grid conditions, enabling a wider range of allowable system conditions (e.g., 
forced or planned outages) that may not be studied in the long-term planning horizon. For existing units, AVR 
upgrades may be a good time to add a PSS. Requests by the TP/PC for adding a PSS to specific units should occur 
early in the process of upgrades to minimize costs and impacts to GOs. However, the GO should engage with the 
TP/PC, who typically performs studies to identify if adding a PSS provides reliability benefit to the unit and the 
BPS. 
 
Modern high-gain AVRs, while significantly improving first-swing transient stability by providing increased 
synchronizing torque, may in some cases contribute to system oscillations due to decreased damping torque. 
While detection systems, alarms, and operator action may offer some protection, PSSs are developed specifically 
for the purpose of protecting the grid against unexpected oscillations by providing increased damping torque. 
Therefore TPs should consider requiring PSSs at all large generating plants to ensure that oscillations remain well 
damped for both known oscillation issues as well as situations where oscillations are unexpected. In addition, 
excitation systems for many newer generators include an installed PSS as part of the AVR upgrade yet may not be 
activated. TPs should consider requiring an operable PSS for units that may in any way be involved in a potential 
oscillatory situation or issue. 
 
Regardless of the design or vintage, a PSS consists of phase compensation (including washouts and a ramp tracking 
filter), signal limiters, and gain settings. Unlike most of the plant models, the models of PSSs can be nearly identical 
representations of the actual equipment. The block diagram shown in Figure 4.35 represents what is now the de 
facto industry standard and the required design in some jurisdictions. This dual input design is a completely digital 
implementation, which is convenient for the purposes of model verification since if the implementation has been 
verified and properly calibrated in the equipment, then the digital settings file can be trusted as the source of the 
model parameters. If this is not the case, or if the PSS consists of analog electronics, then determining the PSS 
parameters and model verification should be performed in an open loop configuration with the unit shut down or 
offline and the model or its components considered separately. 
 

 
Figure 4.35: PSS Block Diagram 

 
The phase compensation, which includes the lead-lag and the washout blocks can be most easily verified using 
frequency response measurements over a large bandwidth (can range from 0.01 Hz to 100 Hz, but more typically 

                                                           
57 Ensure that any regional requirements, standards, or interconnection agreements are adhered to. 
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0.1 to 10 Hz). This measurement (or calculation) is a necessary step in tuning the PSS. In the dual input design, 
proper measurement of the phase compensation can be accomplished using the frequency input path only with 
the ramp tracking filter and the power input path nullified.  
 
The proper tuning of a PSS for high initial response excitation systems often leads to phase lag time constants on 
the order of 0.01 seconds, typically the minimum setting allowed in digital systems. However, the typical time 
steps used in performing large scale stability studies do not allow time constants set this short, so it should be 
kept in mind that the resulting response of such a PSS model might in effect not match the measured response 
(see Figure 4.36). This caveat also applies to the generator and excitation system and their models as well. Model 
fidelity should not be expected beyond 3 Hz. 

 
Figure 4.36: PSS Compensation Test – Measured vs. Simulated [Source: USBR] 

 
Verification of PSS limiting functions can be carried out by measuring the output voltage at which they operate. 
An input signal or the gain KS1 can be increased until the PSS output signal is clipped. The calibration of the output 
limiter should be verified as the maximum per unit frequency change. Other important limits (i.e., the voltage 
cutoff and low power cutoff points), although not currently represented in the models, should be documented. 
 
Verification of the overall gain, KS1, is perhaps the most difficult part of the PSS to verify, and unfortunately is the 
most important. In analog systems, each portion of the circuitry can contribute to the overall effective gain, and 
the calibration of the gain dial setting must be known accurately, preferably measured. Verification of the overall 
frequency/volt (or volt/volt) gain through the PSS should be measured using a small low frequency input signal to 
check the resulting df/dv signal gain of the PSS output signal. If frequency response testing of the governor is 
performed, the resulting low frequency oscillations in the measured frequency input to the PSS can provide such 
an input for the PSS which will also verify the calibration and effective gain of the PSS frequency transducer. In 
units where rotor frequency is calculated by compensating measured terminal voltage with Xq, (which is currently 
not how PSS simulation models work) error in the estimation of the machine reactance can lead to considerable 
error in the PSS input signal, as the computer models use the simulated generator rotor frequency as the input 
signal. 
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Since the main intent of requiring PSS throughout interconnections is to contribute damping to low frequency, 
inter-area mode oscillations, the PSS model should be verified in this frequency range as best as possible. While it 
is normal practice to tune the PSS based on local mode oscillations that can be stimulated with inputs into the 
AVR, the frequency range of the local mode oscillation for most units is in the 1-4 Hz range. However, the local 
mode oscillation behavior depends not only on the PSS, but the exciter, generator, and external system as well. 
Depending on the equipment, tuning, and accuracy of individual generator, excitation system, and external power 
system models, the correspondence between measurements and model performance of local mode behavior is 
likely to be noticeably imperfect, and may not be the best evidence for verification of the PSS model. In the best 
cases, the behavior in this frequency range is approximate. The model accuracy will likely degrade further at higher 
frequencies, which if used as evidence of “maximum PSS gain” in a PSS tuning study, should be taken with the 
proper consideration. 
 
Compensated Frequency Signal 
There are differences between the actual PSS inputs and the model interpretation. Most PSSs use a compensated 
frequency rather than the actual measured rotor speed deviation. Compensated frequency is a calculated 
frequency signal derived from the PT and CT signals. The PSS also includes a user selectable quantity sometimes 
referred to Xq* (or XQslip). Depending on the software platform, the model may or may not allow for the user to 
use compensated frequency (as compared with rotor speed deviation).  
 
If the compensated frequency nearly matches the rotor speed deviations, then it would not matter significantly 
from a modeling standpoint. On the other hand, sometimes the measured and actual responses do not match as 
closely, and this may be attributable to the input signals being used between the actual implementation and the 
modeled representation. The PSS models in commercially available software that do not have PSS2A where the 
user can select compensated frequency as the input and an additional parameter Xq* may have this issue where 
different inputs will result in different output when comparing with reality.  
 
Modelers should be aware of this fact that there is a difference between the types of input signals to the 
PSS, and it may cause a difference in simulation vs. measurements if the compensated frequency is different 
than that of rotor speed deviation. All commercially available software vendors should include this feature to 
select compensated frequency as an input in the PSS models. 
 
Other Considerations 
Modern PSSs may have a low power cutoff threshold where the PSS will toggle on and off. It may be useful to 
implement a hysteresis on this low power cutoff threshold so the PSS does not chatter or toggle on and off if the 
unit is operating around this range (although this is rare, it has occurred in the past). In addition, some units may 
have different PSS operating modes where different gains may be used in rough areas of operation (e.g., min 
loading conditions for gas turbines, hydro rough zone operating ranges, etc.). These are typically not modeled 
since the unit is not intended to operate in this range, and the TP should know where these ranges are to avoid 
dispatching the unit there in simulations. 
 
Also, some older legacy PSS designs (some of which are still in service on generating units) were poorly designed 
such as to not afford adequate lead/lag compensation blocks and range to allow for proper tuning. These legacy 
PSSs are likely in most cases ineffective and grandfathered into the system. Moving forward, however, if the 
excitation systems associated with such PSSs are retrofitted, the opportunity should be taken to replace the PSS 
with a modern digital PSS2B or PSS2A, as appropriate. 
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Chapter 5: MOD-027-1 Testing Procedures 
 
The purpose of MOD-027-1 is to verify the turbine/governor and load control or active power/frequency control 
function dynamic models. This section describes the various tests that may be performed to develop or verify the 
dynamic models related to the turbine/governor and load control or active power/frequency control functions.  
 
It is important to note Footnote 1 of MOD-027-1, which describes the power plant elements that are considered 
part of the turbine/governor and load control (synchronous generation) or active power/frequency control 
function (inverter-based generation): 
 

1 Turbine/governor and load control or active power/frequency control: 
 

a. Turbine/governor and load control applies to conventional synchronous generation. 
 
b. Active power/frequency control applies to inverter connected generators (often found at 
variable energy plants). 

 
As well as the turbine/governor, any outer loop or plant-level controls that interact with the active power response 
of the plant should also be verified as part of MOD-027-1 and modeled accordingly58. The section first lists the 
tests relevant to verifying turbine/governor dynamic models and model parameters, then lists tests relevant for 
testing the outer loop or plant-level controls.  
 
 
Turbine-Governor Verification 
The active power-frequency controls of the machine should be verified as part of MOD-027-1, including the 
turbine-governor model, as well as any plant-level control systems that may interact with the governor. First, the 
turbine-governor model should be verified, and then any additional controls can be overlaid on this model to 
represent the overall plant active power response and that should also be verified.59 In the case of large thermal 
units, the turbine-governor models used to represent these controls in power system simulation programs are far 
simpler as compared to the actual turbine controls in a large thermal plant (e.g., as compared with the relationship 
between excitation system models and actual controls). For example, in a typical model for a steam-turbine 
(IEEEG1), there is a single valve modeled whereas in an actual steam-turbine there is an arc of valves around each 
turbine stage. The goal is to develop a model that reasonably represents the droop, deadband, and response time 
of the turbine-governor such that the model is able to emulate the real power response of the unit for a given 
frequency deviation60.  
 
Governor Droop & Deadband Test 
The turbine-governor droop (permanent droop for hydro units) should be tested for all expected types of feedback 
– electrical output, valve position, gate position, etc. If gate or valve position is used as the feedback signal instead 
of power, droop is calculated based on this signal. It is important to know the power base used for defining the 
permanent droop. For example, hydro units use gate feedback61 rather than power feedback for improved control 

                                                           
58 Assuming these controls interact in the timeframes relevant to dynamic simulations. As stated previously, these times are generally out 
to 60 seconds following a disturbance. 
59 Most tests will not require switching off the PSS. However, certain dynamic tests (e.g., frequency response tests for hydro plants) may 
require the PSS switched off such that electrical power provides a suitable proxy for mechanical power. The GOP should notify its TOP of 
any status change of the PSS as per VAR-002-4 Requirement R3. 
60 IEEE Task Force on Turbine-Governor Modeling, Dynamic Models for Turbine-Governors in Power System Studies, IEEE Technical Report 
PES-TR1, January 2013. 
61 Gate feedback may be less convenient to plant operators than power feedback. However, when power feedback is used, the watt 
transducer output is generally filtered so that the governor does not instantaneously respond to electric power variations that would result 
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stability and therefore droop as well as other settings are based on the turbine rating MW62. In general, for all 
turbine types (i.e., hydro, gas, or steam), it is better practice to per unitize the model on the MW rating of the 
turbine. 
 
Droop (or permanent droop for hydro units) can be tested through various means. One method that can be used 
with various OEM turbines, is to measure the steady-state parameters (speed, speed / load reference and real 
power output) over a wide operating range of the unit.  
 
If speed/load reference signal is not available, the application of changes in frequency or speed reference in either 
or both directions at different operating points may be possible. When applying the steps, they should last long 
enough for the unit to reach a new steady-state operating condition to record speed deviation and output power.  
 
Figure 5.1 shows an example of data points collected during a test. The unit was loaded to several different 
operating levels from minimum power output to base load. The steady-state parameters (real power and speed 
reference minus speed) were recorded at each operating point. These values were then plotted against each other 
in order to determine the droop.  
 
Droop can then be calculated as  
 

𝐷𝐷𝑓𝑓𝑓𝑓𝑓𝑓𝐷𝐷 =
� ∆𝑓𝑓𝑓𝑓𝐺𝐺𝑛𝑛𝑁𝑁

�

� ∆𝑃𝑃𝑃𝑃𝐺𝐺𝑛𝑛𝑁𝑁
�

=  
� ∆𝜔𝜔
𝜔𝜔𝐺𝐺𝑛𝑛𝑁𝑁

�

� ∆𝑃𝑃𝑃𝑃𝐺𝐺𝑛𝑛𝑁𝑁
�

 

 
In this example, the calculation can be made using discrete data points along the linear estimate.  
 

𝐷𝐷𝑓𝑓𝑓𝑓𝑓𝑓𝐷𝐷 =
(3.72%− 0.47%) 100%⁄

(160𝑅𝑅𝑊𝑊 − 20𝑅𝑅𝑊𝑊) 172.8𝑅𝑅𝑊𝑊⁄ = 0.0401 = 4.01% 

 

                                                           
in driving the gate/valve servomotor in the opposite direction to what it should be. The equivalent time constant of power feedback should 
be validated correctly, as applicable. 
62 Generator MVA should not be used for per unitizing droop for hydro generators. All per unitized values in the turbine-governor are based 
on turbine ratings and converting them to the generator base needlessly complicates calculations (e.g., known settings cannot be used, 
droop settings may be flagged as not within acceptable ranges, power-gate curve data may not be correct or useable, etc.). 
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Figure 5.1: Estimation of Droop Test [Source: GE] 

 
It should be stressed that this test is not necessarily a measurement of the droop setting in the governor. This is a 
measurement of the sum total of the signal gains throughout the turbine-governor system including gate or valve 
nonlinearity, turbine efficiency, effective head (on hydro units), etc. These can drastically affect the net regulation. 
For modern gas turbines, however, this test typically yields an accurate and close correspondence to the digital 
droop setting, since the fuel valves are quite linear. 
 
Overall deadband consists of two components: 
 

• Intentional Deadband: An intentional deadband setting in the turbine-governor programmed to minimize 
dithering on digital controls and movement of valves, gates, etc. 

• Unintentional Deadband: The unintentional range of speed deviation for which due to the mechanical 
systems (e.g., backlash, etc.) may result in little to no movement of the turbine-governor. 

 
The intentional deadband should be determined and explicitly modeled. Unintentional deadband due to 
mechanical effects is difficult to consistently measure and characterize. It varies over time or operating point, is 
not consistent or linear, and is generally not considered “deadband” in many situations. Rather, these are 
combinations of backlash, friction, saturation, looseness, tightness, leakiness, etc. In many gas turbines, the 
unintentional physical deadband is relatively small to negligible while in steam and hydro units this may be more 
prevalent and quite significant. The model should represent this type of unintentional deadband when consistent 
mismatch in model verification tests demonstrate that the deadband exists and reasonable adjustment to the 
deadband addresses the mismatch. The model representation of the deadband may be a combination of the 
verified intentional deadband as well as the measured unintentional deadband.  
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Plant operators may not be aware of frequency 
control requirements or recommendations put forth 
by their respective BA or by NERC, and may enable a 
governor deadband to minimize any undesirable 
servomotor and/or power oscillations. Deadbands 
should be minimized to the extent possible, and 
appropriate settings of governor PID controls or 
transient gain droops can help minimize these 
undesirable oscillations. This minimizes a 
“frequency dead zone” for primary frequency 
control, and provides and overall more stable power 
system. If deadband is to remain enabled, then it 
should be tested and modeled appropriately in the 
dynamic model. It is understood that some minimal 
level of intentional deadband (e.g., 15 to 30 mHz) is 
likely, in most cases, necessary to minimize constant 
movement in turbine valves, gates etc. 
 
The governor deadband can be tested via two 
different methods; frequency disturbance recording 
or introducing a frequency step. Each method has its 
benefits, drawbacks, and practical limitations; 
however either test is suitable to confirm the unit 
provides primary frequency response and can be 
used to estimate the deadband and droop for 
modeling purposes provided the test is run with the 
governor in its normal mode of operation (refer to 
the section “Representation of Typical Operating 
Mode(s)”). For digital control systems, intentional 
deadband can be confirmed by extracting the setting 
from the controls. 
 
 

Verification using Steady-State Methods 
Turbine/governor models include a number of parameters that can be derived through measurement of steady-
state operating conditions. These steady-state conditions may be part of a set of tests or may be captured during 
normal operating conditions depending on the circumstances63 at the plant. Typically some form of steady-state 
test (e.g., load ramp test) is performed to collect a number of steady-state parameter values. The following sub-
sections illustrate how capturing this data can be used to derive the parameter values. 
 
No Load Fuel Flow  and Turbine Gain Test (Gas Turbines) 
For gas turbines, no load fuel flow (wfnl) and turbine gain (Kturb) can be determined by operating the unit at different 
power output levels and comparing power versus fuel valve position (e.g., fuel stroke reference (FSR)). Figure 5.3 
shows an example of these operating points and how the two parameters are derived. A line is drawn between 
the operating points, crossing through the no load point. The fuel stroke reference at the no load point defined as 
wfnl (e.g., 14.2% = 0.142 pu). The turbine gain is determined as the slope of the line in per unit:  
 

                                                           
63 Collection of data should be performed under relatively the same operating conditions (e.g., ambient temperature) to ensure consistent 
data. 

Governor Deadband Modeling:  
Engineering judgment should be used when 
representing deadband in a governor model. Some 
models do not include a deadband, or the deadband 
location in the model may not relate with actual 
implementation.  

Incorrect deadband modeling can have consequences 
for system-wide studies. Primary frequency response 
from each unit may be over- or under-estimated, 
affecting model fidelity. Past experience has shown an 
overestimation of primary frequency response, and 
incorrect deadband modeling is one contributing 
factor.  

Software vendors should review the implementation of 
each turbine/governor model and include a deadband 
in those models that do not have one modeled.  

 

Figure 5.2: Governor Model Diagram 
 

 

 



Chapter 5: MOD-027-1 Testing Procedures 
 

NERC | Power Plant Model Verification and Testing for Synchronous Machines | December 2017 
77 

𝐾𝐾𝑁𝑁𝑝𝑝𝑡𝑡𝑏𝑏 =
𝑃𝑃2,𝑁𝑁𝑝𝑝 − 𝑃𝑃1,𝑁𝑁𝑝𝑝

𝐹𝐹𝑆𝑆𝑅𝑅2,𝑁𝑁𝑝𝑝 − 𝐹𝐹𝑆𝑆𝑅𝑅1,𝑁𝑁𝑝𝑝
 

 

 
 

Figure 5.3: Turbine Gain and No Load Fuel Flow Determination [Source: GE] 
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Power-Gate Test (Hydro Units) 
For hydro units, gate position is adjusted across its allowable range and active power is monitored. Usually, water 
flow vs. gate servomotor opening and active power vs. water flow data are collected as the gate position is 
adjusted across its allowable range. Values are corrected to account for the rated vs. actual head value to be used 
as the reference for the computation of the water starting time. The water starting time can also be calculated 
using penstock dimensions. A common error is using the rated active power of the generator as the per unit base. 
The reference values64 that should be used for correctly modeling the turbine output power are: 

                                                           
64 Test result analysis can be challenging and difficult to resume when there is confusion as to which reference values were used by the 
technicians setting the speed governor and the power system engineers using the dynamic models. The reference values used should be 
clearly documented to enable effective test results analysis. 

Load Limit Modeling, Verification, and Simulations:  
It is important to understand that the maximum amount of active power that a gas turbine may produce is 
based on ambient compressor inlet temperature conditions. GOs should provide a temperature-output 
relationship (see Figure 5.4), typically available from the manufacturer, as part of the test results. This can also 
be used to show that there is no material change in equipment from previous testing. The relationship 
provides necessary information for the GO to provide appropriate powerflow and dynamic model parameters 
specified by the TP or PC based on the specific operating conditions being studied. These changes may affect 
the simulated response of the unit and are important for the TP to consider. TPs who receive a dynamic model 
with ldref < 1.0 pu should ensure they understand at what ambient conditions this value represents and how 
to scale it appropriately. TPs should also understand that studies not accounting for a decrease in ldref under 
higher ambient temperatures may provide an optimistic response of the gas fleet. The gas-turbine model 
should be per unitized on the ISO MW rating of the turbine. Then ldref = 1.0 for this condition (i.e., ISO 59°F, 
14.70 psia). Now, it for example a heavy summer condition is being modeled where ambient temperature is 
35oC, then the maximum power achievable by the gas-turbine for this condition per the manufacturer supplied 
curve may be 80% of its ISO MW rating – thus ldref = 0.8. 

 
Figure 5.4: Power Output vs. Ambient Temperature Relationship of Gas Turbine [Source: IESO] 
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• Turbine output power at rated head and 1 pu gate servomotor opening 

• Generator output power at rated head and 1 pu gate servomotor opening if stator resistance is to be 
neglected 

• Water flow at rated head and 1 pu gate servomotor opening (i.e., “Qflow,ref”) 

• 1 pu base for the gate servomotor opening should exactly be the same as the reference value used in the 
PID controller and/or in the transient and permanent gate droop functions 

 

 
 

Figure 5.5: Power-Gate Response [Source: US ACE] 
 
Data previously collected (e.g., at commissioning), should be periodically validated. Whenever water flow 
measurements are unavailable, at least steady-state power vs. gate data (including corrections according to actual 
net head values) should be collected. The typical translation from power data collected at different net head from 
the rated value is as follows: 
 

P (G, Rated Head) = P(G, measured) * (Rated Head/Hm)1.5 
 
If water flow happens to be measurable, the translation for water flow vs. gate servomotor is as follows: 

Qflow(G, Rated Head) = Qflow(G, measured) * (Rated Head/Hm)0.5 
 
where G is the gate servomotor stroke; Rated Head is the head value used to compute the water starting time 
coefficient Tw in the turbine model (generally the designed rated head on the turbine nameplate); Hm is the net 
head (or approximated net head) value at the moment of the measurement; and Qflow is the water flow through 
the turbine wheel. 
 
Hydro-turbine models should account for the non-linear characteristics of water flow vs. gate servomotor stroke 
and power vs. water flow (see Figure 5.6). Most of the simulation programs use look-up tables65 to represent this; 
however, a third order polynomial will provide the best fit. Software vendors and subject matter experts should 
consider model improvement to enable polynomial representation. Figure 5.7 shows a non-linear water column 
available in common power system stability software. This model is adequate for a typical hydro plant with one 
equivalent penstock and no surge tank. There is no need to model the whole water adduction system if the surge 

                                                           
65 For example, this is available in the WEHGOV model. 
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tank is large enough to be considered as an infinite reservoir. Linear turbine-water column models should not be 
used. 
 

 
 

Figure 5.6: Power vs. Gate Servomotor [Source: OPAL-RT] 
 

 
Figure 5.7: Francis Turbine Model with One Equivalent Penstock [Source: IEEE PES-TR1] 

 
 
Blade-Gate Test (Hydro Units) 
This test is the same as the Power-Gate test, with blade position also recorded for Kaplan turbines. The unit output 
is gradually raised from 0 MW to maximum MW. Head, power, blade, and gate are recorded. Steady-state 
measurements are taken at increments of power, e.g., 5%, as power is raised. This can also be done while 
lowering; however, the control input (speed or power setting in load control mode) should only be adjusted in 
one direction until the maximum (or minimum) is reached to avoid backlash. Data is then used to create 
characteristic curve data points as defined by the model being used (see Figure 5.8). 
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Figure 5.8: Example of Blade vs. Gate Data Collected During Test 

 
Verification using Disturbance-Based Methods 
Data collected during grid disturbances when the unit is online and operating in its normal operating mode can 
be used to verify dynamic model parameters. The overall plant response can be verified, as described in previous 
sections. In addition, specific aspects of the turbine/governor model can be verified and these are discussed here. 
 
Deadband can be observed by a generating unit’s response to grid disturbances. System frequency excursions 
such as generation or load tripping events occur fairly regularly within an interconnection and these conditions 
are suitable to drive frequency outside the governor deadband for reasonable66 deadbands (e.g., ± 36 mHz). This 
method is the only approach for mechanical governors used on older hydroelectric turbines. Some type of 
disturbance recorder needs to be installed to capture this data. Frequency or speed and active power are 
recorded67 when the unit is in its normal operating mode between minimum and full load.  
 
Figure 5.9 shows an example of a frequency deviation event and the actual and simulated response of the unit to 
that frequency excursion. The red plot shows the actual response and the grey, blue, and yellow response show 
various modeled responses with different deadband settings to try to match. The deadband was tested at 0 mHz 
and this clearly proved incorrect since the unit does not respond to small changes in frequency throughout. 
Deadband was tested at 33 mHz and this also proved incorrect since the initial match is good and the transient 
response is good but the return to pre-event output was not captured. As the frequency began to recover, the 
actual unit response reduced to match this increase in frequency. The 33 mHz deadband setting did not capture 
this until frequency reached outside the upper deadband. In this case, the planning engineer tested the position 
of the deadband and determined that the deadband was not located in the correct location in the model. Upon 
moving the deadband (e.g., from speed deviation to speed error, or vice versa), they were able to obtain an 
excellent match (yellow plot). Plotting time synchronized measured unit MW output and frequency against 
simulated response provides a useful verification of the overall dynamic turbine-governor model for the unit.  

                                                           
66 NERC Reliability Guideline on Primary Frequency Control, December 2015. Available: HERE.  
67 It may be useful to record other quantities such as gate position (hydroelectric turbines), valve position (gas and steam turbines), or 
controller output where available. 

http://www.nerc.com/comm/OC/Reliability%20Guideline%20DL/Primary_Frequency_Control_final.pdf


Chapter 5: MOD-027-1 Testing Procedures 
 

NERC | Power Plant Model Verification and Testing for Synchronous Machines | December 2017 
82 

 

 
Figure 5.9: Disturbance Measurement for a 225MVA Gas Turbine [Source: IESO] 

Figure 5.10 shows that the number of opportunities to capture data diminishes with the size of the deadband and 
there is a practical limit to the size of the deadband that can be confirmed via this method. For example, 10% of 
the hours in a year will have at least a minimum frequency value of ≤ 59.95 Hz as compared to 75% of the hours 
in a year will have a minimum frequency ≤ 59.97 Hz68. For expected deadbands in the range of ± 36 mHz, there 
are ample opportunities to confirm the deadband setting. Large deadbands outside the expected, reasonable 
range may not be practical to test with this approach since frequency may not reach lower limits.  

 

Figure 5.10: Hourly Minimum Frequency – Calendar Year 2016 [Source: IESO] 

As mentioned above, it may be beneficial to measure quantities such as gate or valve position when either the 
droop is based on gate or valve position rather than electrical power or when the electrical power measurement 

                                                           
68 Minimum frequency events include loss of generation and normal frequency deviations from nominal. 
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has low resolution or accuracy. Figure 5.11 provides an example where the resolution of the electrical power 
measurement was too low to determine the hydroelectric turbine deadband of ±5 mHz. However when the gate 
position is plotted rather than electrical power the deadband of 5 mHz can be confirmed. 
 

 

 

Figure 5.11: Measured Power and Gate during Ambient Measurements for 6.9 MVA Hydroelectric Generator 
[Source: IESO] 

 
Staged Testing 
Governor model verification is often performed using staged tests involving a step change injected into the 
turbine-governor controls. Frequency, speed, power output, and feedback signals (e.g., gate position, valve 
position, etc.) are collected to verify performance. The unit is operated in its normal mode of operation and at an 
operating point between minimum and maximum load (i.e., capable of providing governor response). The 
following subsections describe the various tests that may be performed.  
 
Speed/ Frequency or MW Load Reference Step Test 
The turbine-governor response (controller PID gains, droop, and deadband) to perceived changes in system 
frequency can be verified by using speed/frequency reference step tests into the governor or MW load reference 
steps into the plant load controller. The type of test performed is highly dependent on the capability of the 
unit/plant controller’s ability to inject an additive component into the appropriate speed, frequency or load 

Model Verification and Capability Testing for Nuclear Generation:  
The suite of potential tests that may be performed for nuclear 
generation is similar to other synchronous resources. The same 
tests apply for verifying the generator, excitation system, and PSS 
parameters. Generally, the unit is exempt from providing frequency 
response capability and therefore gets an exemption for MOD-027-
1. Nuclear resources also get a partial exemption as part of MOD-
025-2 regarding only testing at full load. Refer to the relevant 
standards for specific details regarding the requirements for 
nuclear generation related to model verification and generator 
capability testing. 
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reference location. This is a controlled test of speed/frequency change perceived by the governor or MW change 
perceived by the plant controller, and testing engineers can quickly observe response and make any necessary 
changes or correction following a test run. These tests may also be used to verify other elements of the model 
such as rate limiters, if applicable. 

Figure 5.12 shows three locations where a step may be applied in the model – perceived speed/frequency, unit 
speed/load reference, or plant load controller reference. These points relate to some degree to actual points in 
the physical equipment and this should be verified during testing. It should also be verified that the step input is 
applied before the intentional deadband used in the governor, if any, so that this control component can also be 
verified during the test.  

 
 

Figure 5.12: Load Reference Step Input [Source: Duke] 
 
Typically, for hydro turbines where mechanical stresses are not as concerning, a 0.5 percent and 1 percent69 
change in speed reference is applied and removed with the unit online with sufficient governor headroom to 
prevent reaching the maximum output conditions (e.g., gate or stator output limit). Active power, gate position, 
and blade position are typically monitored on a hydro unit. If possible for hydro units, tests should be performed 
with permanent droop at gate instead of power, for easier verification of control gains. For steam and gas turbines, 
typically a speed reference change of the order of 0.2 to 0.5 percent is applied. Larger steps are rarely used. For a 
gas-turbine in addition to active power, the fuel stroke position may also be monitored. For a steam-turbine the 
valve position(s) are likely not easily monitored, and do not necessarily have a one to one correspondence in the 
simple planning models used. 
 
For hydro units, if the nonlinear gain characteristic between gate position and power is modeled by a piecewise 
linear function (Figure 5.13), the continuous gain change in power output for changes in gate position that will be 
measured will not be reproduced in the simulations with these models. In these cases, the power output 
responses may match adequately during some portions of the response, but not typically throughout. The 
problem will be most acute near the most abrupt transitions in the characteristic. In most cases, the gate 

                                                           
69 Sometimes a larger step may be required to confirm gate rate limiters (maximum opening and closing rates). 
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responses are the best signals for response comparison, and some error in the power signal should be acceptable 
(Figure 5.14). Since the unit will normally be operated near the top part of the curve, it is recommended in this 
case to define as many points as possible at the top, typically most curved part of the power vs. gate characteristic.  
 

 
 

Figure 5.13: Piecewise Linear Power-Gate Characteristic Representation [Source: USBR] 
 

 
 

Figure 5.14: Load Reference Step Input [Source: USBR] 
 
Two examples for speed/frequency and speed/load reference steps for two different OEM gas turbines are shown 
below. Gas turbine fuel controls have several control paths, including the following: 
 

• Speed Control 
• Acceleration Control 
• Temperature Control 
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Figure 5.15 shows the perceived speed/frequency steps for a Pratt & Whitney aeroderivative gas turbine using a 
Woodward controller test function. The perceived speed to the governor is held to 3600 RPM and injections of 
+6, +12 and -12 RPM where made at various times during the test. 
 

 
Figure 5.15: Online Governor Speed Reference Step Test [Source: GE] 
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The first two speed injections (+6 and +12 RPM) allow for the speed governor controls to be simulated. Figure 
5.16 shows the simulated response by “playing back” the perceived speed into the simulation. This corresponds 
to injecting a signal into the governor speed/frequency reference point in Figure 5.12. The blue line represents 
the measured values while the red line represents the simulation response. 

 
Figure 5.16: Online Governor Speed Reference Step Test versus Simulation 

Determination of Speed Governor Controls [Source: GE] 
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The third speed injection (-12 RPM) allow for the exhaust temperature controls to be simulated. Figure 5.17 shows 
the simulated response by “playing back” the perceived speed into the simulation. Once again this corresponds 
to injecting a signal into the governor speed/frequency reference point in Figure 5.12. The blue line represents 
the measured values while the red line represents the simulation response. 

 
Figure 5.17: Online Governor Speed Reference Step Test versus Simulation 

Determination of Exhaust Temperature Controls [Source: GE] 
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Figure 5.18 shows the speed/load reference steps for a GE gas turbine using Mark VI controls. The gas turbine 
controls see the grid frequency during the event but also experience a deliberate change to the speed/load 
reference injected by the test engineer. The perceived speed to the governor is “played back” while speed/load 
injections of (-0.2%, -0.4% and +0.4%) where made at various times during the test. These steps are equivalent to 
a 0.2, 0.4 and -0.4 Hz frequency reference changes. 
 

 
Figure 5.18: Online Governor Speed/Load Reference Step Test [Source: GE] 
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The first two speed/load injections (-0.2% and -0.4%) allow for the speed governor controls to be simulated. Figure 
5.19 shows the simulated response by “playing back” the perceived speed into the simulation and injecting a 
speed/load reference change. This corresponds to injecting a signal into the governor unit MW load reference 
point in Figure 5.12. The blue line represents the measured values while the red line represents the simulation 
response. 
 

 
Figure 5.19: Online Governor Speed/Load Reference Step Test versus Simulation 

Determination of Speed Governor Controls [Source: GE] 
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The third speed/load injection (-0.4 %) allow for the exhaust temperature controls to be simulated. Figure 5.20 
shows the simulated response by “playing back” the perceived speed into the simulation and injecting a 
speed/load reference change. Once again, this corresponds to injecting a signal into the governor unit MW load 
reference point in Figure 5.12. The blue line represents the measured values while the red line represents the 
simulation response. 
 

 
Figure 5.20: Online Governor Speed/Load Reference Step Test versus Simulation 

Determination of Exhaust Temperature Controls [Source: GE] 
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Frequency Sweep (Hydro Units) 
Frequency sweep tests involve injecting an oscillation into the speed/frequency meter or the speed reference 
entry port and monitoring the available signals (gate servomotor and power output signals, at a minimum). For 
example, Figure 5.21 shows gate servomotor position over time as the test is performed. An oscillation ranging 
from near 0 Hz up to 5 Hz is overlaid on the rated frequency signal. The frequency of oscillation is continuously 
increased (“swept”), linearly or not. The frequency value is computed in such a way that it will increase slowly 
enough for detecting resonances but fast enough not to generate damage on the equipment. Once the maximum 
oscillation frequency is reached, the oscillation is removed from the system. Focusing on frequencies that 
generate some resonance and/or unsuspected behaviors enable quick identification of any deficiencies (e.g., 
“dead times” or delays that could occur when the speed governor is driven by speed/frequency oscillations) in the 
system and/or discrepancies between reality and expected model.  
 
These tests often require the PSS to be turned off to avoid interactions between the PSS’s frequency response 
and the test result. The GOP must inform the TOP of any status change of the PSS, as per VAR-002-4.1 Requirement 
R3. 
 

 
 

Figure 5.21: Frequency Sweep Test [Source: Opal-RT] 
 
Servomotor characteristics (Hydro Units) 
The inherent servomotor deadband is usually very small and can be neglected, but if substantial can contribute to 
deteriorating the stability of an islanded system and should be included in the model. Many models represent the 
servo system as a gain and time constant with the integrator of the main servo, resulting in a second order system 
which is the proper representation of this part of the system. 
 
Accurately modeling the turbine-governor for stability studies requires the servo system be modeled with both a 
gain and time constant in addition to the integrator as shown in Figure 5.22. For electronically controlled governor 
systems, the response of the servo control system is easily obtained through small signal testing – step or swept 
frequency response (see Figure 5.21). In mechanical-hydraulic systems, the gain and time constant can be 
obtained with the dashpot disabled as part of normal maintenance measurements. Gate rate limits and temporary 
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droop measurements should also be determined at this time. A mechanical engineer responsible for the governor 
adjustment and maintenance should be consulted.70 
 

 
 

Figure 5.22: Gate Servomotor Model Representation 
 
Water Starting Time Constant (Hydro Units) 
Tw (or Tturb) is referred to as the water starting time or water time constant. It represents the time required for a 
head H0 to accelerate the water in the penstock from stand still to the velocity U0. The equations below represent 
the “classical” transfer function of the turbine-penstock system. It shows how the turbine power output (Pm) 
changes in response to a change in gate opening (G) for small perturbation (prefix Δ) about a steady-state 
operating point (subscript ‘0’) for an ideal lossless turbine.  

 
∆𝑃𝑃𝑁𝑁
∆𝐺𝐺

=
1 − 𝑇𝑇𝑤𝑤𝑢𝑢

1 + 1
2𝑇𝑇𝑤𝑤𝑢𝑢

 

where 

𝑇𝑇𝑤𝑤 =
𝐿𝐿𝑈𝑈0
𝑒𝑒𝑔𝑔𝐻𝐻0

 

 
Where L = length of conduit, m 
    ag = acceleration due to gravity, m/sec2 
    U0 = velocity at a given operating point 
    H0 = water head at a given operating point  
 
It should be noted that Tw varies for different operating points based on this equation. Typically, Tw at full load lies 
between 0.5 seconds and 4.0 seconds. The transfer function represents a “non-minimum phase” system. This 
special characteristic of the transfer function may be illustrated by considering the response to a step change in 
gate position. The time domain response is given by:  
 

∆𝑃𝑃𝑁𝑁(𝑡𝑡) =  �1 − 3𝑒𝑒−�
2
𝑇𝑇𝑤𝑤
�𝑁𝑁� ∆𝐺𝐺 

 
Figure 5.23 below shows that immediately following a unit increase in gate position, the mechanical power 
actually decreases by 2.0 per unit. It then increases exponentially with a time constant of Tw/2 to a steady state 
value of 1.0 per unit above the initial steady state value. 

                                                           
70 US Bureau of Reclamation, “Mechanical Governors for Hydroelectric Units,” Facilities, Instructions, Standards, and Techniques, vol. 2-3, 
Denver, CO. Available: https://www.usbr.gov/power/data/fist/fist2_3/vol2-3.pdf. 

https://www.usbr.gov/power/data/fist/fist2_3/vol2-3.pdf
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Figure 5.23: Hydraulic turbine mechanical power in response to 1.0 pu gate step change.  

 
The initial power surge is opposite to that of the direction of change in gate position. This is because, when the 
gate is suddenly opened, the flow does not change immediately due to water inertia; however, the pressure across 
the turbine is reduced causing the power to reduce. With a response determined by Tw, the water accelerates 
until the flow reaches the new steady value which establishes the new steady power output. Similarly, Figure 5.24 
shows the hydraulic turbine mechanical power response to a 0.1 pu gate ramp down change.  
 

 
 

Figure 5.24: Hydraulic turbine mechanical power in response to 0.1 pu gate ramp change.  
 
The linear model given by the equation above represents the small-signal performance around a certain operating 
point. A nonlinear model is required where speed and power changes are large, such as in islanding, load rejection, 
and system restoration studies. Figure 5.25 shows a block diagram of the complete per-unit equations 
representing the water column and turbine characteristics. In this model, Tw refers to the water starting time 
constant at a rated load and with the gate fully open (G=1.0), which is given by the equation below.  
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Figure 5.25: Complete per-unit equations representing the water column and turbine characteristics  
 

𝑇𝑇𝑤𝑤 =
𝐿𝐿𝑈𝑈𝑡𝑡
𝑒𝑒𝑔𝑔𝐻𝐻𝑡𝑡

 

 
where  L = length of conduit, m 
    ag = acceleration due to gravity, m/sec2 
     Ur = velocity at rated load 
     Hr = water head at rated load 
 
The water starting time constant can be verified by on-site testing by applying a quick change to the wicket gate 
position using speed adjuster motor (gate limiter), causing a large step change in unit output. Figure 5.26 shows 
the curve matching result of the water starting time constant test by “playing-back” the measured gate position 
to the model.  
 

 
 

Figure 5.26: Water Starting Time Constant Model Verification Test for a 37.5 MVA hydro unit 
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Plant-Level and Outer Loop Controls Verification 
Once the model of the turbine-governor has been validated (for example, lower part of Figure 5.27), any plant-
level or outer loop controls should also be validated (for example, upper part of Figure 5.27) to ensure the overall 
simulated dynamic response of the plant matches the actual plant performance. Staged tests can be performed 
to verify outer-loop controls, but this can be more complex and caution should be exercised to avoid interactions 
between the turbine-governor controls and the outer loop controls. The outer-loop controller, in many cases, may 
be of a different vendor than the turbine-governor and in the plant’s DCS. Therefore, the access point for the 
outer-loop controller may be different than the turbine-controls. For a staged test, a small load reference step is 
injected at the input of the outer-loop controller (“Load reference step input” in Figure 5.27), while the outer-loop 
controller and turbine-governor are both active. The turbine should not be near base-load for this test to allow it 
room to move. The step change in load should be small (e.g., ≤ 5% of the rated turbine MW) to avoid undue stress 
on the turbine. Some outer loop plant controllers include a frequency bias that disables the outer-loop controller 
for typical system-wide frequency excursion events. In these situations, if disturbance monitoring of significant 
system-wide frequency events show that the outer-loop controller does not come into play, then modeling the 
outer-loop controller may not be necessary for system planning studies (the GO should confirm this with data and 
coordination with their TP/PC). If the outer-loop controller is modeled in these cases, the frequency bias must also 
be properly modeled. 
 

 
Figure 5.27: Load Reference Step Input [Source: Duke] 
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Disturbance-based model verification is perhaps the best approach for doing both these tasks, and the approach 
which will best capture the overall plant response to an actual system event71. As an example of disturbance based 
verification, Figure 5.28 shows verification of a large steam turbine generator during a system under-frequency 
event. In this case, the governor model as well as the outer loop load control model were both verified. Basically, 
by measuring the total power output of the plant and frequency at the generator, one can play-back the measure 
frequency into the model and then compare the simulated and measured power output of the plant. 

 
Figure 5.28: Large Steam Turbine Generator Model Verification [Source: © IEEE 2011]72  

 
 
 
 

 
 

 

 

 

                                                           
71 However, where such data is not available, staged testing may also be possible. 
72 P. Pourbeik, C. Pink and R. Bisbee, “Power Plant Model Validation for Achieving Reliability Standard Requirements Based on Recorded 
On-Line Disturbance Data”, Proceedings of the IEEE PSCE, March 2011 
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Chapter 6: Recommended Usability Testing 
 
An integral part of the process for developing representative and useable models for planning and operating the 
BPS is the usability testing of these models within the interconnection-wide base cases created for each 
interconnection. This section describes the expected testing performed by the TP to ensure a sufficient level of 
usability of the models supplied. These tests may be adapted or modified by the TP as deemed appropriate for 
their system. TPs should have a clearly defined process for testing the usability of these models so that they can 
provide this information to the GO, if necessary. This will help the GO understand the types of tests and 
simulations for which this model is suitable. The GO, working with any applicable model developer and/or 
manufacturer, should understand how the model will be tested and used so they can also test for usability before 
submitting the model to the TP. The recommended approach is 
to have the GO, TP, and model builder all coordinate 
throughout the process to maximize efficiency and minimize 
any potential modeling issues or errors. This discussion is 
limited to positive sequence dynamic models used for stability 
analysis; however, the concepts may also be applied other 
types of models such as electromagnetic transient models. 
 
The NERC MOD-026-1 and MOD-027-1 standards generally outline the types of tests that can and should be 
performed by the Transmission Planner to ensure usability, numerical stability, and accuracy of the models 
provided by the Generator Owner. It is important to differentiate between how and when these tests are most 
appropriate. There are two distinct timeframes for testing usability and accuracy of models – (1) pre-
commissioning during the interconnection process (e.g., System Impact Studies phase) and (2) online operation 
either during grid events or during the re-verification process pursuant to the NERC MOD standards.  
 

• Pre-commissioning: Models provided during the interconnection process are used to study the impact 
that a newly interconnecting generator will have on the BPS performance from a steady-state and 
dynamic standpoint. Typically, a detailed model of the expected dynamic behavior of the plant is required 
during the System Impact Study phase of this process. Since the unit is not yet commissioned, the most 
relevant and representative data for the expected type of generator should be used for creating a model. 
This generally requires the GO to work with the manufacturer to provide a model that reasonably 
represents the class and type of machine expected to be installed. During this phase, the TP can only test 
usability of the model since no actual online measurement data is available. Expected usability tests are 
discussed in the next section. 

• Online performance and re-verification: Once the plant is online and operational, the TP can check 
usability and accuracy of the model in two ways. During a grid disturbance, should they occur, unit or 
plant electrical quantities (POI voltage, current, frequency, phase angle) can be measured and 
disturbance-based power plant dynamic model verification can be performed73. This enables the TP to 
establish a degree of confidence in model accuracy compared to actual system disturbances, and the TP 
can coordinate with the GO on rectifying any significant discrepancies identified during the verification. 
The other option is to perform the usability tests, as for pre-commissioning, to ensure the model is usable 
and numerically stable; however, this does not integrate the ability to test model accuracy. 

 
These concepts are captured in Requirement R3 of MOD-026-1 and MOD-027-1. The sub-bullets of R3 describe 
three situations where the TP tests either the usability or the accuracy of the model provided by the GO: 
 

• Model Usability: R3 sub-bullet #1 describes that the TP may test the model to ensure it is usable. Examples 
of usability tests are provided below. 

                                                           
73 See NERC Reliability Guideline on Disturbance-Based Power Plant Dynamic Model Verification. Available: HERE. 

Takeaway: It is recommended that the GO, 
TP, and model builder coordinate 
throughout the model verification process, 
particularly during the model usability 
steps, to maximize efficiency and minimize 
any potential modeling issues or errors. 

http://www.nerc.com/pa/RAPA/rg/ReliabilityGuidelines/Reliability%20Guideline%20-%20Power%20Plant%20Model%20Verification%20using%20PMUs%20-%20Resp.pdf
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• Verification Documentation: R3 sub-bullet #2 describes that the TP may review the verification 
documentation and model provided by the GO. The TP may request additional information or clarification 
if it is determined that insufficient or incorrect information is provided in a test report or verification 
document. 

• Model Accuracy: R3 sub-bullet #3 describes that the TP can perform disturbance-based model verification 
using dynamic measurement data to ensure that the performance of the model under grid disturbances 
is reflective of the actual response of the unit or plant under those same disturbances. 

 
Requirement R6 or MOD-026-1 and Requirement R5 of MOD-027-1 outline the requirements on the TP to inform 
the GO that the model is usable. Three sub-requirements describe the specific tests that, at a minimum, must be 
performed by the TP. The GO should supply both a powerflow and dynamics record for the unit(s) under test and 
those units should pass the following usability tests: 
 

• Initialization: The model, when added to an interconnection-wide and/or more localized system model, 
should initialize properly for the dynamic simulation. The dynamic model(s) provided by the GO should be 
added to this case and tested to ensure initialization is successful. The model should be dispatched within 
real power, reactive power, and terminal voltage limits prior to initialization. Initialization should occur 
with no error and the TP should provide the initial conditions from the initialization to show that no errors 
occurred and reasonable machine conditions were achieved. The log file should also be checked to ensure 
the added model(s) does not initialize outside any limits. If so, the TP should check to ensure the unit is 
dispatched within MW capability, temperature limits (e.g., ldref), head level (e.g., hydro units), voltage 
limits, etc. Figure 6.1 shows an example of a screenshot of machine initial conditions during successful 
initialization of a dynamic simulation.  

 

 
 

Figure 6.1: Example of Machine Initial Conditions during Initialization [Source: SOCO] 

• No-Disturbance Flat Run: A successfully initialized dynamics case should be able to remain at equilibrium 
during a dynamic simulation when no contingency is applied. A no-disturbance “flat run” simulation is 
performed to ensure negligible transients occur due to the new model or interactions with other models. 
This simulation is typically run for at least 20 seconds74 to capture any potential small signal or control 
interaction instabilities that could arise over this time period. Worst channel deviations for the entire case 
should be analyzed (Figure 6.2). The angle and power output of the unit being assessed can be plotted to 
show that the no-disturbance simulations results in negligible transients (Figure 6.3).  
 

                                                           
74 This is recommended in the NERC Procedures for Validation of Powerflow and Dynamics Cases. Available: HERE. 

http://www.nerc.com/comm/PC/Model%20Validation%20Working%20Group%20MVWG%202013/NERC_Model_Validation_Procedures_v3.pdf
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Figure 6.2: Maximum Channel Deviations during No-Disturbance Simulation [Source: SOCO] 

 

 
 

Figure 6.3: Machine Power and Angle during No-Disturbance Simulation [Source: SOCO] 

• Positive Damping: Testing for positive damping when adding a new model to the case requires an 
understanding of the stability of the case prior to adding the model. TPs may use this test as a usability 
test as well as a stability screening tool. For example, applying a 3-phase, normally cleared fault at the 
high side of the GSU or POI can test for both unit stability, and positive damping of the model. If no issues 
arise, then both topics can be addressed. If stability or damping issues are identified, then the TP will need 
to do additional analysis to determine if the instability or poor damping is due to an actual stability issue 
on the system or due to issues with the new model being added to the case. Other types of damping tests 
can be used by the TP such as reactor/capacitor switching, ling switching, and other simulated events to 
ensure positive damping. The selection of these events are left to the discretion of the TP; however, the 
TP is recommended to test using at least a 3-phase, normally cleared fault since those are the majority of 
stability contingencies that are simulated. The goal is to test for worst case conditions that the model may 
be subjected to, to mitigate the potential for numerical issues to arise with the model at a later time in 
the planning process. It is recommended to perform a 60 second simulation75 to capture any potential 
small signal or control interaction instabilities that could arise over this time period. It is also advisable to 
include at least one unbalanced fault simulation in the verification process. Planning studies now 
incorporate unbalanced faults (specifically in TPL-001-4) and while unit response is not as stressed as 
during a 3-phase fault, it can help reveal issues with the sequence model of the unit. 

                                                           
75 This is recommended in the NERC Procedures for Validation of Powerflow and Dynamics Cases. Available: HERE. 

http://www.nerc.com/comm/PC/Model%20Validation%20Working%20Group%20MVWG%202013/NERC_Model_Validation_Procedures_v3.pdf
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Figure 6.4: Positive Damping of Excitation System for Fault on GSU [Source: SOCO] 

The TP should use a powerflow and dynamics case that is known to be numerically stable and free of any 
initialization errors. When a new or updated dynamic model is provided by the GO, the TP should ensure that the 
GO provides an updated powerflow case as well, if applicable. The GO should provide models in the format 
specified by the PC or TP according to the NERC MOD Standards. Any modifications of ratings (e.g., generator or 
turbine limits, temperature limits, etc.) should include an updated powerflow model. The simulation case used by 
the TP to evaluate the GO model should exhibit constant states during a flat run and positive damping during a 
disturbance prior to adding any new or modified model. Furthermore, the addition of the model should not 
significantly degrade system dynamic performance either during initialization, flat run, or reasonable contingency 
events.  
 
It is important that the TP select a case that is reasonable for testing model performance as opposed to system 
planning. The model under test should be dispatched within reasonable operating limits and set up for intended 
operating conditions (e.g., within reasonable temperature, voltage, and MW limits). Planning cases may be 
intentionally overstressed to identify stability or transfer limits. These cases may exhibit poor damping, 
initialization issues, etc., and may not be suitable for testing usability of new models. While TPs should be 
cognizant of this issue, it is up to the discretion of the TP to determine which case (or set of cases) is most suitable 
for testing the models. 
 
If the model is not usable for any of the reasons outlined in MOD-026-1 Requirement R6 or MOD-027-1 
Requirement R5, the TP is required to provide a technical description of why the model is not usable so the GO 
can correct any issues identified. 
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Appendix A: Combined Cycle Power Plants 
 
A combined cycle power plant (CCPP) consists of one or more gas turbine and a steam turbine. The exhaust heat 
from the gas turbine(s) is fed into a heat-recovery steam generator (HRSG), which then supplies the steam for the 
steam turbine. This can be done in various configurations, but generally falls into two main categories: 
 

• Single-shaft combined-cycle units where the gas turbine, steam turbine and electrical generator are all in 
tandem on a single rotating mechanical shaft (Figure A.1), and 

• Multi-shaft units where one or more gas turbines, each typically with its own HRSG, feed steam to a single 
steam turbine, with all the units being on separate mechanical shafts (Figure A.2). 

 
The gas turbine(s) in a CCPP are typically no different than those in simple-cycle operation. The main difference is 
in the way they are operated. In a CCPP, typically the GT inlet-guide vanes are modulated at partial load. 76,77 The 
airflow through the GT compressor and turbine can be adjusted by changing the angular position of the variable 
inlet guide vanes (VIGVs), which are essentially the first few stages of stator blades of the axial-compressor. By 
keeping the VIGVs at their minimum angle, and slowly opening them as the unit it loaded, the exhaust 
temperature is kept high at lower loading levels to maintain the desired level of the heat transfer into the HRSG 
and maintain an overall higher plant efficiency. When the gas turbine is loaded close to baseload, the VIGVs are 
wide open. The airflow is a function of the VIGV angle, ambient temperature at compressor inlet, atmospheric 
pressure, and the shaft speed. For the purposes of power system studies, the GT in a CCPP and simple-cycle GT 
plant are modeled using the same models. 77,78  
 
In a CCPP, the steam turbine (ST) is typically operated in one of two different mode: (1) sliding pressure or (2) 
fixed steam inlet pressure control.76, 77 A combination of these operation modes is common over the operating 
range of a CCPP.  
 
When in sliding pressure control, the valves that control the flow of steam entering the steam turbine are wide 
open. Steam pressure is a function of the steam mass flow entering the steam turbine. Since power output of the 
ST depends on the steam mass flow, it is not directly controlled (as the valves are wide open) and thus the power 
output of the ST can only be increased by increasing steam flow. This involves generating more steam in the HRSG 
and generally requires an increase in heat from the gas turbines or supplemental firing79, if present. Therefore, 
the ST simply follows the output of the GTs. The ST will provide an increase in MW output when the amount of 
steam from the HRSG is increased from the increased waste heat from the GT(s); however, this takes many 
minutes due to the HSRG steam production process.  
 

 

                                                           
76 P. Pourbeik, “Modeling of Combined-Cycle Power Plants for Power System Studies”, Proceedings of IEEE PES General Meeting, July 2003. 
77 CIGRE Technical Brochure 238, Modeling of Gas Turbines and Steam Turbines in Combined-Cycle Power Plants, December 2003 (free 
download here: http://www.e-cigre.org/Order/download.asp?ID=238.pdf) 
78 IEEE Task Force on Turbine-Governor Modeling, Dynamic Models for Turbine-Governors in Power System Studies, IEEE Technical Report 
PES-TR1, January 2013. (download here: http://sites.ieee.org/fw-pes/files/2013/01/PES_TR1.pdf) 
79 In some applications, additional capacity is provided for the ST by introducing a supplementary process such as firing duct burners. These 
supplementary processes require operator action, which is not captured in standard stability models. Without supplemental firing, typically 
the ratio of the maximum power output of the ST to the total maximum power output of the GTs is roughly 1:2. That is, 2/3 of the total 
plant output comes from the GTs and 1/3 from the ST.  

http://www.e-cigre.org/Order/download.asp?ID=238.pdf
http://sites.ieee.org/fw-pes/files/2013/01/PES_TR1.pdf
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Figure A.1: Single-shaft combined-cycle power plant (IEEE© 200376) 

 

 
Figure A.2: Multi-shaft combined-cycle power plant (IEEE© 200376) 
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Figure A.3 shows a simulation of a multi-shaft combined-cycle power plant using the generic models developed 
by CIGRE 77, 78. The load/speed reference set point of the GT was increase by a small step. The results show what 
would be the expected behavior of a typical CCPP connected to a large power grid where system frequency would 
remain effectively unchanged due to such a step increase in the plant output. The GT output increases until it is 
limited by the temperature control loop, transiently over-shooting its steady-state maximum power limit. The ST, 
operating in sliding pressure mode, follows the gas turbine output with a delay of several minutes. The ST will 
change its response at different rates depending on the number of GT(s) providing response. This affects the time 
constants and droop parameters and needs to be accounted for with a link between the GT(s) and ST in the model.  

 
Figure A.3: Simulated response of a multi-shaft combined-cycle power plant to a step-change in gas turbine 

power reference. (IEEE © 200376) 
 
Figure A.4 shows a real-life example of this, with measured and simulated active power at a 3-on-1 CCPP. A speed 
reference step is applied to one of the three GTs to illicit governor response from the GT. At time t = 250 s, GT 
speed is dropped by approximately 80 mHz. The ST takes approximately 1000 s (t = 1250 s) to reach its new output 
level after steam pressure has increased and stabilized. This can be modeled using the CIGRE models, (available 
in certain simulation software programs); however, typical transient stability studies are usually run for no longer 
than 60 seconds, and more commonly 30 seconds, and this response is not significant during this timeframe.  
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Figure A.4: Change in Active Power for a 574 MVA ST as a Result of GT Governor Action 

 
Based on the explanation of CCPP operation above, and clear recommendations in the CIGRE77 and IEEE78 Task 
Force reports, the following recommendations are presented as guidance for modeling CCPPs in power system 
studies:  
 
• Transient stability analysis: When data is provided that confirms the ST is operated with valves wide open 

(i.e., sliding pressure), it should be acceptable to provide a governor model for the ST that represents constant 
mechanical power – that is, to use no governor model for the steam turbine.80 The TP should accept this 
modeling approach since the ST power output will be relatively constant during the timeframes studied for 
transient stability analysis, changing its output slowly over several hundred seconds. It is adequate to use a 
representative generic model for the GT(s) (e.g., GGOV1, or the CIGRE models). For single-shaft combined-
cycle units, a model such as that shown in the CIGRE report77 may need to be used. However, single-shaft 
units are presently quite rare in North America. 

• Mid-term time-domain analysis: Mid-term time-domain stability studies include simulations over several 
minutes following a system disturbance. These simulations are often performed in relation to voltage stability. 
If such studies involve disturbances that result in generation/load imbalance, then the CIGRE and/or IEEE Task 

                                                           
80 MOD-027-1, Attachment 1, Row 7 states that if the “unit is not responsive to both over and under frequency excursion events”, then 
Requirement 2 can be met with a written statement to that effect transmitted to the TP. The written statement should include a description 
of why the unit does not respond to frequency in either direction. In this case, it is due to the constant mechanical power on the steam 
turbine during the timeframe of study for dynamic simulation models (e.g., 30-60 seconds). Disturbance data should also be provided to 
supplement this written statement demonstrating that the ST does not respond. Note that measurement resolution of around 1-2 
samples/second is sufficient for these purposes of constant output during 30-60 seconds (not for capturing dynamic response). 
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Force models to represent the HRSG and ST dynamics may be needed. Note: models such as IEEEG1, TGOV, 
etc. should not be used when modeling the behavior of the ST in a CCPP since these models do not have a 
direct link between the ST and GT. On the other hand, the CIGRE models do represent the direct link between 
the GT(s) and the ST through a simple model of the HSRG. 

• Small-signal analysis: Small-signal stability analysis involves linearizing the power system model equations at 
a specific operating condition to form the state-space representation of the system. Thus, inherent in this 
analysis is the assumption that system perturbations are small and should not invoke any nonlinearities. 
Therefore, if the CCPP is baseloaded at its peak output, then the GTs are on their temperature limit and the 
ST at its maximum output with valves wide open, therefore small perturbations in electrical power and or 
system frequency will most likely have little to no effect on the mechanical power output of either the GTs or 
ST, and so they should be modeled at constant power. Under partial-load conditions a linearized version of a 
simple GT model (e.g. GGOV1) should typically be adequate, and once again since the ST is most likely in sliding 
pressure mode, constant mechanical power (i.e. no governor model) should be assumed for the ST. 

• Islanding studies or other detailed studies: There are several detailed models that may be appropriate for 
more detailed studies, particularly where islanding and other conditions may apply. Such detailed models 
should be used with guidance from the equipment vendor and where deemed necessary and appropriate. 

• Software implementation: Software vendors should adopt the CIGRE models for potential future use, as 
necessary, for special studies in the timeframes discussed. Due to the reasons listed above, this is not 
considered an urgent modeling improvement issue.  

 

 
 

Takeaway: The steam turbine of a CCPP can be modeled a number of different ways. The following 
recommendations are made: 

• No governor model for the ST should be considered adequate for normal transient stability 
simulations on the order of tens of seconds – this represents constant mechanical power, which is a 
reasonable representation of this timeframe. 

• For the purposes of dynamic model verification related to MOD-027-1, the use of ‘no governor model’ 
to represent the ST should be acceptable.  

• If a governor model is deemed necessary or required by the TP or PC, inform the GO so that they are 
aware of this supplemental request, and they can consult the CIGRE/IEEE reference material for 
further information. These governor models may not be part of the standardized model libraries of 
some commercial software programs and that should be considered by the TP or PC setting the 
modeling requirements.  

• Software vendors should adopt the CIGRE models as part of their standard model library for potential 
future use and ensure uniform implementation of these models across software platforms. 
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Appendix B: Verification of Equivalent Units 
 
MOD-026-1, Attachment 1, Row 4 describes the Verification Condition and associated Required Action for testing. 
If the Verification Conditions are satisfied, then the verification can be met by a written statement and inclusion 
of the other equivalent unit81. The Verification Condition states: 
 

“Existing applicable unit that is equivalent to another unit(s) at the same physical location. 
AND 

Each applicable unit has the same MVA nameplate rating. 
AND 

The nameplate rating is ≤ 350 MVA. 
AND 

Each applicable unit has the same components and settings. 
AND 

The model for one of these equivalent applicable units has been verified.” 
 
While MVA nameplate rating, size threshold, and “same components and settings” are relatively straightforward, 
the concept of equivalency is bit vague. Generating unit equivalency to another unit(s) at the same physical 
location should be carefully considered, and this determination should be made on the basis of factual 
measurements and engineering judgment. For units to be considered equivalent, they should have: 
 

• The same manufacturer and model for the electrical turbine, mechanical turbine, excitation system, and 
governing system 

• These components should have the same electrical characteristics, settings in the AVR and governor, the 
same mechanical and civil characteristics of the governing system, etc. 

 
During commissioning, adequate baseline testing should illustrate that the units are in fact equivalent from the 
point of view of modeling the response for use in simulation software. Over time, any of the above characteristics 
may change as a result of: 
 

• Equipment wear 
• Intentional or unintentional settings changes during maintenance practices 
• Component replacement 

 
Engineering judgment should first be used to consider the unit’s history, generator rewinds, length of service, etc. 
Documentation should be provided to back up assertions regarding equivalent units. In situations where unit 
equivalency is under question, testing82 can be used to demonstrate that the units are still in fact equivalent. For 
example, Figure B.1 shows the measured open circuit saturation curves for two hydroelectric units with the same 
equipment and at the same facility. The two units were commissioned one after another and have been operating 
with over 50 years of service. The first unit requires more field current to achieve the same terminal voltage as 
the other unit, indicating that there is a possibility of shorted turns in the rotor winding of G1. From this test result, 
it is clear that S(1.0), S(1.2), and Ifgbase will be different between the two models. As a result, one can no longer 
conclude that these units are equivalent and model re-verification should be performed for each unit. 

                                                           
81 A different equivalent unit then needs to be tested during each 10-year verification. 
82 To the extent possible, testing to compare unit equivalency should be performed under similar operating conditions (e.g., ambient 
temperature) so as not to affect comparison of test results. 
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Figure B.1: Two Different Open Circuit Saturation Curves for Units Once Considered Equivalent 

 
On the other hand, Figure B.2 shows two other units (G3 and G4) where the open circuit saturation curves are 
much closer. While not identical, they also have a similar history, identical equipment, and settings, but also 
exhibit relatively similar saturation effects as well. The air gap line estimates are nearly identical (as opposed to 
G1 and G2 comparison) and the associated S(1.0), S(1.2), and Ifgbase parameters will be very close. For these 
reasons, these units could be considered equivalent. Figure B.3 shows another example of two units considered 
identical that have less than a 5% variation in airgap current – note the slight differences in test data collected, air 
gap line estimates, and Ifgbase estimates.  
 

 
Figure B.2: Two Different Open Circuit Saturation Curves on Units Considered Equivalent 
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Figure B.3: Two Different Open Circuit Saturation Curves on Units Considered Equivalent 
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Appendix C: Specialized Testing 
 
In addition to the tests outlined in this guideline, more specialized testing may be performed in some situations 
to identify modeling parameters or verify the response of controls or protection. This section briefly describes 
some of these tests. 
 
V/Hz Limiter Test 
Testing of the V/Hz limiter may occur during AVR commissioning, following changes to AVR settings, or excitation 
system upgrades. The test can be used to demonstrate stable response of the limiter action, and also enables 
determining when the limiter will operate and when it will not operate; hence, it proves that the limiter is properly 
coordinated with any V/Hz protection relays. Many V/Hz limiters will limit the terminal voltage set point with a 
given slope starting from a maximum terminal voltage as shown in Figure C.1. 
 

 
Figure C.1: Example V/Hz Limiter Settings 

In most cases the settings will be such that it will not be practical to test the unit at the voltages and frequencies 
to illicit a limiter response. Therefore the recommended method of testing the limiter is to temporarily lower the 
V/Hz limiter settings while the unit is off-line (open circuit) and either introduce a positive voltage step or a 
negative speed reference step. This may depend on the implementation of the V/Hz limiter, as some limiters may 
only operate on declining frequency.  
 
Figure C.2 shows a V/Hz limiter test where the unit is off-line at rated voltage and rated speed. Vmax was 
temporarily lowered to 1.0 pu and a negative speed reference change was introduced at 35 s. Terminal voltage 
and frequency were recorded to show stable V/Hz limiter operation. As the unit was slowing down, terminal 
voltage was lowered to limit the flux in the unit as per the V/Hz limiter implementation. In this case, the terminal 
voltage was limited to 0.995 pu. Following the test, the value of Vmax was placed back at its normal value of 1.09 
pu.  
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Figure C.2: V/Hz Limiter Test for a 156MVA Steam Turbine 

The outcome of this test is not generally used for modeling purposes unless a V/Hz limiter model is provided to 
the TP or required by the TP. 
 
 
Overexcitation Limiter Test 
Testing of the OEL also may occur during AVR commissioning, following changes to AVR settings, or excitation 
system upgrades. The test can be used for model verification where OEL models are required, to demonstrate 
stable response of the limiter action, and also to predict when the limiter will operate and when it will not operate. 
Hence, the test proves that the limiter is properly coordinated with any protection relays. OEL limiters will limit 
the AVR output such that the field winding current is inside the trip curve and damage curve as specified by IEEE 
C50.13. This is shown in Figure C.3 where 1.0 pu current represents a value of greater than rated field current. 
 

 
Figure C.3: Representative OEL time inverse curves 
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In many cases, it may not be possible to operate at the values of rotor current for the times specified in the inverse-
time OEL curve due to system conditions (i.e., it may not be possible to operate a unit at full load and rated power 
factor due to voltage constraints). As such, this test should be conducted by temporarily lowering OEL pickup 
settings and applying a voltage step change while the unit is online and lagging. The temporary OEL setting must 
be a value greater than the pre-step field current and must not be so high that it cannot be reached with an 
appropriately sized voltage reference step. An example of such a test is shown in Figure C.4. 
 

 
Figure C.4: OEL Test for a 135MVA Hydroelectric Turbine 

At time t = 5 s, a +4 percent voltage reference step is introduced. As observed in the measured terminal voltage, 
field current, field voltage, power, reactive power, and PSS output, the machine did not reach the new terminal 
voltage (represented by the magenta line) because the field current hit the lower temporary limit. At t = 17 s, the 
field current is limited further by the inverse-time characteristic, and this can be see seen by a reduction in both 
terminal voltage and reactive power. At t = 35 s, the +4 percent step was removed. Following the test, the pickup 
value was placed back at its normal value. These results show that the unit is stable when the OEL is reached, and 
provides measurement for which a model can be developed (where required by the TP) including model structure. 
For example, if the output of AVR summing junctions can be recorded, then this would provide confirmation of 
model parameters (e.g., excitation system OEL flag parameter). 
 
 
Underexcitation Limiter Test 
Similar to OEL testing, testing of the UEL also may occur during AVR commissioning, following changes to AVR 
settings, or excitation system upgrades. The test can be used for model verification where UEL models are 
required, to demonstrate stable response of the limiter action, and also to predict when the limiter will operate 
and when it will not operate. Hence, proving that the limiter is properly coordinated with any protection relays. 
UEL limiters will limit AVR output within the field winding current above core end heating limits or minimum 
excitation limits, as shown on the capability curve and damage curve. Many AVRs implement this as a series of 
(P,Q) pairs that decrease with the square of the terminal voltage. 
 
In many cases, it may not be possible to operate at the values of real and reactive power specified by the UEL 
(P,Q) pairs due to system conditions (i.e., it may not be possible to operate a unit at full output and rated power 
factor due to voltage constraints). As such, this test can be conducted by temporarily raising UEL (P,Q) pairs and 
applying a negative voltage step change while the unit is on-line and leading. The temporary OEL setting should 
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be a value less than the pre-step values and mustn’t be so low that it cannot be reached with an appropriately 
sized voltage reference step. An example of such a test is shown in Figure C.5. 
 

 
Figure C.5: UEL Test for a 5MVA Hydroelectric Turbine 

At time t = 1 s, a -2 percent voltage reference step is introduced. From the measured values of terminal voltage, 
field current, field voltage, active power, reactive power, and PSS output, one can see that the machine did not 
achieve the new terminal voltage (represented by the magenta line) because the UEL temporary limit was 
reached. At t = 7.25 s, the 2 percent step was removed. Following the test, the pickup value is placed back at its 
normal value. These results show that the unit is stable when the UEL is reached, and provide measurements for 
which a model can be developed (where required by the TP) including model structure. For example if the output 
of AVR summing junctions can be recorded, then this would provide confirmation of model parameters (e.g., 
ESST1A UEL flag position). 
 
 
Closed Loop Tests Emulating Islanded Mode of Operation 
In some situations, closed loop tests may be used to estimate the turbine-governor response, meaning that the 
speed/frequency error signal injected into the governor controller is computed in real-time as a result of the 
imbalance between mechanical torque and electrical torque, rather than pre-defined. A closed loop test can 
emulate generator islanded mode of operation. This test may be useful to validate the open loop test results. See 
IEC Std. 60308 on hydraulic turbine testing, section “Tests by simulated isolation”, for more information. Figure 
C.6 shows a setup for conducting a closed loop test for a turbine-governor.  
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Figure C.6: Setup for Closed Loop Tests of Speed Governor [Source: Opal-RT] 
 
Figure C.7 shows a comparison of results from a closed loop test and two off-line simulations. Following a -5% 
load step disturbance, the actual behavior appears to be unstable. However, the offline simulation using a dynamic 
model and parameters derived from an open loop frequency step test show stable behavior.  
 

 
 

Figure C.7: Closed Loop Test Emulating Generating Unit Operating in Islanded Mode [Source: Opal-RT]
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Appendix D: MOD-025-2 Testing and Calculations Example 
 
Table D.1 shows the ratings of the synchronous generator considered in this example. The GSU is represented by 
a reactance (expressed in percent of given MVA base, depending on the example) and an off-nominal tap at the 
high-side of the GSU. Rated voltages of the GSU match the rated voltage of the generator (16.5 kV) and the rated 
voltage of the grid to make the example as simple as possible.83 In terms of calculations, these differences are 
mostly related to the proper definition of the tap ratio of the GSU model, but might also impact the calculation of 
the GSU impedance, as it should be reflected to a common per unit base. Thus, this example, although simplified 
to avoid these issues with per unit system calculations, is still representative of the process and results that can 
be obtained via calculations to support the analysis of the actual field test results. 
 
For actual testing, operational limits for every equipment 
under test should be understood, including the GSU. Proper 
documentation of voltage ranges for operation of the GSU is 
essential, particularly in these examples where the GSU 
windings are rated at different voltages than the equipment 
connected to them. For instance, could a GSU with a LV 
winding rated at 13.2 kV operate at 105% of the generator 
terminal voltage, when the generator is rated at 13.8 kV? If 
not, if the limit is 105% of the GSU rating, that becomes a limitation to the maximum voltage of the generator, 
that will have to be restricted to 105% of 13.2 kV, or just 100.4% of the generator rated voltage 13.8 kV. On the 
other hand, if the generator is operated at 105% of its rated voltage, the LV winding of the GSU will have to operate 
at 105% of 13.8 kV, or 109.8% of the LV winding rating of 13.2 kV.  
 

Table D.1: Example Generator Ratings 

Description Parameter Value Units 

Generator Base MVA MBASE 203 MVA 

Turbine Maximum Continuous Rating MCR 182.7 MW 

Generator Stator Base Voltage ETbase 16.5 kV 

Rated Power Factor pf 0.90 – 

Rated Field Current (rated MVA and pf) IFGrated 1272 ADC 

Base Field Current  IFGbase 498 ADC 

 
Capability curves for this unit are shown in Figure D.1. The top curve is associated with rated field current 
(ampacity of the rotor field winding) and the lower curve corresponds to the core-end heating characteristic 
typical of round rotor machines (over-heating conditions at the core ends due to localized over-fluxing84). The 
core-end heating curve is thus a thermal limit but not directly related to a winding current. This is usually provided 
by the OEM and, unless temperature transducers are properly located at the core ends, it is a difficult limit to be 
                                                           
83 It should be noted that it is a common practice to have GSU transformers with windings rated at different voltages than those of the 
associated equipment (e.g., 13.2 kV low-voltage winding rating of the GSU connected to a 13.8 kV generator, or a 354 kV high-voltage 
winding rating of the GSU connected to a 345 kV substation). 
84 IEEE Std. C50.13-2014, “IEEE Standard for Cylindrical-Rotor 50 Hz and 60 Hz Synchronous Generators Rated 10 MVA and Above,” 2014. 
[Online]. Available: https://standards.ieee.org/findstds/standard/C50.13-2005.html. 

Takeaway: It is important to determine limits 
for the operation of all equipment under test, 
including the GSU. Documentation of voltage 
ranges for the operation of the GSU is 
essential, particularly in situations where the 
GSU windings are rated at different voltages 
than the equipment connected to them. 
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tested and verified through field tests. The right-hand side of the curve is associated with the rated stator current 
(ampacity of the stator windings). This is related to the rated MVA of the machine (a thermal limit associated with 
the stator current IT, not apparent power).  
 
Typically, the OEM provides capability curves similar to Figure D.1. 
These curves are usually presented for rated terminal voltage 
conditions (ET = 1.0 pu). It is imperative to understand that these 
curves are, in reality, associated with thermal limits and, as such, to 
currents on the windings of the synchronous machine. Therefore, 
the curves in Figure D.1 change with changes in generator terminal 
voltage, and thus the capability curves cannot be considered 
constant and independent of the generator terminal voltage.  

 
Considering the requirement from MOD-032-
1 to provide steady state (power flow) limits 
for the reactive power output of the 
generator, it is tempting to use, for instance, 
the points marked by the colored circles in 
Figure D.1 to determine Qmin and Qmax. This is 
a simplified example and it ignores the 
turbine capability, which might limit the 
generator output to a given maximum value 
of active power (Pmax). This example assumes 
that the prime mover capability matches 
generator capability and is therefore capable 
of delivering a continuous rating (MCR) of 
182.7 MW, equal to the generator MVA 
multiplied by the rated power factor. Under 
these assumptions, the values for Qmin and 
Qmax can be calculated as  
 
𝑄𝑄𝑁𝑁𝑏𝑏𝑚𝑚 = 203�1− 0.902 = 88.5 MVAr 

𝑄𝑄𝑁𝑁𝑚𝑚𝐺𝐺 = −203�1− 0.952 = −63.4 MVAr 
 
The question is whether these values for Qmin 
and Qmax can be reached during reactive 
capability testing. 
 
The generator model is used to calculate 
generator field current based on the 
generator terminal conditions (Et, P, and Q) 
given by the power flow solution. 
 
 
 

  

Takeaway: The capability and limiter 
curves change with changes in 
generator terminal voltage. Thus, the 
capability curves cannot be considered 
constant and independent of the 
generator terminal voltage.  

 
Figure D.1: Example Generator Capability Curve 

-210

-140

-70

0

70

140

210

0 70 140 210

rated IT

core-end heating

rated IFG

0.95 pf

0.90 pf

Active Power (MW)

Re
ac

tiv
e 

Po
we

r (
M

VA
r)



 

NERC | Power Plant Model Verification and Testing for Synchronous Machines | December 2017 
117 

Case 1: Single Generator and GSU 
The first case corresponds to a single generator connected to the BPS through its own dedicated GSU transformer. 
This is a single-generator plant, or the configuration of one generator on a multi-machine plant if it is going to be 
tested individually.  
 
Figure D.2 represents the initial generator operating conditions at the beginning of the test, at maximum active 
power output. In this case, the GSU tap position is at 100%, with 10% GSU reactance on the same MVA base as 
the generator (203 MVA). The reactance between the high-side of the GSU (POI of the plant) and the infinite bus 
is 8%, on the same MVA base.  
 
This dispatch is somewhat arbitrary, corresponding to a system voltage of approximately 101%. In practice, the 
initial dispatch will be related to the system voltage set point and system conditions at the time the test is initiated. 
Without coordination with the TOP, system voltage may be significantly modified by this single generating unit. In 
this example, the system is considered as an infinite bus, so the system voltage is considered constant.  
 

 
Figure D.2: Initial Generator Dispatch Conditions (Case 1) 

 
To perform the over-excited reactive capability test, the plant operator raises the voltage set point of the 
generator excitation system until a limitation is reached. This is a simplistic example that does not consider plant 
auxiliary loads, which could become a limiting factor. In this example, the limiting factor is the generator terminal 
voltage reaching 105%, as shown in Figure D.3.  
 

 
Figure D.3: Case 1 Generator Dispatch Conditions for Over-Excited Test without System 

Support 
 
The generator terminal voltage raised by 5%, while the voltage at the POI changed by approximately 2%. The 
generator reached 91.8% of its rated field current and the reactive power output reached 57.8 MVAR, 
approximately 30 MVAR less than the value for Qmax = 88.5 MVAR calculated before (for these operating 
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conditions). Thus, without support from the TOP to slightly adjust POI voltage, the values shown in Figure D.3 
would be the conditions reported in the form in Attachment 2 of MOD-025-2 for the over-excited test of this unit.  
 
Let us assume the TOP is able and willing to adjust dispatch and the POI voltage slightly to accommodate this test. 
This could enable a further increase in the excitation level of the generator under test. Figure D.4 represents the 
new conditions for the test. Generator terminal voltage is still at its limit (105%) but now the generator field 
current reached its rated value (1272 ADC). This was possible with a slight reduction of POI voltage by roughly 2%, 
which may or may not be achievable since it depends on system conditions and availability of other local reactive 
power resources that could be adjusted.  
 

 
Figure D.4: Case 1 Generator Dispatch Conditions for Over-Excited Test with System 

Support 
 
Even considering the full system support to bring the generator field current to its rated value, it is important to 
note that the reactive power output of the machine did not reach Qmax = 88.5 MVAR, as this value for Qmax is 
calculated for generator terminal voltage equal to 100%. To reach the Qmax calculated above, it is necessary to 
hold the generator field current at its rated value and reduce the generator terminal voltage to 100%, which is 
only possible (in a theoretical sense) through adjustment of the system voltage. Figure D.5 shows the system 
conditions that would be necessary, and it can be seen that the system voltage is impractically low, below 95%.  
 

 
Figure D.5: Case 1 Generator Rated Dispatch Conditions with 100% Terminal Voltage 

 
This case illustrates the steps for reactive capability testing, the interactions of generator terminal voltage, system 
POI voltage, field current, and reactive power output (excluding any other limitations or auxiliary equipment for 
simplicity).  
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Case 1A: Single Generator and GSU (tap = 105%) 
Quite often, the tap position of the GSU is selected and adjusted (see IEEE Std. C57.116-201485) to help support 
system voltage, so the tap position at the high-side of the GSU is raised to 102.5% or even 105%. Figure D.6 
represents the operating conditions (compared to Figure D.2) when the exact same dispatch is used at the 
generator (182.7 MW, unity power factor, 100% terminal voltage). It can be seen that the system voltage would 
have to be higher to allow for this system dispatch.  
 

 
Figure D.6: Case 1A Generator Rated Dispatch Conditions with 100% Terminal Voltage 

 
If the MOD-025-2 over-excited test is conducted starting with the conditions shown in Figure D.6, the plant 
operator would raise the voltage set point of the unit until reaching a limit. Similar to the previous example, that 
limit corresponds to 105% terminal voltage (ignoring the high voltage profile seen at the grid) and the conditions 
given in Figure D.7 would be reached.  
 
Figures D.7 and D.3 have comparable generator terminal conditions, but the generator was able to get closer to 
its capability, reaching field current of 1177 A (92.5% of rated) as compared to 1167 A (91.8% of rated) when the 
GSU tap was set to 100%. The GSU tap position impacts the system side, resulting in a higher system voltage 
profile and a larger reactive power flow from the generator into the grid, as measured at the POI. In other words, 
the GSU tap position affects, primarily, the net reactive power measured at the POI, but has no impact on the 
capability of the generator, which is entirely related to the generator’s limits and ratings. Nonetheless, in terms 
of the test conditions for MOD-025-2, the generator could get closer to its rated field current (and higher reactive 
power output) with the GSU tap at 105%, compared to what was possible with the GSU tap at 100%. 
 

 
Figure D.7: Case 1A Generator Dispatch Conditions for Over-Excited Test without System 

Support 

                                                           
85 IEEE Std. C57.116-2014, IEEE Guide for Transformers Directly Connected to Generators, 2014. [Online]. Available: 
https://standards.ieee.org/findstds/standard/C57.116-2014.html.  
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On the other hand, the higher voltage profile on the system might make it more acceptable for the TOP to support 
the test and adjust the system voltage profile as required. Figure D.8 presents the results considering a system 
voltage adjustment to bring the generator field current to its rated value, with the generator terminal voltage still 
at its limit (105%). Once again, the system voltage had to be reduced by approximately 2%, but at this point 
starting from a higher initial voltage, so it might be less disruptive to the normal operation of the BPS.  
 

 
Figure D.8: Case 1a Generator Dispatch Conditions for Over-Excited Test with System 

Support 
 
Case 1B: Single Generator and GSU (Tap Change without System Change) 
Case 1A corresponds to a change in GSU tap compared to Case 1 without adjustment on the generator terminal 
conditions. In other words, it assumes that the system voltage profile was changed. The other way to look at the 
impact of changing the GSU tap position is considering that the system voltage profile does not change when the 
tap position is modified. This case corresponds, for instance, to the action of an on-load tap changer (OLTC) on 
the GSU.  
 
Figure D.9 shows the impact of changing the tap position from 100% to 105%, without changing the voltage at the 
system (infinite bus) and without changing the terminal voltage at the generator. Comparing initial dispatch for 
Case 1B (Figure D.9) and initial dispatch for Case 1 (Figure D.2), the change in tap position resulted in an increased 
voltage at the HV side of the GSU (plant POI) and required an increase in the reactive power output of the 
generator. In other words, the generator is operating further overexcited than in Case 1.  
 

 
Figure D.9: Initial Generator Dispatch Conditions (Case 1B) 

 
To perform the over-excited reactive capability test, as before, the plant operator raises the voltage set point of 
the generator excitation system until a limitation is reached. Figure D.10 shows that, if the terminal voltage of the 
machine could be raised to 105%, the rated field current of the machine would be exceeded. In other words, the 
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Et_g1 16.5 kV tap 105.0 % Vpoi 353.7 kV Vsys 349.5 kV
1.000 pu GSU R 0.0 % 1.025 pu 1.013 pu
9.3 deg. GSU X 10.0 % 4.0 deg. 0.0 deg.

203.0 MVA

Ifg_g1 1133.5 Adc
89.1% of rated

δ_g1 51.55 deg.

Xsys 8.0 %

Pg_g1 182.7 MW Pplant 182.7 MW 203.0 MVA

Qg_g1 56.2 MVAr Qplant 38.2 MVAr

G1

GSU

POI SYS

G1
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rated field current limit of the generator can be reached with a generator terminal voltage between 100% and 
105% (estimated 102.6%, in this example).  
 

 
Figure D.10: Case 1B Generator Dispatch Conditions for Over-Excited Test without System 

Support 
 
There would be an impact on the underexcited reactive capability test, as shown in Figure D.11. The generator 
terminal voltage would reach 95% and the generator would be barely under-excited, absorbing just 1 MVAR. Once 
again, support from the system would be required (in this case by raising the system voltage profile) to help the 
outcome of the test and get the generator further into its under-excited capability.  
 

 
Figure D.11: Case 1B Generator Dispatch Conditions for Under-Excited Test without 

System Support 
 
Summary Cases 1, 1A, and 1B 
Table D.2 presents the summary of the results for Cases 1 and 1A for both over- and under-excited (not shown 
above) cases. The GSU and the system impedances are intentionally represented as reactance’s (no resistive part), 
so there are no active power losses in these calculations. Therefore, the generator active power output (182.7 
MW) is also the net active power output of the plant, as seen from the POI (no losses in the GSU). Thus, the active 
power is not explicitly shown in Table D.2.  
 
As explained before, the generator capability curve is usually presented for rated generator terminal voltage and 
thus the value for Qmax = 88.5 MVAR can only be obtained (for rated field current of 1272 ADC) when the generator 
terminal voltage is equal to 100%. In practice, this is a condition that will seldom be possible when testing an 
individual machine, as it would require low system voltages. These results are shown in the rows labeled “Rated”. 
 
The selected arbitrary starting point for the MOD-025-2 reactive capability test corresponded to rated terminal 
voltage (100% voltage) and unity power factor, as shown in the rows labeled “Base Case”. When the GSU tap 

Et_g1 17.3 kV tap 105.0 % Vpoi 361.4 kV Vsys 349.5 kV
1.050 pu GSU R 0.0 % 1.048 pu 1.013 pu
8.8 deg. GSU X 10.0 % 3.9 deg. 0.0 deg.

203.0 MVA

Ifg_g1 1416.6 Adc
111.4% of rated

δ_g1 40.24 deg.

Xsys 8.0 %

Pg_g1 182.7 MW Pplant 182.7 MW 203.0 MVA

Qg_g1 119.3 MVAr Qplant 98.0 MVAr

G1

GSU

POI SYS

G1

Et_g1 15.7 kV tap 105.0 % Vpoi 346.0 kV Vsys 349.5 kV
0.950 pu GSU R 0.0 % 1.003 pu 1.013 pu
9.8 deg. GSU X 10.0 % 4.1 deg. 0.0 deg.

203.0 MVA

Ifg_g1 944.2 Adc
74.2% of rated

δ_g1 67.03 deg.

Xsys 8.0 %

Pg_g1 182.7 MW Pplant 182.7 MW 203.0 MVA

Qg_g1 -1.0 MVAr Qplant -19.2 MVAr

G1

GSU

POI SYS

G1
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position is changed from 100% (Case 1) to 105% (Case 1A), the generator terminal conditions are not changed, 
but the POI and system voltages are modified. For the same generator terminal conditions, the system voltages 
are higher when the GSU tap position is at 105%. When the GSU tap position is changed from 100% (Case 1) to 
105% (Case 1B), the generator terminal conditions and the system voltages are not modified. This is similar to the 
expected outcome of using an OLTC, if available, to move the tap positions in the GSU. In this case, the POI voltage 
is raised and the reactive power output of the generator also increases, so the machine is initially operating at a 
higher field current (more overexcited) than the corresponding initial conditions for Case 1.  
 
If the GSU is equipped with an OLTC, different tap positions could be used for the overexcited and underexcited 
reactive capability tests for MOD-025-2. On the other hand, changing GSU tap positions on a GSU without an OLTC 
is not a trivial task and is generally not considered reasonable solely for conducting MOD-025-2 tests. The 
generator has to be shut down to allow changes in tap position, which poses an undue burden on the overall test 
procedure and is not part of the requirements in MOD-025-2. Furthermore, for GSUs with fixed tap positions, the 
reactive capability tests should be conducted at the tap position that will be used for online operation, particularly 
if operational data will be used in the future to meet the requirements of the standard. 
 
To represent the MOD-025-2 test conditions without the support from the system, the infinite (system) bus 
voltage is held constant while the generator terminal voltage is raised (or lowered) via the excitation system. It 
can be seen that the over-excited test did not reach Qmax and the under-excited test did not reach Qmin, as the 
generator terminal voltage become the limiting factor (± 5% range). More significantly, the generator field current 
did not reach its rated value (1272 ADC) in the over-excited test.  
 
Generator terminal conditions (voltage, active power, and reactive power) were exactly the same, independent 
of the GSU tap position. In a way, this result is related to the adjustment of the system conditions rather than the 
generator initial condition, for the different GSU tap positions. The system voltage profile is higher for the results 
with the GSU tap at 105%. On the other hand, for a given generator terminal voltage and generator active 
conditions are the same (e.g., 105% voltage, same active power output).  
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Table D.2: Summary of Cases 1 and 1A 

 

Description 

Generator POI System 

Voltage 
%  

(16.5 kV) 

δ 
(deg) 

Q 
(MVAR) 

IFG 

(ADC) 
Q 

(MVAR) 

Voltage 
% 

(345 kV) 

Voltage 
% 

(345 kV) 

Ca
se

 1
 (G

SU
 ta

p 
= 

10
0%

) 

Rated (over-excited) 100.0 47.5 88.5 1272 68.2 96.1 93.6 

Rated (under-excited) 100.0 78.4 –63.4 806 –81.8 103.5 106.9 

Base Case 100.0 62.2 0.0 949 –16.4 100.4 101.3 

Over-Excited  105.0 47.6 57.8 1167 41.4 102.6 101.3 

Under-Excited 95.0 80.8 –52.0 839 –71.7 98.2 101.3 

Over-Excited with Grid 105.0 44.2 84.6 1272 66.5 101.4 99.1 

Under-Excited with Grid 95.0 83.1 –60.0 828 –80.2 98.6 102.0 

Ca
se

 1
A 

(G
SU

 ta
p 

= 
10

5%
) 

Rated (over-excited) 100.0 46.5 88.5 1272 68.2 100.9 98.5 

Rated (under-excited) 100.0 78.1 –63.4 806 –81.8 108.7 111.9 

Base Case 100.0 61.8 0.0 949 –16.4 105.4 106.3 

Over-Excited 105.0 46.9 60.4 1177 43.8 107.7 106.3 

Under-Excited 95.0 81.1 –54.4 835 –74.3 103.2 106.3 

Over-Excited with Grid 105.0 43.8 84.6 1272 66.5 106.5 104.2 

Under-Excited with Grid 95.0 82.7 –60 828 –80.2 103.5 106.8 

Ca
se

 1
B 

(G
SU

 ta
p 

= 
10

5%
) 

Rated (over-excited) 100.0 47.1 88.5 1272 68.2 100.9 98.5 

Rated (under-excited) 100.0 78.1 –63.4 806 –81.8 108.7 111.9 

Base Case 100.0 51.6 56.2 1133.5 38.2 102.5 101.3 

Over-Excited 102.6 45.1 88.7 1272 69.4 103.7 101.3 

Under-Excited 95.0 67.0 –1.0 944.2 –19.2 100.3 101.3 

Over-Excited with Grid Not necessary: rated field current reached in the over-excited test 

Under-Excited with Grid Similar to Case 1A, but requiring a larger change in the system voltage 

 

Color Legend 

Generator rated conditions 

System voltage for generator rated conditions 

System voltage held constant (no grid support) 
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Case 2: Two Generators Sharing a Common GSU 
This case corresponds to two generators connected to the BPS through a common (shared) GSU transformer. 
Figure D.12 represents the initial operating conditions of the generators at the beginning of the test. Both units 
are dispatched at their maximum active power output and the units are represented as sister units, with the same 
parameters and ratings as presented above. To make the results comparable to those for Cases 1 and 1A (single 
generator and single GSU), the GSU and the system impedance base have been changed to double the original 
ratings (from 203 MVA to 406 MVA). In this configuration, the two units combined (total 406 MVA) are connected 
to the grid with the same external impedance (10% for the GSU and 8% for the system transfer impedance), when 
expressed in the total combined MVA base. It can be seen that the initial generation dispatch of each unit is equal 
to the base case conditions used in Case 1. The POI and system voltages are also the same, despite transferring 
twice as much power to the grid, due to the adjustment to the GSU and system impedances.  

 
Figure D.12: Initial Generator Dispatch Conditions (Case 2) 

 
Figure D.13 presents one possible scenario for the over-excitation test of unit G1 without calling for support from 
the system operators. This condition was established by using unit G2 to maintain its excitation level (same field 
current as in Figure D.12), while the voltage set point for unit G1 was increased. This is somewhat equivalent to 
the operation of unit G2 on manual control (constant field current), which might not be a practical approach for 
these tests. On the other hand, it is possible to adjust the field current in unit G2 by adjusting the voltage set point 
for the AVR on that unit.  
 
The most important aspect, though, is that unit G1 reached its rated field current (1272 ADC) for a generator 
terminal voltage below 105%, so it wasn’t necessary to coordinate and require additional support from the system.  
 
On the other hand, Transmission Planners and/or Planning Coordinators should understand that these test 
conditions match the requirements from MOD-025-2 (considering that Unit G1 is being tested individually) but 
these conditions are not to be expected in any practical operational conditions. The operation of the plant will, 
most likely, have both units at more or less the same voltage set point and therefore similar reactive power 
outputs. Thus, if a system event happens that would bring the system voltage down, both units are expected to 
respond following their AVR characteristics and raise their field current (and therefore their reactive power 
output) simultaneously.  
 

Et 16.5 kV tap 100.0 % Vpoi 346.4 kV Vsys 349.5 kV
1.000 pu GSU R 0.0 % 1.004 pu 1.013 pu
9.2 deg. GSU X 10.0 % 4.1 deg. 0.0 deg.

406.0 MVA

Ifg_g1 949.1 Adc
74.6% of rated

δ_g1 62.22 deg.

Xsys 8.0 %

Pg_g1 182.7 MW Pplant 365.4 MW 406.0 MVA

Qg_g1 0.0 MVAr Qplant -32.9 MVAr

Ifg_g2 949.1 Adc
74.6% of rated

δ_g2 62.22 deg.

Pg_g2 182.7 MW

Qg_g2 0.0 MVAr

GSU

POI SYS

G1

G2
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Therefore, the reactive power losses in the GSU transformer during the MOD-025-2 test conditions shown in 
Figure D.13 will be quite different than what would be expected if both units are responding together and trying 
to push as much reactive power as possible towards the grid. As such, the determination of the plant net reactive 
power capability, as seen from the POI, should not be performed based on the MOD-025-2 test conditions from 
Figure D.13. The combined (net) reactive power output of the plant, at the POI, would have to be calculated based 
on the results of the MOD-025-2 tests of each unit at the plant, as they would be tested individually per the 
requirements in MOD-025-2.  
 
If the units are supposed to be tested as a group (all units on the same GSU), then the same issues observed in 
Case 1 above would apply. These units would not reach their rated field current without support from the system 
operators adjusting the system voltage accordingly.  
 
It should also be noted that an angular separation between units G1 and G2 will occur, and it increases as more 
reactive power is transferred from one unit to the other. This angular separation between the units might impact 
the damping of the intra-plant electromechanical oscillation mode and might also have an impact on the transient 
stability of the plant. Thus, it is important to recognize that the generator dispatch associated with the MOD-025-
2 test conditions in Figure D.13 has reduced stability margins when compared to the usual dispatch of these plants, 
with both units having approximately the same excitation levels (approximately the same reactive power output).  

 
Figure D.13: Over-Excited Test on Unit G1 without System Support 

 
Case 3: Two Generators with Separate GSUs 
This case corresponds to a plant with two machines, where each machine has its own GSU transformer. This is a 
single-generator plant, or the configuration of one generator on a multi-machine plant if it is going to be tested 
individually.  
 
Figure D.14 represents the initial operating conditions of the generators at the beginning of the test. Both units 
are dispatched at their maximum active power output and the units are represented as sister units, with the same 
parameters and ratings as presented above. To make the results comparable to those for Cases 1 and 1A (single 
generator and single GSU), the system impedance base has been changed to double the original ratings (from 203 
MVA to 406 MVA). It can be seen that the initial generation dispatch of each unit is equal to the base case 

Et 17.1 kV tap 100.0 % Vpoi 352.1 kV Vsys 349.5 kV
1.037 pu GSU R 0.0 % 1.020 pu 1.013 pu
8.9 deg. GSU X 10.0 % 4.0 deg. 0.0 deg.

406.0 MVA

Ifg_g1 1272.1 Adc
100.0% of rated

δ_g1 44.60 deg.

Xsys 8.0 %

Pg_g1 182.7 MW Pplant 365.4 MW 406.0 MVA

Qg_g1 87.0 MVAr Qplant 51.1 MVAr

Ifg_g2 949.1 Adc
74.6% of rated

δ_g2 59.55 deg.

Pg_g2 182.7 MW

Qg_g2 -3.7 MVAr

GSU

POI SYS

G1

G2
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conditions used in Case 1. The POI and system voltages are also the same, despite transferring twice as much 
power to the grid, due to the adjustment to system impedance.  

 
Figure D.14: Initial Generator Dispatch Conditions (Case 3) 

 
Figure D.15 presents one possible scenario for the over-excitation test of unit G1 without calling for support from 
the system operators. This condition was established without changing unit G2 excitation level (same field current 
as in Figure D.14), while the voltage set point for unit G1 was increased. This is somewhat equivalent to the 
operation of unit G2 on manual control (constant field current), which might not be a practical approach for these 
tests. On the other hand, it is possible to adjust the field current in unit G2 by adjusting the voltage set point for 
the AVR on that unit.  
 
Since units G1 and G2 are now connected through the HV bus of their GSUs (POI), the support from unit G2 for 
the test at unit G1 is different than what was calculated for case 2, with both units connected to the same terminal 
(LV) bus. Nonetheless, unit G1 reached its rated field current for a terminal voltage higher than 105% while unit 
G2 maintained the same field current as in the initial dispatch. The terminal voltage of unit G2 was raised (due to 
the adjustment in terminal voltage at unit G1). There is a small difference in the POI voltage, as compared to Case 
2, but the biggest difference is the net reactive power output of the plant as measured at the POI. In practice, unit 
G2 can support the test on unit G1, as shown in Figure D.16. A relatively small change in voltage reference on unit 
G2 (compared to the initial conditions in Figure D.14) allows unit G1 to reach its rated field current with a terminal 
voltage equal to 105%. 

Et1 16.5 kV tap 100.0 % Vpoi 346.4 kV Vsys 349.5 kV
1.000 pu GSU R 0.0 % 1.004 pu 1.013 pu
9.2 deg. GSU X 10.0 % 4.1 deg. 0.0 deg.

203.0 MVA

Ifg_g1 949.1 Adc
74.6% of rated

δ_g1 62.22 deg.

Xsys 8.0 %

Pg_g1 182.7 MW 406.0 MVA

Qg_g1 0.0 MVAr

Et1 16.5 kV tap 100.0 % Pplant 365.4 MW
1.000 pu GSU R 0.0 % Qplant -32.9 MVAr
6.8 deg. GSU X 10.0 %

203.0 MVA

Ifg_g2 949.1 Adc
74.6% of rated

δ_g2 62.22 deg.

Pg_g2 182.7 MW

Qg_g2 0.0 MVAr

GSU1

POI

SYS

G1

GSU2

G2
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Figure D.15: Over-Excited Test on Unit G1 without System or Unit G2 Support 

 

 
Figure D.16: Over-Excited Test on Unit G1 with Unit G2 Support 

 
 

Et1 17.4 kV tap 100.0 % Vpoi 351.9 kV Vsys 349.5 kV
1.055 pu GSU R 0.0 % 1.020 pu 1.013 pu
8.8 deg. GSU X 10.0 % 4.0 deg. 0.0 deg.

203.0 MVA

Ifg_g1 1272.0 Adc
100.0% of rated

δ_g1 43.89 deg.

Xsys 8.0 %

Pg_g1 182.7 MW 406.0 MVA

Qg_g1 83.5 MVAr

Et1 16.8 kV tap 100.0 % Pplant 365.4 MW
1.015 pu GSU R 0.0 % Qplant 48.5 MVAr
9.1 deg. GSU X 10.0 %

203.0 MVA

Ifg_g2 949.1 Adc
74.6% of rated

δ_g2 61.06 deg.

Pg_g2 182.7 MW

Qg_g2 -1.3 MVAr

GSU1

POI

SYS

G1

GSU2

G2

Et1 17.3 kV tap 100.0 % Vpoi 349.8 kV Vsys 350.9 kV
1.050 pu GSU R 0.0 % 1.014 pu 1.017 pu
9.0 deg. GSU X 10.0 % -4.1 deg. 0.0 deg.

203.0 MVA

Ifg_g1 1272.0 Adc
100.0% of rated

δ_g1 44.23 deg.

Xsys 8.0 %

Pg_g1 182.7 MW 203.0 MVA

Qg_g1 84.6 MVAr

Et1 16.4 kV tap 100.0 % Pplant 365.4 MW
0.994 pu GSU R 0.0 % Qplant 17.6 MVAr
9.1 deg. GSU X 10.0 %

203.0 MVA

Ifg_g2 867.2 Adc
68.2% of rated

δ_g2 70.35 deg.

Pg_g2 182.7 MW

Qg_g2 -31.8 MVAr

GSU1

POI

SYS

G1

GSU2

G2
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Appendix E: MOD-032-1 Data Request Examples 
 
MOD-032-1 requires each Planning Coordinator and each of its Transmission Planners to “jointly develop steady-
state, dynamics, and short circuit modeling data requirements and reporting procedures for the Planning 
Coordinator’s planning area”. Each TP and PC may need to collect MOD-032-1 data slightly differently based on 
the specific studies being performed, their planning case selection, their modeling assumptions, etc. It is not 
feasible for all TPs and PCs to use the same reporting procedures or formats. However, it is recommended that 
TPs and PCs review their modeling data requirements and reporting procedures for MOD-032-1 to ensure they 
are consistent with those of other TPs and PCs, as applicable, to aid in the data gathering and submittal by GOs 
and other entities.  
 
For this reason, a list of MOD-032-1 modeling data requirements and reporting procedures are provided here for 
reference: 
 

• NATF MOD-032-1 document:  
http://www.natf.net/docs/natf/documents/resources/natf-modeling-data-request-mod-032-reference-
document.xlsx 

• IESO:  
http://www.ieso.ca/-/media/files/ieso/document-
library/registration/facility/online_facility_registration_help.pdf 

• PJM:  
http://www.pjm.com/planning/rtep-development/powerflow-cases/mod-032.aspx 
http://www.pjm.com/-/media/planning/rtep-dev/powerflow-cases/20150630-mod-032-ss-dynamics-sc-
data-requirements-reporting-procedures-v1.ashx?la=en 

• MISO:  
https://www.misoenergy.org/_layouts/MISO/ECM/Redirect.aspx?ID=207579 

• WECC Data Preparation Manual:  
https://www.wecc.biz/Reliability/WECC-Data-Preparation-Manual-Rev-7-Approved.pdf 

• ISO New England: 
https://www.iso-ne.com/static-
assets/documents/2015/06/iso_new_england_compliance_bulletin_mod_032.pdf 

http://www.natf.net/docs/natf/documents/resources/natf-modeling-data-request-mod-032-reference-document.xlsx
http://www.natf.net/docs/natf/documents/resources/natf-modeling-data-request-mod-032-reference-document.xlsx
http://www.ieso.ca/-/media/files/ieso/document-library/registration/facility/online_facility_registration_help.pdf
http://www.ieso.ca/-/media/files/ieso/document-library/registration/facility/online_facility_registration_help.pdf
http://www.pjm.com/planning/rtep-development/powerflow-cases/mod-032.aspx
http://www.pjm.com/-/media/planning/rtep-dev/powerflow-cases/20150630-mod-032-ss-dynamics-sc-data-requirements-reporting-procedures-v1.ashx?la=en
http://www.pjm.com/-/media/planning/rtep-dev/powerflow-cases/20150630-mod-032-ss-dynamics-sc-data-requirements-reporting-procedures-v1.ashx?la=en
https://www.misoenergy.org/_layouts/MISO/ECM/Redirect.aspx?ID=207579
https://www.wecc.biz/Reliability/WECC-Data-Preparation-Manual-Rev-7-Approved.pdf
https://www.iso-ne.com/static-assets/documents/2015/06/iso_new_england_compliance_bulletin_mod_032.pdf
https://www.iso-ne.com/static-assets/documents/2015/06/iso_new_england_compliance_bulletin_mod_032.pdf
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Appendix F: List of Terms and Acronyms 
 

Table F.1: List of Acronyms 

Acronym Description 

AC Alternating Current 

AVR Automatic Voltage Regulator 

CCPP Combined Cycle Power Plant 

CT Current Transformer 

DC Direct Current 

DCS Distributed Control System 

DDR Dynamic Disturbance Recorder 

DFR Digital Fault Recorder 

FFT Fast Fourier Transform 

FSNL Full Speed No Load 

FSR Fuel Stroke Reference 

GSU Generator Step-Up (Transformer) 

GT Gas Turbine 

HRSG Heat-Recovery Steam Generator 

HV High Voltage 

LV Low Voltage 

LVDT Linear Variable Differential (Displacement) Transformer 

OEL Over-Excitation Limiter 

OEM Original Equipment Manufacturer 

OLTC On-Load Tap Changer 

PID Proportional-Integral-Derivative 

PLC Programmable Logic Controller 

PMU Phasor Measurement Unit 

POI Point of Interconnection 

PPMV Power Plant Model Verification 

PSS Power System Stabilizer 
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Table F.1: List of Acronyms 

Acronym Description 

PT Potential Transformer 

SSSL Steady State Stability Limit 

ST Steam Turbine 

STATCOM Static Synchronous Compensator 

SVC Static Var Compensator 

UEL Under-Excitation Limiter 

VIVG Variable Inlet Guide Vanes 
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Background 
The establishment and communication of System Operating Limits (SOL) and Interconnection 
Reliability Operating Limits (IROLs) are addressed in NERC Reliability Standards FAC-010-3, FAC-
011-3, and FAC-014-2. These standards have remained essentially unchanged since their 
inception. A NERC Standards Drafting Team (SDT) was formed in 2015 (Project 2015-09) to 
revise the standards and address recommendations from a periodic review.  
 
In support of standards development, the NERC Standards Committee (SC) requested technical 
assistance from the NERC Operating Committee and Planning Committee to:  

(1) Assess the impact that instabilities can have on BPS reliability 
(2) Describe simulation methods for assessment of Instability, including appropriate methods 

for use in quantifying impact the Instability and available means for demonstrating impact 
containment 

(3) Identify technically sound methodologies for use in establishing IROLs to address different 
types of instabilities 

(4) Evaluate the reliability impacts, if any, resulting from use of different methods to establish 
IROLs across North America 

This Reliability Guideline was developed by the joint MEITF to provide guidance for the utility 
industry to develop technically sound methods for establishing IROLs. The MEITF is also 
proposing for PC endorsement: (1) revised definitions for inclusion in the NERC Glossary of 
Terms, and (2) an IROL framework of recommended changes to applicable NERC Reliability 
Standards. Collectively these items respond to the SC request. 
 
The guideline provides an overall framework and detailed technical reference material related 
to the assessment of System Instability, Uncontrolled Separation, and Cascading to ensure 
Reliable Operation of the BPS. Each of the three concepts are discussed in depth, including 
analysis techniques and considerations that should be made when determining how they may 
contribute to the establishment of an IROL. Recommended practices and techniques are 
described using example simulations and actual system studies.  
 
The Reliability Guideline primarily applies to Reliability Coordinators (RCs), as well as Planning 
Coordinators (PCs), Transmission Planners (TPs), and Transmission Operators (TOPs). It is 
recommended that RCs use or adapt the techniques described in this guideline for their own 
IROL methodologies. 
 
The MEITF intends to post the guideline for stakeholder comments according to the PC 
reliability guidelines process.  
 

http://www.nerc.com/pa/Stand/Pages/Project-2015-09-Establish-and-Communicate-System-Operating-Limits.aspx


Proposed motion language: I move for the NERC Planning Committee to authorize posting the 
Methods for Establishing IROLs Reliability Guideline for 45-day comment period as presented. 
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Preface 
 
The North American Electric Reliability Corporation (NERC) is a not-for-profit international regulatory authority 
whose mission is to assure the reliability and security of the bulk power system (BPS) in North America. NERC 
develops and enforces Reliability Standards; annually assesses seasonal and long-term reliability; monitors the 
BPS through system awareness; and educates, trains, and certifies industry personnel. NERC’s area of 
responsibility spans the continental United States, Canada, and the northern portion of Baja California, Mexico. 
NERC is the Electric Reliability Organization (ERO) for North America, subject to oversight by the Federal Energy 
Regulatory Commission (FERC) and governmental authorities in Canada. NERC’s jurisdiction includes users, 
owners, and operators of the BPS, which serves more than 334 million people.  
 
The North American BPS is divided into eight Regional Entity (RE) boundaries as shown in the map and 
corresponding table below. 

 
 

The North American BPS is divided into eight RE boundaries. The highlighted areas denote overlap as some load-serving 
entities participate in one Region while associated transmission owners/operators participate in another. 
 

FRCC Florida Reliability Coordinating Council 

MRO Midwest Reliability Organization 

NPCC Northeast Power Coordinating Council 
RF ReliabilityFirst 

SERC SERC Reliability Corporation 

SPP RE Southwest Power Pool Regional Entity 
Texas RE Texas Reliability Entity 

WECC Western Electricity Coordinating Council 
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Preamble  
 
NERC, as the FERC-certified Electric Reliability Organization (ERO),1 is responsible for the reliability of the Bulk 
Electric System (BES) and has a suite of tools to accomplish this responsibility, including but not limited to the 
following: lessons learned, reliability and security guidelines, assessments and reports, the Event Analysis 
program, the Compliance Monitoring and Enforcement Program, and Reliability Standards. Each entity, as 
registered in the NERC compliance registry, is responsible and accountable for maintaining reliability and 
compliance with the Reliability Standards to maintain the reliability of their portions of the BES.  
 
It is in the public interest for NERC to develop guidelines that are useful for maintaining or enhancing the reliability 
of the BES. The NERC Technical Committees—the Operating Committee (OC), the Planning Committee (PC), and 
the Critical Infrastructure Protection Committee (CIPC)—are authorized by the NERC Board of Trustees (Board) to 
develop Reliability (OC and PC) and Security (CIPC) Guidelines per their charters.2 These guidelines establish 
voluntary recommendations, considerations, and industry best practices on particular topics for use by users, 
owners, and operators of the BES to help assess and ensure BES reliability. These guidelines are prepared in 
coordination between NERC Staff and the NERC Technical Committees. As a result, these guidelines represent the 
collective experience, expertise, and judgment of the industry.  
 
The objective of each reliability guideline is to distribute key practices and information on specific issues to support 
high levels of BES reliability. Reliability guidelines do not provide binding norms and are not subject to compliance 
and enforcement (unlike Reliability Standards that are monitored and subject to enforcement). Guidelines are 
strictly voluntary and are designed to assist in reviewing, revising, or developing individual entity practices to 
support reliability for the BES. Further, guidelines are not intended to take precedence over Reliability Standards, 
regional procedures, or regional requirements. Entities should review this guideline in conjunction with Reliability 
Standards and periodic review of their internal processes and procedures, and make any needed changes based 
on their system design, configuration, and business practices. 
 
 

                                                           
1 http://www.ferc.gov/whats-new/comm-meet/072006/E-5.pdf  
2 http://www.nerc.com/comm/OC/Related%20Files%20DL/OC%20Charter%2020131011%20(Clean).pdf 
  http://www.nerc.com/comm/CIPC/Related%20Files%20DL/CIPC%20Charter%20(2)%20with%20BOT%20approval%20footer.pdf 
 http://www.nerc.com/comm/PC/Related%20Files%202013/PC%20Charter%20-%20Board%20Approved%20November%202013.pdf  

http://www.ferc.gov/whats-new/comm-meet/072006/E-5.pdf
http://www.nerc.com/comm/OC/Related%20Files%20DL/OC%20Charter%2020131011%20(Clean).pdf
http://www.nerc.com/comm/CIPC/Related%20Files%20DL/CIPC%20Charter%20(2)%20with%20BOT%20approval%20footer.pdf
http://www.nerc.com/comm/PC/Related%20Files%202013/PC%20Charter%20-%20Board%20Approved%20November%202013.pdf
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Executive Summary 
 
This Reliability Guideline provides guidance3 for the utility industry to develop technically sound methods for 
establishing Interconnection Reliability Operating Limits (IROLs). The guideline provides an overall framework and 
detailed technical reference material related to the assessment of System Instability, Uncontrolled Separation, 
and Cascading to ensure Reliable Operation of the BPS. Each of the three concepts related to Reliable Operation 
are discussed in depth, including analysis techniques and considerations that should be made when determining 
how they may contribute to the establishment of an IROL. Recommended practices and techniques are described 
using example simulations and actual system studies to clearly articulate the concepts. The overall IROL 
framework is also described in detail to ensure utilities are consistently using the same terminology when 
discussing IROLs.  
 
IROLs are fundamentally a limit, rather than a condition, and are a subset of SOLs where Reliable Operation of the 
BPS may be compromised. SOLs and IROLs are independent, and coexist to ensure security and stability of the 
BPS. These limits are used for real-time operation, and are generally established prior to real-time operations 
during offline studies. However, advanced tools are being increasingly used to update these limits in near real-
time, and in some cases those tools could be used to establish a new IROL in real-time. The establishment of IROLs 
prior to real-time operation ensures that unforeseen operation conditions are avoided, the system is operated in 
a secure operating state, and that Operating Plans are developed to mitigate the exceedance of any SOL, including 
IROLs. Each IROL has a mitigation time (IROL Tv) and operators use any actions available to them, up to and 
including pre-contingency load shedding, to prevent and mitigate and exceedance.  

This guideline was developed in tandem with other activities by the NERC MEITF, which also proposes (1) revised 
definitions for inclusion in the NERC Glossary of Terms, and (2) an IROL framework of recommended changes to 
applicable NERC Reliability Standards. Those activities, along with this guideline, provide clarity to the IROL-related 
definitions and consistency on how those definitions are applied in the NERC Standards. Further, the guideline 
provides a technical reference from which analytical techniques used to establish IROLs can draw from. This 
guideline serves as a technical basis and set of recommended practices in the analysis of Instability, System 
Instability, Uncontrolled Separation, and Cascading. It is recommended that Reliability Coordinators (RCs) 
developing SOL Methodologies use or adapt the techniques described in this guideline for their own studies.  

The Reliability Guideline primarily applies to Reliability Coordinators (RCs) responsible for the establishment of 
IROLs, as well as Planning Coordinators (PCs) who may also be involved in developing the processes and analyses 
for determining IROLs. The concepts outlined herein also relate to the overall reliable planning and operation of 
the BPS and therefore are also applicable to Transmission Planners (TPs) and Transmission Operators (TOPs). 
 
 
 
 

                                                           
3 This guideline is an outcome of the NERC Methods for Establishing IROLs Task Force (MEITF), created to provide technical basis and 
guidance to the utility industry related to the establishment of IROLs. This effort was undertaken at the request of the NERC Planning and 
Operating Committees to support the NERC Project 2015-09 Standard Drafting Team (SDT). 
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Introduction 
 
The establishment and communication of System Operating Limits (SOL) and IROLs are addressed in NERC 
Reliability Standards FAC-010-3, FAC-011-3, and FAC-014-2. These standards have remained essentially 
unchanged since their inception. As part of NERC’s periodic review process, a Periodic Review Team (PRT 2015-
03) was formed in 2014 to review these FAC standards and in July 2015 published its Periodic Review 
Recommendation (PRR) containing a series of proposals related to these standards. The PRR recommended the 
formation of a Standard Drafting Team to address the issues identified. 

NERC Project 2015-09 Establish and Communicate System Operating Limits was formed in August 2015 in response 
to the PRR. The primary objective of the project is to revise the FAC standards to eliminate overlap with approved 
Transmission Planning (TPL) standard requirements4, to enhance consistency with Transmission Operations (TOP)5 
and Interconnection Reliability Operations (IRO)6 standards, and to address other concerns in the existing FAC 
standards regarding determination and communication of SOLs and IROLs. As outlined in the Standards 
Authorization Request (SAR), the scope of the project includes development of new or revised requirements 
and/or NERC Glossary definitions to provide clarity and consistency for establishing SOLs and IROLs, and to address 
potential reliability issues resulting from application of the current NERC Glossary definitions for SOL and IROL.7  

One of the primary issues identified in the FAC PRR is inconsistency and lack of clarity in determining IROLs. 
Ambiguities in the approved definition of IROL and other related terms, in combination with those in the FAC 
standards, render an environment where the criteria and processes for IROL establishment can vary widely from 
one RC to the next. Since FAC-010-3 and FAC-011-3 do not include specific criteria or instructions for establishing 
IROLS, PCs and RCs have developed varying criteria or thresholds to identify when an SOL, if exceeded, would 
cause the types of effects that warrant an IROL designation and are therefore subject to a subset of additional 
requirements (e.g., the IROL TV requirement). As a consequence, RCs and PCs are establishing IROLs using different 
methods and criteria, and there are differing opinions regarding when and how an IROL should be differentiated 
from an SOL, particularly with respect to identifying when an exceedance of an SOL would result in Instability 
necessitating an IROL designation. 

Specifically, the PRR acknowledged that the use of the word Instability in the IROL definition is particularly 
problematic, as this term can be interpreted to include any and every instance of Instability that spans the entire 
spectrum of consequences and severity of impact – ranging from one extreme where Instability results in the loss 
of a single small unit to the other extreme where Instability results in widespread outage of a major portion of an 
RC area or beyond. The PRR contended that localized, contained instances of Instability that affect a small amount 
of load have little to no impact on the reliability of the BES and do not warrant IROL establishment.  

In FERC Order No. 817, the Commission sought comment on (1) identification of all regional differences or 
variances in the formulation of IROLs; (2) the potential reliability impacts of such differences or variations, and (3) 
the value of providing a uniform approach or methodology to defining and identifying IROLs. In this order FERC 
accepted NERC’s recommendation that NERC Project 2015-09 would address the clarity and consistency of the 
requirements for establishing both SOLs and IROLs. 

The FAC SDT polled RCs in North America and confirmed the existence of differences in the formulation of IROLs. 
However, the SDT revealed some degree of consistency as well in the criteria used to determine IROLs. The SDT 
incorporated these similarities in their proposed revisions to the IROL-related requirements in FAC-011-3. In May 
2016, the SDT held a technical conference where industry indicated support for crafting requirements in FAC-011 

                                                           
4 See, TPL-001-4 
5 See, TOP-001-3, TOP-002-4, TOP-003-3 
6 See, IRO-001-4, IRO-002-4, IRO-008-2, IRO-010-2, IRO-014-3, IRO-017-1 
7 The SAR was sponsored and submitted by the Project 2015-03 -Periodic Review of System Operating Limit Standards PRT 

http://www.nerc.com/pa/Stand/Project%20201509%20Establish%20and%20Communicate%20System%20Op/2015-09_SOL_Standard%20Authorization%20Request.pdf
http://www.nerc.com/pa/Stand/Project%20201509%20Establish%20and%20Communicate%20System%20Op/2015-09_SOL_Standard%20Authorization%20Request.pdf
http://www.nerc.com/pa/Stand/Pages/Project-2015-03-Periodic-Review-of-System-Operating-Limit-Standards.aspx
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that allow the RC to exercise some degree of judgment and have an appropriate amount of flexibility with regard 
to establishing IROLs for its RC Area. In an effort to strike a balance between strict uniformity and total flexibility, 
the FAC SDT drafted IROL-related requirements that allowed for an appropriate amount of exercise of engineering 
judgment, but identified the criteria the RCs must consider in exercising that judgment. This approach was 
reflected in the draft FAC-011 Requirement R6 posted for informal comment in July 2016. The proposed 
requirement directed the RC to include in its SOL Methodology the method and criteria for establishing IROLs and 
required the criteria to describe the severity and extent of reliability impact that warrants establishment of an 
IROL, including: 

• Unacceptable quantity of load loss due to instability, Cascading outages or Uncontrolled Separation; 
• Unacceptable quantity of supply loss due to instability, Cascading outages or Uncontrolled Separation; 
• Unacceptable thresholds for inter-area oscillations (including acceptable damping criteria and criteria for 

inter-area oscillations versus intra-area oscillations); and, 
• Unacceptable impacts on neighboring Reliability Coordinator Areas within an Interconnection. 

While industry comments received from the informal posting were by and large supportive of the IROL-related 
requirements proposed in the draft FAC-011, FERC staff voiced significant concerns that proposed Requirement 
R6 was a “fill-in-the-blank” requirement, that it conflicted with the statutory definition of Reliable Operation8, and 
that it proposed to allow qualifiers to Instability, Cascading, and Uncontrolled Separation that FERC staff deemed 
unacceptable. FERC staff voiced concern for allowing Instability of any kind and to any degree in real-time 
operations.  

One of the challenges the FAC SDT faced in the development of the IROL-related standards was the absence of 
industry-vetted technical documentation on the subject of IROLs, IROL establishment, and the three aspects of 
the approved IROL definition – Instability, Cascading, and Uncontrolled Separation. Because IROLs are a critical 
component to reliable planning and operation of the BPS, and due to the highly technical nature of the analysis 
and studies, the SDT believed it would be beneficial for industry experts to develop technical material related to 
the methodologies used to establish IROLs. This technical material could then be used to inform the development 
of IROL-related requirements. At the urging of the SDT, the NERC Standards Committee (SC) requested technical 
assistance from the NERC Operating Committee and Planning Committee to:  

(1) Assess the impact that instabilities can have on BPS reliability 
(2) Describe simulation methods for assessment of Instability, including appropriate methods for use in 

quantifying impact the Instability and available means for demonstrating impact containment 
(3) Identify technically sound methodologies for use in establishing IROLs to address different types of 

instabilities 
(4) Evaluate the reliability impacts, if any, resulting from use of different methods to establish IROLs across 

North America  

Specifically, the SC requested the formation of a joint task force, comprised of both planners and operators, to 
develop technical material that could be used as an industry reference to enhance the manner in which IROLs are 
established and also by the SDT (or other future standard drafting team addressing the IROL issue) as a technical 
basis for revisions to related Reliability Standards. The NERC Operating Committee and Planning Committee 
agreed to this request and formed the Methods for Establishing IROLs Task Force (MEITF). This task force served 
as the author of this document. 

                                                           
8 https://www.ferc.gov/industries/electric/indus-act/section-1211.pdf 

https://www.ferc.gov/industries/electric/indus-act/section-1211.pdf
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Relevant FERC Orders and Directives 
To provide additional background to how IROL-related NERC Reliability Standards were developed, this section 
provides short synopses of relevant FERC Orders related to IROLs and short summaries of related activities around 
those Orders. Appendix A provides specific paragraphs within the orders that discuss IROL-related topics. Note 
that the Commission speaks through its orders and that each order should be read in its entirety to obtain the 
appropriate context of a particular order. 
 
FERC Order No. 693 (Issued March 16, 2007)9 
FERC Order No. 693 approved 83 of 107 proposed Reliability Standards, six of the eight proposed regional 
differences, and the Glossary of Terms Used in Reliability Standards developed by NERC. It also directed NERC to 
submit significant improvements to 56 of the 83 Reliability Standards that were approved. Several aspects of this 
order addressed the importance of the timeliness of operator action to maintain system reliability. Specifically, 
the order requires that immediate action be taken to mitigate IROL exceedances, and in no case should those 
actions take longer than 30 minutes. Load shedding may be required to address IROL exceedances within the IROL 
TV, and should be used as a measure of last resort. The order also addressed concerns that the TLR Procedure is 
not an effective means of mitigating IROL exceedances, because its implementation typically takes longer than 30 
minutes. However, the TLR Procedure could be used to avoid IROL exceedances going forward after the initial 
IROL exceedance has been mitigated via corresponding Operating Plans. 
 
FERC NOPR Leading to Order No. 705 in Docket RM07-3-000 (Issued August 13, 2007)10 
This NOPR led to the approval of FAC-010-1, FAC-011-1, and FAC-014-1 (becoming Order No. 705), proposing to 
accept the currently effective IROL and IROL TV definitions, under the notion that these definitions are consistent 
with the statutory definition of Reliable Operation. However, FERC noted concern with the portion of the IROL 
definition that states “that adversely impact the reliability of the bulk electric system”, stating that any IROL 
violation adversely impacts the reliability of the BES. FERC also clarified that the only acceptable time to exceed 
an IROL is the limited time after a contingency has occurred and operators are taking action to mitigate the 
exceedance of the limit. 
 
FERC Order No. 705 (Issued December 27, 2007)11 
FERC Order No. 705 approved the initial versions of the FAC standards related to SOLs and IROLs (FAC-010-1, FAC-
011-1, and FAC-014-1), requiring “planning authorities and [RCs] to establish methodologies to determine system 
operating limits for the [BPS] in the planning and operation horizons.” The order remanded the proposed 
definition of Cascading Outages due to its open-ended nature, stating that the phrase “a predetermined area” 
that excludes the phrase “by studies” could be interpreted to refer to a scope as small as the elements that would 
be removed from service by local protective relays to as large as the entire BA footprint. FERC’s concern was that 
the pre-determined area could be based on considerations other than engineering criteria. Additionally, the order 
accepted the currently effective definitions of IROL and IROL TV. However, FERC expressed concern with the phrase 
“that adversely impact the reliability of the [BES]”, as was stated in the corresponding NOPR. The order also 
explains FERC’s position that the Violation Risk Factor associated with the communication of IROLs in FAC-014-1 
warrants a “high” designation due to the criticality of having situational awareness of IROLs. FERC cited that 
ineffective communication was a contributing factor in the August 2003 blackout and other major blackout events. 
 

                                                           
9 Mandatory Reliability Standards for the Bulk-Power System, FERC Order No. 693, Docket No. RM06-16-000, 16 March 2007. Available: 
http://www.ferc.gov/whats-new/comm-meet/2007/031507/E-13.pdf. 
10 Facilities, Design, Connections and Maintenance Mandatory Reliability Standards, Notice of Proposed Rulemaking, 72 FR 160 (Aug. 20, 

2007), FERC Stats. And Regs. ¶ 32,622 (Aug. 13, 2007). Available: http://www.ferc.gov/CalendarFiles/20070813182314-RM07-3-000.pdf. 
11 Facilities Design, Connections and Maintenance Reliability Standards, FERC Order No. 705, Docket No. RM07-3-000, 27 Dec 2007. 
Available: http://www.ferc.gov/whats-new/comm-meet/2007/122007/E-3.pdf. 

http://www.ferc.gov/whats-new/comm-meet/2007/031507/E-13.pdf
http://www.ferc.gov/CalendarFiles/20070813182314-RM07-3-000.pdf
http://www.ferc.gov/whats-new/comm-meet/2007/122007/E-3.pdf
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FERC Order No. 748 (Issued March 17, 2011)12 
FERC Order No. 748 “approve[d] three new Interconnection Reliability Operations and Coordination Reliability 
Standards…The [standards] were designed to prevent Instability, Uncontrolled Separation, or Cascading outages 
that adversely impact the reliability of the interconnection by ensuring that the [RC] has the data necessary to 
assess its [RC] area during the operating horizon and that it takes prompt action to prevent or mitigate instances 
of exceeding [IROLs].” The order supports clear distinction of primary responsibility for SOLs and IROLs between 
the TOP and RC, respectively. While TOPs are primarily responsible for SOLs and RCs are primarily responsible for 
IROLs, the order clarifies that there may be “grid impactive” SOLs that warrant closer attention by the RC.  
 
In the order, FERC states that “SOLs could become IROLs” and this has been a point of confusion in the industry 
since the term “SOL” in earlier FERC Orders was misused interchangeably with the concept of “SOL exceedance”. 
It is generally understood that the intent behind the notion that “SOLs could become IROLs” is that exceeding an 
SOL could escalate into an operating condition where the next worst contingency event could result in Instability, 
Cascading, or Uncontrolled Separation. Much of the content of FERC Order No. 748 has been superseded or 
otherwise clarified in subsequent FERC orders (the FERC Remand NOPR and FERC Order No. 817).  
 
Order 802 (Issued November 20, 2014)13 
Though FERC Order No. 802 was issued to approve CIP-014-1, the IROL-related paragraphs are relevant to the 
interpretation and application of IROLs and related concepts. In this order, FERC directs NERC to remove, or 
otherwise address FERC’s concerns with, the term “widespread” in Requirement R1 of CIP-014-1. FERC 
determined that the term is unclear and subject to interpretation. Despite this FERC Order, the term “widespread” 
currently still exists in the FERC-approved definition of Cascading. 
 
FERC Remand NOPR (Dockets RM13-12-000, RM13-14-000) (Issued November 21, 2013)14 
This NOPR resulted in a remand of the relevant TOP and IRO standards and NERC withdrew the petition in January 
2014, noting it would work on the topic and propose updated changes in 2015. The Reliability Standards addressed 
by the Remand NOPR proposed to require TOPs to operate within those SOLs that “support reliability internal to 
its area identified as a result of its [Operational Planning Analysis] (OPA)”. The main point behind the Remand 
NOPR was to convey FERC’s position that all SOLs, not just certain SOLs, need to be operated within. Additionally, 
FERC contended that given the dynamic nature of the system, SOL exceedances that were not identified in the 
OPA could occur in real-time operations. Thus, highlighting the importance of addressing all SOLs as opposed to 
only those identified in the OPA as supporting reliability within the TOP area. As was mentioned in FERC Order No. 
748, FERC reiterated their concern that “SOLs can rapidly degrade into an IROL” (again misusing the terms, 
confusing limits with operating conditions). FERC mentioned that both the 2003 blackout and 2011 blackout 
events were initiated by non-IROL SOL exceedances. 
 
FERC Order No. 817 (Issued November 19, 2015)15 
FERC Order No. 817 approved revisions to the TOP and IRO standards and directed modification to the standards. 
The TOP and IRO standards that were approved in FERC Order No. 817 work together in a manner consistent with 
the statutory definition of Reliable Operation and also convey the notion that managing SOL exceedances is a 
shared responsibility between the TOP and the RC. They also render an environment where the Operating Plan is 

                                                           
12 Mandatory Reliability Standards for Interconnection Reliability Operating Limits, FERC Order No. 748, Docket No. RM10-15-000, 17 March 
2011. Available: http://www.ferc.gov/whats-new/comm-meet/2011/031711/E-8.pdf. 
13 Physical Security Reliability Standard, FERC Order No. 802, Docket No. RM14-15-000, 20 November 2014. Available: 
http://www.ferc.gov/whats-new/comm-meet/2014/112014/E-4.pdf. 
14 Monitoring System Conditions – Transmission Operations Reliability Standard, Transmission Operations Reliability Standards, 
Interconnection Reliability Operations and Coordination Reliability Standards, Notice of Proposed Rulemaking, 18 CFR Part 40 (Nov. 21, 
2013), FERC Stats. and Regs ¶ 61,158. Available: https://ferc.gov/whats-new/comm-meet/2013/112113/E-3.pdf. 
15 Transmission Operations Reliability Standards and Interconnection Reliability Operations and Coordination Reliability Standards, FERC 
Order No. 817, Docket No RM15-16-000, 19 November 2015. Available: http://www.ferc.gov/whats-new/comm-meet/2015/111915/E-
10.pdf. 

http://www.ferc.gov/whats-new/comm-meet/2011/031711/E-8.pdf
http://www.ferc.gov/whats-new/comm-meet/2014/112014/E-4.pdf
https://ferc.gov/whats-new/comm-meet/2013/112113/E-3.pdf
http://www.ferc.gov/whats-new/comm-meet/2015/111915/E-10.pdf
http://www.ferc.gov/whats-new/comm-meet/2015/111915/E-10.pdf
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the ultimate mechanism for addressing SOL/IROL exceedances within the necessary operating timeframes. The 
requirements set forth in these standards, along with the revised definitions of OPA and Real-Time Assessment 
(RTA), develop the following workflow: 
 

1. TOPs and RCs perform OPAs to identify potential SOL/IROL exceedances 
2. TOPs and RCs develop and communicate Operating Plans to address SOL/IROL exceedances identified in 

OPAs 
3. TOPs and RCs perform RTAs at least once every 30 minutes 
4. TOPs and RCs implement Operating Plans to address SOL/IROL exceedances identified in real-time 

monitoring and RTAs 
 
FERC accepted NERC’s recommendation that NERC Project 2015-09 would address the clarity and consistency of 
the requirements for establishing SOLs and IROLs.  

As described in the background section of this document, the Methods for Establishing IROLs Task Force (MEITF) 
was formed to develop technical materials to be used as a resource for the Project 2015-09 SDT (or future SDT 
that develops revisions related to IROL establishment) to support their obligation in evaluating revisions to the 
existing standards with regard to the establishment of IROLs. 

Principles of Defining IROLs 
IROLs have been in existence since the inception of FAC-010-1, FAC-011-1, and FAC-014-1, and the inclusion or 
IROL in the NERC Glossary of Terms. Since its inception, the application of IROL has been up to the interpretation 
of each RC, and varied widely between RCs. This document intends to provide clarity and consistency in 
establishing IROLs for use in real-time operations. The establishment of IROLs stands on fundamental principles 
that should be considered throughout the discussion of establishing IROLs:  

• An IROL is a limit, not a condition. The IROL term is often erroneously used to represent a condition. It is 
sometimes implied that “instability is an IROL” or “Cascading is an IROL.” System Instability, Cascading or 
Uncontrolled Separation are outcomes of a contingency and/or operating condition, not an IROL 
themselves. An IROL is a limit put in place to prevent System Instability, or unacceptable Cascading or 
Uncontrolled Separation from occurring. 

• SOLs and IROLs coexist. The system is operated within SOLs for both the pre- and post-contingency 
operating states. At the same time, IROLs are established to prevent the broader, more adverse reliability 
impacts to the BPS. Operating within both SOLs and IROLs is required for Reliable Operation16 of the BPS. 
Operation within SOLs and IROLs as required by the NERC Reliability Standards is also a critical aspect of 
achieving what NERC defines as an Adequate Level of Reliability17. 

• SOL and IROL limits are independent, and either can be more limiting. Every SOL, including the subset of 
SOLs designated as IROLs, have their own SOL exceedance criteria independent of their designation as an 

                                                           
16 Reliable Operation: Operating the elements of the [Bulk-Power System] within equipment and electric system thermal, voltage, and 

stability limits so that Instability, Uncontrolled Separation, or Cascading failures of such system will not occur as a result of a sudden 
disturbance, including a cybersecurity incident, or unanticipated failure of system elements. 

17  Adequate Level of Reliability: The intent of the set of NERC Reliability Standards is to deliver an Adequate Level of Reliability 
defined by the following bulk power system characteristics:  
• The system is controlled to stay within acceptable limits during normal conditions.  
• The system performs acceptably after credible contingencies.  
• The system limits the impact and scope of Instability and Cascading outages when they occur.  
• The system’s facilities are protected from unacceptable damage by operating them within facility ratings.  
• The system’s integrity can be restored promptly if it is lost.  
• The system has the ability to supply the aggregate electric power and energy requirements of the electricity consumers at 

all times, taking into account scheduled and reasonably expected unscheduled outages of system components.  

http://www.nerc.com/files/Glossary_of_Terms.pdf
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SOL or IROL. Depending on real-time conditions, system characteristics, etc., the most limiting limit could 
be either an SOL or an IROL. System operating conditions, for example, could be limited by a Facility Rating 
or a system voltage limit (e.g., SOLs) or could be limited by a potential System Instability condition where 
an IROL is established to mitigate those consequences.  

• If an IROL is less limiting than other SOLs, studies and engineering judgment should be used to identify 
where the IROL exists. Even if SOLs are the more limiting constraint for system operations, reasonable 
engineering judgment and studies should be used to identify where the IROL exists. If the IROL is only 
slightly beyond the point of SOL exceedance, it should be well studied and understood prior to real-time 
operations. On the other hand, if the IROL requires significant (or unrealistic) stressing of system 
conditions, then it may not be well understood since real-time operations is very unlikely to hit an actual 
IROL. In either case, the IROL exists but whether or not it is studied and established is up to the RC.  

• IROLs are generally established prior to real-time operation during offline studies. Typically, the risk of 
System Instability, or unacceptable Uncontrolled Separation or Cascading is identified through offline 
studies that determine the need to establish an IROL. These studies typically occur in the operations 
planning horizon, or in OPAs. Once an IROL has been established (i.e., the constraint as well as the limit), 
the IROL limit can be updated either through offline studies (e.g., OPA) or during near real-time (e.g., RTA), 
as applicable. In some cases, the RC may establish an IROL in near real-time if the situation and tools 
enable the creation of an IROL that quickly.  

• Real-time tools may refine and improve the accuracy of IROL limits. Real-time tools enable the ability to 
update established IROL limits in near real-time based on impending system conditions. This can provide 
a more accurate determination of the IROL limit compared to offline studies. However, these tools may 
have limited capabilities for analyzing certain types of Instability. Also, not all RCs have real-time tools to 
calculate IROLs in near real-time. Therefore, based on the current state of technology, it is important that 
requirements related to establishing IROLs be applicable to both offline studies and near real-time tools 
so as to not cause undue burden on either application.  

• When unforeseen operating conditions are encountered focus should be on returning to a secure 
operating state, not on establishing an IROL in real-time. Unforeseen operation conditions can and do 
occur in real-time operations (e.g., unexpected contingency events, generation outages, abnormal load 
patterns). Although unlikely, the RTA could indicate that the next contingency could result in System 
Instability, or unacceptable Uncontrolled Separation or Cascading. In this scenario, system operators 
should be focusing on returning the system to a known and secure operating state with a sense of urgency, 
similar to an exceedance of an IROL (e.g., any necessary actions within 30 minutes). Mitigation steps 
should exhaust all options, which may include load shedding if necessary, to return to an operating state 
that will not result in System Instability, or unacceptable levels of Uncontrolled Separation or Cascading if 
the critical contingency were to occur. Once a secure and stable operating condition has been attained, 
the conditions should be analyzed closely to determine if an IROL should be established moving forward. 
These concepts apply to unforeseen conditions but not to expected or planned conditions. 

• How Operating Plans for SOLs18 are developed may affect the frequency and duration of any potential 
IROL exceedances. How SOLs are operated to (e.g., time duration an SOL can be exceeded) and the actions 
taken to address any SOL exceedances have a direct relation with the frequency and duration of any 
potential IROL exceedances. In fact, operating to within an SOL with real-time tools may minimize the 
potential of an IROL being exceeded. Similarly, this concept also holds with respect to the use of real-time 
tools compared with pre-determined IROLs. If the capability exists to update IROLs in near real-time, the 
conservative limits pre-determined in the offline studies can be adjusted accordingly. Use of real-time 
tools and the use of Operating Plans prior to reaching the IROL may minimize the extent to which IROLs 
need to be addressed in real-time.  

                                                           
18 While IROLs are a subset of SOLs, this guideline often refers to SOLs to mean those SOLs that are not IROLs and explicitly calls out IROLs 
for clarity. However, the reader should use judgment and review the definitions for SOLs and IROLs to avoid any confusion.  
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• IROLs have a mitigation time (Tv) and may require actions to prevent or mitigate an exceedance up to 
and including pre-contingency load shedding. The potential consequences of exceeding an IROL are 
significantly more severe than the potential consequences of exceeding an SOL. An IROL carries with it a 
required mitigation time, the IROL TV, which can be no longer than 30 minutes19. When an IROL is 
exceeded, the system must be returned to within the IROL within the IROL TV. This includes any necessary 
action by the RC, including pre-contingency load shedding. On the other hand, any SOL exceedance 
identified in the OPA must have an associated Operating Plan; however, it is not required by the NERC 
Standards to have a specified time element nor require the use of pre-contingency load shedding within 
a specified timeframe20. 

• IROLs address an elevated risk to BPS reliability. IROLs are intended to address System Instability or 
unacceptable Uncontrolled Separation or Cascading that impact Reliable Operation of the BPS. SOLs 
ensure that the system can withstand the loss of a single element (or multiple elements, as defined in the 
RC’s SOL Methodology) and operate within emergency ratings following that contingency. In essence, 
SOLs ensure system security while IROLs ensure System Stability (see later section on security and 
stability).  

• IROLs should be established in coordination with other activities. The correct solution to mitigate the 
exceedance of a potential operating limit (SOL or IROL) depends on the timeframe of the analysis. 
Establishing IROLs should be considered in concert with scheduling and approving maintenance outages, 
and are one option for ensuring Reliable Operation. Some entities may establish IROLs and take the outage 
while others may deny the outage and reschedule it to avoid establishing an IROL. In the end, the 
avoidance of the operating state that could have an adverse impact on BPS reliability is attained. The RC 
coordinates activities in its footprint to ensure Reliable Operation, with establishing IROLs as one option.  

BPS Operating States & System Security 
Power system security, also referred to as operating reliability, can be defined as “the ability of the electric system 
to withstand sudden disturbances such as electric short circuits or unanticipated loss of system components”.21 
The BPS can be described as operating in one of the following states (see Figure 0.1)22: 
 

• Normal (N-k Secure): all operating constraints and stability limits are met in the pre-contingency (N-0) 
operating state and the system is also able to withstand a set of credible (N-k) contingencies. 

• Alert (N-k Insecure): the system is not within all operating constraints in the pre-contingency (N-0) 
operating state, or not able to stay within some emergency limits post-contingency for the set of credible 
(N-k) contingencies or an IROL has been exceeded. Preventive actions are taken to return the system to a 
Normal operating state. 

• Emergency (N-k Unstable): some wide-area System Stability (or Cascading) limits may be exceeded (i.e., 
the next contingency could result in System Instability, or unacceptable levels of Uncontrolled Separation 
or unacceptable Cascading). An IROL has been exceeded, and prompt corrective actions are needed to 
mitigate exceedance of the IROL (and potentially any N-0 SOL exceedance).  

• Extreme (Unstable): the system is in a severe operating state with significant violations of thermal and 
stability limits, and is experiencing Instability, collapse, or widespread Cascading. If at all possible 
depending on the phenomena, more extreme actions are required to either reconnect parts of the system 
or maintain continuity of serving the generation and/or load. 

                                                           
19 The Tv mitigation time is determined by the RC based on the severity and risk of the potential Instability, Uncontrolled Separation, and 
Cascading. Typically the Tv is 30 mins although it may be lower. In rare cases (i.e., small signal Instability for pre-contingency, normal 
operating conditions), the Tv could feasibly be zero to prevent the system condition from occurring entirely. While feasible, this is a 
relatively rare situation and stated here only for comprehensiveness.  
20 Although this may be part of individual RC Operating Plans. 
21 http://www.nerc.com/docs/pc/Definition-of-ALR-approved-at-Dec-07-OC-PC-mtgs.pdf 
22 Adapted from L. H. Fink and K. Carlsen, “Operating under Stress and Strain,” IEEE Spectrum, March 1978, pp. 48-53. 
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• System Restoration23: Significant parts of the system have lost synchronism, potential islanding, 
widespread Cascading outages, or Uncontrolled Separation have occurred. System restoration actions are 
needed to return to a normal (secure) state (possibly transitioning through an alert (insecure) state in the 
process).  

 
 
The BPS operating in the Normal state is often 
referred to as secure, ready to withstand a set of 
credible (N-k) contingencies without exceeding 
applicable emergency ratings. This is the expected 
operating condition of the BPS at all times, 
considering planned and maintenance outages, 
scheduling, security constraints, etc. OPAs and 
Real-Time Analyses (RTAs) are performed to 
ensure the system operates within these 
constraints for expected system conditions. These 
analyses include security assessments (e.g., real-
time contingency analysis (RTCA), stability analysis, 
etc.) of the operating state. 
 
However, under unexpected conditions, the BPS 

may enter the Alert state where a possible contingency would result in violating the post-contingency operating 
limits. Operating Plans are developed to mitigate the occurrence of these conditions and to return the system to 
a Normal state. The Emergency state is rarely reached on the BPS in normal operation and IROLs are established 
to ensure that the system would not become unstable for the critical contingencies being considered. However, 
unplanned or unexpected events may cause the system to enter into this state and prompt action (within the IROL 
Tv) is taken to return the system to the Normal state.  
 
Stability limits and IROLs are an important aspect of these 
operating states and include the Normal, Alert, and Emergency 
states. Some stability limits prevent localized stability that has 
minimal impact on the overall BPS. SOLs (and Operating Plans) 
help mitigate the system being operated in a state where these 
issues could cause the system to enter into the Alert or 
Emergency state; however, these localized stability issues would 
not cause the system to enter the Extreme (Unstable) state if the 
critical contingency were to occur. Conversely, IROLs are 
established to ensure that corrective actions are taken in a 
timely manner when exceeding that limit (i.e., entering the 
Emergency state) to return to the Normal state or stay within 
the Alert state for certain conditions and contingencies that could otherwise cause the BPS to enter the Extreme 
state, being at high risk of System Instability, Cascading, and Uncontrolled Separation. Once the IROL constraint 
and associated limit are established, the TOP and RC manage the operating state to within the IROL during real-
time operation. 
  

                                                           
23 System restoration, including blackstart, is outside the scope of this report and not covered in detail here. However, the secure, insecure, 
and emergency conditions are critical to the discussion of establishing SOLs and IROLs.  

Key Takeaway: 
IROLS are established to ensure that 
corrective actions are taken when 
exceeding that limit to return to the 
Normal state or stay within the Alert state 
for certain conditions and contingencies 
that could otherwise cause the BPS to 
enter the Extreme state, being at high risk 
of System Instability, Cascading, and 
Uncontrolled Separation. 

 
Figure 0.1: Power System Operating States  
[Source: Adapted from Fink and Carlsen] 
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This framework presented by Fink and Carlsen almost 40 years ago fundamentally still holds today, with slight 
adaptation and changes in terminology to reflect the current operating practices of RCs. How these concepts are 
applied in the development of IROLs is discussed in detail in the chapters to follow.  
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Chapter 1: Analytical Framework for Establishing IROLs 
 
This chapter describes the overall analytical framework, process, and timeframes in which IROLs are established. 
The framework described here provides a holistic structure for understanding the various complex aspects of 
IROLs. However, this chapter does not describe what exactly constitutes an IROL since that is dependent on the 
NERC Reliability Standards requirements. 
 
Process and Timeframes of Establishing IROLs 
IROLs should be established prior to real-time operation and those limits should be operated within to ensure 
Reliable Operation of the BPS. Figure 1.1 describes a general process of establishing IROLs and managing the 
operating state within the IROL during real-time operations. Studies to establish potential IROLs include (1) 
developing a base case that represents the expected pre-contingency operating state(s), and (2) analysis of the 
post-contingency operating state(s) to identify conditions that result in System Instability, or unacceptable levels 
of Cascading or Uncontrolled Separation. The IROL is fundamentally a limit (i.e., a numerical value) – in practice, 
it consists of two components:24 
 

• Constraint: The set of limiting system elements that are monitored to manage the risk of System 
Instability, Cascading, and Uncontrolled Separation. 

• Limit: The limiting value of the constraint to ensure that System Instability, Cascading, and Uncontrolled 
Separation do not occur if the critical contingency(ies) were to occur. 

 
Once the constraint (set of system elements) and limit (value associated with the constraint) have been 
established by studies, the TOP and RC manage the operating state to within the IROL during real-time operation. 
This creates a feedback loop, and is illustrated in the right-half loop of Figure 1.1. When unexpected or unplanned 
operating conditions are encountered, the focus of the system operator is returning to a known and secure 
operating state with a sense of urgency. This sense of urgency, which should include any and all available operator 
actions up to and including load shedding, is considered “IROL-like” to return to an operating state that does not 
pose a potential risk for System Instability or unacceptable Uncontrolled Separation or Cascading. Operating Plans 
should be in place to address these types of situations that may be encountered, although rare. Once a safe 
operating state is reached and the system is within established IROLs, after-the-fact analysis should explore if an 
IROL should be established for future real-time conditions. If so, then the IROL constraint and limit are determined, 
established, and operated within for future real-time operations. In some instances, a RTA may be able to execute 
a study quick enough to determine if the operating state is acceptable. This process is captured in the left-half 
loop of Figure 1.1. 

                                                           
24 This concept also applies to non-IROL SOLs.  
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Figure 1.1: General Process of Establishing IROLs Prior to Real-Time Operation 
 
 

Study Timeframes 
IROLs (and other SOLs) may be established across a range of timeframes, as illustrated in Figure 1.2. The 
timeframes conventionally25 used for establishing these limits include:  

• Long-Term Planning (1 to 10 years out): TPs provide input to the RC on any system deficiencies identified 
in their Planning Assessments, potential stability limits, and critical contingencies that should be 
considered. However, the RC is the entity defining IROLs for operations, not the planners. The RC takes 
that input and uses it to perform more detailed studies to establish SOLs and IROLs as real-time 
approaches. The NERC Reliability Standards require information to flow to the RC to help inform them of 
critical information for their assessments. However, the actual establishment of IROLs is not performed 
in the planning horizon.  

• Operations Planning (2 days to 1 year out): In the Operations Planning horizon, transmission and 
generation outages are scheduled, more accurate load forecasts are available, and the impending system 
conditions can be more accurately studied. Expected generation dispatches and system topologies can be 
used to identify any operating states and/or critical contingency(ies) which could result in System 
Instability, Cascading, and Uncontrolled Separation. In these cases, a new IROL can be determined or a 
pre-determined IROL can be updated using the more accurate modeling and study assumptions.  

                                                           
25 The exact timeframes for each category may differ slightly between entities based on internal practices. 
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• Next-Day Operational Planning Analysis (1 day to 2 days out): In the next-day horizon, the expected 
system conditions (e.g., generation dispatch, transmission outages, load forecasts, system topology, 
approved tags, etc.) are used to determine an appropriate Operating Plan for the next day. The next day 
OPA should identify any potential conditions that could lead to System Instability, or unacceptable levels 
of Cascading or Uncontrolled Separation, establish any IROLs (that may not be previously identified (if 
applicable), and update existing IROLs (if applicable). These studies may not always be able to reconfirm 
the established IROLs limits based (depending on the type of study), and therefore the established IROL 
should be reviewed to ensure that it sufficiently covers for the impending system conditions.  

• Intra-Day Analysis (1 hour to 24 hours out): New IROLs are typically not established past the Next-Day 
horizon, although existing IROLs may be updated intra-day as system conditions change. If there is a 
significant deviation from the next-day OPA, (e.g., due to significant topology changes, generation 
redispatch, etc.), existing IROLs may be reassessed (or new IROLs may be established) to ensure Reliable 
Operation of the BPS.  

• Near Real-time (< 1 hour): New IROLs are typically not established during real-time operation, although 
existing IROLs may be updated in near real-time. Some entities use real-time tools (e.g., online voltage 
stability analysis (VSA) or transient stability analysis (TSA)) that enable automatic updates to IROLs (and 
other stability limits) once the studies have completed (hence the phrase “near real-time”). The real-time 
tools ideally result in IROLs that more accurately reflect the actual IROL for that given operating state 
(rather than a predetermined/pre-studied IROL based on offline studies). Regardless of the use of real-
time tools, system operators ensure the system is operated within the established IROLs (either 
predetermined or updated in near real-time) within the Tv time limit. In real-time operation, system 
operators are focused on ensuring SOLs and IROLs are respected and the system remains in a reliable 
operating state, and not focused on whether the specific real-time system conditions should have an IROL 
established. As described above, unexpected system conditions experienced in real-time can be used to 
inform future offline studies to determine if a new IROL should be established.  

Typically a limit derived in a study horizon further away from real-time operation will be more conservative (based 
on study assumptions) than any real-time limits computed. For example, an IROL identified in the Long-Term 
Planning or even Operations Planning horizon should use conservative assumptions that may provide more 
restrictive limits and study results than IROL studies performed in the Next-Day Analysis environment or using 
near real-time tools. 

 
Figure 1.2: Range of Study Timeframes for Establishing IROLs  
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Study Assumptions and Identifying Boundary Conditions 
Studies that establish IROLs are based on a set of assumptions using engineering judgment. Along with operating 
limit margin applied to the established IROL, study assumptions also act as a “margin” since they often lead to a 
limit lower than the actual IROL to ensure Reliable Operation in the real-time operating horizon. Examples of study 
assumptions include: 
 

• Demand Level: The load forecast used in the study may not always reflect the actual demand level 
encountered in real-time operation. If the system is only studied to the predicted load forecast, the 
analysis may not identify the need for an IROL. Higher than expected load forecasts may be used to 
account for any load forecast error. It may be prudent to analyze the system considering a historical load 
forecast error to capture potential IROL conditions that could be past the current predicted load. 

• Generation Dispatch: Fuel prices, amount of rainfall, regulatory constraints, weather patterns, etc., can 
change quite drastically between the implicit assumptions in the study that determine the generation 
dispatch and the actual system conditions in real-time operation. Unanticipated generation patterns have 
the potential to have a significant impact on the stability of the overall system. By considering realistic yet 
more heavily stressed generation patterns, the studies can ensure that these less frequently experienced 
conditions have been evaluated to ensure Reliable Operation. 

• High Transfers and/or Loop Flows: It can be difficult to predict the amount of power flows that could be 
impacting an area during real-time operations. Non-firm transmission service, loop flows and market 
flows aren’t normally built into long-term planning or operations planning models, due to the difficulty in 
predicting the magnitude and direction of the flows. If study cases are not adequately stressed to account 
for these flows, an operator could find the system in a state that wasn’t studied adequately in order to 
determine if there are conditions that could lead to Cascading, Uncontrolled Separation, or System 
Instability. 

• Facility Outages: The potential for Cascading, uncontrolled system separation or System Instability 
increases when facilities are out of service such as for planned maintenance or forced out due to weather 
events. It is important to ensure the system remains in a stable state even during conditions where there 
are a significant number of facilities out of service. In addition, some facilities may have de-ratings during 
maintenance or other activities that could increase the risk of Cascading.  

• Load Model Sensitivity: Stability in studies can largely be impacted by the load model used when 
conducting the study. A different ratio of load types can push an otherwise stable scenario to an unstable 
scenario. When analyzing the system for potential Cascading, Uncontrolled Separation, or System 
Instability, it is important to accurately represent the load with a realistic load characteristic. 

 
Studies to establish IROLs should have clearly documented methods for creating stressing patterns and boundary 
conditions to identify if an IROL exists under reasonably stressed conditions. Often times, the IROL is beyond the 
point of SOL exceedance (although not always); however, studies should stress the system beyond the point of 
SOL exceedance to identify if any potential IROLs exist and whether an IROL should be established. Studying only 
up to the point of SOL exceedance (or only slightly past the SOL exceedance) is not sufficient, and the RC should 
use engineering judgment to create boundary cases and stressing patterns (similar to those used in TPL-001-4) to 
reach those boundaries using different sensitivities. Sensitivities may include: 

• Generation dispatch (e.g., high wind, constrained gas supply, drought conditions, etc.) 
• Load forecast (e.g., higher or lower than expected load level) 
• Source-sink transfer combinations (different generation/load elements in source and sink to modify stress 

direction) 
• Facility outages (planned maintenance or forced) 
• Load model sensitivities 
• Planning contingency event categories (e.g., including N-2) 
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The assumptions used for offline studies to establish IROLs may be more conservative than those used in near 
real-time tools since the offline studies may not reflect actual operating conditions as closely. Regardless of how 
and when the studies are performed, the system should be stressed sufficiently to have a high confidence that 
the conditions experienced in real-time have been analyzed for potential conditions that could lead to System 
Instability or unacceptable Uncontrolled Separation or Cascading.  

Contingency Event Selection 
NERC TPL-001-4 details categories of contingencies and performance requirements within the Long-Term Planning 
horizon to ensure that the BPS will reliably operate over a broad spectrum of system conditions under a wide 
range of contingencies. Critical contingencies, among other information, from these assessments should be 
provided to the RC for further analysis in the establishment of potential IROLs. OPAs generally do not include such 
a comprehensive set of contingencies due to the limited time for analysis, but may include higher levels of prior 
outage analysis (N-1-x). In shorter-term horizons, it is not feasible to include all of the contingency event studies 
that are conducted in the Long-Term Planning horizon. However, contingencies beyond N-1 that have a higher 
likelihood of occurrence or a higher risk of leading to System Instability, or unacceptable levels of Cascading or 
Uncontrolled Separation should be addressed in the SOL Methodology as part of the contingency set.  

Types of Operating Limits 
The establishment of SOLs and IROLs is predicated on the appropriate determination of operating limits used as 
the security criteria for which SOLs are applied. SOL is defined as the value (such as MW, MVAR, Amperes, 
Frequency or Volts) that satisfies the most limiting of the prescribed operating criteria for a specified system 
configuration to ensure operation within acceptable reliability criteria. This section describes how the limits in the 
operating criteria are developed and provided to the RC.  
 
Facility Ratings 
NERC Reliability Standard FAC-008-3 Facility Ratings requires determination of both Normal and Emergency 
Facility Ratings by TOs and GOs. In the pre- and post-contingency state, facilities should be operated within their 
Normal (continuous) and Emergency (short-term) Ratings. These ratings have an associated time duration in which 
they can be reliably operated at that limit. The establishment of Operating Plan should clearly articulate the 
necessary time in which action needs to be taken to return to within these ratings. This is particularly important 
when developing a methodology for Cascading analysis (discussed later in this guideline). Figure 1.326 illustrates 
the application of Facility Ratings to SOL performance. Other limits may be used such as a continuous rating, an 8 
hour rating, 30 minute rating, etc., depending on utility practices. When operating at or below the specified Facility 
Rating within the specified time duration, facilities should not trip out-of-service due to failure caused by loading. 
Facility ratings may change (lower or higher) based on maintenance work, construction, etc.  
 
PRC-023-4 also requires that transmission line relays be set such that they do not operate at or below 150% of the 
highest seasonal Facility Rating for the loading duration nearest 4 hours, at or below 115% of the highest seasonal 
15-minute Facility Rating, or other criteria specified in Requirement R127. Essentially, protective relays should not 
trip facilities out-of-service so long as power flow remains within the relay loadability criteria.  
 
For an RC to allow operation of a facility above 100% of its highest rating for any amount of time, prior 
coordination and verification from the equipment owner (e.g., TO or GO) is necessary. In the event flows exceed 
or are expected to exceed Emergency Ratings, there is a limited time until equipment will fail, line clearances will 
be violated, or relay action may trip facilities. However, Operating Plans may permit flows above Emergency Rating 
in lieu of pre-contingency load shedding so long as the SOL exceedance(s) do not result in Cascading. If the 
                                                           
26 The 2014-03 SDT developed a white paper titled “System Operating Limit Definition and Exceedance Clarification”, available here: 
http://www.nerc.com/pa/Stand/Prjct201403RvsnstoTOPandIROStndrds/2014_03_fifth_posting_white_paper_sol_exceedance_2015010
8_clean.pdf. 
27 Refer to PRC-023-3 for more details. 

http://www.nerc.com/pa/Stand/Prjct201403RvsnstoTOPandIROStndrds/2014_03_fifth_posting_white_paper_sol_exceedance_20150108_clean.pdf
http://www.nerc.com/pa/Stand/Prjct201403RvsnstoTOPandIROStndrds/2014_03_fifth_posting_white_paper_sol_exceedance_20150108_clean.pdf
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Operating Plan permits these conditions, the RC should have the necessary tools to identify when the SOL 
exceedance would result in Cascading and quickly mitigate flows within 30 minutes (Tv). If these conditions are 
identified, an IROL should be established if the Cascading results in unacceptable performance (e.g., System 
Instability or unacceptable amount of load loss – see Chapters 3 and 5). 
 

 

Figure 1.3. SOL Performance Coordinated with Facility Ratings Example 
 
System Voltage Limits 
Acceptable system voltage limits are based on equipment voltage ratings and steady-state system voltage 
considerations. Equipment voltage ratings are specified by the TO and/or GO as part of their Facility Ratings 
Methodology as per FAC-008-3. System voltage limits are established to respect those equipment voltage ratings 
and also to ensure adequate voltages across the system. In the pre-contingency normal operating state, voltages 
are held to within scheduled values (target, or high and low tolerance range), and may be modified from time to 
time based on season, operating conditions, etc. In the post-contingency operating state, voltages should remain 
within emergency system voltage limits. SOL exceedances occur when actual bus voltage is outside Normal limits 
or when the RTA indicates that bus voltage would fall outside applicable Emergency limits following a contingency. 
 
Transient Stability Limits 
Transient stability limits are based on a specified set of stability criteria that should be described in the SOL 
Methodology. These limits can take many forms. However, the limits should be established in a manner that easily 
translates to monitored parameters that are observable and actionable by system operators. The objective of a 
transient stability limit is to ensure that the stability criterion is adequate to prevent transient Instability or 
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unacceptable transient response if the critical contingencies were to occur. Often, establishing a transient stability 
limit is accomplished using a proxy flow limit (MW flow across a particular transmission interface28, cutplane, 
flowgate, or nomogram), a proxy generation output limit (e.g., the summation of power output from multiple 
units), reactive power output, or other form of monitored element(s). For example, the IROL may be defined as 
the total power flow across three key transmission circuits (i.e., a transmission interface) and the system would 
be operated to within that IROL pre-contingency to avoid System Instability if the critical contingency were to 
occur.  
 
The establishment of a transient stability limit typically occurs during offline studies due to the complexity, 
computation time, and analysis of results. However, these limits can be updated or adjusted as the impending 
system conditions change using results from the OPA or RTA.  
 
Frequency Stability Limits 
Frequency stability limits are typically based on a set of criteria that should be described in the SOL Methodology, 
if applicable. The criteria typically involves under- or overfrequency threshold based on performance 
requirements for that interconnection. For example, underfrequency stability limits may use the first stage of 
underfrequency load shedding (UFLS) as a proxy for frequency Instability to avoid triggering load shedding for 
credible contingencies. Similar to transient stability limits, the actual limits applied may include MW output from 
a critical generating facility that is causing the risk for UFLS operation, minimum levels of system inertia (for low 
inertia systems), or other nomograms.  
 
The establishment of frequency stability limits typically occurs during offline studies due to the complexity, 
computation time, and analysis of results. However, these limits can be updated or adjusted as the impending 
system conditions change using results from the OPA or RTA.  
 
Voltage Stability Limits 
Voltage stability limits typically use a proxy limit such as the maximum generation output, power transfer across 
a transmission interface, load level, and/or minimum reactive reserves that ensures voltage stability criteria are 
met. There are various voltage stability phenomena and assessments that can be used to determine an IROL (or 
SOL) (discussed later in this guideline). The type of Instability, system characteristics, etc., will determine how the 
voltage stability IROL is defined. Similar to transient stability, the complex nature of voltage Instability often drives 
the use of proxy limits. These limits are established during offline studies due to the complexity, computation 
time, and analysis of results. Limits may be updated or adjusted as the impending system conditions change using 
results from the OPA or RTA. Online voltage stability tools (e.g., online VSA) are particularly useful when transfers 
and operating conditions are predictable, as well as for quickly studying unexpected outage conditions. 
 
Two examples of voltage stability limits include: 
 

• A steady-state voltage stability (P-V analysis) limit, either with or without operating limit margin, defined 
as the summation of MW flows across an interface used in the study  

• A transient voltage stability limit defined as the power output level of a critical generator during certain 
grid conditions such that sufficient reactive reserve is maintained or stability of the plant is maintained to 
support grid voltage  

 
Voltage Instability events that warrant establishment of an IROL are typically not contained to one or two buses. 
Typically many buses are impacted – wide-area power transfers (steady-state), severe voltage dips during 
transients (transient voltage collapse), and collective degradation of voltage over time (mid-term voltage 

                                                           
28 A transmission interface is a group of transmission elements representing a connection between parts of an interconnection. 
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collapse). In these cases, a proxy limit to restrict operating conditions to within known bounds (e.g., power 
transfers, generation output, etc.) provides a pragmatic and effective limit to establish an IROL.  
 
Often times with voltage stability analysis, particularly P-V analysis, a system voltage limit will be reached prior to 
reaching the Instability point. For IROL purposes, studies should not stop at the system voltage limit and should 
continue the stressing pattern to determine the point of Instability as well. This can determine where the SOL 
exceedance will likely occur and where the IROL would be established. Engineering judgment is applied to 
determine to what extent stressing should occur. If the IROL is not reached within a reasonable range past the 
point of SOL exceedance (e.g., excessive dispatch of source and sink gen/load values), one can determine that the 
IROL will not be established for these conditions. In other situations, the IROL may occur relatively close to the 
point of SOL exceedance (or possibly with a more restricting limit) and should be well understood and established. 
 
Operating with Proxy Limits and Real-Time Limits 
The NERC TOP/IRO Standards align with the practice that SOLs and IROLs are studied and established ahead of 
real-time operation. The OPA anticipates potential pre- and post-contingency conditions for next-day operations. 
Potential SOL exceedances and IROLs can be updated or established, and procedures and Operating Plans are 
prepared to address those potential exceedances in real-time. The Operating Plans for IROLs use all options 
available to the system operator, up to and including pre-contingency load shedding, to (1) prevent exceeding the 
IROL, and (2) to return to within the IROL within the Tv.  
 
For Instability conditions, an SOL or IROL is often established based on a proxy limit, which is a set of operating 
conditions (e.g., flows on a transmission interface, power output from one or more generating units, etc.) that 
define a limit. These are often used due to the complexity of Instability analysis and all the various factors 
associated with potential Instability conditions. Offline studies identify the Instability conditions in great detail 
when establishing an IROL, and the actual limit values may be updated in near real-time using RTAs, if applicable. 
However, many RTAs focus on the evaluation of Facility Ratings, system voltage limits, etc., (e.g. using post-
contingency load flows), and less on the stability-related limits due to their complexity.29 Therefore, it is important 
to establish limits ahead of real-time operation so that Operating Plans and procedures can be developed to 
effectively maintain Reliable Operation.  
 
The limits established using offline studies are based on assumptions, often include operating limit margin, and 
study a wide range of potential operating conditions due to the uncertainties presented during real-time 
operation (as described in previous sections). These assumptions and studies should cover a wide range of possible 
conditions within reasonable study effort. Anticipated conditions, planned outages, and operational experience 
all feed into the OPA, which is identifying operating condition and ensuring that a valid stability limit (SOL or IROL) 
has been established. While the system is operated securely for the next contingency, proxy limits should be 
established for additional layers of contingencies in the event that the contingency does occur. Then, the new 
stability limit will be known post-contingency, otherwise the system is then being operated in a state where 
accurate stability limits are not well understood or established.  
 
To illustrate this concept, Figure 1.4 shows an example system with N elements in service (upper left). Two outages 
are planned (planned N-2 system) and studied prior to real-time operation (upper right). The next worst 
contingency is identified (note that the worst contingency is different as system topology changes) as the orange 
outaged line. According to the SOL Methodology, the valid SOLs, IROLs, and Operating Plans are established to 
meet the Facility Ratings, system voltage limits, and stability constraints for the given topology and expected 
system conditions. In this example, a proxy stability limit is established on the interface based on the offline 

                                                           
29 Although advanced stability tools are available and applicable to some types of Instability assessment, and are effectively used by system 
operators today.  
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studies. Thermal constraints are evaluated using real-time tools for both OPAs and RTAs. Thus, the limits in place 
ensure that the system is N-1 secure and stable. 
 
However, it is recommended to study situations where the contingency does occur during operation (forced 
outage), establish limits for those potential conditions occurring, and have Operating Plans in place to assess the 
system conditions quickly and return to a known, secure operating state within the applicable time (this could be 
an IROL Tv). In the example, limits have been established ahead of time to ensure knowledge of the system state 
after the first forced outage (i.e., to prepare for the next contingency) (bottom left in Figure 1.4). If a second forced 
outage were to occur (bottom right), the RTA would still be adequate to evaluate the thermal limits for the next 
contingency, but no stability limits would be available to the system operator for this system configuration that 
may be prone to Instability. Without a known stability limit, the operator has little information on the potential 
for Instability, Uncontrolled Separation, or Cascading, if a contingency were to occur. Therefore, the RC should 
minimize the occurrence of these types of conditions by determining SOL/IROL values for post-contingency 
conditions for stability-related SOLs and IROLs. Without any stability limits studied prior to real-time operation, 
this condition would be considered an “unknown operating state” and RCs should not be found in these types of 
operating conditions.  
 

 

Key Takeaways 
For a given operating condition, the system operator should either have (1) a calculated stability limit based 
on proxy values from offline studies performed ahead of real-time, or (2) appropriate online tools to assess 
System Stability and any risks of SOL/IROL exceedance. Operating Plan should be in place to mitigate risks of 
entering into a system condition that is not studied prior to real-time operation. These plans may include a 
methodology to determine conservative and temporary limits, system reconfiguration, curtailing schedules, 
generation redispatch, and load shedding.  

In the absence of performing real-time stability studies, procedures should be put in place to minimize the 
risk of occurrence of an “unknown operating state”. These conditions pose unacceptable risks of Instability 
since the operator does not know whether the next contingency will result in System Instability. These 
conditions should be mitigated, namely by: 

• Performing studies to allow SOL/IROL calculations to consider planned outages and potential forced 
outages (minimum N-1) for the set of relevant contingencies, given System conditions and possible 
mitigation actions  

• Providing the operator with an adequate set of proxy values for limits that cannot be properly 
evaluated in real-time (i.e., prepare for N-1-1 with adequate limits or operating procedures) 

• Having an Operating Plan to address potential SOL/IROL exceedances and potentially credible system 
configurations without known limits  

• Having a procedure to return to a secure state with known limits and/or to address unforeseen 
conditions based on the experience and knowledge of the system 
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Figure 1.4: Status of System Limits for Various System Configurations 

Non-Consequential Load Loss in TPL Studies vs. IROL Load Loss Criterion 
Non-Consequential Load Loss in Table 1 of TPL-001-4 for Planning Assessments is used as one of several corrective 
actions available to the PC or TP to meet performance requirements for P1 – P7 Planning Event Contingencies. 
Non-Consequential Load Loss and Consequential Load Loss are defined in the NERC Glossary as: 

• Non-Consequential Load Loss: Non-Interruptible Load loss that does not include: (1) Consequential Load 
Loss, (2) the response of voltage sensitive Load, or (3) Load that is disconnected from the System by end-
user equipment. 

• Consequential Load Loss: All Load that is no longer served by the Transmission system as a result of 
Transmission Facilities being removed from service by a Protection System operation designed to isolate 
the fault. 

Non-Consequential Load Loss is intentionally invoked to mitigate a performance violation, and is planned ahead 
of time. The application and differentiation of Non-Consequential vs. Consequential Load Loss is applicable to TPL 
assessments; however, it is not applicable to requirements specified in the SOL Methodology related to Instability, 
Uncontrolled Separation, or Cascading. Load loss for these types of events (other than planned actions such as 
RAS) are uncontrolled or unintended. While SOLs are established to mitigate the potential loss of load, an IROL 
should be established when that load loss exceeds some unacceptable level (or is not quantifiable due to System 
Instability) based on the SOL Methodology.  
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Operating Limit Margin and Defining IROLs 
The preceding discussion uses the term “margin”, referring to the margin applied to operating limits; however, 
this term is not defined in the NERC Glossary of Terms. Operating limit margin applied to SOLs can be defined as:  
 

Operating Limit Margin: a value or range applied to a System Operating Limit  
 
An SOL (or IROL) is a limit that is provided to, and monitored by, the operator such that appropriate action can be 
taken to return the system to within the SOL or IROL within a pre-determined amount of time based on the 
Operating Plan. Operating directly up to the SOL (or IROL) may not provide the operator with sufficient flexibility 
and time to take corrective action to alleviate an exceedance. Therefore, an operating limit margin may be applied 
to provide this capability. It may be deemed a reliability risk to operate up to the point of System Instability, or 
unacceptable levels of Uncontrolled Separation or Cascading for credible contingencies, and therefore an 
operating limit margin is applied to ensure corrective action is taken prior to surpassing the limit. 
 
The utility industry has adopted various conventions for establishing IROLs. While each RC can establish its own 
methodology and associated naming conventions for establishing IROLs, this has created confusion in the industry 
when discussing IROLs, the establishment of IROLs, and Operating Plans for managing system conditions within 
IROLs. To address this potential source of confusion, the NERC MEITF developed a framework, or set of naming 
conventions, for which IROLs can be discussed. This framework provides a common platform for RCs, in 
coordination with their stakeholders, to establish IROLs and ensure transparency and understanding on what the 
limits being derived, established, and put into operation mean.  
 
Figure 1.5 illustrates different ways in which IROLs may be 
established, and how these different IROLs generally relate 
to one another. The Actual IROL should be the highest limit 
and reflects the actual point of System Instability, or 
unacceptable levels of Uncontrolled Separation or Cascading 
(if the critical contingency were to occur) for the given 
system conditions encountered in real-time. The Real-Time 
IROL (No Margin) and Pre-Determined IROL (No Margin) 
should be relatively close to each other, with the pre-
determined limit slightly higher based on conservative 
assumptions. The Real-Time IROL (No Margin) should also be 
close to the actual IROL for most cases. The Real-Time IROL 
(with Margin) and Pre-Determined IROL (with Margin) are 
some value less than their respective unmargined values. 
Operating alarms may exist below these limits to mitigate or 
minimize the exceedance of any of these limits.  
 
The following definitions describe each of these types of 
established IROLs: 
 

• Pre-Determined IROL (No Margin): This is a pre-determined IROL, studied one or more days prior to real-
time that is provided to the system operator. Not accounting for margin, this marks the studied limit in 
which exceedance of this limit would result in System Instability, or unacceptable levels of Uncontrolled 
Separation or Cascading if the initiating contingency were to occur. Entities are required to identify this 
as an IROL pursuant to the definition of IROL (i.e., operating limit that will cause 
widespread/interconnection reliability risks if exceeded and the critical contingency were to occur). 

 

Figure 1.5: Visualization of IROL Terminology 
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• Pre-Determined IROL (with Margin): This limit includes operating margin to keep the system from being 
operated too close to the Pre-Determined IROL (No Margin). Operating margin is often used as a 
conservative approach to account for uncertainties (e.g., modeling assumptions, transfers, etc.) and 
differences between the studied conditions to set the IROL and the impending system conditions faced in 
real-time. Entities may or may not identify this as an IROL based on their own operating practices. 

• Some entities treat the pre-determined IROL with margin as the operating IROL, and their system 
operators are expected to take action within the respective Tv to get below this limit. Other 
entities may define pre-determined IROL with margin as an SOL, and have Operating Plans to 
mitigate exceeding this limit; however, these plans will generally not include shedding load pre-
contingency. In the case of defining the margined IROL as a SOL, a higher IROL should be well 
understood and documented to account for the Pre-Determined IROL (No Margin) that has a 
respective Tv since the defined SOL does not have this time component associated with it. 

• Real-Time IROL (No Margin): This is the IROL determined in near real-time and provided to the system 
operator. Not accounting for margin, this marks the studied limit in which exceedance of this limit would 
result in System Instability, or unacceptable levels of Uncontrolled Separation or Cascading if the critical 
contingency were to occur. Since this IROL calculated near real-time does not include a margin and is using 
the most up-to-date system conditions to derive the limit, it should closely reflect the actual IROL for 
those conditions. This IROL derived in near real-time may differ from the Pre-Determined IROL (No 
Margin) due to expected differences between offline study and real-time conditions.30  

• Real-Time IROL (with Margin): This point is also determined in near real-time and includes some 
operating margin to keep the system from being operated too close to the Real-Time IROL (No Margin). 
Operating margin is often used as a conservative approach to account for uncertainties in the tool (e.g., 
modeling assumptions, simulated stressing patterns, etc.). Entities may or may not identify this as an IROL 
based on their own operating practices, similar to the pre-determined IROL (with margin). 

• Actual IROL (After-the-Fact Analysis): In general, the system is operated within the IROL provided to the 
system operator, either determined prior to real-time or near real-time. However, each operating 
condition has an actual IROL that is a function of system conditions, topology, power transfers, etc. The 
actual IROL value may not be accurately determined until that prevailing real-time system condition is 
evaluated in detail. This point corresponds to an operating state where the reliability of the BPS would be 
put at risk according to the definition of IROL if the given contingency(ies) were to occur. It is recognized 
that the Actual IROL may differ between after-the-fact analysis and the pre-determined or near real-time 
IROL.  

• After-the-fact analysis of the Actual IROL is performed using a state estimate solution and set of 
credible contingencies to determine the actual point of Instability or unacceptable Uncontrolled 
Separation and Cascading.  

• IROLs provided to the system operator should be equal to or more conservative (lower) than the 
Actual IROL for that condition. If after-the-fact analysis shows that the Pre-Determined IROL is 
higher than the Actual IROL for those conditions, the SOL Methodology should be reviewed to 
ensure these types of conditions do not occur in the future.  

                                                           
30 In rare instances, real-time tools used to determine the Real-Time IROL (with or without margin) may become inoperable. In these cases, 
the operating limit would revert to the Pre-Determined IROL (with or without margin) determined one or more days in advance. During 
this time, if the Pre-Determined IROL is exceeded, it should be reported accordingly.  
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• Operating Alarm: Entities may choose to trigger an alarm for operating conditions that could occur prior 
to reaching the Pre-Determined IROL or Real-Time IROL (either with or without margin) conditions, and 
often take all available actions other than pre-contingency load shedding to avoid an IROL exceedance. 
The operating alarms give operators situational awareness, flexibility, and time to execute Operating 
Plans, which helps mitigate an exceedance of the operating IROL provided to the system operator. 

The development and application of an operating limit margin is performed when defining the SOL or IROL. If 
margin is applied to an SOL or IROL, that limit is then provided to the operator with its respective classification as 
an SOL or IROL. However, different entities may treat how they incorporate operating limit margins into their 
determination of SOLs and IROLs as well as how they develop their Operating Plans. For example, one RC may 
establish the IROL as the actual point of System Instability without a margin. They may then establish a SOL that 
includes an operating limit margin in front of that IROL such that an Operating Plan and associated actions are 
taken to minimize or mitigate the potential of an IROL exceedance. Another entity may not use an operating limit 
margin applied to the IROL itself; however, they may take mitigations steps as part of their Operating Plan as the 
IROL is approached. Another utility may determine the point of System Instability and apply an operating limit 
margin to that point, and then call this IROL with operating margin for their system. Both determinations and 
classifications of IROLs are acceptable so long as the Actual IROL is studied, identified, and addressed accordingly 
through operating procedures.  
 
While operating limit margin is a reduction in the allowable operating level or transfer capability on the system, it 
should be applied with technical basis that justifies the need for the margin from a reliability standpoint. The 
number of variables and level of uncertainty the BPS deals with on a continuous basis necessitates some operating 
limit margin to ensure Reliable Operation. The established limits and associated operating limit margins applied 
to them ensure that the system is not operated in a state where equipment loss of life, personnel safety, and 
undue risk of System Instability, or unacceptable levels of Uncontrolled Separation or Cascading may occur.  
 
Note that the addition (or removal) of operating limit margin does not affect the Tv for IROLs. The IROL Tv concept 
to return to within secure operating conditions in a timely manner is decoupled from the use of operating limit 
margin. The IROL Tv timer starts when the IROL limit has been exceeded, regardless of whether operating limit 
margin is applied to the IROL.  
 
In practice, operating limit margins are applied based on the type of SOL (or IROL) being developed: 
 

• Thermal-Based SOLs (or IROLs): Thermal-based SOLs (or IROLs) typically do not use an operating limit 
margin because the industry has generally moved towards time-based Facility Ratings that provide 
sufficient time for operators to take corrective action to mitigate overloads (i.e., 30-minute, 4-hour, or 8-
hour thermal ratings). The inverse time-current relationship cannot be ignored since the development of 
the ratings incorporates these time aspects into the operating limits (thermal constraints) on the system. 
Exceedance of these limits for longer than the prescribed time duration may result in loss of life of the 
equipment. The RC and/or TOP should have Operating Plans in place to take action according to the 
severity of the overload and the time component associated with the Facility Rating. System Elements are 
not expected to remain within the 24-hour Normal Ratings following a contingency event; however, the 
Emergency Ratings should provide sufficient time for operators to take action according to their Operating 
Plans. Some RCs may use very short time duration limits (e.g., 5-minute ratings) with only enough time to 
disconnect load (“load dump rating”) to mitigate the overload.  

• Voltage Stability IROLs: Voltage stability IROL limits can take different forms. As an example, the IROL 
may be based on a P-V curve as shown in Figure 1.6. The point of System Instability occurs for this interface 
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at 6787 MW. However, a 200 MW operating limit margin31 is applied on the interface so the IROL with 
operating limit margin is 6578 MW.  

 

 

Figure 1.6: Example Margin Applied to P-V Curve 
 [Source: PJM] 

 
• Transient Stability IROLs: Transient stability IROLs often include some level of margin, typically applied to 

an interface MW transfer or set of generator outputs, for example. Operating margins applied to transient 
stability IROLs are used to account for a number of uncertainties or assumptions built into the studies 
such as studied load level, transfers, generation dispatch, etc., particularly for offline studies. Similarly, 
online study results may be computed with limited periodicity, causing a similar issue. Operating limit 
margin should be applied to transient stability IROLs (and SOLs) due to the complexity of transient stability 
simulations and the correlation to operating conditions (i.e., power transfers, unit dispatch, control set 
points, etc.). 

 
In addition to the application of an operating limit margin, “margin” may also be applied in other ways during the 
development of a SOL, including: 
 

• Conservative study assumptions: Every power system simulation is a numerical representation of a 
potential system state. The models, study assumptions, limits, and other factors in the study contain some 
form of conservative margin. For example, the studied system conditions may not match the actual system 
conditions that occur, and a more conservative operating point may be studied to ensure the bookend 
condition maintains stability (i.e., the less severe conditions should also maintain stability). Similarly, the 
selection of models or limits within the simulation can incorporate small margins built into the 
simulations. Likewise, the fault duration may be slightly extended (e.g., 3 cycle clearing studied as 4 cycle 
clearing) to ensure rotor angle stability for any breaker clearing time uncertainty. While these assumptions 
are a form of margin, they not generally considered an operating limit margin from a practical standpoint; 
however, they may add some amount of safety margin to the study results. As near real-time conditions 
approach, the use of conservative assumptions should reduce – these study assumptions can be more 
accurately modeled to represent a more realistic representation of the expected operating state. For 

                                                           
31 The operating limit margin captures any uncertainties associated with large interfaces such as variance between studied and actual 
system conditions, unexpected contingency events, and un-modeled controls. 
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example, the conservative assumptions used in deriving transient stability limits can be “layered” to add 
robustness to the calculated limit, including: 

o Using post-fault transient voltage response criteria instead of the point of unit Instability  
o Studying unit Instability and oscillation damping at lower demand levels  
o Minimizing the number of partially loaded units (modeling units at or near max load) 
o Using a load characteristic with the least inherent damping (i.e., component of constant power 

loads, no motor load modeled, etc.) 
o Model units at as low a reasonable reactive output as possible (to reflect potential stability 

impacts of operation at leading or low lagging reactive power output) 
o Model the system voltage profile as high as is reasonable or possible to push on-line units toward 

leading operation 
o Model transfers on adjacent interfaces at potential maximums, for transfer-based stability limits 
o Modeling automatic reclosing, where present, due to reclosing into a permanent fault potentially 

causing Instability 
• Study criteria: The criteria for which simulation results are deemed acceptable or unacceptable can, and 

often do, apply a margin. This margin ensures that a stable post-contingency operating state can be 
achieved for the study assumptions made and simulations performed.  

o For example, an oscillation damping criteria with margin applied may be used since unknown or 
un-modeled variables are not captured in the study simulations. Marginally damped conditions 
(i.e., near 0% damping ratio) may not be an acceptable post-contingency operating state since an 
equilibrium is not achieved. The time necessary to reach a new stable equilibrium operating state 
may be too long and unacceptable from a reliability standpoint.  
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Chapter 2: Classification of Power System Stability 
 
IEEE and CIGRE define power System Stability for an interconnected bulk power system such as those in North 
America as: 
 

“Power System Stability is the ability of an electric power system, for a given initial operating 
condition, to regain a state of operating equilibrium after being subjected to a physical 
disturbance, with most system variables bounded so that practically the entire system remains 
intact.” 

 
This is differentiated from other types of stability such as stability of a particular generator or groups of generators 
(unit stability) and stability of a particular load or load areas (local load stability). For example, an individual unit 
may lose synchronism with the rest of the system without causing any Instability of the interconnected system. 
Similarly, end-use motors may stall or trip on low voltage without causing Instability of the interconnected system.  
 
System Stability and the analysis of stability can be characterized by three distinct steps [CIGRE/IEEE]: 
 

• Pre-Disturbance Equilibrium: System equilibrium implies that system variables (voltages, currents, phase 
angles, etc.) are balanced and the system operates around a point of convergence. Stability of the system 
is strongly affected by the system operating point prior to any disturbance occurring on the system. If the 
system is stressed beyond a certain level, it may not be able to withstand critical disturbance events and 
therefore be unable to regain a state of equilibrium following the contingency. System voltages, reactive 
power margins, transfer levels, transformer tap settings, system topology, and many other variables are 
indicators of the pre-disturbance equilibrium (operating point) of the system.  

• Disturbance (Contingency) Event: Disturbances, in terms of stability analysis, are often characterized as 
either large disturbance (e.g., faults, generator trips, load rejections, etc.) or small disturbance (e.g., load 
variations). Different stability analyses address whether the system is able to withstand both the large 
and small disturbances such that the system is able to regain a new state of equilibrium following these 
disturbances. Large disturbances can be a discrete event such as loss of large generators or loads. Other 
events may have a time duration associated with them such as short circuit fault conditions and the 
system must withstand the duration of these events as they occur (e.g., until protection systems are able 
to remove the event from the system). Small disturbances, while continuously occurring on the system, 
should not lead to Instability of the interconnected system such as undamped oscillations or voltage 
collapse. 

• Post-Disturbance Equilibrium: After an event, system dynamics are studied and the motion or response 
of the system is characterized by various criteria to determine the level of stability achieved by the system 
for the specified initial equilibrium point and the triggering disturbance. If the trajectory of the system 
remains within a viable operating range allowing the system to regain a state of equilibrium, the system 
is considered stable. If the trajectory crosses the boundary of viable operating conditions and unable to 
regain a new equilibrium point, then the system is considered unstable. Discrete, controlled actions may 
occur to ensure that the system stays within a viable operating region (e.g., remedial action schemes; 
automatic controls at generators, loads, and transmission equipment; HVDC controls; fast-switched 
devices; and other actions). When the system exceeds the boundary of viable operating conditions, 
software tools may not be able to determine the extent of system conditions since they are unable to 
numerically determine an operating point. This situation is discussed in length throughout this document. 
In other cases, actions prior to reaching this unviable operating point can occur and can be studied to 
identify how the system will respond and if a new equilibrium point will be achieved. Planning and 
operating criteria should be in place to identify if actions taken to reach a new equilibrium point (e.g., 
excessive load loss, transmission switching, generator tripping, etc.) ensure a reasonable level of 
reliability.  
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Overall power System Stability is generally discussed as one concept. However, due to the complexity and large 
number of variables in a typical power system, power System Stability is often classified by categories or types of 
stability. Figure 2.1 shows a framework developed by IEEE/CIGRE and further elaborated upon by the NERC MEITF. 
Categories of stability are based on the physical phenomena that can result in System Instability. These categories 
are further broken down into sub-categories often based on the timeframe for which these instabilities could 
occur (e.g., short-term vs. long-term). Each distinct sub-category of stability is then categorized by the types of 
tools and/or techniques used to study that particular type of stability. Classification of the different types of 
stability and their assessment is discussed in more detail below. 
 

 
 

Figure 2.1: Classification of Power System Stability  
[Source: Adapted from IEEE/CIGRE ©2003] 

  
Rotor Angle Stability 
IEEE/CIGRE defines rotor angle stability as: 
 

“Rotor angle stability refers to the ability of synchronous machines of an interconnected power system to 
remain in synchronism after being subjected to a disturbance. It depends on the ability to 
maintain/restore equilibrium between electromagnetic torque and mechanical torque of each 
synchronous machine in the system. Instability that may result occurs in the form of increasing angular 
swings of some generators leading to their loss of synchronism with other generators.” 

 
Rotor angle stability is an electromechanical phenomena involving the equilibrium between the mechanical input 
torque and electromagnetic output torque of each generator, and how generators balance the torque-speed 
relationship across the system. Rotor angle Instability occurs when the system cannot absorb a sufficient amount 
of kinetic energy as generator speed increases. Changes in the electromagnetic torque of a machine are often 
broken into two components:  
 

• Synchronizing torque: component of torque in phase with the rotor angle deviation; insufficient 
synchronizing torque results in aperiodic rotor angle deviation Instability 
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• Damping torque: component of torque in phase with the speed deviation; insufficient damping torque 
results in growing oscillatory behavior 

 
Instability results in the loss of synchronism of a single machine with the rest of the system, or between groups of 
machines within the system. Each type of rotor angle Instability should be avoided to maintain continuity of the 
BPS generation and to protect the electric machine; however, each has its own level of severity from a BPS 
reliability perspective.  
 
Rotor angle Instability is typically separated into two categories of analysis: transient stability and small signal 
stability as discussed in the following subsections. 
 
Transient Stability 
IEEE/CIGRE defines transient stability as: 
 

“Transient stability is concerned with the ability of the power system to maintain synchronism when 
subjected to a severe disturbance, such as a short circuit on a transmission line. The resulting system 
response involves large excursions of generator rotor angles and is influenced by the nonlinear power-
angle relationship.” 

 
Transient stability is commonly referred to as “large disturbance” angular stability since it relates to the ability of 
synchronous generators to maintain synchronism during large rotor angle swings when the system is subjected to 
large disturbances. Instability typically manifests as first swing Instability where a generator, or group of 
generators, disconnects due to lack of synchronizing torque. It can also manifest due to the combination of 
multiple system modes such as inter-area and local modes causing Instability after the first swing.  
 
Stability of a given dynamic system is predominantly driven by the severity of the disturbance, system 
characteristics, as well as the initial operating condition prior to the disturbance. More severe disturbances cause 
larger angular excursions and the planning paradigm today is to ensure system reliability under reasonable, 
credible contingencies that may result in Instability. The system is considered stable if it can regain a state of 
equilibrium following the disturbance and the dynamic response of the system, while maintaining continuity of 
practically all generators on the system.  
 

Table 2.1: Transient Stability Analysis Characteristics 

Consideration Description 

Analysis Timeframe 
3-5 seconds 

Up to 30-60 seconds when dominant low frequency, inter-area modes are a concern 

Analysis Tools & 
Methods Transient stability software – rotor angle monitoring, damping criteria 

Instability Impacts Localized or widespread angular Instability – tripping of generation and transmission 
circuits, operation of RAS, etc.  

Containment 
Considerations 

Rotor angle Instability results in simulation outcomes that are not representative of 
actual system behavior if unstable machines are not dealt with, and should be 

accounted for during assessment 
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Small Signal Stability 
IEEE/CIGRE defines small signal stability as: 
 

“Small signal stability is concerned with the ability of the power system to maintain synchronism under 
small disturbances. The disturbances are considered to be sufficiently small that linearization of system 
equations is permissible for purposes of analysis.” 

 
Small signal stability is commonly referred to as “small disturbance” stability since it relates to the ability of the 
system to remain synchronized during small disturbances that continuously occur during normal operation of the 
grid. Small signal Instability can manifest as either an aperiodic growth in rotor angles due to lack of synchronizing 
torque or growing rotor angle oscillations due to insufficient damping torque. Insufficient damping torque is more 
commonly experienced in large, modern power systems. Similar to transient Instability, small signal Instability can 
occur at localized power plants or system-wide.  
 

• Localized small signal Instability is due to a local plant mode being unstable. This is typically caused by 
insufficient system strength in the local area, generator and plant control systems tuning, and the plant 
operating conditions.  

• System small signal Instability is due to coherent groups of generators or power plants oscillating against 
other group(s) of generators in another area. These types of oscillations are referred to as inter-area 
oscillations, and are usually well damped. However, the initial operating condition (system stress) as well 
as more complex tuning of control systems across a wide range of generators can affect small signal 
stability.  

 
Table 2.2: Small Signal Stability Analysis Characteristics 

Consideration Description 

Analysis Timeframe Steady-state pre- and post-contingency operating conditions 

Analysis Tools & 
Methods Eigenvalue analysis; transient stability simulations (Prony analysis) 

Instability Impacts Local unit Instability (local modes), wide area Instability (inter-area modes), 
excessive power swings, large-scale outages 

Containment 
Considerations 

Local unit Instability may be demonstrated to be contained; wide-area Instability 
impacting a large portion of interconnection hard to differentiate impact or 

containment 

 
 



Chapter 2: Classification of Power System Stability 
 

NERC | Methods for Establishing IROLs | December 2017 
37 

 
 
 
  

August 10, 1996 WSCC Disturbance 
Small signal Instability played a key role in the August 10, 1996 disturbance in the Western Interconnection 
(then Western Systems Coordinating Council (WSCC)). A number of transmission elements including lines and 
shunt capacitors were forced out of service due to fault events, causing significant reactive demand on 
generation in the area. When the Ross-Lexington 230 kV line tripped at 1547 PDT, local reactive generation 
support was also tripped and power transfers were shifted to adjacent paths. This shift in power further 
resulted in increased reactive demand on the McNary hydro generators, resulting in their tripping. At this 
point, power oscillations became negatively damped as the Pacific Northwest hydro began to oscillate against 
other generators on the system. These oscillations grew until 1,000 MW and 60 kV swings were experienced 
on the interties and distance protection and out-of-step protection caused unplanned system separations. 
Figure 2.2 shows the growing power oscillations on the California-Oregon Intertie during the event as well as 
the simulated response of the same event, stressing the need for representative dynamic models to study 
these types of phenomena. 
 

 

Figure 2.2: Power Oscillations for the August 10, 1996 WSCC Disturbance 
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Frequency Stability 
IEEE/CIGRE defines frequency stability as: 
 

“Frequency stability refers to the ability of a power system to maintain steady frequency following a 
severe system upset resulting in a significant imbalance between generation and load. It depends on the 
ability to maintain/restore equilibrium between system generation and load, with minimum unintentional 
loss of load. Instability that may result occurs in the form of sustained frequency swings leading to tripping 
of generating units and/or loads.” 

 
Frequency stability is a more prominent reliability risk for smaller electrical interconnections or islanded systems. 
Larger interconnections such as the Eastern and Western Interconnection do not exhibit significant frequency 
stability concerns unless island conditions under severe contingencies are being considered. Systems such as the 
Texas and Quebec Interconnections may experience situations where frequency response and rate of change of 
frequency are more of a concern to mitigate the use of underfrequency load shedding (UFLS). Other low inertia 
systems such as the Ireland and Hawaiian grids may deal with frequency stability limitations more directly due to 
their limited size and isolation from other large networks.  

The amount of synchronous inertia and the rate of change of frequency are key factors for frequency stability. A 
higher synchronous inertia (e.g., Eastern Interconnection) will hinder or deter large, fast changes in frequency. 
This provides more time for primary frequency response such as governor response to respond to the changing 
grid frequency. Conversely, systems such as the Texas and Quebec Interconnections with lower synchronous 
inertia may be faced with a faster rate of change of frequency under certain conditions of low synchronous inertia 
and may need to take preventative measures to ensure frequency stability. 

Frequency stability can also be impacted by coordination, timing of controls, and sufficiency of reserves to deploy. 
A continuum of frequency responsive reserves and controls should be used to ensure stable recovery of frequency 
following large changes in the generation-load balance. Plant-level controls should not withdraw response when 
frequency is still low and should be biased to account for these conditions. Ensuring sufficient amounts of 
frequency response reserve at the Balancing Authority level ensures widespread support to grid frequency 
recovery under abnormal, degraded frequency conditions.  

While longer-term frequency stability analysis is a classification of frequency stability, it is typically not studied for 
larger interconnected systems. This timeframe includes complex interactions between turbine speed controls, 
boiler or reactor protection and controls, and other longer-term controls typically not modeled in dynamic 
simulation tools. Conversely, short-term frequency stability is a key factor particularly in the situation of islanding. 
When planned or unplanned islands are formed on the grid, the balance of generation and load in those new 
islands will determine if the island can regain a stable operating point. If the amount of frequency responsive 
resources are insufficient to mitigate the imbalance, the island may risk frequency Instability. Frequency stability 
is often involved, to some degree, in determining whether the system will retain stable islands or whether 
widespread outage will occur following other forms of Instability, Cascading outages, or Uncontrolled Separation. 
However, as mentioned, in larger interconnected power systems, frequency stability is usually not a key 
contributor to the instigating event.  

Lastly, frequency stability is affected by the relative size of the resource loss considered for a given 
interconnection. For example, a 3500 MW loss of generation will have a significantly different impact on a large 
interconnected system such as the Eastern Interconnection than it will on a smaller interconnected system such 
as the Texas or Quebec Interconnections. The largest credible contingency studied from a frequency response 
perspective is different for each interconnection but driven by reasonable or expected events that could occur, 
resulting in a large loss of generation. One mitigating measure that some interconnections have used as a form of 
frequency stability protection under low inertia conditions is limiting the dispatched generation to reduce the size 
of the largest credible contingency.  
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Table 2.3: Frequency Stability Analysis Characteristics 

Consideration Description 

Analysis Timeframe Seconds to minutes 

Analysis Tools & 
Methods 

Transient stability simulation, governor powerflow simulation; monitoring bus 
frequencies 

Instability Impacts Activation of UFLS, system islanding, unexpected turbine-generator tripping, 
frequency-sensitive load tripping, large-scale outage 

Containment 
Considerations 

Generator ride-through; UFLS as proxy for frequency Instability protection; no clear 
boundary of containment when frequency Instability occurs; 

 

Voltage Stability 
Prabha Kundur defines voltage stability as: 
 

“Voltage stability is the ability of a power system to maintain steady acceptable voltages at all buses in 
the system under normal operating conditions and after being subjected to a disturbance. A system enters 
a state of voltage Instability when a disturbance, increase in load demand, or change in system condition 
causes a progressive and uncontrollable drop in voltage. The main factor causing Instability is the inability 
of the power system to meet the demand for reactive power.” 

 
Voltage stability is tightly linked with the other forms of stability. For example, inter-area oscillations between 
groups of machines will cause voltage fluctuations at intermediate points across the system, largest somewhere 
near the electrical midpoint. As these oscillations grow towards 1800, voltages will begin to rapidly decline due to 
the rotor angle Instability and potential cause a fast voltage collapse. Generally, the analysis and characterization 
of voltage Instability excludes these interactions or conditions where the decrease in voltage is driven by angle 
Instability. 
 
The most common outcome or system response of voltage Instability is the decline of bus voltages. As reactive 
power support diminishes or becomes inadequate, the electric fields cannot be sustained and voltage drops. 
Therefore, it is typical to discuss voltage stability considerations and reactive power support as a single concept. 
Changes in voltage and reactive support requirements are driven by specific system characteristics, dynamic and 
static reactive resources, control systems and limiters, and considerations for operator actions to support voltage. 
While low voltage is generally the focus for voltage collapse, overvoltage issues could result in Instability and this 
has occurred on at least one system32. Also considered is the concept of fault induced delayed voltage recovery 
(FIDVR), where the stalling of single-phase air conditioners can result in sustained low voltages and potential 
overvoltage due to load tripping.  
 
Voltage response and voltage stability can impact transmission and generation elements and cause inadvertent 
tripping of these system elements. Generator over-excitation (and under-excitation) limiters will eventually limit 
the amount of reactive current synchronous machines can provide. Sustained low voltage may cause generator 
auxiliary loads to trip and subsequently trip the generating resource. Similarly, severe low voltages may cause 
end-use load tripping and other non-linear control actions to occur. 

                                                           
32 T. Van Cutsem and R. Mailhot, “Validation of a Fast Voltage Stability Analysis Method on the Hydro-Quebec System”, IEEE Trans. on 
Power Systems, Vol. 12, No. 1, pp. 282-292, February 1997. 
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The analysis of voltage stability is often classified according to the timeframe in which the Instability may occur, 
generally broken down into steady-state (long-term), mid-term, and transient (short-term) voltage stability. These 
timeframes are based on the devices, processes, and phenomena that dominate the system response. These are 
described in more detail in the following subsections. 
 
Transient (Short-Term) Voltage Stability 
Transient voltage stability refers to the ability of the BPS to support system voltages by maintaining adequate 
dynamic reactive power support following large disturbances. Typically, this timeframe captures up to 30 seconds 
after the disturbance. During the transient timeframe, voltage stability is predominantly determined by dynamic 
MVAR availability because the short-term reactive capability of synchronous generators is typically significantly 
higher than their continuous capability. The changing resource mix is causing a renewed focus on transient voltage 
stability since inverter-based resources due not inherently have this capability and are limited by the short-term 
capability of the inverters (typically 110-120 percent of nominal rating) and current is limited by controls and 
protection. In addition, induction motors at the distribution level, especially single-phase residential air 
conditioners, may stall and consume large amounts of reactive power (up to around 7-8 times rated demand) and 
are subsequently tripped by thermal protection between 3-20 seconds after stalling. 
 
In the short-term timeframe, the following controls and devices should be represented, as appropriate: 

• Generator automatic voltage regulators (AVR)  
• AVR over-excitation and under-excitation limiters (where applicable, depending on design) 
• Generator turbine-governor controls, HVDC controls, and other fast-acting FACTS controls effects 
• Generator voltage protective relay settings 
• Transmission protective relays that may respond to low voltages or high reactive power flows 
• Remedial Action Schemes (RAS) 
• Under-voltage Load Shedding (UVLS) 
• Dynamic load characteristics including the effects of induction motor loads 
• Fast switching automatic shunt devices 

 
Short-term voltage Instability can be adequately studied with dynamic stability tools with accurate load models 
and models of protection and control devices. Although the undervoltages and overvoltages are transient, it is 
important to study this timeframe since in severe situations they result in generator trips, transmission relay trips, 
and under-voltage load shedding that would not be captured in steady-state studies. Additionally, the 
coordination of RAS’s, UVLS schemes, and other protection and controls requires the insights that can be gained 
only from dynamic stability analysis. 
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July 29, 1995 Phoenix FIDVR Event 
During peak summer conditions on July 29, 1995, the Phoenix area experienced a significant delayed voltage 
recovery event, referred to as FIDVR. A delayed clearing fault on a 230 kV capacitor bank resulted in five 230 
kV lines to trip immediately and two more 230/69 kV transformers tripped three seconds later. Residential 
voltages fell to 58 VRMS and it took approximately 20 seconds for voltages to recover. However, nearby nuclear 
units were able to rapidly increase their reactive output to very high levels to prevent voltage collapse. 2100 
MW customer load, primarily single-phase air conditioners, disconnected on thermal protection. As a result, 
one nuclear unit went from 600 MVAR lagging to 200 MVAR leading over a short timeframe. This type of 
voltage stability is studied using dynamic stability analysis tools since steady-state tools do not capture 
dynamic load performance, capability of nearby generators to rapidly increase reactive output, or protection 
and control devices that may operate. 
 

  
Figure 2.3: Short-Term Voltage Stability (FIDVR) Event in Phoenix Area 

[Source: Voltage Stability for Undergraduates, Carson Taylor] 
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July 2, 1996 WSCC Disturbance 
The 1996 July 2 WSCC disturbance was initiated by the loss of two 345 kV transmission circuits due to a single 
phase fault and relay misoperation. The loss of these lines correctly initiated a RAS that tripped 1040 MW of 
generation; however, a poorly calibrated zone 3 relay also tripped a 230 kV line. 10 seconds after the initiating 
event, a 26 MW generator tripped on field excitation overcurrent relays. 12 seconds later, another 26 MW 
generator tripped for the same reason followed quickly by a 230 kV line tripping by zone 3 relays. Following 
the line trip, voltage began to collapse rapidly in Idaho and Oregon. Several more units tripped on field 
excitation overcurrent relays within a few seconds and multiple 230 kV lines tripped on zone 2 or zone 3 relays. 
The Pacific DC Intertie (PDCI) initially tried to maintain transfer levels by increasing line current, alleviating the 
burden on the AC system. However, the maximum current limit was reached by the PDCI and line current was 
reduced, further exacerbating the problem. Eventually, the WSCC separated into several islands through the 
action of distance relays, out-of-step relays, and RAS actions. 
 

 
 

Figure 2.4: Voltage Collapse for the July 2, 1996 WSCC Disturbance 
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Mid-Term Voltage Stability 
Mid-term voltage stability refers to the ability of the BPS to transition from the transient timeframe (less than 30 
seconds) to the multiple minute timeframe, during which system load and generator response should have 
stabilized. During this period, numerous factors are in play. Load tap changing (LTC) bulk transformers in automatic 
mode are actively returning their low side bus voltages to scheduled value after the tap changing mechanism 
begins acting, usually in the 30 to 60 second timeframe. These devices typically have a tap step time delay of 
around 5 seconds between distinct tap steps. Distribution voltage regulation, commonly found at the distribution 
stations as either bus or feeder regulating transformers with automatic LTCs, will begin returning customer voltage 
to desired levels with similar actuation and time delay timeframes. Shunt reactive devices, such as transmission 
or distribution capacitors or reactors, may be switched using automatic controls to return voltage to within a 
voltage threshold; these controls may be fast-acting, and start within the transient time frame (5 to 15 seconds), 
or may have longer time delays and start responding in the 30-60 second timeframe or longer. Ideally, the TOPs 
and DPs have coordinated the response of these system elements at the transmission and distribution, 
respectively, to utilize the various reactive elements in a specific manner.  
 
While voltage is being restored through the use of these devices, generators and dynamic reactive devices (e.g., 
SVCs and STATCOMs) are actively trying to control to scheduled set point voltage. Reactive current limiters on 
generators may act in this timeframe, limiting generator reactive output to within the continuous range. Limiters 
may allow field voltage or field current to be 120-160 percent 
of continuous capability for a short duration in the transient 
timeframe; however, this typically reduces in the long-term 
closer to continuous capability. Figure 2.5 shows an 
illustration of an inverse-time characteristic over-excitation 
limiter where the allowable time duration depends on the 
magnitude of the high field voltage or field current.  
 
Voltage Instability arises in this timeframe when system 
reactive demands cannot be met by dynamic and static 
reactive resources with the applied control schemes (e.g., 
automatic generator controls, dynamic reactive resource 
control, controlled shunt devices, and LTCs) and unacceptably 
low voltage or voltage collapse ensues. Generator terminal 
voltages should be monitored to identify plants that could 
exacerbate the problem due to unintended tripping by 
auxiliary systems. These help identify useful sensitivity 
studies to perform for deeper defense in depth. 
 
Mid-term voltage stability is typically examined using dynamic stability analysis tools. In addition to the models 
used for transient stability analysis, models for any automatic LTCs (bulk and distribution), generator over-
excitation limiters, appropriate dynamic load models, automatic switching controls for any switched shunt 
elements, and protection schemes that may act in this timeframe (e.g., line relays, local RAS, generator under-
voltage protection (commonly on distribution-connected generation), and active UVLS schemes) should also be 
considered. While this timeframe of analysis is not common due to the complex modeling requirements, it is an 
effective technique to determine if the system can successfully transition to the long-term voltage stability 
timeframe where other techniques can be used to determine system performance.  
 

 
Figure 2.5: Inverse-Time Characteristic Over-

Excitation Limiter 
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Steady-State (Long-Term) Voltage Stability 
Long-term voltage stability refers to the system’s ability to maintain steady voltages once a new operating state 
is reached, typically well beyond the transient and mid-term timeframes. During the long-term timeframe, voltage 
stability is predominantly driven by the system reaching a new steady-state operating point following LTC and 
voltage regulator action to return voltages to within acceptable limits. Reactive power support from either 
dynamic or static resources is the main focus. Overall load response to changes in voltage (i.e., decreasing demand 
due to low voltage) is an important consideration and may actually have a stabilizing effect on voltage stability. 
Operator action may or may not be considered in the long-term voltage stability analysis depending on utility 
practices and whether sufficient time is available for switching static reactive devices.  
 
Since long-term voltage stability is a steady-state phenomena, stability analysis can be performed using one or a 
sequence of powerflow simulations. These simulations approximate limiters by enforcing generator reactive 
power limits and approximate distribution voltage regulator and tap changer action by assuming constant power 
loads. A major advantage of power flow studies for long-term voltage stability analysis is that there are well 
established techniques that provide a measure of the margin to Instability, including techniques such as P-V and 
V-Q analysis. These studies are not intended to capture dynamic phenomena such as induction motor stalling, 
large voltage fluctuations, or activation of protective relays. 

September 23, 2003 Sweden Denmark Disturbance 
The southern Sweden and eastern Denmark systems experienced mid-term voltage Instability on September 
23, 2003. Five minutes prior to the voltage collapse, an 1175 MW nuclear power plant tripped and expected 
frequency and voltage transients ensued. All system quantities stabilized within normal operating limits. At 
12:35, a double bus-bar fault caused two 900 MW nuclear units to trip. Figure 2.6 shows that after severe 
voltage and frequency fluctuations, voltage appeared stabilized and above 95% of nominal (400kV). Frequency 
also stabilized above 99.4% of nominal (50 Hz). However, as automatic LTCs acted to increase distribution 
voltages, area loads steadily increased and transmission voltages slowly collapsed. About 97 seconds after the 
initial event, voltages collapsed resulting in system separation and load shedding. 
 

 
 

Figure 2.6: Voltage and Frequency at Odensala 400 kV Substation during Voltage Collapse [Source: IEEE] 
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In P-V analysis, system voltages are monitored as real power transfer across an interface (between a predefined 
source and sink) is increased until the power flow solution no longer converges. This analysis can be performed 
for pre-contingency conditions or post-contingency conditions by performing contingency analysis at each step. 
Figure 2.7 illustrates a typical P-V curve for pre- and post-contingency conditions. The difference between the 

initial operating point and the point at which 
the power flow fails to solve for the studied 
contingencies (the nose of the P-V curve) is 
called the P-V stability margin. Since the 
system is required to be N-1 secure, the 
post-contingency P-V margin indicates the 
distance to Instability. While the distance to 
Instability can be determined efficiently, P-
V analysis may provide limited information 
regarding how the voltage Instability 
manifests or whether it is contained to a 
localized area unless further analysis is 
performed.  
 

VQ analysis is performed to understand how variations in reactive power injection at a single bus affects the 
voltage at that bus. A fictitious synchronous condenser is placed at the bus and the voltage set point is varied. 
MVAR output of the fictitious synchronous condenser is recorded at each step in voltage set point. Similar to P-V 
analysis, this can be performed both for pre- and post-contingency conditions. Even when considering post-
contingency scenarios, the term “base case operating point” is often used to describe the point where the output 
of the fictitious synchronous condenser is 0 MVAR. The minimum MVAR point on the curve represents the 
maximum increase in load MVAR that can occur before voltage collapse occurs. The bus where reactive margin 
reaches 0 MVAR becomes the limiting element from a reactive support standpoint.  
 
Figure 2.8 shows VQ plots for stable and unstable systems. The first figure shows that an additional 170 MVARs 
could be absorbed at the bus before voltage collapse occurs. However, the second figure represents an unstable 
situation, where an additional 70 MVARs would be required for the power flow to solve. One benefit of VQ analysis 
is that it can provide the required MVAR support needed for a stable operating condition since the fictitious 
synchronous condenser can provide the necessary MVAR to reach a numerically stable operating point. However, 
a drawback is that this analysis must be performed comprehensively to determine the limiting bus or areas where 
reactive power is deficient. A VQ curve can be created at each point on a P-V curve. VQ analysis is particularly 
useful for determining the weakest buses in an area, the most effective locations to install reactive compensation, 
and how much reactive compensation is required. 
 

  
 

Figure 2.8: Example of Stable and Unstable VQ Analysis Curves [Source: PowerWorld] 

 
 

Figure 2.7: Example of PV Analysis Curves 
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Table 2.4: Voltage Stability Analysis Characteristics 

Consideration Description 

Instability Impacts Localized or widespread voltage collapse – potential tripping of generation and load 
on low voltage conditions, operation of protective relays, etc. 

Long-Term Voltage Stability 

Analysis Timeframe Steady-state (post-contingency) conditions 

Analysis Tools & 
Methods 

Powerflow contingency analysis, P-V analysis, V-Q analysis, continuation powerflow 
methods 

Containment 
Considerations 

Series of curves (quantity of curve); voltage contours on oneline to show boundary of 
Instability; modeling or protective relay action, if available; no numerical solution at 

point of collapse (excluding continuation powerflow method) – back away to last 
solved powerflow solution.  

Mid-Term Voltage Stability 

Analysis Timeframe 5 seconds up to multiple minutes 

Analysis Tools & 
Methods 

Transient stability software; time step simulation – Monitoring wide-area voltages to 
identify collapsing voltages; determination of a clear boundary of collapsing bus 

voltages 

Containment 
Considerations 

Consider actions of AVR, OEL, LTCs, phase shifters, automatic switched shunts, other 
automatic devices, RAS, protection; protective relay action, if applicable; dynamic 

load modeling 

Short-Term Voltage Stability 

Analysis Timeframe Up to 3-5 seconds 

Analysis Tools & 
Methods 

Transient stability analysis – voltage deviation monitoring, transient voltage response 
monitoring 

Containment 
Considerations 

Voltage stability results in simulation results that are not representative of actual 
values (numerical Instability); must be accounted for during assessment 
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High Frequency and Control-Related Stability 
The interaction of the electrical and mechanical components of the power system, as well as the interaction 
between control systems, is briefly introduced in this section. These topics are highly complex issues that require 
detailed studies. The consequences of these types of stabilities could result in damage of equipment or safety 
concerns and therefore are taken very seriously regardless of their classification as a SOL or IROL. 
 
Subsynchronous Resonance (SSR) and Subsynchronous Control Interaction (SSCI) 
Subsynchronous resonance (SSR) is defined33 as coincident oscillations occurring between generating resources 
and a series capacitor compensated transmission system at a natural harmonic frequency lower than the normal 
operating frequency of the electric system (60 Hz). This includes the following types of interactions: 
 

• Torsional Interaction (TI): TI is the interplay between mechanical system of a turbine generator and a 
series compensated transmission system. TI involves both the electrical and mechanical system dynamics. 
When the torsional modal frequency of a turbine generator is close to the complement of the electrical 
system natural frequency, shaft torques due to torsional interaction could be expected to build up at a 
relatively slow rate to the damaging torque levels if the negative electrical damping exceeds the inherent 
positive mechanical damping. 

• Induction Generator Effect (IGE): IGE is an electrical phenomenon in which resonance involving a 
generation resource and a series compensated transmission system results in electrical self-excitation of 
the Generation Resource at a subsynchronous frequency. IGE involves only electric system dynamics. 
When subsynchronous currents flow in the generator armature circuit, the generator appears as a 
negative-resistance circuit at the prevailing subsynchronous frequency. When this negative resistance 
exceeds the sum of the armature and network resistance at the resonant frequency, growing 
subsynchronous voltages and currents could be expected in the system and at the generator.  

• Torque Amplification (TA): TA is an interaction between Generation Resources and a series compensated 
transmission system in which the response results in higher transient torque during or after disturbances 
than would otherwise occur. TA involves a significant fault and very high energy exchange between the 
series capacitor banks and the turbine generator. Fast growing and high shaft torques could be expected 
in a typical TA event.  

• Subsynchronous Control Interaction (SSCI): SSCI is the interaction between a series capacitor 
compensated transmission system and the control system of Generation Resources. Similar to IGE, SSCI is 
also a purely electric phenomenon.  

Frequency scan and EMT level simulation are two of the most popular and effective methods for SSR studies. As 
a screening method, frequency scan calculates the frequency dependent impedance as viewed from the neutral 
bus of the generator under study and then preliminarily determines the SSR vulnerability. The EMT level 
simulation applies the detailed EMT model in time domain to determine the SSR vulnerability in more accurate 
way. 

Control Instability and Control Interaction 
The possibility of interaction between devices is very broad. Inverter-based resources may interact with each 
other, or they may interact with other power electronic devices such as HVDC ties, FACTS devices such as SVCs or 
STATCOMs, or even with non-power electronic devices such as series capacitors, switched shunts, and 
synchronous generators. 
 
Control Instability can occur due to the interaction of the fast, high gain controllers of inverter-based resources 
with the power system, with other nearby devices such as HVDC converters, SVCs or STATCOMs, or with the other 
nearby inverter-based resources. 

                                                           
33 This definition is adapted from the ERCOT definition of SSR. 



Chapter 2: Classification of Power System Stability 
 

NERC | Methods for Establishing IROLs | December 2017 
48 

 
The weaker the system is in relation to the controlled devices, the more impact each of the devices has on the 
others. In general the open loop gain as experienced by the interacting controllers is higher when they are 
connected and operated in weak AC systems, making them more susceptible to control Instability. This can result 
in undamped oscillations and/or tripping of generation resources and other equipment connected to the power 
system. Proper evaluation of control Instability in weak networks requires a suitable simulation platform, such as 
an electromagnetic transient simulation tool, that represents power electronic controls in sufficient detail to 
reflect their behavior under weak conditions. 
 
 

Table 2.5: Control Instability/Weak Grid Analysis Characteristics 

Consideration Description 

Analysis Timeframe 1-10 seconds 

Analysis Tools & 
Methods 

EMT simulation software – Transient stability analysis, monitoring voltage and 
electrical power (real and reactive) 

Instability Impacts Localized or widespread Instability – tripping of generation and transmission circuits, 
operation of RAS, etc.  

Containment 
Considerations 

Local Instability may be demonstrated to be contained; wide-area Instability may 
impact a significant portion of interconnection 

 
 
 



 

NERC | Methods for Establishing IROLs | December 2017 
49 

Chapter 3: Instability Assessment Techniques 
 
The types of stability described in Chapter 2 are inter-related both in terms of phenomena and with respect to 
determining SOLs and IROLs. When determining whether a potential Instability condition warrants the 
establishment of an IROL, each stability assessment should consider the specific circumstances and characteristics 
of the system being studied, as well as the tools and techniques being used to study the type of Instability. This 
chapter describes recommended practices for assessing the impact that an Instability can have on the BPS, as well 
as the extent to which each type of stability assessment can make this determination. Key assumptions and 
recommended modeling practices for studies to establish IROLs are also described In particular, each section may 
address the following: 
 

• Tools and recommended techniques for studying each type of Instability 
• Key assumptions and limitations in assessing the impact of Instability phenomena 
• Timeframes for which these phenomena will occur and the potential reliability risks associated with those 

timeframes 
• Quantification of the consequences of each type of Instability 
• Examples taken from existing systems and application of the assessment techniques 

 
The impact that any type of Instability can have on BPS reliability should be thoroughly studied and proven by 
study results. Instability events that can be proven to have a relatively insignificant impact on BPS reliability, with 
minimal effect to the interconnection’s reliability, may not necessitate the establishment of IROLs. On the other 
hand, Instability that cannot be proven to have a contained impact, where simulation results are inconclusive and 
not supported by factual evidence, should be mitigated using IROLs. An unstudied or unexpected Instability should 
not be an acceptable level of performance to support reliability of the BPS and an IROL should be established if 
there are any doubts as to the nature of the Instability condition. 
 
All types of stability assessment may consider the following aspects as part of the quantification of impact and 
determination of whether an IROL should be established: 
 

• Affected Amount of Load: The total load affected by an Instability should be quantifiable by the study 
results. Simulations that are not clearly quantifiable in terms of load impact should be treated as System 
Instability. 

• Criticality of Load Lost: Some loads are very critical in nature (e.g., national security, national laboratories, 
etc.) and the RC may have a lower degree of risk tolerance for those types of loads. In those cases, an IROL 
may be established even if the Instability is deemed acceptable and contained and of relatively small size 
simply due to the criticality of the load that is lost.  

• Number of Affected Elements: The number of affected elements should be quantifiable. More localized 
issues will have a relatively small number of affected elements while widespread Instability will have a 
much larger amount of affected elements. 

• Electrical and Geographical Area Affected: An electrical boundary should be clear and quantifiable for a 
localized Instability to be considered as “contained”. It should be proven by study that the affected buses 
are localized to a relatively small and known area. This can be demonstrated using various techniques 
depending on the type of Instability. Instability events where no clear boundary can be identified or the 
electric and/or geographic area is too large should be considered System Instability and an IROL should 
be established. 

• Instability Characteristics: The Instability characteristics (e.g., shape of the P-V curve, transient Instability 
impacts, etc.) may be an indicator of how severe or impactful the Instability may be. Engineering judgment 
should be used to ensure that the results are reasonable and representative of the impact to the BPS.  
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• Operating Margin Required for Acceptable Dynamic Response: The amount of margin (e.g., power 
transfer) required to achieve an acceptably stable and reliable dynamic response following a near-
Instability condition may also be considered. For example, if a transient System Instability condition 
requires a 100 MW operating margin to achieve marginal stability yet 150 MW operating margin achieves 
a much more reasonable and acceptable post-contingency conditions, the RC may adapt the IROL based 
on this. Similarly, if the operating margin to achieve acceptable post-contingency operating conditions is 
significantly large, this may further drive the need for an IROL to be established as well as an SOL with a 
rigorous Operating Plan to mitigate a potential SOL exceedance.  

 
Instability Impact Thresholds 
While certain Instability events may be thoroughly studied and determined to not have a wide-area impact to the 
BPS (e.g., affecting neighboring RCs, causing Instability in other parts of the system, etc.), each RC should develop 
a methodology for determining specific thresholds of reasonable size relative to the impact of an Instability on 
their own system. Regardless of whether or not the system remains stable following a contingency, sustaining 
Reliable Operation of the generation and load is paramount to maintaining adequate levels of reliability. 
Therefore, a significant loss of generation, load, or other system elements should not be acceptable and any 
contingency that would cause such a condition to occur should be mitigated with an IROL. The thresholds may 
include the following: 
 

• The amount (MW) of generation lost due to an Instability conditions 
• The amount (MW) of load lost due to an Instability condition 
• The amount (MW) of generation lost that could result in further Instability34 
• The number of tripped transmission elements  
• Resulting system conditions from the loss of generation, load, or transmission elements 

 
The technical basis for the methodology may consider a number of important factors such as: 
  

• The number of affected buses 
• Electrical and geographical area of affected buses 
• Margin to more widespread Instability issues 
• Risk of addition generation tripping and further Instability 
• Criticality of the load being served 
• System restoration time and blackstart considerations 

 
Rotor Angle Instability Assessment Techniques 
To describe the recommended analysis techniques for rotor angle Instability, consider Figure 3.1. A set of credible 
contingencies are studied as defined in the SOL Methodology. From those simulations, an Instability condition has 
been identified that needs to be considered in more depth to determine whether the Instability should be 
mitigated with an SOL or IROL.  
 

                                                           
34 Note that this is causal to further Instability, as opposed to the first bullet which is an effect of the Instability. Both of these situations 
are viable options that may be protected against using IROLs. 
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* Includes actual protection or generic protection to capture the general behavior of any protection system operation.  

 
Figure 3.1: Rotor Angle Instability Analysis Framework 

 
Identifying Units Losing Synchronism 
Transient Instability of a synchronous machine in simulation will result in increasing angles, as shown in Figure 
3.2. One or more generators may pull out of synchronism, discernible by observing rotor angles in the simulation 
channel files. The example simulation clearly shows that the unit loses synchronism while the remaining machines 
maintain stability (as plotted showing worst rotor angle deviations of affected machines). 
 
However, the simulation results provide little value after the point of Instability, as demonstrated in Figure 3.3 
showing simulated bus voltages. Bus voltages near the Instability show unreasonable data that should not be used 
to draw conclusions from, after the Instability point. Similarly, frequencies across the interconnection will also 
show unreasonable data that make them unusable. To address this issue, the unstable machines should be 
removed from service in the simulation either through models (preferred) or engineering judgment (reasonable 
assumptions).  
 
All unstable generators should be identified for any studied contingency. Contingencies within a study area should 
not cause Instability of generating resources in a neighboring system and those resources should be tracked 
accordingly. Similarly, any unit in the study area should be easily identified as unstable for the studied contingency. 
Situations where an Instability is occurring and the simulation results may look abnormal or unusual, yet the 
Instability cannot be identified, should be treated as a System Instability since they are not thoroughly studied.  
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Identifying Instability of generators modeled in the base case but not connected to the EHV system is important 
to identify the root cause of the Instability conditions; however, simulations with Instability of these resources 
may be handled differently since generating resources modeled at the sub-transmission level may not have 
accurate model parameters, may have known modeling issues, etc. In these cases, the Instability may be 
addressed differently (e.g., re-dispatched for the studied contingency, load netted, etc.). The concepts described 
regarding Instability analyses generally focus on the BPS-connected resources.  
 

 
Figure 3.2: Example of Transient Instability Observed by Machine Rotor Angles 

 

  
Figure 3.3: Bus Voltages for Transient Instability Example 
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Generator Protection Modeling 
When a generating unit loses synchronism in a transient stability simulation, but is kept in service, the resulting 
simulation results are not sufficiently credible to draw useful conclusions. To address the numerical issues 
resulting from the Instability, the unstable generating unit(s) can be monitored and tripped. Generally, there are 
four options for modeling generator out of step protection:  
 

• Actual out of step (OOS) protection: Actual generator out of step protection is rarely modeled and the 
information is generally not easily attainable by the Transmission Planner. In addition, modeling actual 
generator out of step protection is relatively difficult given today’s dynamic model capabilities. For these 
reasons, modeling actual out of step protection is not typically performed by the TP/PC.  

• Generic out of step protection: If the unit has out of step protection, but detailed OOS settings are not 
available to the TP/PC, one may assume generic or expected settings for the OOS protection by employing 
system-wide monitoring models. Some system-wide monitoring models include the capability to monitor 
and report circuits whose apparent impedance is less than the circuit impedance, and some system-wide 
monitoring models monitor and report when the apparent impedance enters into the generic zones of 
protection of transmission lines and/or transformers. Monitoring models sometimes include the option 
to both report and initiate tripping of the circuits. When using “reporting only” models that do not have 
the capability to trip transmission circuits in simulations, often observation of the log file would result in 
confirmation that the impedance swing is well contained to the unit’s generator step-up (GSU) 
transformer and thus there would not be a need for further investigation of that scenario. This is a 
reasonable approximation of the implementation of OOS protection consisting of an impedance relay 
located at the high voltage terminals of a GSU which is looking “back into” the GSU and unit. However, if 
the log files indicate that the impedance swing is outside the unit’s GSU, and thus the OOS protection 
would not detect the impedance swing, additional consideration should be given as detailed in the 
upcoming section on “Transmission Protection Modeling”. However, similar to modeling actual protection 
settings, these approaches are not usually employed. 

Unit Instability vs. System Instability in TPL-001-4 
NERC Reliability Standard TPL-001-4 Requirements R4.1.1 and 4.1.2 describe the extent to which unit 
Instability is acceptable. These requirements state: 
 

4.1.1. For planning event P1: No generating unit shall pull out of synchronism. A generator 
being disconnected from the System by fault clearing action or by a Special Protection System 
is not considered pulling out of synchronism. 
 
4.1.2. For planning events P2 through P7: When a generator pulls out of synchronism in the 
simulations, the resulting apparent impedance swings shall not result in the tripping of any 
Transmission system elements other than the generating unit and its directly connected 
Facilities. 

 
For P2-P7 contingency events, a generating unit is allowed to lose synchronism in the simulation so long as 
the resulting apparent impedance swings do not cause tripping of any system elements other than the unit 
and its directly connected facilities. This clearly describes that individual generating unit Instability is 
acceptable for these contingencies; however, it should be demonstrated that there is no impact on the 
transmission system elements. This concept is considered in developing the techniques in this section. 
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• Simplified generator tripping: The stability 
simulation tools typically have generic scan tools 
that monitor each individual generator angle and 
compare it against the average system angle. A 
common assumption is that the unit will trip on 
out of step protection (or other relevant 
protection) once its rotor angle has exceeded 
120 degrees relative to the other machines in the 
system. An even more conservative study 
assumption would be to use a higher angle 
threshold (up to 180 degrees). Some simulation 
tools allow for a default OOS monitor to either 
alarm or trip on detected OOS conditions.  

• No out of step protection: If the unit does not have out of step protection, this type of protection should 
not be modeled. However, if the unit has out of step protection and no form of protection is modeled 
(including the simplified tripping), then one cannot discern useful information from the simulation and 
this should not be considered acceptable unit Instability since it cannot be verified that the Instability will 
not have an adverse effect on transmission or other system elements.  

 
Once the actual, generic, or simplified forms of OOS protection have been modeled, this should alleviate the 
Instability conditions causing numerical stability problems within the simulation. The results then provide 
reasonable channels for analysis. Figure 3.2 shows the unit Instability being detected via accelerating machine 
angles and manually tripping the generator in simulation. The resulting simulation shows reasonable voltages (see 
Figure 3.4), power flows, rotor angles, etc. 
 
In addition to OOS protection, some dynamic simulation software packages include standard library models that 
include a suite of generic generator protection relays. Models can be applied to either individual generators or all 
generators in the system being studied. The model that can be applied to individual generators will trip the unit 
upon relay activation. System-wide models can be specified to trip or alarm upon relay activation. The available 
suite of generator relays includes undervoltage, overvoltage, field overcurrent, overfrequency, underfrequency, 
stator overcurrent, and reverse power. The type of functionality for the generic relays is, for the most part, definite 
time. Exceptions include the field overcurrent relay (inverse time) and the stator overcurrent relay inverse time 
characteristic with a voltage restraint. While default data associated with relay functions is provided, these values 
are configurable which does provide the user an opportunity to configure the relay functions to be similar to actual 
relay settings. Actual generator relay packages will vary in the implementation of their protective relay functions; 
however, having a model with a generic suite of generator protective relays with configurable settings does 
provide insight in assessing when generation protection could, or perhaps would, be expected to activate and trip 
the unit. 
 

Out of Step Scan: 
Some software platforms have the capability to 
scan for potential out of step conditions using 
machine angles as a proxy. Machine angles are 
monitored and compared against a threshold 
relative to the system average angle. There is 
typically an option to either alarm or trip the 
unit(s), allowing the user to observe how the 
system will respond to the tripping of the 
generator following a loss of synchronism. 
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Figure 3.4: Acceptable Bus Voltages following OOS Trip 

 

Transmission Protection Modeling  
The other aspect that should be considered is the effect the Instability could have on transmission elements. In 
situations where Instability occurs, there is a significant risk of undesirable tripping of transmission elements or 
other system elements. Therefore, some modeling of transmission protection and/or out of step protection needs 
to be considered to demonstrate that the resulting Instability does not have an adverse impact causing additional 
tripping. The transmission protection should be modeled on these elements. Again, the modeled protection may 
be either: 
 

• Detailed transmission protection: If available, detailed transmission protection settings can be used in 
the simulation to identify whether unit Instability would result in additional tripping of transmission 
elements. This is the preferred practice. 

• Generic transmission protection: In some situations where protection data may not be readily available, 
expected (generic) protection settings can be used to monitor whether the impedance swings could result 
in additional tripping. Specifically, system-wide monitoring models, which were discussed in the 
“Generator Protection Modeling” section, can be used to provide insight into which transmission 
elements might be tripped as a result of the impedance swing. If system-wide monitoring models are used 
that both report and initiate tripping of the circuits, then a reasonable expectation of the system’s 
performance following any transmission protection activation can be obtained. However, the use of 
detailed transmission protection models is preferred since unit Instability has already occurred and an 
accurate understanding of its impact needs to be determined. If system-wide monitoring models are used, 
care should be taken to assess if transmission buses in the powerflow model are representative of actual 
boundaries of zones of protection. In cases where they are not, a more detailed generic representation of 
the transmission protection could be required in order to support a more accurate assessment of the 
impact of the Instability. 

 
It is reasonable to assume that the Instability would have the most severe effect (and highest probability of 
tripping) on the transmission circuits adjacent to the unstable unit(s). For example, a generator connected to the 
BPS through three transmission circuits that loses stability for a fault and loss of one of the transmission circuits 
should include an analysis on the impedance swings on the remaining two transmission circuits. Studying the 
protection will depend heavily on protection philosophies for the local TO. A distance relay including these 
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protections can be modeled in the simulation (see Figure 3.5 for a typical mho distance relay with three available 
zones of protection) using either actual parameters or generic parameters. Figure 3.6 shows an example of the 
apparent impedance seen by the relay during the fault (red dotted line) from an example simulation which shows 
that the unit would be tripped by its OOS relay before the impedance swing entered into any transmission line 
relay protection characteristics. 
 

 
Figure 3.5: Generic Mho Distance Relay 

[Source: PTI] 
 

 
Figure 3.6: Impedance Swing Showing Generator Relay Activation, No Transmission Relay Activation 

[Source: Southern Company] 
 
This concept may apply to more than one generating unit; multiple units may lose synchronism without impacting 
any portion of the remaining system. For example, two generating units at a single power plant may lose 
synchronism based on their similar electrical connection to the BPS. However, even the loss of both elements does 
not result in tripping of any additional elements. Assuming the process above is followed closely, and it is clear via 
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simulation that the potential Instability and resulting tripping on OOS protection (or applicable protection) would 
not have an adverse impact, then this could be considered unit Instability and not System Instability.  
 
Quantifying the Impact and Size of Transient Instability 
It is important to include thresholds on the maximum amount of tolerable resource or load loss when considering 
Instability events. While transient Instability conditions may arise on a relatively localized basis, the size of these 
instabilities may not warrant safe and reliable operating practices due to the net loss of generation or load caused 
by the event. Exceeding such thresholds may cause unacceptable system dynamic behavior, Instability, or voltage 
and frequency deviations that are outside acceptable criteria, or loss of parts of the system with unacceptable 
restoration time.  
 
Figure 3.7 shows a system with a major power plant 
(3000 MW) remotely connected to the main system 
and several generation/load centers through a 
network of EHV transmission circuits. With a planned 
outage, the most limiting contingency is a normally 
cleared, three phase fault on a transmission line. A 
stability limit (rotor angle) exists along this corridor, 
and there is a need to determine if the transient 
Instability should be classified as System Instability 
and whether an IROL or SOL needs to be established. 
 
Figure 3.8 shows the simulated bus voltage magnitude 
and frequency, respectively, for a bus remote from the 
contingency. No generator or transmission system 
protection is modeled in these simulations. The stable 
plots (blue) are obtained for a pre-contingency power 
transfer below the established SOL while the unstable 
plots (red) represent a pre-contingency power transfer 
above the established SOL. Key observations include: 
 

• The oscillation that propagates through the system is typical for simulated unstable conditions where one 
or more generators loses synchronism with the rest of the grid. This type of simulation result is not 
acceptable when demonstrating containment or impact since the erratic oscillation behavior is a 
numerical issue caused by the unstable generator(s) remaining connected during the simulation.  

• Analyzing the generator terminal and EHV bus voltage magnitudes prior to the point of Instability may 
provide useful information as to the severity or likelihood of the Instability. In this case, the voltage 
magnitudes fall very low prior to Instability. Subsequent studies should model the protection35 to ensure 
safe and reliable tripping and to identify whether the tripping may prevent continued Instability (e.g., 
other units and/or System Instability) from occurring.  

• The frequency plot, although very noisy due to the Instability, shows a probable path for system frequency 
after the generator tripping that falls below the minimum acceptable value of the first stage of UFLS for 
this system (58.5 Hz). This should be re-verified once generator protections have been modeled and the 
generators are tripped in the simulation.  

 

                                                           
35 Actual or generic protection may be modeled to represent this behavior. 

 
Figure 3.7: Example of Major Power Plant 

Connection SOL/IROL 
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(Generation and load)
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Figure 3.8: EHV Bus Voltage and Frequency for Instability Conditions  

[Source: Hydro Quebec] 
 
Generic models for generator protection (e.g., GNSCN1 out-of-step unit tripping model in this case) were included 
in the dynamic model and the simulations were rerun. Once generator protection is modeled, the simulations 
clearly show the sequence of plant Instabilities that lead to a diverged dynamic simulation (see Figure 3.9). Three 
generator tripping events are detected and the system quickly reaches System Instability within one or two 
seconds following the final tripping.  
 
The simulation results are unable to quantify the size and/or containment of the Instability and therefore this 
Instability should be deemed System Instability. An IROL should therefore be established to mitigate this System 
Instability.  
 



Chapter 3: Instability Assessment Techniques 
 

NERC | Methods for Establishing IROLs | December 2017 
59 

 
Figure 3.9: Identification and Impact of Generator Tripping Leading to System Instability  

[Source: Hydro Quebec] 
 
Figure 3.10 shows a 315 kV subsystem comprised of 
generating units subject to rotor angle Instability due to long 
interconnected transmission lines. Several load substations 
are connected along the lines between Bus 2 and Bus 3. 
Some substations also include small generating plants (e.g., 
< 50 MW). Assuming the planned removal of a transmission 
line between Bus 1 and Bus 3 for maintenance, the most 
limiting contingency is a three phase, normally cleared fault 
resulting in the outage of the faulted transmission line 
between those buses. With an Instability identified and an 
SOL established, the question arises as to whether the SOL 
should be considered an IROL.  
 
Figure 3.11 shows the bus voltage magnitude at Bus 1 for the 
simulated contingency at two different transfer levels: 1200 
MW (the actual system limit) and 1300 MW (unstable case). 
For the unstable scenario, the 315 kV voltage at Bus 1 shows 
a clear Instability of one or more generating units (severe 
oscillations in the voltage due to pole slipping in the 
simulation). Observing the voltage on the main EHV system 
shows acceptable yet oscillating bus voltages (see Figure 

3.11). The simulation does not diverge and subsequent analysis can be performed.  
 
The oscillations can also be observed in the system frequency signals (see Figure 3.12); however, the “average 
frequency” from the oscillating signal shows a resulting frequency that is consistent with the loss of the unit(s). 
Still, OOS conditions are confirmed by analyzing the rotor angle deviation of the individual units relative to the 
main grid (see Figure 3.13). 
 

 
 

8 units (900 MW)

315 kV

Contingency

735 kV system Bus 3

375 km

Bus 1 Bus 2

5 units (700 MW)

Transfer limitation
N : 1600 MW

N-1 : 1200 MW

 
Figure 3.10: Radial Generation Subsystem 
Subject to Rotor Angle Instability Example 
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Figure 3.11: Local and Remote Bus Voltage Magnitude for Stable and Unstable Conditions 

 

 
Figure 3.12: System Frequency for Stable and Unstable Conditions 
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Figure 3.13: Rotor Angle Deviations for Stable and Unstable Conditions 

 
At this point, the simulations clearly show Instability, yet the results are not clear or conclusive in quantifying the 
breadth or impact of the Instability. These impacts should consider if: 
 

• The rotor angle Instability is limited to the units in the subsystem being studied. 
• The consequences of the Instability (e.g., bus voltage magnitudes) affects reliability of the rest of the BPS 

outside the subsystem. 
• The tripping of the unstable generating units causes further adverse impacts on the BPS. 

 
Actual or generic protection settings need to be represented in the simulations to analyze the effect of tripping 
the unstable units and/or transmission system elements. The assumptions on tripping conditions need to be 
reasonably verified. Figures 3.14 and 3.15 show the frequency and bus voltage magnitude, respectively, for the 
unstable cases. The red plots show the Instability simulations results with generic OOS protection modeled using 
GNSCN1 (with the monitor and trip mode). The GNSCN1 was set to trip the unit once its rotor angle exceeded 180 
degrees from the average system frequency value. The simulation results show that tripping the generators with 
OOS conditions using the generic relays eliminates the unstable condition. The BPS experiences a dynamic event; 
however, bus voltages stably return to within acceptable limits and frequency does not exceed any UFLS 
thresholds from the resultant tripping of generation and load due to the Instability.  
 
However, the unstable conditions of the identified generators, and resulting voltage swings caused by this 
Instability, may potentially cause the tripping of transmission elements’ protection especially for the circuits 
adjacent to the subsystem being affected. The next step to prove containment of the Instability is to model the 
transmission protection using either generic or actual settings. The blue plots in Figures 3.14 and 3.15 show the 
simulation results with the addition of the OSSCAN that monitors and trips transmission elements susceptible to 
trip under OOS conditions. The OSSCAN model operates before the generic generator OOS protection, resulting 
in the tripping of all remaining transmission lines between Bus 1 and Bus 3 as well as some line segments between 
Bus 2 and Bus 3. This separates the units from the rest of the BPS due to line tripping on angular swings. Those 
units are then tripped by the generic OOS relays. The tripping of transmission lines causes a (quantifiable) small 
loss of load on tapped substations, explaining why the frequency traces are not nearly identical.  
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Figure 3.14: System Frequency with Generic Generator and Transmission Protection Models Included 

 

 
Figure 3.15: System Voltage with Generic Generator and Transmission Protection Models Included  

 
In this case, the Instability is quantifiable, the loss of load is within acceptable limits, and the Instability is not 
considered System Instability. An IROL should not be established for this stability limit; however, an SOL would be 
established to ensure Reliable Operation.  
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Small Signal Instability Assessment Techniques 
Small signal stability, according to the IEEE/CIGRE definition, represents the inherent ability of the power system 
to maintain synchronism under small disturbances. When the system enters into an operating state where small 
signal stability cannot be maintained, small disturbances or system condition variation such as load ramping, 
generation re-dispatch, and equipment switching may invoke localized or wide-area Instability, typically growing 
rotor angle oscillations without sufficient damping torque. Unlike other types of stability issues, the existence of 
small signal Instability (SSI) does not have to result from occurrence of contingency events. On the other hand, 
the SSI modes involved in the unstable behavior are functions of system conditions, topology, disturbance 
scenarios, etc. Figure 3.16 illustrates the process of screening potential SSI, and this section briefly introduces the 
techniques used for IROL/SOL classification purposes.  
 

Key Takeaways – Rotor Angle Instability Assessment Techniques: 
The impact that rotor angle Instability has on the BPS can be assessed, to some reasonable degree, assuming 
the following considerations are made:  

• Simulations with a unit remaining out of step should not be used to assess the impact or boundary of 
Instability. This can cause numerical Instability issues and may degrade the integrity of the simulation 
results. 

• Protection should be modeled to understand how any unstable unit is expected to be removed from 
service dynamically (e.g., via its own protection). 

• Transmission protection, particularly in the vicinity of the unstable generator(s), should be modeled 
to demonstrate that the impact on local transmission elements is well understood and planned ahead 
of time. 

• The concept of unit Instability can also be applied to groups of generators or generation centers that 
may lose synchronism for specific contingencies.  

• The amount of generation, load, and/or system elements should be considered when assessing the 
impact of Instability. An unacceptable amount of load lost due to Instability should result in the 
establishment of an IROL.  

• System Instability cannot be sufficiently proven via study to be contained to a predetermined area. 
Simulation results may be inconclusive as to the extent or impact such an Instability may have.  
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Figure 3.16: Small Signal Instability Screening and Assessment Process 

 
Detection of Oscillatory Phenomenon 
When small signal Instability exists in an operating state, power system dynamics relevant to unstable modes start 
moving away from their original equilibrium point once inspired by small disturbances and such deviation cannot 
be effectively depressed due to insufficient damping torque. Consequently, electrical quantities and system states 
(e.g., bus voltages, rotor angles, etc.) will exhibit unstable performance such as poorly damped oscillations. 
Sustained oscillations, if not mitigated, may continue to grow and eventually result in severe voltage fluctuations, 
voltage collapse, generator tripping, load loss, and/or Uncontrolled Separation.  
 
Historical system disturbances as well as many simulation studies have demonstrated that unknown sustained 
oscillatory phenomenon ranging from < 1 Hz to a few Hz can be a strong precursor of certain SSI modes being 
excited. Therefore, monitoring and detecting abnormal oscillation phenomenon in an effective and timely manner 
is critical in capturing potential SSI in the system.36 Success in detecting abnormal oscillations in the system 
warrants further event investigation and SSI assessment. Figures 3.17 and 3.18 show examples of sustained or 
poorly damped oscillations in actual system operation and in transient stability study simulations, respectively. 
 

                                                           
36 See the NERC Reliability Guideline on Forced Oscillation Monitoring and Mitigation for more information on detection and identification 
of power system oscillations. Available: HERE. 

http://www.nerc.com/comm/PC_Reliability_Guidelines_DL/Reliability_Guideline_-_Forced_Oscillations_-_2017-07-31_-_FINAL.pdf
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Figure 3.17: Oscillatory Phenomenon Detected on Actual System 

 
Figure 3.18: Oscillatory Behavior in Transient Dynamic Simulation 

 
Event Replication in a Transient Stability Simulation Program 
After oscillations are detected, confirmed, and preliminarily concluded to be SSI-related, replication of the event 
in a transient stability simulation program is key before moving to more detailed small signal analysis (SSA) studies. 
The importance of event replication in transient stability simulations includes: 
 

• Successful replication ensures that the dynamic models representing the actual power system have 
sufficient accuracy up to the level to contain potential unstable modes that has been observed. This 
verifies that the dynamic models can be readily used in the SSA tools for further eigenvalue analysis. 

• Replication by simulation also helps check some of the case static models that also play important roles 
in forming the potential SSI modes. These models include, but are not limited to, system demand level, 
generation dispatch, grid topology, etc. The idea is to match the study case to the actual system conditions 
at the time of the event as closely as possible. 

Some challenges and limitations in accomplishing event replication include: 
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• Dynamic model accuracy in impacted areas (particularly for power plants – generator, excitation system, 
PSS, and governor) plays a critical role in successfully replicating the event. If the corresponding dynamic 
models are not sufficiently accurate, benchmarking may be necessary.  

• The closer the steady-state powerflow matches actual system conditions, the more accurate the event 
replication in a transient stability simulation will be. The real-time snapshot from the EMS model should 
be mapped to the TSS program either automatically or through manual analysis (which may be 
challenging).  

Eigenvalue Analysis and Instability Investigation 
Assuming the oscillation event can be replicated in the transient stability simulation, small signal analysis 
(“eigenvalue analysis”) using SSA tools can be applied. Typically, users prepare the steady-state and dynamic 
models for analysis, and the SSA software performs the detailed mathematical derivations. The user then analyzes 
the results to determine potential Instability conditions. Understand the fundamental concepts of SSA is important 
to comprehending the SSA results generated.  
 
The general philosophy in determining IROL or SOL classification for an affirmative SSI or a potential SSI-like 
reliability risk (after going through SSI screening and assessment process) relies on the following considerations: 
 

• Impacted area: is the impact a localized system with a definite boundary? Or is it a wide area without clear 
information of the exact boundary? 

• The potential amount (MW) of generation or load loss in impacted area 
• The potential consequence of a separation of the impacted area from the remaining system 
• Any potential unnecessary protective relay actions and associated Cascading  
• Any potential negative impact or damage to power system equipment due to sustained SSI 

Given a potential SSI concern, each RC should use engineering judgment in assessing the potential consequences 
and associated reliability risks based on past experience and their system operational characteristics. 
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Eigenvalues and Eigenvectors: 
A non-linear control system like a typical power system can be approximated by linearized state-space 
equations (as in (1)) around the equilibrium point. The solution of these equations can represent state 
movement within that small region. 
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           (1) 

 
X = [x1, x2, …, xn]T is the state variable vector and the A matrix represents the constant system state matrix. By 
solving det(𝐴𝐴 − 𝐼𝐼𝐼𝐼) = 0 and 𝐴𝐴𝐴𝐴 = 𝐼𝐼𝐴𝐴, the n eigenvalues λ1, λ2,…, λn and corresponding eigenvectors ɸ1, ɸ2, 
…, ɸn are obtained. Then the n state variables can be represented by 
 

           (2) 
 
where c1, c2, …, cn are constants determined by the equilibrium point x0. Each time dependent item 𝑒𝑒𝜆𝜆𝑖𝑖𝑡𝑡 that 
contains a particular eigenvalue determines a single mode characteristic, the sum of them represents the final 
combined mode characteristics. More specifically, a real eigenvalues corresponds to a non-oscillatory mode. 
Complex eigenvalues that always occur in conjugate pairs correspond to a particular oscillatory mode, as

ωσλ j±=2,1 , where σ and ω represent mode damping ratio and frequency, respectively. 
 
By computing eigenvalues and eigenvectors, the SSA tool is able to find out each individual mode and then 
select modes with frequencies close to the ones under investigation for display. The SSA tool also has the 
functionality of generating metrics to indicate relative activity of a state variable in a particular mode, which 
is defined as the “mode shape” in many literatures. Then, by capturing state variables with most outstanding 
mode shape in the targeted unstable modes, the SSA tool can readily locate dynamic equipment that is 
contributing most to the unstable modes. 
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Voltage Instability Assessment Techniques 
Assessment of voltage Instability focuses mainly on determination of its containment and potential impact that 
the Instability may have on the BPS. Voltage Instability also deals with the fact that an unstable operating condition 
(diverged powerflow, transient simulation Instability, etc.) leaves the engineer with a base case or simulation 
result that is unusable to draw useful information from. This section will describe the various aspects and 
considerations that should be made with focusing on voltage Instability assessments.  

P-V Analysis 
Steady-state voltage stability analysis often uses P-V curves to determine the maximum allowable power transfer 
before low voltage or voltage stability limits are reached. Traditional analysis techniques of identifying these 
points is straightforward. However, the determination of containment and impact is critical if an RC explores 
whether the Instability should be mitigated with an IROL. It is common to simply identify the nose of the curve 
(point of Instability) as the IROL with no further analysis. If one is to determine whether the Instability is contained, 
then additional steps and considerations should be taken to characterize the voltage Instability as localized or 
System Instability.  

A P-V curve approaching the voltage stability limit (nose of the curve) will experience degrading voltage conditions, 
whether in the pre- or post-contingency state. At the nose of the P-V curve, the last powerflow solution is attained 
(see Figure 3.19). After this point, the powerflow solution diverges and the results are not usable for analysis of 
containment. However, there are workarounds and additional analysis techniques that can be used to quantify 
the extent of the Instability. At the powerflow solution prior to the Instability point and unsolved powerflow case, 
bus voltages can be monitored across the affected area. While not the true point of Instability, this proxy for 
Instability should demonstrate the affected buses that are unstable and help determine whether a clear and 
quantifiable boundary can be identified. Situations where a clear boundary is not identified should be considered 
System Instability. 

 

Figure 3.19: Illustration of P-V Curve Point of Instability 
 

Consider Figure 3.20 showing two distinct cases of Instability – a localized (left) and a widespread (right) voltage 
collapse. A localized voltage Instability will observe one or a relatively small amount of buses where voltage drops 
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significantly. The remaining buses maintain an adequate voltage level, signifying a relatively strong system that is 
robust to voltage collapse with the exception of the affected low voltage buses. In Figure 3.20 (left), one bus 
voltage drops below 0.75 pu at the point of voltage Instability. This bus is likely singlehandedly causing the 
divergence (Instability point) in the simulation. All other bus voltages remain above 0.9 pu and are likely not 
contributing to the Instability. A widespread voltage Instability experiences many buses where voltage drops 
significantly. It becomes hard to identify the contributing bus(es) to the Instability since many buses experience 
the voltage drop. Figure 3.20 (right) shows an example where many buses coherently drop in voltage up to the 
point of Instability. It is important to note that voltages actually remain relatively high up to the point of collapse. 

 

Figure 3.20: Widespread vs. Localized Voltage Collapse 
[Source: FPL] 
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Contingency Analysis 
Along with P-V analysis, voltage Instability may occur for severe contingencies during steady-state contingency 
analysis. The analysis of pre- and post-contingency steady-state operating conditions is functionally very similar 
between the two. Either as the nose of the P-V curve is approached or if the post-contingency powerflow solution 
diverges due to voltage collapse, the concepts of a “soft outage” approach may be used to analyze the point of 
Instability to potentially quantify containment and impact of the Instability. The nose or collapsing voltage can be 
visualized to demonstrate whether the Instability is localized or widespread. Figure 3.21 shows an actual BPS load 
pocket and the voltage contour during a collapsing voltage condition following a contingency. As the “soft outage” 
is applied, the load pocket is connected through one remaining transmission circuit that is unable to serve the 
load. The voltages within the load pocket drop significantly while voltages outside the pocket remain near nominal 
(within acceptable limits).  

 

Figure 3.21: Example of Voltage Instability in Local Load Pocket 
 

Demonstrating that the voltage Instability is contained should include modeling actual or generic relay protection 
to show that the unstable area is reliably disconnected from the rest of the BPS. For the sequence of simulations 
during the “soft outage”, the apparent impedance as seen by the relay can be recorded and compared with the 
modeled or assumed protection settings for that respective circuit. If the studied conditions clearly demonstrate 
relay operation, one can sufficiently justify that the load pocket will be separated in a planned manner. If the 



Chapter 3: Instability Assessment Techniques 
 

NERC | Methods for Establishing IROLs | December 2017 
71 

operation of protection systems cannot be demonstrated clearly, it is much harder to justify that the Instability 
will be localized.  

It is important to note that steady-state power flow models represent the load active and reactive power 
components as a constant power (i.e., load power does not change for changes in voltage). Around nominal 
voltage, this assumption holds37; however, as voltages significantly change from nominal, load dynamics are 
expected to change the consumption in power either upward or downward depending on load type. For example: 

• Motor loads could stall at very low voltage during a collapse, consuming large amounts of reactive power 
• Motor loads could trip at very low voltage due to process controls or contactors dropping out 
• Power electronic loads may disconnect based on programmed low voltage settings 

This is important because the constant power assumption may, in many cases, result in a diverging powerflow 
solution near the collapse point that does not exhibit sufficient current to illustrate that the apparent impedance 
seen by a protection system relay is sufficient to trip that relay. In these cases, a couple options exist for further 
analysis. One option is parametric assessment of the voltage sensitivity of the loads at very low voltage (near 
collapse point). This includes making assumptions about load dynamics and load consumption at each iteration 
(based on engineering judgment and a load model representation) of the powerflow solution as the “soft outage” 
approaches the edge. Another option, commonly used, is to demonstrate protection system operation using a 
dynamic simulation where a more detailed load representation, including load dynamics, is taken into 
consideration. The apparent impedance for the remaining line connecting the collapsing load pocket to the rest 
of the BPS is analyzed as the collapse occurs. Figure 3.22 shows the apparent impedance seen by the remaining 
line utilizing the powerflow “soft outage” techniques by relaxing the powerflow solution. As the impedance of the 
line failed to enter into one of the zones of protection, a dynamic simulation of the system was performed. Figure 
3.23 shows the dynamic simulation for the example shown in Figure 3.22.  

 

Figure 3.22: Apparent Impedance of Powerflow “Soft Outage” Technique 
 

                                                           
37 Some software packages include settings that automatically adjust load levels at PQ buses based on severely low voltage to relax the 
powerflow solution (i.e., improve numerical stability of the powerflow solution). However, engineering judgment should be used to set 
those thresholds below expected collapsing voltage conditions for these types of studies. 
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In this same example, the bus voltages were demonstrated to be in a collapsed region in Figure 3.22 and the 
apparent impedance of the remaining in-service line was plotted in the dynamic simulation in Figure 3.23. As the 
dynamic simulation approaches the point of collapse, the solution to the system begins to demonstrate Instability. 
The plot of apparent impedance again will be the determining factor concerning protective relay operation for 
line tripping. Since the apparent impedance did not enter the relay operation zone, the voltage collapse in the 
example is considered widespread. Should the apparent impedance trajectory enter into the zones of protection 
(see example in Figure 3.24), demonstrating operation of protective relaying, this justifies that the voltage collapse 
will be contained. That is, protective relaying will separate the unstable load pocket from the rest of the BPS in a 
reliable manner. The amount of load impacted by the localized Instability should still be tracked to determine if 
an IROL should be established.  

 

Figure 3.23: Dynamic Simulation Voltage Collapse and Apparent Impedance 
 

 

Figure 3.24: Apparent Impedance Trajectory for Higher Impedance Circuit 
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Mid-Term Voltage Instability Analysis 
Mid-term voltage stability analysis takes into consideration the longer-term dynamics that occur after the initial 
transient voltage stability concerns due to power system oscillations and recovery from the fault conditions. Figure 
3.25 shows an illustrative example of a mid-term voltage stability analysis. The first 20 seconds shows the transient 
voltage stability that recovers properly following a contingency. In this case, an SOL or IROL is used to solely 
address that transient stability phenomenon. After 30 seconds, on load tap changers (OLTC) take action to control 
the voltage at the load, with a detrimental effect on the transmission level voltage. The action of a few automatic 
switching shunt reactors being disconnected to maintain the system voltage can also be observed. While the red 
plot shows a stable condition at the end of the mid-term simulation (420 s), the blue plot shows a voltage collapse 
on the high voltage grid near the load centers. This voltage collapse can be shown to propagate to all neighboring 
buses, eventually leading to a simulation divergence and clearly unstable system conditions that warrant the 
establishment of a different IROL to monitor the corresponding transfer interface for longer term voltage 
dynamics that depends on the status of different equipment. For example, the IROL value related to the transient 
stability phenomenon is influenced by the status of SVCs and availability of fast acting generation rejection RAS. 
The IROL value used to address longer term voltage dynamics also depends on the availability of automatic shunt 
devices. 

 

Figure 3.25: Mid-Term Voltage Instability Example 
[Source: Hydro Quebec] 

Voltage Instability could also be demonstrated by simulation to be contained and localized to a planned area of 
reasonable size and impact. Figure 3.26 shows an example of a 315 kV system feeding a local 120 kV subsystem 
with ~450 MW hydro generation and ~1100 MW peak load. The mid-term voltage stability assessment shown in 
the time domain simulation illustrates how the voltage collapses due to OLTC action and other mid-term dynamics 
control actions following the loss of a transmission line. Within the subsystem, the 120 kV and 315 kV system 
voltage drop to unacceptable levels to appropriately serve system load while the source 735 kV system voltage 

Long term voltage stability (OLTCs)

Transient voltage stability

Voltage collapse of the 735 kV 
system at load centers
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remains within normal operating range, close to the pre-contingency value. The associated P-V curves show the 
pre- and post-contingency operating states and corresponding operating limit (SOL). In this scenario, exceeding 
the SOL would cause the post-contingency operating point (in steady-state) to be past the nose of the P-V curve, 
thus leading to depressed voltages and potential Instability. However, the time domain simulation shows that the 
severely low voltage does not cause a divergent powerflow case due to the load response and the assessment can 
be used to identify a clear boundary, if any. In addition, modeling of transmission protection systems, any online 
UVLS programs, load response to low voltage, and other relevant characteristics should be considered in these 
studies to demonstrate how the system will behave under the impending voltage Instability condition. For 
example, for the illustrated system, UVLS are installed at several substations as a safety net to mitigate a potential 
voltage collapse. Under normal operation, an SOL would be established to limit the power transfer to the 
subsystem without considering the use of UVLS action, but it should not be considered as an IROL since: 

(1) The Instability can be proved by study to be contained, including appropriate modeling of generator and 
transmission protection, as applicable 

(2) The loss of generation and/or load is within the acceptable criteria defined by the RC 

 

 

Figure 3.26: Example of Localized Mid-Term Voltage Instability 
[Source: Hydro Quebec] 
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Transient Voltage Stability Analysis 
The use of transient voltage response criteria is a good practice for transient voltage stability assessment. 
Following a disturbance, voltage may swing above and below a certain value that could be critical to the conclusion 
of the analysis. First, a good proportion of power system devices may present a different dynamic behavior outside 
a certain voltage range, sometimes not captured by simulation models. Second, protection schemes of 
transmission elements and equipment could be actuated at certain thresholds. Making sure the System voltage 
remains outside those thresholds simplifies further analysis that would be required to assess Cascading, 
Controlled versus Uncontrolled Separation, etc. Finally, depending on system characteristics, violation of certain 
voltage thresholds during transient swings can be an accurate sign of an imminent unstable condition. Relying on 
adequate voltage response criteria can thus be a way to provide System limits the desired margin for adequate 
reliability.  

Figure 3.27 shows an example of transient voltage swing following a given contingency for various transfer levels. 
The purpose of such simulations is to progressively stress the System to the point where voltage criteria are 
reached, and then to find the point of insecure or unstable state. For this system, the voltage criteria corresponds 
to 0.8 pu for the first swing following a disturbance (first 2 seconds) and 0.9 pu for transient stability recovery. 
This ensures adequate behavior of the dynamic models, gives a good level of confidence regarding the operation 
of undesirable protection schemes that could lead to Uncontrolled Separation or Cascading, and more 
importantly, it prevents the System from reaching a point of Instability. The red plot shows the transfer level for 
which voltage starts to oscillate past the acceptable criteria while recovering well into acceptable range 
afterwards. For this case, since the monitored bus shows the worst voltage dynamics and all other buses are within 
the acceptable criteria, it is used as the most limiting case to address the SOL and associated IROL when relevant.  

 

Figure 3.27: Simulations of Transient Voltage Instability  
[Source: Hydro Quebec] 
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Increasing the power transfer beyond the established limit for this example quickly leads to prolonged and 
unacceptable undervoltage conditions that could cause tripping of equipment (blue plot) and eventually fast 
voltage collapse as shown on the green plot for which voltage never recovers. Figure 3.32 in the following section 
on frequency Instability analysis shows the corresponding frequency that confirms System Instability and warrants 
the establishment of an IROL. The occurrence of the worst contingency while exceeding the SOL could indeed 
cause System Instability affecting the whole interconnection.  

Frequency Instability Assessment Techniques 
Frequency stability of an interconnected power system is typically assessed through the use of dynamic 
simulations using the same models used for transient stability analyses. The contingency results in a significant 
generation/load imbalance on the system, causing a severe deviation of frequency. The initial condition to which 
contingencies are applied should represent a projected system condition of risk (e.g., low inertia scenario where 
the system is most vulnerable to a frequency event). Typically, these simulations are run for up to 30 - 60 seconds 
to reflect the impact of inertia, frequency responsive loads, generator governor response, and to also avoid the 
longer-term boiler controls and other thermal aspects not captured with transient stability models.  
 
Generator overfrequency protection is typically not modelled. Therefore, if system frequency in the simulations 
exceeds a pre-established threshold, then the system is deemed unstable for that contingency under the studied 
conditions. The threshold is based on generator over-speed protection and ride-through capability (e.g., PRC-024-
2 frequency capability curve – see Figure 3.28). This capability curved is aligned with the objectives and 
requirements related to the UFLS program design per PRC-006-2. 
 
Underfrequency load shedding (UFLS) relays may or may not be modeled. Typically, UFLS relays are modeled to 
study the effects of load shedding relays on the stabilization of grid frequency and islanding. RCs may deem 
frequency falling below the first stage of UFLS unacceptable grid performance and establish an IROL. Triggering 
UFLS should not occur for any contingency smaller than the resource loss protection criteria for each 
interconnection established in BAL-003-1.1a.  
 

 
Figure 3.28: PRC-024-2 Off-Nominal Frequency Capability Curve  
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It is important to consider various constraints associated with the characteristics of the power system being 
studied when assessing frequency stability. Figure 3.29 shows the main stages of a typical frequency excursion 
following a loss of generation. The amount of loss of generation and the magnitude of the frequency deviation 
are proper to each system and dependent of synchronized inertia, spinning reserve and type of generation. Stage 
1 is mainly associated with the inertia (natural response) of the synchronized generation. During that stage, slow 
speed governors contribute very little to the frequency dynamics. Some faster controls (boilers, synthetic inertia) 
may start acting during that phase. Stage 2 is when the primary response from governors of synchronous machines 
starts kicking in to help frequency recovery over several dozen of seconds. The dynamic during that period largely 
depends on the amount of synchronized reserve available on the system. In stage 3, the frequency has stabilized 
to a new equilibrium that depends on the droop characteristic of the governors, and further frequency adjustment 
needs to be performed either through an AGC or operator intervention.  
 
 

 
Figure 3.29: Typical Stages of a Frequency Excursion Event following a Loss of Generation 

 
Figure 3.30 shows a very simplified System topology with a subsystem comprising mainly generation (generation 
subsystem) and a subsystem comprising mainly load (load subsystem). Both subsystems are connected to the 
main grid through a transmission path for which a SOL (or IROL) could be established to limit the maximum amount 
of net generation or load that the System can tolerate should a given contingency occur.  
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Figure 3.30: Establishing a SOL or IROL to Mitigate the Impact of a Large Loss of Generation or Load 
 
In the context of establishing SOLs and IROLs, frequency stability assessment is normally focused on stage 1 and 
stage 2. For example, Figure 3.31 shows the frequency response of a System following a fixed loss of generation, 
for various spinning reserve and inertia scenarios. The impact of a change in System inertia is mainly reflected by 
a change in rate of change of frequency (ROCOF) and maximum frequency deviation (nadir). The impact of a 
change in spinning reserve is mainly reflected by a change in the rate of recovery of the frequency following the 
nadir and the equilibrium state reached at the end of the simulation. The establishment of an IROL to mitigate the 
risk of a large loss of generation or load may be justified by the magnitude of the impact on frequency, either by 
using actual UFLS thresholds or other performance criteria relevant to the System characteristics (ROCOF, long-
term frequency equilibrium, etc.). The value of the IROL can then be calculated based on system conditions to 
establish a maximum amount of generation or load that can be lost without affecting System Reliability, mainly 
using spinning reserve, inertia, response time of speed governors, etc. Once an IROL is established to address 
frequency stability, various means can be used in Operations Planning to provide solutions in limiting the impact 
of the IROL, or reducing the associated constraints. For example, a RAS could be configured to balance the loss of 
load or generation, the type or amount of primary frequency response reserve could be adjusted, or minimum 
inertia requirements could be imposed for a given reserve scenario.  
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Figure 3.31: Impact of Inertia and Spinning Reserve on Frequency Response following a Loss of Generation 
[Source: Hydro Quebec] 

 

Frequency stability is usually related to the analysis of contingencies leading to a net System imbalance (i.e. loss 
of generation or load), but the System frequency can also be a relevant variable to monitor to assess the impact 
of transient voltage stability issues. Figure 3.32 shows the frequency for the transient voltage stability example 
discussed in the previous section of this document. It shows an overfrequency condition that could be detrimental 
to BPS reliability, for example by reaching the capability curve limitations of certain generators. An IROL could 
thus be established based on this criterion. The same goes for the green plot where the frequency excursion never 
recovers and confirms the System Instability observed on the voltage plots in the previous section.  
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Figure 3.32: Frequency response following a transient stability event 
[Source: Hydro Quebec] 

 
Controls-Related Instability Assessment Techniques 
Control Instability is primarily a concern in areas where the penetration of inverter-based resources is high relative 
to system strength. System strength is often described in terms of a short circuit ratio (SCR). However, the SCR 
calculation is typically used for evaluating system strength beyond a single point of interconnection. To evaluate 
system strength with respect to a cluster of inverter-based resources connected at multiple adjacent/nearby 
buses, several techniques have been proposed, such as the Composite Short Circuit Ratio (CSCR) and Weighted 
Short Circuit Ratio (WSCR).3839 Calculating a system strength index does not in itself identify a risk of Instability or 
controls interactions but it can used as an indicator or screening metric of potential Instability when supported by 
time domain simulations.  
 
Typical positive sequence modeling and simulations are inadequate to identify control instabilities under weak 
grid conditions because the power electronic controls of inverter-based resources are typically not represented 
in sufficient detail to reflect their behavior under weak conditions (e.g., adequate modeling of a phase lock loop 
(PLL) control algorithm). Therefore, positive sequence analysis tools alone are not suitable to perform wind and 
solar integration studies under weak system configurations. In weak networks, transient stability studies should 
be supplemented with modeling of fast-acting power electronic controllers and assessment of the stability of their 
operation using an electromagnetic transient (EMT) simulation tool. 
 
EMT simulations can confirm that a calculated system strength index (e.g., CSCR or WSCR) associated with a 
particular operating condition indicates a stable or unstable operating point. Thereby a threshold with respect to 
control Instability can be determined for each particular plant or system studied. The threshold calculated for one 
                                                           
38 Y. Zhang, J. Schmall, S. Huang, J. Conto, J. Billo, and E. Rehman, “Evaluating System Strength for Large-Scale Wind Plant Integration” 
Proceedings of 2014 IEEE PES General Meeting, July 27-31, 2014, National Harbor, MD. 
39 NERC Reliability Guideline on Integrating Inverter-Based Resources into Low Short Circuit Systems. 
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application may not be applicable to another application or different area of the network. In addition, system 
modifications over time may impact the calculated threshold. Thus, any threshold value should be periodically 
reviewed with EMT simulations. 
 
For more information regarding integrating inverter-based resources into low short circuit systems as well as 
details about quantifying system strength, please see the NERC Reliability Guideline on Interconnecting Inverter-
Based Resources into Low Short Circuit Systems.39 
 
Subsynchronous Resonance Assessment Techniques 
SSR assessment requires more specialized techniques and models than traditional stability analysis. Where as in 
traditional stability analysis the power system may be assumed at fundamental frequency (near 60 Hz), SSR 
assessment typically considers frequencies in the subsynchronous range 5 to 55 Hz arising from electro-
mechanical interaction of series capacitors with generator electrical, control, and/or torsional systems. Generator 
models must also be more specialized and valid for the subsynchronous frequency range. There are three common 
approaches to SSR assessment: frequency scan (FS), eigenvalue analysis, and EMT time domain simulation. 
 
As an SSR screening method, frequency scan considers the Thevenin electrical impedance of the overall system at 
a range of discrete frequencies (e.g., from 5 to 55 Hz) and then preliminarily determines SSR vulnerability including 
induction generator effects, subsynchronous control interaction, torsional interaction, and torque amplification. 
Frequency scan can be performed from a variety of vantage points, but most commonly the scan is performed 
from the perspective of the generator POI. Two scans are usually performed: one looking into the power system 
and another looking into the generating plant. The scan results are summed to reveal the total system response. 
Resonant points are identified where the total reactance crosses from negative to positive. IGE/SSCI vulnerability 
is assessed by inspecting the total resistance at those resonant points. If the total resistance is positive, the system 
is stable and any subsynchronous oscillations will damp out as shown in Figure 3.33. If the total resistance is 
negative, the system is unstable and oscillations will grow as shown in Figure 3.34. When studying TI, the FS 
technique is extended to include the synchronous generator mechanical system by representing frequency scan 
results on the mechanical reference frame through mechanical and electrical damping. As for TA, the reactance 
dip of 5% is utilized as a conservative criteria to determine TA vulnerability.  
 

 
Figure 3.33: Frequency Scan Indicating Unstable IGE/SSCI [Source: ERCOT] 
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Figure 3.34: Frequency Scan Indicating Stable IGE/SSCI [Source: ERCOT] 
 
In eigenvalue analysis, the system is modeled by a set of linear differential equations written in the frequency 
domain (i.e., Laplace representation or state space representation). Mathematically calculating eigenvalues is a 
straightforward process and directly produces modes (resonant frequencies) and damping ratios (positive if 
stable; negative if unstable with the potential for SSR). The system must be linear in order to calculate eigenvalues 
directly, although indirect approximation techniques do exist.  
 
EMT time domain analysis involves simulating the system in a program that fully calculates current/voltage 
waveforms using specialized electromagnetic transient models that are valid for subsynchronous frequencies. For 
synchronous generation, a full spring-mass model of the shaft is represented and for renewables the components 
of the electrical inverter controls are represented as well. Because time-domain analysis does not rely on 
linearization, it is sometimes used to confirm results of frequency scans or eigenvalue analysis. Figure 3.35 shows 
a typical growing torque oscillation indicating a potential TI vulnerability.  
 

 
Figure 3.35: EMT Time-Domain Simulation Results (Torque on HP-LP shaft) Indicating Unstable TI  

[Source: ERCOT] 
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To help offset the computational burden of using more detailed models in EMT time domain simulations, SSR 
studies typically use reduced system models and only include transmission elements in the vicinity of the series 
capacitor and the generator under study. Because the studies are more suited for the planning horizon than the 
operations horizon, SSR studies may also consider multiple transmission outages and/or system operating 
conditions. SSR is often described as a “high impact, low likelihood event”; thus, study scenarios are chosen with 
careful thought. 
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Chapter 4: Uncontrolled Separation Assessment Techniques 
 
Controlled Separation and Uncontrolled Separation are phenomena that generally occur in the transient 
timeframe.40 Analyzing Controlled Separation and differentiating it from Uncontrolled Separation involves a 
thorough understanding and modeling of the installed protection systems, RAS, and other control systems as 
designed. This section describes the principles and assessment techniques for Controlled Separation and 
Uncontrolled Separation in the context of Planning Assessments, OPAs, and RTAs. 

Description of Controlled Separation  
Controlled Separation refers to the intended islanding of a portion of an electric system that includes generation 
or load. Intended islanding involves purposefully designed protection systems, RAS, or other control systems 
operating as designed to separate part of the BPS. Controlled Separation is considered to be controlled because 
the points of separation are specifically designed to operate based on local detection or remote transfer trip 
signals. The separated systems have been studied to perform acceptable for the specified contingency events. 
Any unplanned or unexpected operation of a protection or control system is not considered intended. Controlled 
Separation that results from those automatic control actions may help ensure the integrity of the rest of the 
system by disconnecting potentially weak or unstable portions of the system.  

Controlled Separation involves islanding generation or load; however, the island may or may not maintain stability 
throughout the separation depending on the design. Intentional, planned disconnection of load caused by RAS 
action to maintain stability following a credible contingency event is considered Controlled Separation. The 
tripped load will not maintain energized, yet this is planned and designed ahead of time. On the other hand, larger 
Controlled Separation may intentionally form islands of large amounts of balanced41 generation and load that 
would otherwise result in Instability for the given contingency event. See Appendix C for an example of a large 
Controlled Separation Scheme and how it is differentiated from Uncontrolled Separation. 

Contingencies that consequentially result in a small portion of generation and/or load to island and disconnect 
from the BPS are a separate and distinct issue from Controlled (and Uncontrolled) Separation. Planned situations 
may arise where the topology condition and contingency could cause the formation of an island. In such scenarios, 
if the contingency were to occur, an island would be formed as a result of the contingency. These situations 
generally include a small load pocket caused by the contingency event. Contingency analysis tools are able to 
identify these conditions, and provide information during outage studies, OPAs, and RTAs. While these conditions 
should be avoided to the best extent possible to minimize any loss of load, they should not be characterized as 
Controlled (or Uncontrolled) Separation. The contingency event simply causes a consequential loss of load. 

Description of Uncontrolled Separation 
Uncontrolled Separation refers to the unintended islanding of a portion of an electric system that includes 
generation or load. Unintended refers to the unplanned removal of a portion of the electric system due to 
operation of protection or control systems. Uncontrolled Separation occurs when studies indicate that a 
contingency is expected to trigger relay action which causes the system to break apart into islands in an 
unintended (non-deliberate) manner. For example, the operation of transmission (or generation) protection 
systems caused by unexpected power swings across a key transmission circuit connecting two systems for a 
contingency in one of the subsystems would be considered Uncontrolled Separation since the operation of the 
relays was not intended for this contingency. The identification of actions from protection schemes, RAS, and 
other control systems that could lead to Uncontrolled Separation is not a trivial task. Demonstrating Controlled 
Separation requires knowledge of the conditions for which those systems actuate. Separation events are 

                                                           
40 This is one of the main differentiations between Cascading. 
41 Controlled Separation schemes may be accompanied by automatic generation or load tripping schemes or other automatic actions 
designed specifically to achieve generation/load equilibrium in the separated system(s) following the contingency event.  
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considered uncontrolled until otherwise proven by study to be controlled through operation of protection 
systems, RAS, or other control systems intentionally used to separate portions of the system. 
 
Figure 4.1 shows an example of a stability assessment for a sequence of actions leading to Uncontrolled Separation 
and System Instability. The contingency causes intended operation of protection systems to clear the faulted 
element. RAS is then triggered to trip generation and load to stabilize the system, as is intended and expected for 
this contingency. Because the System is stressed beyond its transfer capability (exceedance of the stability limit, 
which takes into consideration the RAS actions), voltages reach very low values in various parts of the system. 
Out-of-step scanning discussed previously for the assessment of rotor angle stability (OSSCAN) for transmission 
elements detects unintended tripping of elements due to the potential operation of impedance relays. The System 
separation that follows leads to the creation of two islands, both unstable as shown by the resulting overfrequency 
and undervoltage conditions after separation. In this example, operation of the protection schemes to clear the 
faulted element and the actions performed by the RAS are considered intentional, whereas the tripping of 
transmission elements leading to the separation is unintended and not acceptable.  
 

 
 

Figure 4.1: Sequence of Intended and Unintended Actions Leading to Uncontrolled Separation – Island 
Voltages and Frequencies 
[Source: Hydro Quebec] 

 
Overview of Controlled and Uncontrolled Separation Analysis 
Uncontrolled Separation is a challenging concept to study, particularly since it can be contributory or a result of 
Instability or Cascading, and is also difficult to simulate. Figure 4.2 shows an overall framework for analyzing 
Uncontrolled Separation events and whether an IROL should be established. The contingency event under study 
is simulated and results obtained. Assume that some type of separation is identified in the simulation results. It 
then must be determined whether or not the separation was a Controlled Separation or an Uncontrolled 
Separation. The descriptions in the preceding sub-sections will help with this determination. If the separation 
event is deemed Controlled Separation based on intended protection or control system action specifically 
designed to detect and separate at distinct locations, then this event would not constitute the need to establish 
an IROL. If the separation is considered Uncontrolled Separation, then further analysis is needed to determine 
whether that Uncontrolled Separation resulted in System Instability (see the sections on instability assessment 
techniques for more information). If so, this warrants establishment of an IROL. If not, then the amount of load 



Chapter 4: Uncontrolled Separation Assessment Techniques 
 

NERC | Methods for Establishing IROLs | December 2017 
86 

loss resulting from the Uncontrolled Separation can be determined. If the amount of load lost due to the 
separation exceeds the threshold amount specified in the SOL Methodology, then an IROL should be established. 
Otherwise, if the amount of load lost is less than the threshold and is quantifiable, then establishing an IROL is not 
necessary. 

 
Figure 4.2: Overview of Controlled and Uncontrolled Separation Analysis 

 
Example Comparison of Controlled and Uncontrolled Separation 
The Florida-Southern Interface is an excellent example of the comparison between Uncontrolled Separation and 
Controlled Separation. Stability studies show that the loss of a large generating facility (> 2500 MW) in Florida 
during high import conditions results in transient Instability. The FRCC has a RAS that triggers a Controlled 
Separation between peninsular Florida and the rest of the Eastern interconnection for these types of events. The 
separation points are at locations that can reliably detect out-of-step conditions and are also the boundaries 
between PC footprints. 

Figures 4.3 and 4.5 show bus frequencies and voltage magnitudes at key locations when the RAS and individual 
out-of-step relays operate as designed to execute a Controlled Separation. Note that approximately 5000 MW of 
load is tripped via UFLS for the Controlled Separation since greater than 2500 MW of generation is lost in addition 
to 3200 MW of power imports. UFLS operates at 59.6 Hz, 59.4 Hz, and 59.2 Hz with 0.1 second intentional delay 
in Florida. In a Controlled Separation, peninsular Florida separates from the Eastern Interconnection at pre-
determined locations due to the RAS and four individual out-of-step relays. At each of the separation points there 
are auto-synch relays that will reclose the tie-lines once voltage and frequency conditions are acceptable, which 
is expected to occur after UFLS and within seconds of the separation.  

If the RAS fails to operate, an Uncontrolled Separation occurs as shown in Figures 4.4 and 4.6. Two of the four out-
of-step relays operate and then eight lines trip via their distance relays. Unlike the Controlled Separation scenario 
where peninsular Florida separates from the rest of the Eastern Interconnection at tie lines between different 
TOP/BA areas, the Uncontrolled Separation points are within the neighboring TOP/BA areas with significant 
amounts of generation and load pulled into the disconnecting island. This presents unmanageable challenges to 
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system operators. The system is not designed to separate in this fashion for these reasons, and it is therefore 
deemed Uncontrolled Separation.  

The DISTR model is used on some lines in the simulation to model the actual distance relay settings, and on other 
lines only the generic OSCAN model is used. Uncontrolled Separation occurs in about 3.7 seconds, instead of about 
2.7 seconds for Controlled Separation. Transient Instability conditions result in more severe bus voltages for the 
Uncontrolled Separation compared with the Uncontrolled Separation – GSU high side voltages of FRCC units briefly 
approach 40% of nominal (see Figure 4.7) and the voltage at a nuclear plant in a neighboring system falls below 
90% for almost 2 seconds (see Figure 4.8). The dynamic simulation model does not include all protective relays 
and auxiliary systems that may trip the unit(s) due to depressed voltage; however, it is clear that the risk of plant 
tripping is significantly higher for the Uncontrolled Separation conditions. 

 

Figure 4.3: Bus Frequencies for Florida Controlled Separation 
[Source: Florida Power & Light] 
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Figure 4.4: Bus Frequencies for Florida Uncontrolled Separation 
[Source: Florida Power & Light] 

 

 

Figure 4.5: Bus Voltage Magnitudes for Florida Controlled Separation 
[Source: Florida Power & Light] 
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Figure 4.6: Bus Voltage Magnitudes for Florida Uncontrolled Separation 
[Source: Florida Power & Light] 

 

 

Figure 4.7: Impacts to Plants in Northern Florida for Separation Events 
[Source: Florida Power & Light] 
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Figure 4.8: Impacts to Nuclear Plant in Neighboring System for Separation Events 
[Source: Florida Power & Light] 

 

 



 

NERC | Methods for Establishing IROLs | December 2017 
91 

Chapter 5: Cascading Analysis Assessment Techniques 
 
This chapter introduces the concepts of Cascading, the assumptions and technical considerations that are used in 
developing a Cascading analysis methodology, and then describes a framework for Cascading analysis techniques.  
 
Proposed Definition and Description of Cascading 
The MEITF proposes the following definition for Cascading to describe the overall phenomenon: 
 

Cascading: The uncontrolled successive loss of System Elements triggered by a Disturbance. 
 
This definition addresses the true concept of Cascading, referring to any uncontrolled42 successive tripping of 
elements of the BPS. This new definition removes the concept of “widespread” from the definition. Cascading can 
occur on a system which may or may not be widespread. The severity of Cascading, and not how widespread it is, 
should be used to determine whether an IROL should be established to ensure reliability. As with stability, it is not 
the potential of the Cascading event itself that determines if an IROL is needed, but the extent of the impact to 
the BPS that determines if an IROL is needed. For example, if the loss of one transmission circuit causes an overload 
and successive tripping of another transmission circuit, that is generally characterized as Cascading. However, 
depending on the particular situation, that Cascading event may or may not have an impact on the overall 
reliability of the BPS. This section describes the analysis of Cascading and considerations that should be made 
during analysis of any potential Cascading event43. 
 
Bounded vs. Unbounded Cascading 
One concept that is critical to the determination of Cascading and its impact on the BPS is whether or not an 
uncontrolled successive loss of system elements stops (“bounded”) or continues to some undefined operating 
state (“unbounded”). These two end states can be described as: 

• Bounded Cascading: Cascading (uncontrolled successive loss of system elements triggered by a 
disturbance) that stops after some number of elements have been removed from the system is “bounded 
Cascading”. Cascading stops when all elements are within pre-defined thresholds and no further 
successive tripping of elements will occur. Bounded Cascading may occur in situations of higher 
impedance transmission circuits surrounded by (or connected to) a relatively strong network. The weaker 
elements with lower thermal capacity may overload and be successively tripped; however, after these 
elements are tripped, the stronger backbone system is able to accommodate the redistribution of power 
flows and conditions reach a new state with no further exceedance of Facility Ratings or system voltage 
limits. This also can occur around load or generation pockets where insufficient inlets or outlets to a load 
or generation pocket can lead to Cascading within the pocket. Once the load or generation is dropped, 
the Cascading stops because the load or generation is removed and a new balance is found. 

• Unbounded Cascading: Cascading (uncontrolled successive loss of system elements triggered by a 
disturbance) that subsequently results in System Instability44 is considered “unbounded Cascading”. The 

                                                           
42 A circuit tripping due to thermal overload (e.g., transmission line sag into right-of-way) on primary or backup protection (e.g., protection 
to clear a fault) is considered “uncontrolled” and should be considered part of Cascading. System protection or RAS that are designed and 
intended to trip an element following a contingency to prevent overloading, maintain stability, or prevent further uncontrolled actions 
would be designed and implemented accordingly, and therefore would be considered controlled actions. These are built into the 
contingency definitions, studied ahead of time, and are a component of any Cascading analysis (although not deemed Cascading if they 
occur). 
43 Another useful industry reference is the NATF Reference Document developed for CIP-014-2 related to Requirement R1 and the 
development of a risk assessment for defining critical substations. Available: HERE. 
44 Unbounded Cascading inherently results in an outcome of System Instability. Otherwise, the Instability is quantifiable and further 
Cascading can be analyzed. The unbounded Cascading results in an operating condition that is cannot be further studied because it results 
in an Instability that is not quantifiable (i.e., System Instability).  

https://www.natf.net/docs/natf/documents/resources/natf-cip-014-2-r1-guideline---open.pdf
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Cascading does not reach a new steady-state and the system enters into a truly dynamic, uncontrolled 
condition. A simplified approach to defining unbounded Cascading is when the number of system 
elements successively tripped during the Cascading exceeds a limit that is defined in the SOL 
Methodology. In this situation, the entity is not willing to take the risk of that number of system elements 
being removed from the system and considers that an unacceptable state. This also helps simplify the 
simulation techniques to a reasonable number of combinations to study.  

The determination of the extent to which Cascading is acceptable and whether it requires the establishment of 
an IROL should be clearly defined in the SOL Methodology and should follow the following concepts: 

• If the Cascading is unbounded, this is not acceptable and warrants the establishment of an IROL. 
• If the Cascading is bounded, then the amount of generation and/or load lost should be quantified, and:  

o If the amount of load loss exceeds the allowable limit established in the SOL Methodology, this is 
not acceptable and warrants the establishment of an IROL. 

o If the amount of load loss does not exceed the allowable limit established in the SOL Methodology, 
this is acceptable and does not warrant the establishment of an IROL. 

Cascading Fundamentals and Cascading Trees 
The analysis of Cascading is generally performed using steady-state powerflow tools and contingency analysis to 
study any successive overloading and potential tripping of system elements. More advanced Cascading analysis 
techniques may also include transient stability simulations to identify potential instabilities that may occur in the 
dynamics timeframe that would not be captured in steady-state. Dynamics may also be considered if a Cascading 
condition results in an unsolved powerflow to verify the Instability and identify the element(s) that experienced 
this as part of the Cascading event. 

Tripping of transmission elements due to excessive loading of the line is normally due to the physical attributes of 
the equipment or the relay settings of the relays protecting the equipment. Exceeding a facility’s thermal rating 
can cause failure of that facility. For example, transformers excessively loaded past their thermal ratings may 
cause a mechanical or dielectric failure, which would cause the transformer to fault and trip out of service. Loading 
a conductor past its thermal rating can cause excessive sag of the transmission line, and if the line sags past 
clearances, it may fault and trip out of service. Excessive loading of equipment past its facility rating could also 
cause misoperation of the associated protective relays. For example, when coupled with depressed voltages, high 
current on a facility may appear as a fault to an impedance relay. 

When transmission elements trip out of service, the power that was flowing on the element must be picked up by 
the remaining transmission system. The majority of power will be transferred on the electrically close transmission 
elements. This phenomenon is what creates the potential for Cascading. A transmission element that is excessively 
loaded can trip and distribute that loading to the neighboring transmission elements. The remaining elements 
could then be excessively loaded and trip, distributing that element’s loading to other neighboring transmission 
elements. This sequence of Cascading can continue on to subsequent elements leading to bounded or unbounded 
Cascading. 

Cascading can occur in a series configuration, parallel configuration, or, most likely, some combination of both. 
Cascading that propagate in a series configuration tend to occur when the transmission system has high Line 
Outage Distribution Factors (LODFs) with each other. Because of this, when a line is outaged, the majority of power 
is transferred to fewer lines, causing those lines to load up more. Cascading can also propagate in a parallel 
configuration where a single line outage will cause multiple lines to load up and possibly trip. This can cause 
branches of Cascading events that can then propagate further either in a parallel or series configuration. As a 
potential Cascading event is studied, the larger the number of elements that trip and the more branches that are 
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created increases the complexity of the study when trying to determine if it is bounded or unbounded and the 
extent of the impact. 

 
Figure 5.1: Description of Series Cascading 

[Source: TVA] 
 

 

Figure 5.2: Description of Parallel and Series Cascading 
[Source: TVA] 

 
The start of a Cascading analysis normally begins when a planning or operations planning study shows a potential 
for a transmission element to be near the overload threshold. This triggers the need for further evaluation to 
determine if an IROL should be established in order to prevent the system from operating at or past that point. 
The analysis of Cascading should consist of removing elements from service that meet or exceed the overload 
threshold to determine the extent of the Cascading (bounded or unbounded) and the significance of the impact 
of the Cascading. As each element is removed from service, the model is resolved and the power from the 
contingent element is redistributed on the system. Next, any other elements that exceed the overload threshold 
are removed from service and the process continues until there are no more elements that exceed the overload 
threshold. If the Cascading propagates far enough, it can be considered unbounded where the powerflow solution 
diverges. 
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Figure 5.3 shows an illustration of the Cascading analysis sequences. An N-k45 event is used as the initiating 
disturbance. Three overloads are identified, each with a distinct path. Removing the first results in another 
overload with two more options. One of those options leads to a diverged powerflow solution (unbounded 
Cascading) while the other option leads to other overloads and/or bounded Cascading where a powerflow solution 
is obtained with no overloading and acceptable voltage levels. The second overload following the first Cascading 
step leads directly to a diverged powerflow solution. Lastly, the third overload leads to additional bounded 
Cascading scenarios. 

 
Figure 5.3: Simple Cascading Tree Example 

 
In reality, Cascading trees46 are much more complex. Figure 5.4 shows an actual tree from Cascading analysis 
simulations. The initiating event (green node) leads to many different paths of Cascading, involving many different 
elements and operating conditions. The red dots show unbounded Cascading (diverged powerflow solution) 
conditions while blue dots show bounded Cascading conditions. Note that some Cascading paths lead to unique 
operating points while other paths converge on a similar operating point. The sequence of outages taken may or 
may not lead to a unique solution, and the probability of reaching that point may be different.  

 

                                                           
45 N-k simply denotes k elements removed from service from the initiating contingency. This is conventionally N-1 or select N-2 
contingencies for the determination of SOLs. In other cases, for example CIP-014-2 analysis, k may be a larger number for the loss of an 
entire substation bus(es). 
46 E. Bernabeu, K. Thomas, Y. Chen, “Cascading Trees”, CIGRE Science & Technology, October 2017. 
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Figure 5.4: Actual Cascading Tree Example 

[Source: PJM, Dominion] 
 

To describe the framework for Cascading analysis, it is important to first discuss the various assumptions that go 
into the Cascading analysis. These are discussed in the subsequent sub-sections and include:  
 

• Low voltage generator and load tripping  
• Defining Cascading overload thresholds 
• Inclusion of Facility Ratings methodologies and protection system assumptions 
• Accounting for numerical issues that cause powerflow solution divergence 

 
Low Voltage Tripping as Part of Cascading Analysis 
Bus voltages should be monitored during the Cascading analysis process, particularly at generator terminal buses 
and load buses. Low bus voltage that results in tripping of generation or load could (1) exacerbate the Cascading 
through additional overloading, (2) cause the Cascading to be deemed unacceptable due to the size of generation 
or load lost, or (3) mitigate further Cascading. The following considerations should be made: 

• Generators that experience a low bus voltage have a higher propensity to trip off-line (e.g., auxiliary bus 
loads) and a generator tripping threshold should be determined. For example, one could assume that 
generators with steady-state bus voltage less than 0.9 pu would trip – this would align with the 
requirements of PRC-024-2 generator voltage ride-through requirements. Similarly, one could use slightly 
lower thresholds such as 0.8 pu to 0.85 pu as reasonable generation trip thresholds.  
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Figure 5.5: PRC-024-2 Voltage Ride-Through Time Duration Curve 
 

• Load are expected to begin dropping out for a number of reasons (e.g., contactor dropout, process-based 
controls, power electronic controls). A low voltage threshold for load tripping should be selected based 
on engineering judgment and an understanding of the load composition. Below this threshold, all or a 
portion of the load at the affected buses should be tripped as part of the Cascading. For example, one 
could assume that half the load trips at 50% voltage and all the load has tripped at 40% voltage.47  

Note that many software tools include a parameter (e.g., PQBRAK in PSS/e) that controls the load characteristic 
under low voltage conditions. The constant power characteristic holds the load power constant until bus voltage 
falls below the specified threshold. A current-voltage characteristic (shown in Figure 5.6) is used to determine the 
load current for the given voltage. This helps obtain a powerflow solution under severe voltage conditions. 
However, if this is not set appropriately for Cascading analysis, it can skew results. The amount of load reduction 
should be tracked for each iteration in the Cascading analysis, and the value for PQBRAK should be set in 
coordination with the load tripping fractions (i.e., this parameter could be used to model the load reduction if set 
and tracked accordingly). 

                                                           
47 In reality, this is likely a continuum. However, the simulation tools do not generally have an effective means of voltage-based load 
tripping. Therefore, engineering judgment and simplifying assumptions are often made. 
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Figure 5.6: Constant Power Load Characteristic Solution Option and Characteristic 
[Source: Siemens PTI] 

 
If it is assumed that the load remains connected through the low voltage condition, this is a conservative 
assumption. On the other hand, if it is assumed that some load trips, this is less conservative (although more 
realistic). In either case, technical justification should be provided for the thresholds used. If the operating state 
obtained following the powerflow solution is stable (solved powerflow solution) yet the voltages are very low in 
a local or wide-area footprint, they may also be considered unacceptable Cascading and an IROL established. 
Rather than perform the detailed analysis to identify tripping of load and generation, the utility may acknowledge 
that these are assumptions and that the very low voltage across multiple buses is unacceptable from a reliability 
standpoint and an IROL is established to mitigate this occurrence. 

Defining an Overload Threshold for Cascading Analysis 
Each element of the BPS has a likelihood of failure and/or tripping. While the likelihood of this occurring during 
normal operation is very low, that probability increases as the loading of that element reaches and exceeds its 
Facility Rating, particularly its highest Emergency Rating. Cascading analysis studies the successive loss of system 
elements and there should be a strong technical basis for the thresholds used to instigate a successive tripping of 
elements in the studies of Cascading and whether that Cascading has a sufficiently large impact to establish an 
IROL. This technical basis should take into account, at a minimum, the following considerations: 

• Facility rating – conductor ratings, equipment failure, etc.  
• Relay loadability 
• Generator tripping 

The following sub-sections provide technical basis and recommendations for developing overload thresholds for 
Cascading analysis. 

Protection System Considerations 
Relay loadability and load encroachment are critical components to Cascading outages and should be considered 
when determining thresholds for Cascading analysis. PRC-023-3 sets forth requirements that seek to ensure 
coordination between relay loadability and relay operation such that transmission elements will not be tripped 
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for heavy loading conditions and only tripped for fault conditions48. PRC-023-2 provides a list of criteria that can 
be used to ensure the protective relay does not have a loadability issue. Some key criterion included in PRC-023-
3 Requirement R1 include: 

1. Set transmission line relays so they do not operate at or below 150% of the highest seasonal Facility Rating 
of a circuit, for the available loading duration nearest 4 hours (expressed in amperes). 

2. Set transmission line relays so they do not operate at or below 115% of the highest seasonal 15-minute 
Facility Rating1 of a circuit (expressed in amperes). 

10. Set transformer fault protection relays and transmission line relays on transmission lines terminated only 
with a transformer so that the relays do not operate at or below the greater of: 

a. 150% of the applicable maximum transformer nameplate rating (expressed in amperes) including 
the forced cooled ratings corresponding to all installed supplemental cooling equipment. 

b. 115% of the highest operator established emergency transformer rating. 

From Requirement R1, it is clear that (1) transmission line relays should not trip the element for loading below 
115% of the seasonal 15-minute Facility Rating or below 150% of the 4 hour rating, and (2) transformer protection 
should not trip for loading below 150% of nameplate rating or 115% of highest emergency rating. This ensures 
that transmission protection will not trip the line (without a fault), providing sufficient time for operator action. 
The time required to take these actions should be taken into account to determine reasonable % of facility rating 
to use for the Cascading analysis. 

The criteria for thermal overload tripping during Cascading analysis simulations should be the same as, or higher 
than, the thermal overload magnitude and duration specified in PRC-023-3 (or equivalent). That is, any 
transmission facility is unlikely to trip unless it experiences a thermal overload of at least 115% of the 15-minutes 
emergency rating, or 150% of the 4-hour emergency rating, or any interpolated equivalent rating (e.g., 125% of 
the 30-minute emergency rating).  
 
Facility Ratings and Operator Action 
The Facility Rating for each facility is based on the most limiting component of that facility (e.g., line conductor, 
wave trap, etc.). The conductor rating has a time aspect associated with it that should be carefully taken into 
consideration in developing a technical basis for a specified Cascading threshold. The chosen overload threshold 
should reflect the expected Operating Plans and timeframe in which operators will have sufficient time to take 
action. Cascading normally occurs when the time between successive tripping is less than the time it takes for an 
operator to mitigate the loading on the facilities and bring the system back to a secure state. 
 
To illustrate this concept, consider Table 5.1, which shows actual data for a number of conductor types (columns 
in the table) for long term emergency (LTE), short term emergency (STE), and drastic action limit (DAL) ratings 
under expected summer conditions. Each column represents a different conductor type for each of the two sets 
of conditions (all cases assume ambient temperature of 40 °C and pre-contingency conductor temperature of 85 
°C). For the left half of the table, the first column shows post-contingency ampere loading that results in a 
conductor operating temperature of 120 °C in 2 to 4 hours. For example, if a line has a pre-contingency operating 
temperature of 85 °C and then loads to 1270 A post-contingency, it will take 2 to 4 hours to reach 120 °C (LTE 
rating). The second row shows post-contingency ampere loading that will result in a conductor operating 
temperature of 140 °C after 15 minutes (STE rating). The third row shows post-contingency ampere loading that 
will result in a conductor operating temperature of 140 °C in 5 minutes (DAL rating). The right half of the table is 

                                                           
48 Note that PRC-023-3 applies to (1) transmission lines operated at 200 kV and above (except GSUs directly connected to BES generators), 
(2) transmission lines operated at 100 kV to 200 kV selected by the PC, (3) transmission lines operated below 100 kV that are part of the 
BES and selected by the PC, (4) transformers with low voltage terminals connected at 200 kV and above, (5) transformers with low voltage 
terminals connected at 100 kV to 200 kV selected by the PC, and (6) transformers with low voltage terminals connected below 100 kV that 
are part of the BES and selected by the PC. 
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similar to the left except that it assumes a line with less clearance (100 °C instead of 120 °C for the LTE and 120 °C 
instead of 140 °C for the STE and DAL ratings). The upper portion of the table shows the LTE, STE, and DAL ampere 
ratings under these conditions. The middle portion of the table relates the LTE (2 to 4 hour) and STE (15 minute) 
ratings to the DAL rating (5 minute) in terms of percentage. The lower portion of the table shows examples of 
overload threshold that could be applied for Cascading analysis.  
 
A blanket statement of some percentage value of the “highest emergency rating” is insufficient technical basis to 
determine the overload threshold used for Cascading analysis. The time aspects need to be taken into account in 
the establishment of this threshold value. Typically, the DAL (5 minute) rating is assumed to be too severe for the 
operator to manage these conditions and either load shedding will occur or the facility will trip due to sag or 
failure. Similarly, the STE rating of 15 minutes is still relatively quick for an operator to assess whether Cascading 
will actually occur and to be able to maneuver the system back to a point of security. Often, some percentage of 
the STE rating (15 minute or 20 minute) is used as a threshold for which it is assumed the element has some 
reasonable likelihood of tripping as part of a Cascading event.  
 

Table 5.1: Line Conductor Ratings vs. Time 

RATING 
Pre-load 85°C, 2/4 hr 120 °C Pre-load 85 °C, 2/4 hr 100 °C 

15 and 5 min 140 °C 15 and 5 min 120 °C 
LTE - 2 to 4 hour rating 1270 1429 1718 1988 1096 1231 1476 1704 
STE - 15 minute rating 1574 1812 2268 2719 1386 1590 1976 2354 
DAL - 5 minute rating 2061 2426 3124 3824 1755 2057 2632 3205 

  
DAL as % of LTE 162% 170% 182% 192% 160% 167% 178% 188% 
DAL as % of STE 131% 134% 138% 141% 127% 129% 133% 136% 
STE as % of LTE 124% 127% 132% 137% 126% 129% 134% 138% 
Examples:   
140% of LTE 1778 2001 2405 2783 1534 1723 2066 2386 
125% of STE 1968 2265 2835 3399 1733 1988 2470 2943 
115% of STE 1810 2084 2608 3127 1594 1829 2272 2707 
100% of STE 1574 1812 2268 2719 1386 1590 1976 2354 

  * Ambient temperature – 40 °C Summer Peak 
 
The red values in Table 5.1 are intended as an example. Assume that a utility is using 125% of STE as their Cascading 
threshold value. In this case, for these actual conductor ratings, 125% of STE is approaching the DAL (5-minute) 
rating and should be taken into consideration when establishing the threshold value. This is an optimistic value 
and it should be assumed that the operator has insufficient time to react. Similarly, assume a utility is using 140% 
of LTE as their threshold. For these conductors, 140% of LTE exceeds the STE rating, falling somewhere between 
the STE and DAL ratings. This means the operator would have somewhere between 5 to 15 minutes to react, which 
may be relatively unlikely.  
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The third portion of examples show ampere ratings when 
applying different Cascading threshold values (e.g., 140% of 
LTE, 125% of STE, 115% of STE, and 110% of STE). Notice how 
the threshold values, for the same set of conductors and 
ambient conditions, can be significantly different based on the 
threshold values selected. This can have a substantial impact 
on the results obtained from the Cascading tests. While 100% 
of STE may be on the conservative side for these examples, it 
is more than reasonable to assume that any overload above 
100% of the elements highest emergency rating (e.g., STE) 
could result in tripping and that the operator does not have 
sufficient time to take action to address the overload. 
Conversely, it is fairly optimistic to assume that the operator 
could mitigate overloads up near 125% of STE (assuming 15 
minute rating) within a suitable amount of time to mitigate 
Cascading. 
 
 
Other Limiting Elements for Facility Rating 
There are a number of other components that may be the most limiting rating in the determination of the Facility 
Rating for a BPS element. These components may or may not have a detailed time-overload relationship that 
needs to be considered in such detail. One may assume that exceedance of those limits will results in failure of 
the component and tripping of the BPS element. Examples include wave traps, faulty splices, poorly hung 
conductor, and unmaintained structures. When the RC receives the Facility Ratings from its TOPs, it may or may 
not have a clear understanding of the most limiting rating of the BPS element.  

Figures 5.7 and 5.8 show the ratio of 5 minute rating to 4 hour rating and 15 minute rating, respectively, for circuits 
in an RC footprint. Figure 5.7 shows a gradual drop off towards a 1:1 ratio between the 5 minute and 4 hour 
ratings. At that point, that may be due to two primary factors: (1) no 5 minute rating was provided to the RC, or 
(2) the most limiting element is not time-dependent and treated the same as the 4 hour rating. Figure 5.8 shows 
an even more significant drop off, where the majority of lines have a 5 minute rating that is equal to the 15 minute 
rating. The RC should consider the consistency of the Facility Ratings in their system and determine a reasonable 
value, in conjunction with the timeframes associated with their Operating Plans, for an overload threshold for 
Cascading analysis.  

Key Takeaway: 
Thermal overload thresholds for Cascading 
analysis should have a technical basis for the 
value used. This threshold should be based 
on the overload level with respect to time 
that overload can be sustained. This involves 
analysis of conductor ratings, engineering 
judgment, and expected operator action. 
Conservative thresholds would use 100% of 
the highest emergency rating while more 
optimistic thresholds may use a threshold 
based on operator time in the range of 5 to 
10 minutes (either percentage of 4- or 8-
hour rating or 15-minute rating, depending 
on utility Facility Ratings practices.) 
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Figure 5.7: Circuit 5 Minute Facility Rating as Percentage of 4 Hour Rating 

 
Figure 5.8: Circuit 5 Minute Facility Rating as Percentage of 15 Minute Rating 

 
Divergent Powerflow and “Soft Outage” Considerations 
During the course of Cascading analysis, and even contingency analysis, one must consider how they are drawing 
conclusions from the simulation results being provided. Engineering judgment should be used to determine if 
additional analysis or considerations need to be taken. One aspect of this additional analysis is the occurrence of 
a divergent powerflow. While this is commonly considered an unacceptable occurrence for contingency analysis 
purposes (especially in the operating timeframe, time and/or tool permitting), the engineer should ensure that 
the divergent powerflow solution is actually due to an Instability or unachievable operating state as opposed to 
numerical issues in the software tool. It is common to run into numerical software issues when performing 
Cascading analysis.  

A divergent powerflow solution does not necessarily mean that the Cascading is unbounded or that Instability has 
occurred. In fact, any analysis methodology that solely uses a divergent powerflow as criteria for characterizing 
unacceptable levels of Cascading should be very careful in determining that the divergent case is truly an 
unacceptable operating state.  
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The methodology should consider the power flow solution options used in the study. These may include:  

• Load ramping at low voltage: does the power flow solution ramp load down below some predefined 
voltage (e.g., 0.5 pu)?  

• Does the solution convert constant power load to constant impedance load below some predefined 
threshold (e.g., 0.7 pu)?  

These options are often configured to some level as default in the software programs and should be addressed to 
ensure consistency across and RC footprint. This can drastically change the frequency and occurrence of unsolved 
powerflow cases.  

When a system element is removed from service in the powerflow, the solution is moving directly from one 
steady-state operating state to a new steady-state operating state without consideration for how the system will 
reach this new state dynamically. Large changes in system state variables may cause the powerflow solution to 
diverge under severely stressed conditions. To account for this, a “soft outage” approach has been proposed,49 
referring to how system elements are removed from the case to transition between these operating states. The 
following steps can be taken to soften the outage numerically while still reaching the same post-contingency 
operating state. At each step in the “soft outage” approach the powerflow is solved to reach an intermediary 
operating point while the system is eased into the new operating point. 

• Transmission Element Impedance Increase: The impedance (predominantly the reactance) of a 
transmission element such as a line or transformer can be increased in steps to gradually reduce the 
power transfer across the element (see Figure 5.9). At some threshold (e.g., 0-20% of initial flow) the 
element can be removed from service and the redistribution of flow and change in voltages will be less 
severe than the initial outage of the element. 

 
Figure 5.9: Line Flow vs. Line Impedance 

 
• Generator Output or DC Power Order Reduction: The same concept applies to gradually reducing power 

output from a generator or power transfer across an HVDC element. Once the output or transfer is low 
enough, the user can open the element and solve the powerflow. 

                                                           
49 “Cascading Trees: A Methodology to Integrate Resiliency in Transmission Planning”, CIGRE Grid of the Future Symposium, 2017. 

“Cascading Trees: Probabilistic Risk Assessment Methodology”, Electric Grid Resiliency Modeling Industry Summit, Industry workshop 
facilitated by Dominion Energy and PJM, Sept 22, 2015. 
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• Reactive device output reduction steps: Delivery of reactive power to maintain voltage is critical in 
Cascading analysis, particularly as the outages weaken the system and drive higher need for reactive 
power (higher impedance). Reactive element (e.g., SVCs, STATCOMs, shunt reactive elements, etc.) 
outputs can also be ramped down gradually to ease the powerflow solution.  

These steps are useful in situations where a diverged powerflow is reached. The previous successfully solved 
powerflow solution (with the element in service) is used as the starting point and that element is gradually 
removed from the case through a sequence of powerflow solutions. Load levels are not changed based on 
collapsing voltage at these soft outage steps, only outages grid elements are adjusted to ease the tripping effects 
in the load flow solution. If a new operating state is reached, the Cascading analysis can continue as normal. If a 
diverged powerflow solution is still the outcome, it can be concluded that this is likely an actual System Instability 
condition or unacceptable operating state.  

This analysis is very beneficial in identifying the root cause of the Instability due the element being removed from 
service. For example, line flows and system voltage can be monitored at each successive powerflow solution. 
Generally a select set of bus voltages or overloads are the cause of the Instability. This type of information is not 
available in the initial solution where a diverged powerflow is the outcome – the gradual ramping and 
intermediary solutions provide this information. 

This method does include some shortcomings (along with the standard approach described herein as well) such 
as lack of protection system modeling, no dynamic simulation, etc. However, it may not be practical to consider 
all these aspects in the Cascading analysis.  

Typical Cascading Analysis Framework 
It may not be practical to simulate all possible combinations of Cascading; however, it is important to understand 
that the Cascading phenomenon consists of a tree of potential solutions and that the assumptions used in 
Cascading analysis drastically simplify the analysis down to a certain set of Cascading paths in the tree. While all 
possible combinations of Cascading should ideally be studied, two methods are often considered when selecting 
the next element to remove from service as part of the Cascading: 

• Trip the highest overloaded element  
• Trip all overloaded elements above some threshold 

Simultaneous tripping of overloaded elements is very rare. Even if 
a couple seconds apart from each other, this is not considered 
simultaneous. Therefore, tripping all overloaded elements in a 
single iteration of the Cascading analysis should be avoided. On 
the other hand, experience has shown that tripping the most 
overloaded element may not always lead to (1) the worst 
outcome, or (2) the highest likelihood sequence. To identify each 
of those cases would require a full analysis of the Cascading tree. 
Regardless, tripping the element with the highest overload is a 
reasonable assumption for sequential Cascading analysis. 

Tripping of successive elements to simulate Cascading is performed in an iterative process. Figure 5.10 provides a 
framework that should, at a minimum, be used for Cascading analysis. The following steps describe the process: 

1. The initiating contingency is taken, similar to contingency analysis.  
2. Solve the powerflow. 

Key Takeaway: 
Tripping the element with the highest 
thermal overload is a reasonable 
assumption for Cascading analysis and 
recommended unless more extensive 
Cascading trees or sensitivities are 
explored. After each successive tripping, 
a credible powerflow solution should be 
obtained and bus voltages and thermal 
overloads monitored. 
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a. If a direct powerflow solution cannot be attained, then the “soft outage” techniques are used to 
attempt to achieve a solution. If a solution is still not feasible50, this is considered System 
Instability and an IROL should be established. 

b. If a solution is attained, continue to the Cascading analysis. 
3. Identify if any elements are overloaded.  

a. If no elements are overloaded, go to Step 7. 
b. If elements are overloaded, identify them and rank their overload severity.  

4. Disconnect or trip the highest overloaded element in the case. 
5. Count the cumulative amount of load tripped caused consequentially from the Cascading, and compare 

the amount of load lost to the threshold defined in the SOL Methodology for establishing IROLs. 
a. If the cumulative amount of load lost exceeds the threshold in the SOL Methodology, this is 

considered unacceptable Cascading performance and an IROL should be established. 
6. Solve the powerflow. 

a. If a direct powerflow solution cannot be attained, then the “soft outage” techniques are used to 
attempt to achieve a solution. If a solution is still not feasible, this is considered unbounded 
Cascading and an IROL should be established. 

b. If a solution is attained, continue in the Cascading analysis. 
7. Check generator and bus voltage magnitudes for any above or below acceptable limits where they are 

expected to trip. 
a. If no generator or load bus voltage magnitudes are above or below the thresholds, return to 

analyzing the overloaded elements and solving the powerflow solution. 
i. At this point, if no overloaded elements are identified, this is considered bounded 

Cascading and the Cascading is expected to stop.  
b. If high or low bus voltages exist, trip the generator and/or load51 at that bus. 

8. Solve the powerflow. 
a. If a direct powerflow solution cannot be attained, then the “soft outage” techniques are used to 

attempt to achieve a solution. If a solution is still not feasible, this is considered unbounded 
Cascading and an IROL should be established. 

b. If a solution is attained, continue in the Cascading analysis. 
9. Count the cumulative amount of load tripped (along with the load consequentially tripped after the 

overloaded element removal), and compare the amount of load lost to a threshold defined in the SOL 
Methodology for establishing IROLs.  

a. If the cumulative amount of load lost exceeds the threshold in the SOL Methodology, this is 
considered unacceptable Cascading performance and an IROL should be established. 

b. If not, return to the successive analysis of checking overloaded elements and continue the 
Cascading analysis. 

Entities may consider slight modifications to this framework that strengthen the analysis. This could include 
analyzing powerflow solution mismatches as well as incorporating stability simulations as part of the Cascading 
analysis. These techniques were omitted in the description simply because they complicate a description of the 
overall process and may not be required for the minimum set of Cascading analysis steps.  

                                                           
50 During the soft outage, if a clearly quantifiable collapsing load pocket is identifiable, one may analyze whether protective relaying (e.g., 
line distance protection or bus UVLS, if applicable) may trip the load or element. If this can be proven, Cascading analysis can be continued. 
Otherwise, a viable solution is not obtained and it is deemed System Instability since there is no way to determine how the collapsing 
elements will propagate into the system. Any reduction in load due to low voltage should not occur during the “soft outage” steps. 
51 While generation is likely to trip, one may consider a method for tripping a fraction of the load at a given bus rather than the entire load 
at that bus. As the fractional value of load is tripped, this may help alleviate the voltage issue. Hence the justification of tripping only a 
fraction of the load. The load diversity and different voltages seen along the distribution feeder also help support this method. 
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Figure 5.10: Cascading Analysis Framework 
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Probabilistic or Risk-Informed Cascading Analysis 
Cascading events inherently involve some level of probability that the sequence of events will occur. Some 
Cascading events may have a very low probability of occurring (e.g., multiple elements tripping sequentially due 
to exceeding their highest emergency rating by 1%) while other Cascading events may have a very high probability 
of occurring (e.g., multiple elements tripping sequentially due to exceeding their highest emergency rating by 
50%). Particularly under high system stress or outage conditions, the probability of Cascading is likely higher since 
the redistribution of flows has a higher impact on adjacent facility loadings.  

Some entities have considered using a probabilistic or 
risk-informed framework for Cascading analysis. This type 
of analysis uses the probability of tripping, potential 
equipment loss of life, and/or unacceptable amount of 
load loss at each sequence of the Cascading path. Figure 
5.11 shows an example of a probability-based tripping 
curve. Each condition is assigned a probability of tripping 
based on engineering judgment and known facts of the 
equipment being considered. For example, the 
probability of tripping may be based on the overloading 
level of a transmission line, the overloading level of a 
transformer, the encroachment of distance protection, 
the magnitude of low terminal bus voltage at a generator, 
etc.  

Each step in the Cascading path is then assigned a probability and the conditional probability of this path occurring 
is calculated to determine the overall likelihood of the Cascading to occur. The probability for each Cascading path 
can be calculated as 

𝑃𝑃(𝑐𝑐) = 𝑃𝑃(𝑐𝑐1|𝑁𝑁 − 1) ∩ 𝑃𝑃(𝑐𝑐2|𝑐𝑐1) ∩ …∩ 𝑃𝑃(𝑐𝑐𝑛𝑛|𝑐𝑐𝑛𝑛−1) 
 
where the probability of the Cascading event P(c) is the conditional probability of Cascading, c1 is the first 
Cascading event, N-1 is the initiating disturbance52, P(c1|c2) is the probability of Cascading event 2 given Cascading 
event 1, and P(cn|cn-k) is the probability of Cascading event n given Cascading event n-k. Whether the Cascading is 
bounded or unbounded, the probability of its occurrence is taken into consideration to determine whether the 
probability meets a defined risk threshold. That risk threshold should have a technical basis (e.g., 1% risk of 
Cascading vs. 0.1% risk of Cascading), and any unbounded Cascading should be protected regardless of its 
probability unless thorough analysis and technical justification can prove why that risk is being assumed. 
 
These probabilistic concepts for Cascading analysis are continuing to evolve and improve, and the tools associated 
with the analysis of Cascading are also improving. As these tools and techniques continue to evolve, it is likely that 
the study practices will also improve. 

 
 

                                                           
52 The initiating disturbance does not necessarily have to be an N-1 contingency. It could be a credible N-2 or it could even be the loss of an 
entire substation for CIP-014-2 security assessment. 

 

Figure 5.11: Concept of Probabilistic Tripping 
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Appendix A: FERC Orders and Directives 
 
This section provides relevant paragraphs from FERC Orders that discuss IROLs. Note that the Commission speaks 
through its orders (and not the absence thereof). Each order should be read in its entirety to obtain the 
appropriate context of a particular order. The paragraphs describing IROLs are provided here only for reference. 
 
FERC Order No. 693 (Issued March 16, 2007)53 

¶519.  “The Commission reaffirms its belief that Reliable Operation of the [BPS] can only be achieved by 
coordinated efforts of all operating entities, such as [RCs], [TOPs] and [BAs] in operating their 
respective systems and performing their respective functions in accordance with their 
responsibilities and authorities. Most operating actions taken by [TOPs] and [BAs] in real-time 
would only affect their own areas and equipment and have no adverse impacts on the [IROLs], and 
therefore they have unilateral authority to act. However some operating actions that would have 
impacts beyond their own areas must involve the [RC] who has the wide-area views and the 
necessary operating tools, including monitoring facilities and real-time analytic tools with wide-
area representation to enable the [RC] to fulfill its responsibility… the Commission believes that 
actions that have an impact beyond an area will, in general, vary based on the conditions at the 
time of the action.”  

F225. “The NERC glossary states that A reliability coordinator is the “entity that is the highest level of 
authority who is responsible for the reliable operation of the bulk electric system, has the wide-
area view of the bulk electric system, and has the operating tools, processes and procedures, 
including the authority to prevent or mitigate emergency operating situations in both next-day 
analysis and real-time operations. The reliability coordinator has the purview that is broad enough 
to enable the calculation of IROLs, which may be based on the operating parameters of 
transmission systems beyond any transmission operator’s vision.” NERC Glossary at 15.” 

¶524. “…which requires each [RC] to ensure that all [TOPs], [BAs] and others operate to prevent the 
likelihood that a disturbance, action, or non-action in its reliability coordinator area will result in a 
SOL and IROL violation in another area of the Interconnection. In order for the [RC] to carry out its 
function under IRO-005-1, it must have information from the [TOPs] and [BAs]. However, IRO-005-
1 does not require [TOPs] and [BAs] to provide the [RC] with the information it would need to 
prevent the likelihood that an action from these two entities will result in a SOL or IROL violation 
in another area of the Interconnection. The Commission’s directive ensures that the [RC] has such 
information. Therefore, we do not believe that COM-002-2 is duplicative of IRO-005-1.” 

¶554. “…load shedding is the option of last resort and there may be other options available to alleviate 
IROL violations within 30 minutes.” 

¶555. “With regard to the wording of the proposed modification stating that load shedding should be 
capable of being implemented “as soon as possible and in much less than 30 minutes,” the 
Commission agrees…that this language may be unclear and unduly subjective. In the NOPR, we 
stated that the reference to 30 minutes could suggest that anything up to that limit was acceptable 
and proposed the modification to emphasize our concern that implementation was expected much 
sooner than in 30 minutes…Accordingly, we direct the ERO to develop a modification through the 
Reliability Standards development process clarifying that when the load reduction plan of 
Requirement R2 involves load shedding, such load shedding be capable of being implemented as 
soon as possible when required to mitigate an IROL violation but in no case in more than 30 
minutes.” 

¶577. “…As explained in the NOPR and in the Blackout Report, actions undertaken under the TLR 
procedure are not fast and predictable enough for use in situations in which an operating security 

                                                           
53 Mandatory Reliability Standards for Bulk-Power System, 18 CFR Part 40, Docket No. RM06-16-000, Order No. 693 (Issued March 16, 
2007). Available: https://www.ferc.gov/whats-new/comm-meet/2007/031507/E-13.pdf 

https://www.ferc.gov/whats-new/comm-meet/2007/031507/E-13.pdf
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limit is close to being, or actually is being, violated…the Commission agrees…that the TLR 
procedure may be appropriate and effective for use in managing potential IROL violations. 
Accordingly, the Commission will maintain its direction that the ERO modify the Reliability Standard 
to ensure that the TLR procedure is not used to mitigate actual IROL violations.” 

¶578. “…we are precluding use of TLR procedures at times of actual IROL violations, but are not otherwise 
specifying permissible responses.” 

¶710. “In response to EEI’s concerns that removing the existing 200 kV threshold could expose the Bulk-
Power System to a new set of risks, we clarify that we are not immediately modifying this Reliability 
Standard. Instead, it will go into effect as written and the ERO will revise it through the Reliability 
Standards development process, with the expectation that the applicability of this Reliability 
Standard will expand to include additional facilities that impact reliability that currently are not 
covered by this Reliability Standard. A modification that reduces the applicability of this Reliability 
Standard would not meet the Commission’s directives. In response to SoCal Edison’s argument that 
the Reliability Standard already addresses the Commission’s concerns, the Commission agrees that 
while there appears to be a mechanism for inclusion of additional lines, none have been included. 
This lack of inclusion is in spite of the evidence that some lower voltage lines can have significant 
impacts on the [BPS], including IROLs and SOLs.” 

¶757. “EEI and TVA raise concerns that this modification promotes commercial use of the grid rather than 
ensuring Reliable Operation of the [BPS], and relates more to transmission access than reliable 
operations. The Commission disagrees that this modification relates primarily to transmission 
access. When the transmission operators know which component within the transmission element 
is limiting they have more information to inform their decisions about how to provide for the 
Reliable Operation of the [BPS]. Our proposed modification does not require any entity to invest 
in equipment to increase ratings of any facility; it simply requires the next limiting component of 
each facility to be identified in order to understand what components are causing the limits that 
are to be used in reliability mitigation assessments. The identification of the first limiting 
component is already an inherent requirement in the existing rating process. As clarified above, 
the modification to identify an increase in rating of the transmission element that would result 
from removing the first limiting component applies only to critical facilities whose thermal ratings 
have been reached causing an SOL or IROL condition. As Dominion highlights in its comments, this 
information is already identified in the planning processes of some RTOs and ISOs.” 

¶864. “…“near-real time” system review by [RCs] may be more practical, while still being efficient and 
effective in achieving reliability goals. A proactive approach, i.e. one that involves RCs in a way that 
permits them to make wide-area assessments of composite interchange transactions for purposes 
of evaluating reliability impact, including identifying potential IROL violations and mitigating them 
using TLR procedures before they become actual IROL violations, is far superior to a reactive 
approach, i.e., one that brings RCs in after the fact to invoke TLR procedures to avoid an IROL 
violation or other operating actions to extricate the system from reliability problems such as an 
actual IROL violation.” 

¶885. “The Commission believes that making a modification to an existing interchange schedule on paper 
for current or imminent reliability-related situations involving actual IROL violations is ineffective 
because its implementation usually takes much longer than the 30 minutes period that is allowed 
in the relevant IRO or TOP Reliability Standards. However, the Commission interprets INT-010-1 as 
allowing the actual physical transaction to be modified to alleviate an IROL event without first 
documenting the modification. The interchange schedule would then be modified after the fact to 
document the physical actions taken.” 

¶886. “…the Commission clarifies that our concern is related to using interchange schedules to address 
actual IROL violations. We have no concern in using this as a tool help prevent potential SOL and 
IROL violations as asserted by ISO-NE. We further note that the phrase in Requirements R2 and R3 
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“current or imminent reliability-related reasons” can be interpreted as potential or actual IROL 
violations…and therefore modifications to INT-010-1 are needed.” 

¶898. “When system integrity or reliability is jeopardized, e.g., exceeding IROLs or SOLs, the relevant 
reliability entities must take corrective control actions to return the system to a secure and reliable 
state as soon as possible and in no longer than 30 minutes. This is important to satisfy the relevant 
Reliability Standards such as IRO-005-0 and TOP-004-0 to minimize the amount of time the system 
operates in an insecure mode and is vulnerable to Cascading outages.” 

¶926. “Our proposed directive is to augment the Requirement that the plans to alleviate SOL and IROL 
violations are assessed to ensure that the control actions can be implemented and effective within 
30 minutes after a contingency.” 

F300. “IRO-004-1 Purpose Statement states in part “Plans must be developed to alleviate SOL and IROL 
violations.”” 

¶929. “The proposed Reliability Standards IRO-005-1 and TOP-004-0 require that in the event of an IROL 
violation, i.e. power flow on an interface exceeding its IROL, the system must be returned to a 
secure state within 30 minutes regardless of the cause of the violation, so that the system is once 
again capable of withstanding the next contingency without resulting in Cascading failures.” 

¶930. “…our intent is not to mandate an increase in security from N-1 to N-2, but rather is to ensure there 
is no reliability gap in the IROL-related Reliability Standards. To do this, the Commission believes it 
is necessary to provide operators with control actions needed to mitigate an IROL violation while 
within the 30 minute period after a first contingency. We are not requiring an increase to N-2, 
which would require planning the system for any two contingencies at all times.” 

¶931. “…it is just as important for day-ahead operation planners to review and derive system operating 
limits to deal with a myriad of contingencies for different system configurations and generation 
dispatches, as it is for them to assess the feasibility of returning the system to a secure operating 
state after these contingencies have occurred. Similar to reviewing and deriving SOLs and IROLs to 
ascertain that system reliability will be maintained based on the most onerous forecast conditions 
and critical contingencies, identifying corrective control actions would not encompass each and 
every contingency and system condition. This is because previous operating experiences and 
established operating practices would have covered a significant portion of the contingencies and 
the corresponding control actions already.” 

¶946. “The Commission clarifies the intent of and need for the proposed survey. We reiterate that the 
intent is to learn about the operating experiences and practices of operating entities; specifically, 
how they operate their systems to respect IROLs in the normal system conditions, i.e. prior to a 
contingency. The survey results will facilitate future development and modifications of IROL-
related Reliability Standards to better clarify and eliminate potential multiple interpretations of 
respecting IROLs that may exist in the proposed Reliability Standards.303 In addition, the survey 
will identify the reliability risks and the frequency and number of operating practices involving 
drifting in and out of IROL.304 The survey results will also provide guidance on the frequency, 
duration and magnitude of IROL violations, their causes and whether these IROL violations occur 
during normal or contingency conditions.” 

¶947. “…we note that the proposed Reliability Standards only require reporting on those violations that 
have exceeded IROLs for longer than 30 minutes. The current reporting requirements and results 
will not provide an adequate assessment of the existing operating practices regarding IROLs and 
the reliability risks and the extent of drifting in and out of IROLs.” 

¶950. “The appropriate control actions to respect IROLs and SOLs are the responsibilities of a [RC] and 
[TOP]. If load shedding is required, it is the responsibility of a [RC] or a [TOP] to direct the 
appropriate entities including LSEs to carry it out.” 

¶951. “Accordingly, the Commission approves Reliability Standard IRO-005-1 as mandatory and 
enforceable…The Commission further directs that the Measures and Levels of Non-Compliance 
specific to IROL violations must be commensurate with the magnitude, duration, frequency and 
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causes of the violations and whether these occur during normal or contingency conditions. Finally, 
the Commission directs the ERO to conduct a survey on IROL practices and actual operating 
experiences by requiring [RCs] to report any violations of IROL, their causes, the date and time, the 
durations and magnitudes in which actual operations exceeds IROLs to the ERO on a monthly basis 
for one year beginning two months after the effective date of the Final Rule. We may propose 
further modifications to IRO-005-1 based on the survey results.” 

¶1393. “…the Commission approves Reliability Standard PER-002-0…the Commission directs the ERO to 
develop a modification to PER-002-0 through the Reliability Standards development process 
that…(3) expands the Applicability section to include (a) [RCs], (b) local transmission control center 
operator personnel (as specified in the above discussion), (c) [GOPs] centrally-located at a 
generation control center with a direct impact on the reliable operation of the [BPS] and (d) 
operations planning and operations support staff who carry out outage planning and assessments 
and those who develop SOLs, IROLs or operating nomograms for real-time operations; (4) uses the 
Systematic Approach to Training (SAT) methodology in its development of new training programs 
and (5) includes the use of simulators by [RCs], [TOPs] and [BAs] that have operational control over 
a significant portion of load and generation.” 

¶1438. “In the case, however, of a system element protected by a single protection system with a failed 
relay that threatens system reliability, that scenario would require the use of appropriate operating 
solutions including removing a system element from service. Another possible solution is to 
operate a system at a lower SOL or IROL that recognizes the degraded protection performance.” 

¶1608. “As we explained in the NOPR, TOP-002-2 serves an important purpose in ensuring that resources 
and operational plans are in place to enable system operators to maintain the [BPS] in a reliable 
state…Accordingly, the Commission approves Reliability Standard TOP-002-2… [and] directs the 
ERO to develop a modification to TOP-002-2…that:…(2) requires the next-day analysis for all IROLs 
to identify and communicate control actions to system operators that can be implemented within 
30 minutes following a contingency to return the system to a reliable operating state and prevent 
Cascading outages...” 

¶1637. “We disagree…that TOP-007-0 covers reporting of “drifting” in and out of IROL violations because 
that Reliability Standard only requires reporting of IROL violations exceeding 30 minutes…we 
believe a survey is appropriate to determine actual practices, and simply modifying the compliance 
reporting procedures may not provide sufficient data to determine the reliability impacts of such 
practices and whether a modification to the Reliability Standard is appropriate. Accordingly, we 
direct the ERO to conduct a survey on the operating practices and actual experiences surrounding 
drifting in and out of IROL violations.” 

¶1855. “Since a [RC] is the highest level of authority overseeing the reliability of the [BPS], the Commission 
believes that it is important to include the [RC] as an applicable entity to assure that adequate 
voltage and reactive resources are being maintained…other Reliability Standards address 
responsibilities of [RCs], but we agree…that it is important to include [RCs] in VAR-001-1 as well. 
[RCs] have responsibilities in the IRO and TOP Reliability Standards, but not the specific 
responsibilities for voltage levels and reactive resources addressed by VAR-001-1, which have a 
great impact on system reliability. For example, voltage levels and reactive resources are important 
factors to ensure that IROLs are valid and operating voltages are within limits, and that [RCs] should 
have responsibilities in VAR-001-1 to monitor that sufficient reactive resources are available for 
reliable system operations. Accordingly, the ERO should modify VAR-001-1 to include [RCs] as 
applicable entities and include a new requirement(s) that identifies the [RC’s] monitoring 
responsibilities.” 

¶1876.”With respect to MidAmerican’s suggestion of exempting areas that are not susceptible to voltage 
Instability from the requirement to perform voltage stability analysis, the Commission notes that 
such exemption is not appropriate. We draw an analogy between transient stability limits and 
voltage stability limits. The requirement to perform voltage stability analysis is similar to existing 
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operating practices for IROLs that are dictated by transient stability. Transient stability IROLs are 
determined using the results of off-line simulation studies, and no areas are exempt. In real-time 
operations, these IROLs are monitored to ensure that they are not violated. Similarly, voltage 
stability is conducted in the same manner, determining limits with off-line tools and monitoring 
limits in real-time operations. Areas that are susceptible to voltage Instability are expected to run 
studies frequently, and areas that have not been susceptible to voltage Instability are expected to 
periodically update their study results to ensure that these limits are not encountered during real-
time operations.” 

 
FERC NOPR Leading to Order No. 705 in Docket RM07-3-000  
(Issued August 13, 2007)54 

¶41.  “With respect to NERC’s proposed definition of IROL, the Commission identified in Order No. 693 
that the statutory definition of Reliable Operation is to assure that the system is operated within 
thermal, voltage and stability limits such that Instability, Uncontrolled Separation, or Cascading 
failures will not occur. IROLs are a specific subset of the operating limits at which Instability, 
Uncontrolled Separation, or Cascading failures may occur. All IROL violations will have an adverse 
impact on the reliability of the bulk electric system.”  

¶42. The definition of IROL in the approved NERC glossary is “The value (such as MW, MVAR, Amperes, 
Frequency or Volts) derived from, or a subset of the System Operating Limits, which if exceeded, 
could expose a widespread area of the Bulk Electric Docket No. RM07-3-000 - 22 - System to 
Instability, Uncontrolled Separation(s) or Cascading outages.” The revised definition is consistent 
with the intent of the statute with the exception of the phrase “that adversely impacts the 
reliability of the bulk electric system.” This may give the impression that violation of some IROLs 
that do not adversely impact the reliability of the bulk electric system are acceptable. The 
Commission proposes to accept the definition in FAC-014 with the understanding that all IROLs 
impact bulk electric system reliability. 

¶43.  […] The Commission proposes to accept the definition in FAC-014 with the understanding that the 
only time it is acceptable to violate an IROL is in the limited time after a contingency has occurred 
and the operators are taking action to eliminate the violation. 

 
FERC Order No. 705 (Issued December 27, 2007)55 

¶53.  “In Order No. 693, the Commission noted that “allowing for the 30 minute system adjustment 
period, the system must be capable of withstanding an N-1 contingency, with load shedding 
available to system operators as a measure of last resort to prevent Cascading failures. Order No. 
693 stated that the transmission system should not be planned to permit load shedding for a single 
contingency.” 

¶93.  “the Commission has stated that regional differences are permissible if they are either more 
stringent that the continent-wide Reliability Standard or if they are necessitated by a physical 
difference in the [BPS].” 

¶111.  The Commission did not adopt the proposed interpretation of Cascading Outages. Rather, they 
remanded the definition, stating that “NERC may refile a revised definition that addresses our 
concerns.” 

¶112.  The Commission stated concerns with removing “the qualifying language “by studies””, which 
“would allow an entity to identify a “predetermined area” based on considerations other than 
engineering criteria. For example, under the proposed definition of Cascading Outages, an entity 

                                                           
54 Facilities, Design, Connections and Maintenance Mandatory Reliability Standards, Notice of Proposed Rulemaking, 72 FR 160 (Aug. 20, 
2007), FERC Stats. And Regs. ¶ 32,622 (Aug. 13, 2007). Available: https://www.ferc.gov/CalendarFiles/20070813182314-RM07-3-000.pdf. 
55 Facilities Design, Connections and Maintenance Reliability Standards, 18 CFR Part 40, Docket No. RM07-3-000, Order No. 705 (Issued 
August 13, 2007). Available: https://www.ferc.gov/CalendarFiles/20070813182314-RM07-3-000.pdf 

https://www.ferc.gov/CalendarFiles/20070813182314-RM07-3-000.pdf
https://www.ferc.gov/CalendarFiles/20070813182314-RM07-3-000.pdf
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could predetermine that an outage could spread to the edge of its footprint without considering 
the event to be a Cascading Outage. The Commission is concerned that the limits placed on outages 
should be determined by sound engineering practices.” 

¶113.  Ambiguity between the definition of Cascading and the proposed definition of Cascading Outages 
were addressed, stating that NERC “did not explain any distinction between the two terms. Nor 
did NERC explain why the new term is necessary and requires a separate definition.”  

¶114.   “If NERC decides to propose a new definition of Cascading Outages, the commission would expect 
any proposed definition to be defined in terms of an area determined by engineering studies, 
consistent with the definition of Cascading. In addition, the Commission is concerned with the 
consistent, objective development of criteria with which the “pre-determined area” would be 
determined. Therefore, the Commission suggests that NERC develop criteria, to be found in a new 
Reliability Standard or guidance document, that would be used to define the extent of an outage, 
beyond which would be considered a Cascading Outage.” 

¶123.  “As proposed in the NOPR, the Commission accepts NERC’s definition of IROL.” 
¶128.  “The Commission approves NERC’s proposed definition of IROL Tv...” 
¶173.  “The Commission agrees with NERC that FAC-014-1, Requirement R5 is not aimed at the prevention 

and/or mitigation of IROLs, but rather the communication of SOL and IROL information…the 
Commission believes that this Requirement applies to both real-time operations and the planning 
time frames, by ensuring that inter-dependent IROLs in adjacent footprints are duly considered in 
the planning time frame and timely remedial actions are taken in real-time operation.” 

¶174.  “Ineffective communication was identified as a factor common to the August 2003 blackout and 
other previous major blackouts.” 

¶175.  “…the communication of those limits to those with a reliability related need, ensures the 
protection of [BPS] facilities, thus preventing Cascading failures of the interconnected grid…”  

 
FERC Order No. 748 (Issued March 17, 2011)56 

¶40.  “NERC and others suggest that these Reliability Standards are not intended to remove all 
responsibility for the analysis and monitoring SOLs from the RC. We agree. These Standards 
generally establish a clear distinction of primary responsibility for SOLs and IROLs between the 
[TOP] and [RC] respectively. As NERC notes, however, the [RC] will continue to have the ability and 
the responsibility to analyze and monitor SOLs that could turn into IROLs.” 

¶41.  “…IRO-002-2 continues to require each [RC] to monitor SOLs other than IROLs both within its [RC] 
area and in surrounding [RC] areas.” 

¶42.  “…as noted by NERC and other commenters, there exists a subset of “grid-impactive” SOLs other 
than IROLs that the Commission believes may warrant closer analysis by the [RC], in addition to 
the analysis being conducted by the [TOP], that focuses on whether these particular “grid-
impactive” SOLs could become IROLs. The Commission believes that there can be considerable 
benefit derived from some overlap in the responsibility for analyzing and monitoring these “grid-
impactive” SOLs since, by definition, every IROL emanated from an SOL.” 

¶44.  “…to determine whether a need exists to further refine the delineation of responsibilities between 
the [RC] and [TOP] for analyzing a class of “grid-impactive” SOLs.” 

¶55.  The Commission approved IRO-009-1, mentioning that the NERC Reliability Coordinator Working 
Group should further study this issue and determine if there is a need for [RCs] to have action plans 
developed and implemented with respect to certain grid-impactive SOLs.” 

 

                                                           
56 Mandatory Reliability Standards for Interconnection Reliability Operating Limits, 18 CFR Part 40, Docket No. RM10-15-000, Order No. 
748 (Issued March 17, 2011). Available: https://legacyexternalwebsitefiles.balch.com/upload/Order%20748.pdf. 

https://legacyexternalwebsitefiles.balch.com/upload/Order%20748.pdf
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Order 802 (Issued November 20, 2014)57 
¶10.  “Requirement R1 [of CIP-014-1] requires applicable [TOs] to perform risk assessments on a periodic 

basis to identify their transmission stations and transmission substations that, if rendered 
inoperable or damaged, could result in widespread Instability, Uncontrolled Separation, or 
Cascading within an Interconnection.” 

¶31.  “The Commission…directs NERC to remove the term “widespread” from Reliability Standard CIP-
014-1 or, alternatively, to propose modifications to the Reliability Standard that address the 
Commission’s concerns. The differing views expressed in the comments validate the concern raised 
in the NOPR that the meaning of the term “widespread” is unclear and subject to interpretation.” 

¶32.  We stated in the March 7 Order that “the Reliability Standards that we are ordering today apply 
only to critical facilities that, if rendered inoperable or damaged, could have a critical impact on 
the operation of the interconnection through Instability, Uncontrolled Separation or Cascading 
failures on the Bulk-Power System. We affirm the March 7 Order’s statement that 
“[m]ethodologies to determine these facilities should be based on objective analysis, technical 
expertise, and experienced judgment.” 

¶33.  However, incorporating the undefined term “widespread” in Reliability Standard CIP-014-1 
introduces excessive uncertainty in identifying critical facilities under Requirement R1. As the 
Commission stated in the March 7 Order, only an Instability that has a “critical impact on the 
operation of the interconnection” warrants finding that the facility causing the Instability is critical 
under Requirement R1. The March 7 Order did not intend to suggest that the physical security 
Reliability Standards should address facilities that do not have a “critical impact on the operation 
of the interconnection.” This understanding is, we believe, unintentionally absent in Requirement 
R1 because the requirement only deems a facility critical when, if rendered inoperable or damaged, 
it could result in widespread Instability, Uncontrolled Separation, or Cascading within an 
Interconnection. The definition in Requirement R1 should not be dependent on how an applicable 
entity interprets the term “widespread” but instead should be modified to make clear that a facility 
that has a critical impact on the operation of an Interconnection is critical and therefore subject to 
Requirement R1. 

 
FERC Remand NOPR (Dockets RM13-12-000, RM13-14-000)  
(Issued November 21, 2013)58 

¶51.  The Commission was concerned with “NERC’s proposal because, unlike the currently-effective TOP 
Reliability Standards, the proposed standards do not require the [TOP] to plan and operate within 
SOLs, only non-IROL SOLs that are identified by the [TOP] as supporting reliability internal to its 
area and identified as a result of an [OPA]. For example, non-IROL SOLs that appear to be excluded 
from the proposed standard are non-IROL SOLs that are in a [TOP’s] area that impact another 
[TOP’s] area or more than one [TOP’s] area.” 

¶52.  “During deteriorating system conditions, an SOL can rapidly degrade into an IROL. Limiting the 
requirement for [TOPs] to analyze and operate within SOLs only to non-IROL SOLs identified by the 
[TOP] for its internal area can reduce system reliability because operators have less situational 
awareness of the system and conditions. Even if we accept the argument that our rules for 
operating bulk electric facilities should not be concerned with ‘‘equipment damage or [element] 
loss of life,’’ NERC has not explained adequately why the only ‘‘true reliability requirement is to 

                                                           
57 Physical Security Reliability Standard, 18 CFR Part 40, Docket No. RM14-15-000, Order No. 802 (Issued November 20, 2014). Available: 
https://www.ferc.gov/whats-new/comm-meet/2014/112014/E-4.pdf. 
58 Monitoring System Conditions – Transmission Operations Reliability Standard, Transmission Operations Reliability Standards, 
Interconnection Reliability Operations and Coordination Reliability Standards, 18 CFR Part 40, Docket Nos. RM13-12-000, RM13-14-000, 
and RM13-15-000, Notice of Proposed Rulemaking (Issued November 21, 2013). Available: https://www.ferc.gov/whats-new/comm-
meet/2013/112113/E-3.pdf. 

https://www.ferc.gov/whats-new/comm-meet/2014/112014/E-4.pdf
https://www.ferc.gov/whats-new/comm-meet/2013/112113/E-3.pdf
https://www.ferc.gov/whats-new/comm-meet/2013/112113/E-3.pdf
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operate within IROLs and that non-IROL SOLs are a local operating issue.’’ Major Cascading events 
including the Northeast Blackout of 2003 and the 2011 Southwest Outage were initiated by a non-
IROL SOL exceedance, followed by a series of non-IROL SOLs exceedances until the system entered 
a sequence of Cascading events. Thus, while non-IROL SOLs are essentially defined as not posing a 
risk of Cascading outages, Instability or Uncontrolled Separation if they are exceeded, experience 
indicates that operators do not always foresee the consequences of exceeding such SOLs and thus 
cannot be sure of preventing harm to reliability. The Commission believes that when any facility 
ratings or stability limits are exceeded or expected to be exceeded (i.e. causing a SOL or an 
expected SOL on jurisdictional facilities), these conditions should be mitigated to avoid the 
possibility of further deteriorating system conditions and a cascade event.” 

¶53.  “We recognize that, if IROLs and non-IROL SOLs are determined accurately, the reliability 
consequences of an exceedance should usually be greater for the former than the latter.”  

¶54.  “…the [TOP] should have an operational plan to operate within all [BPS] IROLs and SOLs for all cases 
when facility ratings or stability limits are exceeded during anticipated normal and contingency 
event conditions. The operational plan is needed to ensure the [TOP] operates in, or can return its 
system to, a reliable operating state. For example, the 2011 Southwest Outage Blackout Report 
raised a similar concern, stating that [TOPs] should ‘‘ensure that post-contingency mitigation plans 
reflect the time necessary to take mitigating actions, including control actions, to return the system 
to secure N–1 state as soon as possible but no longer than 30 minutes following a single 
contingency.’’ We believe that the [TOP] should have operational or mitigation plans for all [BPS] 
IROLs and SOLs that can be implemented within 30 minutes or less to return the system to a secure 
state. Absent such plans, system conditions can linger in an unsecure or emergency state exposing 
the system to Cascading outages upon the next contingency.” 

¶55.  “…TOP–001–2, Requirements R8 through R11 address [TOP] notification, operation and action 
with respect to IROLs and some SOLs based on the transmission operator’s next-day [OPA]. 
Because proposed Reliability Standard TOP–001–2, Requirement R8 requires a [TOP’s] notification 
of only those SOLs identified in a next-day [OPA], the Commission believes it is possible for 
additional SOLs to develop or occur in the same-day or real-time operational time horizon. This 
could impose an operational risk to the interconnected transmission network…there are various 
reasons why a SOL could occur in real-time operations due to the dynamic nature of the real-time 
interconnected transmission network and not be identified in the next-day [OPA]. To assure that 
[TOPs] are equipped to react to such situations, we believe that the Requirement R8 operational 
responsibilities and actions should pertain to all IROLs and all SOLs for all operating time horizons.” 

¶56.  The Commission remanded proposed Reliability Standards TOP–001–2 and TOP–002–3 and 
directed NERC to modify standards requirements “to ensure that [TOPs] develop mitigation plans 
for all IROLs and SOLs expected to be exceeded.” The Commission also directed NERC modify the 
standards to “require that [TOP] actions apply to all SOLs identified in all operational time horizons 
(operations planning, same-day operations and real-time operations)” as well as “require that 
[TOP] specified actions apply to all SOLs related responsibilities in the real-time operations time 
horizon.”  

 
FERC Order No. 817 (Issued November 19, 2015)59 

¶27.  “While it appears that regional discrepancies exist regarding the manner for calculating IROLs, we 
accept NERC’s explanation that this issue is more appropriately addressed in NERC’s Facilities 
Design, Connections and Maintenance or “FAC” Reliability Standards. NERC indicates that an 
ongoing FAC-related standards development project - NERC Project 2015-09 (Establish and 

                                                           
59 Transmission Operations Reliability Standards and Interconnection Reliability Operations and Coordination Reliability Standards, 18 CFR 
Part 40, Docket No. RM15-16-000, Order No. 817 (Issued November 19, 2015). Available: 
http://www.nerc.com/FilingsOrders/us/FERCOrdersRules/Order%20No.%20817%20Approving%20TOP%20IRO%20Reliability%20Standar
ds.pdf. 

http://www.nerc.com/FilingsOrders/us/FERCOrdersRules/Order%20No.%20817%20Approving%20TOP%20IRO%20Reliability%20Standards.pdf
http://www.nerc.com/FilingsOrders/us/FERCOrdersRules/Order%20No.%20817%20Approving%20TOP%20IRO%20Reliability%20Standards.pdf
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Communicate System Operating Limits) - will address the development and identification of SOLs 
and IROLs. We conclude that NERC’s explanation, that the Project 2015-09 standard drafting team 
will address the clarity and consistency of the requirements for establishing both SOLs and IROLs, 
is reasonable. Therefore, we will not direct further action on IROLs in the immediate TOP and IRO 
standard-related rulemaking. However, when this issue is considered in Project 2015-19, the 
specific regional difference of WECC’s 1,000 MW threshold in IROLs should be evaluated in light of 
the Commission’s directive in Order No. 802 (approving Reliability Standard CIP-014) to eliminate 
or clarify the “widespread” qualifier on “Instability” as well as our statement in the Remand NOPR 
that “operators do not always foresee the consequences of exceeding such SOLs and thus cannot 
be sure of preventing harm to reliability.” 

¶68.  “…valid operating limits, including transient stability limits, are essential to the reliable operation 
of the interconnected transmission network and that a [TOP] must not enter into an unknown 
operating state.” 

¶70.  “[TOPs] must perform a [RTA] at least once every 30 minutes…the establishment of transient 
stability operating limits is adequately addressed [through the TOP and FAC standards]…” 
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Appendix B: Examples of Instability Analysis 
 
This section provides illustrative examples of types of Instability, including System Instability, and the analysis 
methods and considerations that may be used in the determination of whether an IROL should be established.  
 
Example of System Voltage Instability during Contingency Analysis 
Figure B.1 shows an example system of a large metropolitan area60 with multiple Element outages (assumed 
combination of planned and forced outages). In the pre-contingency operating state, voltages are moderately 
depressed but within limits. However, post-contingency of a 500 kV line into the load area results in voltage 
collapse across multiple buses. Contingency analysis results in a diverged powerflow solution, and a “soft outage” 
approach to the contingency (see Chapter 5: Cascading Analysis Assessment Techniques, section “Divergent 
Powerflow and “Soft Outages” Considerations”) confirms that the voltage collapse is not simply numerical 
Instability – the collapse is a credible post-contingency result. At this point, the engineer studying this area should 
decide if further investigation is warranted to determine if the voltage collapse is contained. If further analysis is 
not performed to prove containment, then the Instability should be classified as System Instability and an IROL 
should be established since the amount of affected generation and/or load is not quantifiable.  

Figure B.2 shows the results of the “soft outage” approach just prior to the point of Instability – the impedance of 
the outaged line is increased up to the point of collapse and the results are analyzed at this point. Bus voltages in 
the metro area are depressed across the lower voltage buses while the 500 kV backbone maintains voltages near 
nominal. A visual boundary appears to be observable in the solution results obtained. However, a visual boundary 
of low voltage is not sufficient technical evidence to prove containment of a voltage collapse. Evidence is needed 
to prove that protection systems would operate during the collapse to separate the collapsing system from the 
rest of the network. In addition, assumptions on load dropping may also be incorporated but voltages should be 
proved to be low enough to warrant some form of voltage-based tripping of load.  

In this example, the collapsed voltages are seen across many buses in the metropolitan area. Further, the voltage 
magnitude only drops to about 0.88 pu throughout the affected area. The current flow into the area is 
insufficiently high enough to demonstrate actuation of protective relaying. Therefore, due to the widespread 
nature of the affected buses in the metro area as well as the inability to clearly demonstrate protection system 
operation, this example would be considered System Instability. 

                                                           
60 This system was stressed beyond realistic planning conditions to illustrate the concept of voltage Instability assessment unit contingency 
analysis. 
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Figure B.1: Pre-Contingency Voltages for Example Large Load Area Voltage Collapse 

 

 
Figure B.2: Post-Contingency Voltages for System Voltage Instability Example  
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Example of Transient Voltage Instability Analysis  
Figure B.3 shows bus voltage magnitudes at 345 kV buses for a severe contingency in the New England system. 
The study shows that bus voltages recover and oscillations damp acceptably; however, a transient voltage 
response criteria61 is violated due to the prolonged voltage below 0.8 pu during the first couple swings. While this 
may be deemed unacceptable performance criteria, the resulting conditions do not result in System Instability 
and an IROL would not be established. An SOL should be established to monitor these marginally stable transient 
voltage stability conditions. However, transient voltage Instability is a highly asymptotic Instability and the 
potential for an IROL past the established SOL should be explored.  

Figure B.4 shows generator rotor angles for key generators in the same area. The same fault is applied to this 
system, which is now stressed an additional 50 MW at the most critically located single plant within the 
constrained area. With the increase in export from the area, multiple generating units lose synchronism and 
adversely impact stability of the entire area. Figure B.5 shows the transient voltage collapse for system bus 
voltages across the area. Voltage drops well below 0.7 pu within 2 seconds of the fault, which results in loss of an 
entire area and, in the second transient swing, remote generation. Due to the impact to neighboring RC areas, the 
large loss of generation and load in the studied area, and the inability to identify a clear boundary of affected 
buses experiencing this Instability, this should be considered System Instability and an IROL should be established 
to protect against these conditions. 

 

Figure B.3: Example of Unacceptable Transient Voltage Performance 

                                                           
61 Transient voltage response criteria are frequently established to mitigate potentially undesirable system events such as loss of load due 
to low voltage (including loss of key power plant auxiliary loads, which will in turn cause loss of the power plant) and potential inadvertent 
actuation of relays on power swings. If transient voltage response exceedances occur at a generating unit’s terminals or point of 
interconnection, unit Instability or System Instability may ensue for slight increases in system stress (i.e. more power output from the plant 
or power transfer through the stressed interface). 
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Figure B.4: Example of Rotor Angles for Transient Voltage Collapse Case – System Instability 
 

 

Figure B.5. Example of Bus Voltages for Transient Voltage Collapse Case – System Instability  
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Example of Unit Instability Analysis  
Figure B.6 shows an example system configuration of a unit connected to a BES substation that includes four 
transmission circuits. One transmission circuit is out of service for planned maintenance. Prior to the transmission 
line being removed from service for planned maintenance, a stability assessment was conducted as part of the 
development of an OPA. The stability assessment used conservative assumptions associated with expected 
transmission system conditions (expected demand levels, generation dispatch pattern, expected planned and 
forced outages, expected transfers, etc.). 
 

G

Out of Service

GSU

Transmission 
Substation

 
Figure B.6: Generating Unit Connection to BES, One Transmission Circuit Out of Service 

 
The stability assessment resulted in the identification of an SOL in the form of a limit on the plant (unit) MW 
output that is less than the normal maximum MW output rating for the unit. Figure B.7 shows a plot of the rotor 
angle of the unit for the worst single contingency at the unit’s SOL, demonstrating both marginal transient and 
dynamic (acceptable damping) stability. The unit is expected to maintain marginal stability for the SOL; however, 
stability is maintained. Some entities that perform stability assessments may apply additional time to the expected 
design fault clearing. This practice provides margin in case actual system conditions turn out to be more onerous 
than what was studied in setting the SOLs. 
 

 
Figure B.7: Marginally Stable Rotor Angle Plot for Worst Contingency at SOL 

[Source: Southern Company] 
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Figure B.8 shows the unstable response of the same unit for the same contingency when the unit is operating just 
slightly past the SOL. While the rotor angle plot clearly shows that the unit did not maintain stability, it does not 
by itself demonstrate whether or not the Instability should be classified as System Instability. Expected out of step 
protection was modeled using a mho characteristic at the high side of the unit’s GSU looking towards the GSU and 
the unit (see Figure B.9). The impedance swing for the unstable rotor angle plot clearly shows the impedance 
swing entering into the out of step characteristic. This sequence of events was further confirmed by monitoring 
the stability log file (see Figure B.10), which contains records from the generic out of step model in “report mode” 
confirming the impedance swing entered into the “Zone 1” region of the GSU protection.  
 

 
Figure B.8: Unstable Rotor Angle for Worst Contingency with Output Exceeding SOL 

[Source: Southern Company] 
 

 
Figure B.9: RX Diagram and Impedance Swing Relative to Out of Step Relay with Unit Exceeding SOL 

[Source: Southern Company] 
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RELAY SCAN ALARMS AT TIME = 0.2000: 
X------- F R O M -------X     X--------- T O ---------X 
BUS# X-- NAME --X BASKV BUS# X-- NAME --X BASKV CKT CIRCLE MW MVAR VOLTAGE 
1234    BUS#1   230.00 5678    BUS#2   18.00   1    A    103.9 1679.5 0.3989 

 
Figure B.10: Example Out of Step Relay Scan from Simulation Log File 

[Source: Southern Company] 
 
The impedance swing clearly shows that the out of step relay would operate and trip the unit for the unstable 
conditions. Furthermore, the apparent impedance swing does not enter “into the transmission system” and 
therefore it can be concluded that the Instability would not propagate into the transmission system. An additional 
simulation was performed that included tripping the unit upon Instability, and the resulting system conditions 
were stable and within allowable limits (e.g., voltage magnitudes and thermal loading). With clear justification 
that the Instability is contained to the local unit, this Instability should not be classified as System Instability and 
no IROL should be established. The unstable operating conditions should be managed by an SOL.  
 
An additional step was taken to confirm that the Instability should not be classified as System Instability by taking 
the unit to full output and performing the same analysis. The intent of performing the additional simulation was 
to determine if, at the maximum possible SOL exceedance, the worst case contingency would be expected to 
cause System Instability that could merit the establishment of an IROL. Again, the impedance swing was observed 
and showed that it did not enter “into the system” and the unit would be tripped (see Figure B.11). Stable and 
acceptable conditions were obtained following tripping the unit for this Instability as well. 
 

 
 

Figure B.11: RX Diagram and Impedance Swing with Unit at Maximum SOL Exceedance 
[Source: Southern Company] 
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Appendix C: Examples of Uncontrolled Separation Analysis 
 
This section presents examples of analyzing system separation and determining if the separation is considered 
Uncontrolled Separation or Controlled Separation. 
 
Alberta-British Columbia Separation Scheme 
Alberta Electric System Operation (AESO) is connected to the Western Interconnection through four lines: one 
500 kV line and two 138 kV lines to BC Hydro, and one 230 kV line connecting Alberta to Montana. AESO demand 
is approximately 10% of the total Western Interconnection demand, and the studied light spring demand for the 
Western Interconnection is 92,700MW. AESO is importing 750MW prior to the separation event, which is initiated 
by a fault on the 500 kV line between AESO and BCHA.  
 
Figures C.1-C.4 show two bus voltages and frequencies for two different scenarios. One involves Controlled 
Separation based on control system action operating as designed and planned; the other involves Uncontrolled 
Separation where several layers of Controlled Separation protection schemes have been disabled (to illustrate the 
impact of the Uncontrolled Separation).  
 

• Controlled Separation: Following the 500 kV line outage, a direct transfer trip signal is sent to trip the 
transmission line between AESO and Montana. A transfer trip signal is also sent to open the two 138 kV 
lines. Following the Controlled Separation, frequency in the Western Interconnection increases slightly as 
the area now has a slight generation surplus. The AESO island experiences a frequency decline since it is 
deficient in generation. However, frequency stability in both islands is maintained since sufficient 
governor action and primary frequency response is able to arrest these frequency deviations. Voltages at 
the points of separation drop to about 0.75 pu where relays are designed to trip the line.  

• Uncontrolled Separation: The 500 kV line is removed due to the contingency. Transfer trip is initiated and 
the Montana tie is disconnected. However, the relay that completes the controlled separation by 
disconnecting the two 138 kV lines does not operate (in this example). Instead, the AESO remains 
connected to the Western Interconnection through these 138 kV lines. Frequency in AESO declines and 
oscillates, and voltages and power flows at the ties between the two areas experience large magnitude 
sustained oscillations. The oscillations persist and there is no purposeful protection operation to complete 
the separation. This is because the Zone 2 relays that would likely trip for this sustained oscillatory 
behavior are not modeled in the simulation. As a result, the oscillation begins to propagate into the rest 
of the Western Interconnection, leading to System Instability since it is unclear which relays would operate 
exactly and what the consequences or extent of the Instability would be.  
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Figure C.1: Bus Frequencies for Controlled AESO Separation 
[Source: Peak] 
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Figure C.2: Bus Voltages for Controlled AESO Separation 
[Source: Peak] 
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Figure C.3: Bus Frequencies for Uncontrolled AESO Separation 
[Source: Peak] 
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Figure C.4: Bus Voltages for Uncontrolled AESO Separation 
[Source: Peak] 
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Appendix D: Examples of Cascading Analysis 
 
This section provides examples of the analysis of Cascading and considerations that may be made during the 
analysis. These examples provide an illustration of bounded and unbounded Cascading.  
 
Example 1a: Bounded Cascading in Local Load Pocket 
The system in Figure D.1 consists of a local pocket of 250 MW load and 50 MW generation fed by two 230 kV lines 
and one 115 kV line. Power therefore flows from the BPS to the load pocket most of the time, particularly under 
peak conditions. The system is planned to be N-1 secure and stable under all expected operating conditions. 
However, consider an operating condition where one of the 230 kV lines is out indefinitely (e.g., storm, required 
maintenance, etc.). Loss of the other 230 kV line results in contingency analysis showing the 115 kV line loaded to 
130% of its highest emergency thermal rating with no low voltage issues. This results in the establishment of a 
SOL to ensure an Operating Plan is established and used to minimize the possibility of these operating conditions 
occurring.  
 
The question arises as to whether an IROL should be established for this condition since this post-contingency 
condition results in an overload and high potential for Cascading (since the line is overloaded to 130% of its highest 
emergency thermal limit). Loss of the 230 kV line overloads the 115 kV line, and loss of the 115 kV line (e.g., due 
to line sag) results in the loss of the local pocket of generation and load. Upon tripping this pocket, no further risk 
of Cascading exists and the Cascading is considered bounded. The amount of load lost falls below the level for 
IROL establishment and an IROL is therefore not established.  
 

 
Figure D.1: Example 1a and 1b System 

 
Example 1b: Bounded Cascading in Local Load Pocket Voltage Collapse 
Now consider the same system as Example 1a; however, in this example the loss of one 230 kV line with other out 
of service causes a divergent powerflow solution in contingency analysis. A “soft outage” on the second 230 kV 
line shows that as the line impedance is increased, voltages begin to fall to below 0.7 pu in the load pocket. 
Voltages on the sending end of the line remain near nominal (within acceptable post-contingency limits).  
 
The post-contingency point during the “soft outage” just before solution divergence most likely will not show that 
the apparent impedance of the line relay at the sending end falling within the primary or secondary protection 
zones due to the constant power load modeling assumption. A dynamic simulation with a detailed load model is 
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used to study the voltage collapse. The simulation shows that either (1) the collapse62 causes the line relay to 
operate, or (2) the load protection trips itself off and the system recovers to within Facility Ratings. Either result 
is an example of a bounded Cascading event. 
 
In this case, the Instability is clearly studied and identifiable, and the analysis shows that the voltage collapse 
caused by the 230 kV line loss is contained to the local load pocket. The loss of load is within acceptable levels for 
the establishment of an IROL. Therefore, an SOL is established but an IROL is not.  
 
Example 2: Bounded Cascading with Substation Mid-Line 
The system under consideration for Example 2 is similar to that of Example 1, except that Substation A is a tap off 
the 115 kV line between the load pocket and the BPS. For the studied conditions, loss of both 230 kV lines results 
in the 115 kV #2 line loading to 130% of its emergency rating and no other overloads or low voltages on the system 
post-contingency. Cascading analysis shows that the loss of those 230 kV lines and the subsequent overload on 
the #2 line will result in tripping of the #2 line. The loss of that line severs the load pocket from the BPS and again 
the Cascading is considered bounded and within acceptable limits of load loss. No IROL is established. 
 
Similar to Example 1b, assume that the loss of the two 230 kV lines results in a divergent powerflow solution. In 
this case, the RC may study the Instability to determine its containment following the guidance in this document. 
Conversely, the RC may determine it prudent to sectionalize the load pocket and Substation A following the first 
230 kV line outage by opening the 115 kV #1 line. The load pocket is served from the 230 kV line and Substation 
A is served from the 115 kV #2 line and no further contingency analysis violations show up.  
 

 
Figure D.2: Example 2 System 

 
 
  

                                                           
62 In the dynamic simulation, the modeling of motor loads and other load dynamics may show a significantly higher 
draw of current during the collapse. This may further depress system voltages and possibly result in the apparent 
impedance encroaching on the relay zones of protection.  
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Example 3: Load Pocket Interactions 
This example involves the test system shown in Figure D.3, which includes a local load pocket, a larger 
metropolitan area, and connections to the larger BPS. The local load pocket is again fed by two 230 kV lines and 
one 115 kV line. The larger metropolitan area is connected to the BPS through multiple 230 kV lines and also 
connected to a substation feeding the local load pocket through a 115 kV line.  
 
Now consider an operating condition where loss of the two 230 kV lines will result in the 115 kV #1 line loading to 
130% of its highest emergency rating and the 230/115 kV transformer loading to 125% of its highest emergency 
rating. No other overloads or low voltages exist on the system.  
 
Cascading analysis that trips the highest overloaded element first would result in first tripping the 115 kV line. This 
would result in losing the local load pocket generation and load, and the remaining system returns to acceptable 
operating conditions. The Cascading is considered bounded (as shown in the previous examples). No IROL is 
established for this condition.  
 
Now consider the situation where the transformer is removed before the 115 kV #1 line as part of the Cascading 
analysis. The local load pocket is then served from the 115 kV #1 and #2 lines. This subsequently causes some 
thermal overloaded and low voltages in the metropolitan area. Subsequent Cascading analysis shows that the 
large metropolitan area experiences voltage collapse from the Cascading and no clear boundary can be 
determined. This is considered System Instability that resulted from the Cascading, and the unbounded Cascading 
is not considered acceptable. Therefore, an IROL should be established in this situation to protect against the 
unbounded Cascading that ends in System Instability. 
 
If the large metropolitan area did have a clear and quantifiable boundary of Instability and analysis showed clear 
protection operation for the boundary lines, then the determination of an IROL for this Instability would be based 
on the size of load lost in the both the metropolitan area and local load pocket. If the load lost exceeded the 
allowable limits established in the SOL Methodology, then an IROL would be established.  
 

 
Figure D.3: Example 3 System 
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Example 4: Bounded Cascading Sequence of Events 
This example uses an actual system with a severe contingency applied to a stressed operating condition. Figure 
D.4 shows the sequence of Cascading events that would occur (assuming sequential tripping of the highest 
overloaded element), read from left-to-right and top-to-bottom. The initiating contingency is loss of a substation 
(top left), resulting in a number of elements removed from service and subsequent depressed voltage. The 
sequence of Cascading then causes this low voltage pocket to continue to get worse; however, voltage Instability 
does not occur in the simulation. However, after five Cascading events following the loss of the substation, the 
load pocket is tripped offline due to the last remaining overloaded transmission line serving that pocket tripping. 
Following that Cascading event, voltage return to near nominal and all flows are within expected limits.  
 
This is a clear example of bounded Cascading that results in a quantifiable amount of load loss. That amount can 
then be compared to the allowable threshold established in the SOL Methodology, and assessed by the RC and 
their risk framework to determine if an IROL should be established. 
 

 

 

 
 

Figure D.4: Example 4 Bounded Cascading Sequence [Source: PJM] 
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Example 5: Unbounded Cascading Sequence of Events 
This example also uses an actual system with a severe contingency applied to a stressed operating condition. 
Figure D.5 shows the sequence of Cascading events that would occur (assuming sequential tripping of the highest 
overloaded element), read from left-to-right and top-to-bottom. The initiating contingency has minimal impact to 
the area, with no voltage issues and a couple of thermal overloads. The sequence of Cascading continues to three 
Cascading events (bottom left), and the subsequent outage results in a diverged powerflow solution. 
 

 

 
 

Figure D.5: Example 5 Cascading Sequence up to Collapse [Source: PJM] 
 
To analyze the divergent solution, the “soft outage” approach is used. The line outage that causes the impending 
voltage collapse is taken by increasing the line impedance towards infinity until a collapsed (divergent) case is 
attained. Figure D.6 shows the sequence of soft outages as the impedance is increased on the contingent line. It 
is clear that the voltage falls drastically low (< 0.7 pu) across a wide area of buses. As the impedance is increased, 
that zone of impact increases to widen the region of collapsed buses. At the point of Instability, the large load 
pocket has actually severed the adjacent parts of the system from each other.  
 
This situation was deemed unbounded Cascading that led to System Instability due to the wide breadth of buses 
affected by the Cascading events as well as the inability to clearly draw a boundary around the collapsed system. 
With many remaining transmission lines connecting the load pocket to the rest of the BPS, there is too much 
uncertainty as to how exactly the collapse would transpire and whether or not it would be expand to a wider area. 
The result is a declaration of System Instability and the establishment of an IROL.  
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Figure D.6: Example 5 Soft Outage Confirmation of System Instability [Source: PJM] 
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Appendix E: Using Real-Time Stability Tools for IROLs 
 
The use of near real-time stability tools for establishing and/or updating IROLs has significant benefits as well as 
notable challenges. Often, this depends on the type of Instability being studied and the degree of complexity that 
Instability introduces. This section describes important considerations – benefits and challenges – of implementing  
 
Benefits of Real-Time Tools for RTAs 
The NERC Reliability Standards require each TOP and RC to ensure that a RTA is performed at least once every 30 
minutes and that associated Operating Plan(s) are initiated to mitigate a potential or existing SOL exceedance 
identified as part of its RTA. Periodic RTA are used by TOPs and RCs to maintain situational awareness of the BPS 
and to measure performance against SOLs. There are many methods, information sources, tools, and applications 
available to complete an RTA. Real-time tools include state estimation, topology processor, RTCA, voltage stability 
analysis tools, transient stability analysis tools, oscillation detection tools, and generation and load (MW and 
MVAR) distribution factor analyses. Such tools are capable of analyzing the impact on system reliability resulting 
from changes in system load, system voltages, dynamic real and reactive power and reserves, system topology, 
PSS or AVR status, scheduled interchange, parallel flows, etc. on Reliable Operation.  
 
Providing a system operator with a suite of real-time tools and supporting Operating Plans allows the System 
Operator to analyze the impact of changing system conditions, implement effective strategies to mitigate SOL 
exceedances, and ensure that SOL exceedances do not result in a potential IROL exceedances. When these tools 
work in concert with security constrained economic dispatch, Cascading analysis, intelligent situational awareness 
tools, etc., the operator has the advantage of responding to system events using a dynamic set of tools.  
 
Entities that rely on OPAs (offline studies) to update IROL limits prior to real-time operation generally operate to 
more conservative limits by applying more conservative study assumptions and operating limit margin that reflect 
the potential impact of varying operating scenarios their operator tools are unable to model in real-time. In these 
situations, RCs may take a conservative approach by establishing additional IROLs that otherwise may not be 
required if real-time tools and associated Operating Plans are in place. Real-time tools provide the operator with 
flexibility to determine the BPS operating state with respect to SOLs more effectively as well as enable more 
effective Cascading analysis and voltage stability assessments. While potential IROLs still need to be explored and 
established in the OPAs or other time horizons, real-time tools enable effective updates to these limits to utilize 
the system capacity to the best extent possible based on actual system conditions met in real-time. 
 
Challenges with Real-Time Transient Stability Analysis 
In the operations arena, the majority of TOPs and RCs use tools such as contingency analysis to perform steady-
state assessments of near real-time conditions on a continual basis. This enables the development of SOLs and 
IROLs from a steady state perspective. However, the implementation of near real-time transient and small signal 
stability tools is much more limited compared to near real-time powerflow tools. Some of the limitations and 
challenges with implementing these tools include: 
 

• Computational limitations often require that a subset of contingencies be selected for evaluation in order 
to complete a timely assessment of the impending system conditions.  

• Real-time tools often use simplifying assumptions that do not determine all types of potential stability 
limits. For example, near real-time stability tools generally use simplified load models that are not as 
detailed or inclusive of induction motor load behavior as compared with the offline study tools.  

• Maintaining an updated powerflow and associated dynamics data file for all real-time operating 
conditions requires automation and has significant challenges with its implementation. For example, the 
dispatch and responsiveness of generators can alter the simulation results, particularly for wide-area 
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System Instability events. Gathering near real-time parameter values for generators and other control 
devices, particularly those outside the RC/TOP footprint, is a challenge.  

• Initialization issues for areas outside the RC/TOP footprint may lead to the inability to perform the stability 
simulations. For this reason, external areas are often equivalence and may skew simulation results due to 
the simplifying assumptions. There are proven tools available to the industry that are used to build 
representative external dynamic model equivalents; however, many engineer man-hours with 
appropriate subject matter expertise are required.  

• Generation and load modeling is becoming increasingly complex. Acquiring data and building models to 
represent inverter-based resources, especially distributed energy resources (DER), is a challenge even in 
the Long-Term Planning horizon. These complexities result in challenges in managing near real-time 
assessments that are running continuously. 

• The execution of dynamic simulation studies is inherently complex involving the solving of a large number 
of differential equations every time step (typically every ½ cycle). It requires SME support, either on-site 
or on-call, on a 24x7 basis. 

• The determination of whether an Instability is more localized or whether it is a System Instability requires 
significant engineering judgment and expertise. This type of analysis is not automated in any of the 
stability tools used in planning or operations. 

 
For the reasons listed above, many RCs and TOPs determine transient or small signal stability based SOLs and 
IROLs in the Long-Term Planning horizon. Limits may be updated as real-time approaches, and the operating 
conditions around these IROLs are closely monitored in real-time. Some example of these types of SOLs or IROLs 
developed in the Long-Term Planning horizon include: 
 

• Stability limits for lines at plants that do not have redundant pilot protection and may be subject to Zone 
2 protection operation. The limit may be the amount of generation that can be dispatched at that plant 
to maintain stability for the worst contingency. This type of analysis is not typically implemented in near 
real-time assessments due to the complications of managing the real-time status of pilot schemes and 
subsequent changes to the stability screening to include appropriate Zone 2 fault(s). 

• Stability limits associated with complex load dynamics (e.g., fault induced delayed voltage recovery 
(FIDVR)). Some stability limits may be based on phenomenon that requires detailed stability studies and 
sensitivity analysis to fully understand and establish limits. These sensitivities (e.g., generation dispatch, 
demand level, transmission topology, etc.) require time and engineering judgment to perform, and are 
beyond what can be managed by a near real-time stability assessment.  

• Stability limits where the contingency or affected area is external to the area being studied. For example, 
a large loss of generation in one part of the system could cause Uncontrolled Separation, or voltage or 
transient Instability in another part of the system. Similarly, a contingency in the studied area could have 
a severe impact on neighboring areas. To fully understand and coordinate these limits with neighbors 
requires time and engineering judgment, often making these conditions unmanageable in near real-time 
assessments.  
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Appendix F: M-8 Reporting by Reliability Coordinators 
 
The MEITF reviewed how each RC reports IROLs for the M-8 IROL exceedance metric (quarterly NERC ALR 3-5 IROL 
exceedance report). Table F.1 shows the reporting methods for each RC as documented at the time of publication. 
The following subsections provide a more detailed description of reporting techniques for each RC. 

 Table F.1: RC IROL Establishment and Reporting Methods 

Reliability 
Coordinator 

Pre-Determined 
IROL  

(with Margin) 

Pre-Determined 
IROL  

(No Margin) 

Real-Time IROL 
(with Margin) 

Real-Time IROL 
(No Margin) 

Actual IROL 
(After-the-Fact 

Analysis) 

ERCOT      

FRCC      

HQ      

ISO-NE      

MISO1      

NB      

NYISO      

IESO      

Peak      

PJM      

SaskPower      

Southern 
Co.    

  

SPP      

TVA      

VACAR 
South      

1  MISO reports Actual IROL exceedances as well as Pre-Determined IROL (with margin) exceedances, depending on the type of IROL.  
 
 
 



Appendix F: M-8 Reporting by Reliability Coordinators 
 

NERC | Methods for Establishing IROLs | December 2017 
137 

Electric Reliability Council of Texas, Inc. (ERCOT) 
ERCOT calculates the Actual IROL Limits in real time (every 10 minutes) using VSAT. These limits are the pre-
contingency flow that would result in Instability if the limit was exceeded and the relevant contingency occurred. 
For its quarterly IROL exceedances reporting, ERCOT reports instances when actual flows exceeded the 
contemporaneous Actual IROL Limit.  
 
Florida Reliability Coordinating Council, Inc. (FRCC) 
The FRCC has one pre-determined IROL, the Florida-Southern interface, and operates to the IROL with margin. 
Potential exceedances of the pre-determined IROL are studied after-the-fact by the FRCC RC and FRCC TOPs to 
determine if there was an actual IROL exceedance. If the analysis determines that there was an actual IROL 
exceedance (no margin), the exceedance would be reported for M-8 (ALR3-5).  
 
Hydro Quebec TransEnergie (HQ) 
HQ determines its IROL based on stability studies performed ahead of real-time operation. The IROL value given 
to the TOP generally includes a certain margin to allow for uncertainties in modeling and a wide range of possibly 
system conditions. For its quarterly IROL exceedance reporting, HQ reports instances of exceedance of the 
applicable IROL value calculated per the SOL Methodology and used in real-time operation, which includes a 
certain margin (Studied IROL with Margin). 
 
ISO New England (ISO-NE) 
ISO-NE, for its quarterly IROL exceedance reporting, examines each instance of a potential exceedance of its IROLs, 
and reports only those exceedances, after additional technical review, which prove to be actual IROL events, per 
their SOL Methodology. ISO-NE determines both lists every quarter, but only report the latter, which has resulted 
in low IROL exceedance reporting levels. 
 
Midcontinent Independent System Operator, Inc. (MISO) 
MISO has capability to perform near real-time assessment of some of the IROLs. Such IROLs include a certain 
margin to account for modeling limitations and potential uncertainties during real-time operation. IROL 
exceedances beyond limits calculated in near real-time are reported. Exceedances based on off-line computed 
limits, are treated as real during operations; however, the operating conditions are then evaluated to determine 
what the actual IROL was, and any exceedances beyond the updated limit are reported. Instances where the actual 
limits were not exceeded are reported with a note stating that after-the-fact studies showed that the condition 
was not an IROL exceedance in reality. 
 
New Brunswick Power Corporation (NB) 
NBP-SO identifies IROL limits and monitors these IROL limits in real-time via the SCADA system. IROL limit alarming 
is built into the SCADA system for greater Operator awareness. NBP-SO also conducts day-ahead and real-time 
assessments to help ensure that identified IROL limits are correct and that no new IROL interfaces or limits need 
monitored. Identified IROL limits have built in safety margin and therefore NBP-SO reports Operating IROL (with 
margin) for the quarterly IROL reporting. IROL exceedances based on built-in alarming or identified as part of the 
day-ahead and real-time assessment would be reported if > 10 seconds. All identified IROL limit exceedances are 
treated as exceedances from a quarterly reporting perspective. After the fact analysis of exceedances is not 
completed unless the exceedance was greater than 30 minutes. 
 
New York Independent System Operator (NYISO) 
The NYISO monitors IROL interfaces and identifies time and duration of exceeding the IROLs. The IROLs are 
Operating Limits, which are determined by applying a margin to the Studied IROL determined by studies. 
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Ontario (IESO) 
The IESO identifies IROL interfaces (internal flowgates where, under specific conditions, limit exceedances could 
lead to Instability, Uncontrolled Separation, or Cascading outages that adversely impact the reliability of the Bulk 
Electric System (BES)). IROL interface limits include an operating limit margin. Limits on these flowgates might be 
SOLs in some instances and might be IROLs in other instances depending on system conditions at that point in 
time. The IESO manages these interfaces as though the limits are IROLs all the time even though post-event 
analysis might show that the limits on the interface were SOLs at the time of interest.  
 
For M-8 reporting, all limit exceedances on an Ontario IROL interface are identified by operating alarms generated 
within the SCADA system, followed by a verification process afterwards to ensure that the operating alarms are 
valid. IESO reports on all exceedances of operating limits on an ‘IROL interface’ as alarmed by our SCADA system, 
provided the alarm fits the reporting criteria of greater than 10 seconds. Since it would require extensive post 
event analysis for each exceedance on an ‘IROL interface’ to determine if it is a true IROL exceedance, the IESO 
has consistently reported all such potential exceedances on an IROL interface as an IROL exceedance for this 
measure – even if analysis might subsequently show an instance to be an SOL exceedance on the IROL interface. 
Therefore, the IESO’s reported numbers will be higher than other RCs who report only actual IROL exceedances. 
 
Peak Reliability (Peak) 
Peak generally establishes IROLs to address transient Instability, voltage Instability, or non-stability-related 
Cascading. While the transient stability IROLs and non-stability-related Cascading IROLs are generally 
implemented as static pre-determined limits that are an input into Real-time Assessments, Peak’s voltage stability 
IROLs are updated as real-time approaches and can be updated in real-time operations. 
 
Peak’s voltage stability IROLs are identified through prior stability analyses and are associated with pre-
determined operating conditions (load levels, transfer or import levels, and key facility outages). The IROL 
represents the operating point beyond which the worst contingency could cause widespread steady-state voltage 
Instability. Once those IROLs and associated operating conditions have been identified, IROL values are updated 
on a day-ahead basis to reflect expected operating conditions (pre-determined IROL (no margin)). In real-time 
operations, when applicable margins are reached, the voltage stability IROL is updated based on actual system 
conditions using real-time voltage stability analysis tools and/or via real-time offline studies performed by Real-
time Operations Engineers (real-time IROL (no margin)). Voltage stability IROLs are based on the last viable 
powerflow solution for a given set of contingencies (pre-determined or real-time). Operating margin is not built 
into the IROL itself; however, margin is addressed in the IROL Operating Procedure, which contains mitigation 
steps to be taken as the IROL is approached, up to and including pre-contingency load shedding. 
 
PJM Interconnection, LLC (PJM) 
PJM calculates the actual SOL and actual IROL in real-time (every 5 minutes) using the PJM EMS Reactive Transfer 
Limit Calculator program. These limits are the pre-contingency flow that would violate post-contingency voltage 
criteria (SOL) or result in voltage collapse (IROL) if the limit was exceeded and the relevant contingency occurred. 
PJM, for its quarterly IROL exceedance reporting, examines each instance of a potential exceedance of its IROLs 
(no margin), and reports only validated exceedances equal to or greater than 10 seconds once telemetered data 
quality is verified. Because PJM generally initiates system redispatch at 95% of the SOL Limit, there is seldom a 
reported exceedance of the IROL Limit. 
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Saskatchewan Power Corporation 
(SaskPower) 
IROL exceedance would be reported as part of M-8 reporting if an 
IROL was confirmed as an exceedance of the applicable IROL 
calculated per the SOL Methodology and used in real-time 
operation.  
 
SaskPower currently does not have any pre-determined IROLs in 
the operational planning horizon. IROL identification could occur 
in the real-time operating horizon. If an IROL is identified, an IROL 
(with margin) would be determined. An IROL generally includes 
margin to allow for uncertainties in modeling and a wide range of 
possibly system conditions. The SaskPower RC/TOP would apply 
that limit when operating the system. IROL limit alarming is built 
into the SCADA system for greater operator awareness.  
 
Southern Company Services, Inc. (SOCO) 
Southern determines an IROL (generally63 no margin) through 
PA/TP studies, next day study process, and real-time analysis by 
the RC or the TOPs and TOs. If those IROLs are exceeded, they are 
reported quarterly for M-8. 
 
Southwest Power Pool (SPP) 
SPP currently uses only predetermined IROLs (Studied IROLs). The 
exact length of time the IROL is exceeded is determined after each 
IROL exceedance event. All SPP IROLs have an IROL Tv of 30 
minutes. Only exceedances of 30 minutes or greater are reported for M-8. 
 
Tennessee Valley Authority (TVA) 
TVA does not have any pre-determined IROLs at this time. Because of this, any IROL identified would occur closer 
to real-time or during real-time operations. If an IROL is determined near real-time or during real-time, an IROL 
Studied value would be determined. The TVA RC and TOPs in the TVA RC area would apply that limit when 
operating the system. Every potential IROL or potential IROL exceedance identified would be analyzed after the 
fact to determine if there was an IROL and, if so, the Actual IROL value. The IROL exceedance would only be 
reported as part of the M-8 reporting if the IROL was confirmed as an exceedance of the Actual IROL in the post-
operational analysis. 
 
VACAR South 
VACAR South may identify IROLs during its OPA and RTA analyses, or IROLs may be identified by the VACAR South 
RC member TPs and PCs. VACAR South RC has one identified potential IROL--the DEC Northern Region Fast Voltage 
Collapse (NRFVC) IROL. The NRFVC potential IROL is monitored in real-time by the VACAR South RC Agent and the 
DEC TOP. If it is determined that exceeding a SOL could result in Instability, Uncontrolled Separation, or Cascading 
for the critical contingency(ies), additional assessment is performed to determine if it is a potential IROL. Any IROL 
exceedance, whether pre-identified or identified real-time, will be reported for M-8. In addition to M-8 reporting, 
post-event analysis will be conducted to further investigate the system conditions and potential IROL exceedance 
conditions. 
                                                           
63 A minority subset of the stability assessments may assume a small margin to ensure reliability. 

 
Figure A1: PJM IROL Framework 
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Appendix G: List of Acronyms 
 

Table G.1: List of Acronyms 

Acronym Term 

ATC Available Transfer Capability 

AVR Automatic Voltage Regulator 

BA Balancing Authority 

BPS Bulk Power System 

BES Bulk Electric System 

DAL Drastic Action Limit 

EMT Electromagnetic Transient 

FACTS Flexible AC Transmission System 

FERC Federal Energy Regulatory Commission 

GO Generator Owner 

GOP Generator Operator 

HP High Pressure 

HVDC High Voltage Direct Current 

IGE Induction Generator Effect  

IROL Interconnection Reliability Operating Limit 

LODF Line Outage Distribution Factor 

LP Low Pressure 

LTE Long-Term Emergency Rating 

MEITF Methods for Establishing IROLs Task Force 

NERC North American Electric Reliability Corporation 

OEL Over Excitation Limiter 

OLTC/ULTC On-Load Tap Changer/Under-Load Tap Changer 

OOS Out of Step 

OPA Operational Planning Analysis 

PC Planning Coordinator 

PTDF Power Transfer Distribution Factor 
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P-V Active Power-Voltage Analysis 

RAS Remedial Action Scheme 

RC Reliability Coordinator 

RTA Real-Time Analysis 

SAR Standard Authorization Request 

SCR Short Circuit Ratio 

SDT Standard Drafting Team 

SOL System Operating Limit 

SSA Small Signal Analysis 

SSCI Subsynchronous Control Interaction 

SSI Small Signal Instability 

STATCOM Static Compensator 

STE Short-Term Emergency Rating 

SVC Static Var Compensator 

TA Torsional Amplification 

TI Torsional Interaction 

TO Transmission Owner 

TOP Transmission Operator 

TP Transmission Planner 

UEL Under Excitation Limiter 

UFLS Underfrequency Load Shedding 

UVLS Undervoltage Load Shedding 

V-Q Voltage-Reactive Power Analysis 
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Preface  
 
The North American Electric Reliability Corporation (NERC) is a not-for-profit international regulatory authority whose 
mission is to assure the reliability and security of the bulk power system (BPS) in North America. NERC develops and 
enforces Reliability Standards; annually assesses seasonal and long-term reliability; monitors the BPS through system 
awareness; and educates, trains, and certifies industry personnel. NERC’s area of responsibility spans the continental 
United States, Canada, and the northern portion of Baja California, Mexico. NERC is the Electric Reliability 
Organization (ERO) for North America, subject to oversight by the Federal Energy Regulatory Commission (FERC) and 
governmental authorities in Canada. NERC’s jurisdiction includes users, owners, and operators of the BPS, which 
serves more than 334 million people.  
 
The North American BPS is divided into eight Regional Entity (RE) boundaries as shown in the map and corresponding 
table below. 

 
The North American BPS is divided into eight RE boundaries. The highlighted areas denote overlap as some load-serving entities 
participate in one Region while associated transmission owners/operators participate in another. 
 

FRCC Florida Reliability Coordinating Council 

MRO Midwest Reliability Organization 

NPCC Northeast Power Coordinating Council 
RF ReliabilityFirst 

SERC SERC Reliability Corporation 

SPP RE Southwest Power Pool Regional Entity 
Texas RE Texas Reliability Entity 

WECC Western Electricity Coordinating Council 
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Disclaimer  
 
This supporting document may explain or facilitate implementation of a reliability standard PRC-023-4 — 
Transmission Relay Loadability but does not contain mandatory requirements subject to compliance review. 
 
 



 

NERC | Determination of Practical Transmission Relaying Loadability Settings | December 2017 
v 

Introduction  
 
This document is intended to provide additional information and guidance for complying with the requirements 
of Reliability Standard PRC-023-4 — Transmission Relay Loadability. 
 
The function of transmission protection systems included in the referenced reliability standard is to protect the 
transmission system when subjected to faults. System conditions, particularly during emergency operations, may 
make it necessary for transmission lines and transformers to become overloaded for short periods of time. During 
such instances, it is important that protective relays do not prematurely trip the transmission elements out-of-
service preventing the system operators from taking controlled actions to alleviate the overload. Therefore, 
protection systems should not interfere with the system operators’ ability to consciously take remedial action to 
protect system reliability. The relay loadability reliability standard has been specifically developed to not interfere 
with system operator actions, while allowing for short-term overloads, with sufficient margin to allow for 
inaccuracies in the relays and instrument transformers. 
 
While protection systems are required to comply with the relay loadability requirements of Reliability Standard 
PRC-023-4; it is imperative that the protective relays be set to reliably detect all fault conditions and protect the 
electrical network from these faults. 
 
The following protection functions are addressed by Reliability Standard PRC-023-4:  

1. Any protective functions which could trip with or without time delay, on normal or emergency load 
current, including but not limited to:  

1.1. Phase distance  

1.2. Out-of-step tripping  

1.3. Out-of-step blocking  

1.4. Switch-on-to-fault  

1.5. Overcurrent relays  

1.6. Communications aided protection schemes including but not limited to:  

1.6.1. Permissive overreaching transfer trip (POTT)  

1.6.2. Permissive underreaching transfer trip (PUTT)  

1.6.3. Directional comparison blocking (DCB)  

1.6.4. Directional comparison unblocking (DCUB)  

2. The following protection systems are excluded from requirements of this standard: 

2.1. Relay elements that are only enabled when other relays or associated systems fail. 

2.1.1. Overcurrent elements that are only enabled during loss of potential conditions. 

2.1.2. Elements that are only enabled during a loss of communications. 

2.2. Protection systems intended for the detection of ground fault conditions. 

2.3. Generator protection relays 

2.4. Relay elements used only for Special Protection Systems, applied and approved in accordance with 
NERC Reliability Standards PRC-012 through PRC-017
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Chapter 1: Requirements Reference Material 
 
R1 — Phase Relay Setting  
Each Transmission Owner, Generator Owner, and Distribution Provider shall use any one of the following criteria 
(Requirement R1, criteria 1 through 13) for any specific circuit terminal to prevent its phase protective relay settings 
from limiting transmission system loadability while maintaining reliable protection of the BES for all fault conditions. 
Each Transmission Owner, Generator Owner, and Distribution Provider shall evaluate relay loadability at 0.85 per 
unit voltage and a power factor angle of 30 degrees. [Risk Factor: High]  
 
R1.1 — Transmission Line Thermal Rating  
Set transmission line relays so they do not operate at or below 150% of the highest seasonal Facility Rating of a circuit, 
for the available defined loading duration nearest 4 hours (expressed in amperes). 
 

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =
0.85 x 𝑉𝑉𝐿𝐿−𝐿𝐿

√3 𝑥𝑥 1.5 𝑥𝑥 𝐼𝐼𝑟𝑟𝑙𝑙𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟
 

 
Where:  

Zrelay30 = Relay reach in primary Ohms at a power factor angle of 30 degrees  

VL-L = Rated line-to-line voltage  

Irating = Facility Rating 
 

Set the relay so it does not operate at or below 150% of the highest seasonal Facility Rating (I
rating

) of the line for 
the available defined loading duration nearest 4 hours. When evaluating a distance relay, assume a 0.85 per unit 
relay voltage and a line phase (power factor) angle of 30 degrees. 
 
Example: 𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 = 0.85 x 𝑉𝑉𝐿𝐿−𝐿𝐿

√3 𝑥𝑥 1.5 𝑥𝑥 𝐼𝐼𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟
 

 
R1.2 — Transmission Line Established 15-Minute Rating  
When the study to establish the original loadability parameters was performed, it was based on the 4-hour facility 
rating. The intent of the 150% factor applied to the Facility Rating in the loadability requirement was to approximate 
the 15-minute rating of the transmission line and add some additional margin. Although the original study performed 
to establish the 150% factor did not segregate the portion of the 150% factor that was to approximate the 15-minute 
capability from that portion that was to be a safety margin, it has been determined that a 115% margin is appropriate. 
In situations where detailed studies have been performed to establish 15-minute ratings on a transmission line, the 
15-minute highest seasonal Facility Rating can be used to establish the loadability requirement for the protective 
relays. 
 

Set the tripping relay so it does not operate at or below 115% of the 15-minute highest seasonal Facility Rating 
(I

rating
) of the line. When evaluating a distance relay, assume a 0.85 per unit relay voltage and a line phase (power 

factor) angle of 30 degrees.  
 
Example: 𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 = 0.85 x 𝑉𝑉𝐿𝐿−𝐿𝐿

√3 𝑥𝑥 1.15 𝑥𝑥 𝐼𝐼𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟𝑟
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R1.3 — Maximum Theoretical Power Transfer Limit Across a Transmission Line  
Set transmission line relays so they do not operate at or below 115% of the maximum power transfer capability of 
the circuit (expressed in amperes) using one of the following to perform the power transfer calculation:  
 
R1.3.1 — Maximum Power Transfer with Infinite Source  
An infinite source (zero source impedance) with a 1.00 per unit bus voltage at each end of the line 

 

 
 
 

The power transfer across a transmission line (Figure 1) is defined by the equation1: 
 

𝑃𝑃 =
𝑉𝑉𝑠𝑠 𝑥𝑥 𝑉𝑉𝑅𝑅 𝑥𝑥 sin𝛿𝛿

𝑋𝑋𝐿𝐿
 

 
Where:  

P = the power flow across the transmission line  

VS = Line-to-Line voltage at the sending bus  

VR = Line-to-Line voltage at the receiving bus  

δ = Voltage angle between Vs and VR  

XL = Reactance of the transmission line in ohms 
 
The theoretical maximum power transfer occurs when δ is 90 degrees. The maximum power transfer will be less than 
the theoretical maximum power transfer and will occur at some angle less than 90 degrees since the source 
impedance of the system is not zero. A number of conservative assumptions are made:  

• δ is 90 degrees  

• Voltage at each bus is 1.0 per unit  

• An infinite source is assumed behind each bus; i.e. no source impedance is assumed.  
 

 

 

                                                           
1 More explicit equations that may be beneficial for long transmission lines (typically 80 miles or more) are contained in Appendix A.   
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The equation for maximum power becomes: 

𝑃𝑃𝑚𝑚𝑙𝑙𝑥𝑥 =  
𝑉𝑉2

𝑋𝑋𝐿𝐿
 

 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙 =  
𝑃𝑃𝑚𝑚𝑙𝑙𝑥𝑥

√3 𝑥𝑥 𝑉𝑉
 

 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙 =  
𝑉𝑉

√3 𝑥𝑥 𝑋𝑋𝐿𝐿
 

 

Where:  

Pmax = Maximum power that can be transferred across a system  

Ireal = Real component of current  

V = Nominal line-to-line bus voltage  
 
At maximum power transfer, the real component of current and the reactive component of current are equal; 
therefore: 

𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙 =  √2𝑥𝑥 𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙 

 

𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙 =  
√2 𝑥𝑥 𝑉𝑉
√3 𝑥𝑥 𝑋𝑋𝐿𝐿

 

 

𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙 =  
0.816 𝑥𝑥 𝑉𝑉

𝑋𝑋𝐿𝐿
 

 
Where:  

Itotal is the total current at maximum power transfer. 

 

 

Set the tripping relay so it does not operate at or below 115% of Itotal (where 𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙 =  0.816 𝑥𝑥 𝑉𝑉
𝑋𝑋𝐿𝐿

).  

 
When evaluating a distance relay, assume a 0.85 per unit relay voltage and a line phase (power factor) angle of 
30 degrees. 
 

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =
0.85 x 𝑉𝑉𝐿𝐿−𝐿𝐿

√3 𝑥𝑥 1.15 𝑥𝑥 𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙
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R1.3.2 — Maximum Power Transfer with System Source Impedance  
Actual source and receiving end impedances are determined using a short circuit program and choosing the classical 
or flat start option to calculate the fault parameters. The impedances required for this calculation are the generator 
subtransient impedances (Figure 2). 
 

 
The recommended procedure for determining XS and XR is:  

• Remove the line or lines under study (parallel lines need to be removed prior to doing the fault study)  

• Apply a three-phase short circuit to the sending and receiving end buses.  

• The program will calculate a number of fault parameters including the equivalent Thévenin source 
impedances.  

• The real component of the Thévenin impedance is ignored.  
 
The voltage angle across the system is fixed at 90 degrees, and the current magnitude (Ireal) for the maximum power 
transfer across the system is determined as follows2: 
 

𝑃𝑃𝑚𝑚𝑙𝑙𝑥𝑥 =  
(1.05 𝑥𝑥 𝑉𝑉)2

𝑋𝑋𝑠𝑠 +  𝑋𝑋𝑟𝑟 +  𝑋𝑋𝑙𝑙
 

 
Where:  

Pmax = Maximum power that can be transferred across a system  

ES = the line-to-line internal voltage for the generator modeled behind the equivalent sending end 
reactance XS  

ER = the line-to-line internal voltage for the generator modeled behind the equivalent receiving end 
reactance XR  

δ = Voltage angle between ES and ER 

X
S 
= Thévenin equivalent reactance in ohms of the sending bus  

X
R 

= Thévenin equivalent reactance in ohms of the receiving bus  

X
L 
= Reactance of the transmission line in ohms  

                                                           
2 More explicit equations that may be beneficial for long transmission lines (typically 80 miles or more) are contained in Appendix A.   
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V = Line-to-Line bus voltage 

 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙 =  
1.05 𝑥𝑥 𝑉𝑉

√3(𝑋𝑋𝑆𝑆 +  𝑋𝑋𝑅𝑅 + 𝑋𝑋𝐿𝐿)
 

 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙 =  
0.606 𝑥𝑥 𝑉𝑉

𝑋𝑋𝑆𝑆 +  𝑋𝑋𝑅𝑅 + 𝑋𝑋𝐿𝐿
 

 
The theoretical maximum power transfer occurs when δ is 90 degrees. All stable maximum power transfers will be 
less than the theoretical maximum power transfer and will occur at some angle less than 90 degrees since the source 
impedance of the system is not zero. A number of conservative assumptions are made:  

• δ is 90 degrees  

• Voltage at each bus is 1.05 per unit  

• The source impedances are calculated using the sub-transient generator reactances.  

At maximum power transfer, the real component of current and the reactive component of current are equal; 
therefore: 

 

𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙 =  √2 𝑥𝑥 𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙 

 

𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙 =  
√2 𝑥𝑥 0.606 𝑥𝑥 𝑉𝑉

(𝑋𝑋𝑆𝑆 +  𝑋𝑋𝑅𝑅 +  𝑋𝑋𝐿𝐿)
 

 

𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙 =  
0.857 𝑥𝑥 𝑉𝑉

(𝑋𝑋𝑆𝑆 +  𝑋𝑋𝑅𝑅 +  𝑋𝑋𝐿𝐿)
 

 
Where:  

I
total 

= Total current at maximum power transfer 

 

This should be re-verified whenever major system changes are made. 

 

 

Set the tripping relay so it does not operate at or below 115% of Itotal. When evaluating a distance relay, 
assume a 0.85 per unit relay voltage and a line phase (power factor) angle of 30 degrees. 
 

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =
0.85 x 𝑉𝑉𝐿𝐿−𝐿𝐿

√3 𝑥𝑥 1.15 𝑥𝑥 𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙
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R1.4 — Special Considerations for Series-Compensated Lines  
Series capacitors are used on long transmission lines to allow increased power transfer. Special consideration must 
be made in computing the maximum power flow that protective relays must accommodate on series compensated 
transmission lines. Series capacitor emergency ratings, typically 30-minute, are frequently specified during design. 
 

 
The capacitor banks are protected from overload conditions by triggered gaps and/or metal oxide varistors (MOVs) 
and can be also be protected or bypassed by breakers or Motor Operated Disconnects (MODs). Triggered gaps and/or 
MOVs (Figure 3) operate on the voltage across the capacitor (Vprotective) whichever may be present in a given 
installation.  
 
This voltage can be converted to a current by the equation:  

 

𝐼𝐼𝑝𝑝𝑟𝑟𝑡𝑡𝑟𝑟𝑒𝑒𝑝𝑝𝑟𝑟𝑟𝑟𝑝𝑝𝑒𝑒 =  
𝑉𝑉𝑝𝑝𝑟𝑟𝑡𝑡𝑟𝑟𝑒𝑒𝑝𝑝𝑟𝑟𝑟𝑟𝑝𝑝𝑒𝑒

𝑋𝑋𝐶𝐶
 

 

Where:  

Vprotective = Protective level of voltage across the capacitor spark gaps and/or MOVs  
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XC = Capacitive reactance  
 
The protection limits the theoretical maximum power flow because Itotal, assuming the line inductive reactance is 
reduced by the capacitive reactance, will typically exceed Iprotective. A current of Iprotective or greater will result in a 
capacitor bypass. This reduces the theoretical maximum power transfer to that of only the line inductive reactance 
as described in R1.3.  
 
The relay settings must be evaluated against 115% of the highest series capacitor emergency current rating and the 
maximum power transfer calculated in R1.3 using the full line inductive reactance (uncompensated line reactance). 
This must be done to accommodate situations where the capacitor is bypassed for reasons other than Iprotective. The 
relay must be set to accommodate the greater of these two currents.  
 

 
R1.5 — Weak Source Systems  
In some cases, the maximum line end three-phase fault current is small relative to the thermal loadability of the 
conductor. Such cases exist due to some combination of weak sources, long lines, and the topology of the 
transmission system (Figure 4). 

 

 
Since the line end fault is the maximum current at one per unit phase to ground voltage and it is possible to have a 
voltage of 90 degrees across the line for maximum power transfer across the line, the voltage across the line is 
equal to: 

Set the tripping relay so it does not operate at or below the greater of:  
1. 115% of the highest emergency rating of the series capacitor. When evaluating a distance relay, 

assume a 0.85 per unit relay voltage and a line phase (power factor) angle of 30 degrees.  

2. Itotal (where Itotal is calculated under R1.3 using the full line inductive reactance). When evaluating a 
distance relay, assume a 0.85 per unit relay voltage and a line phase (power factor) angle of 30 
degrees.  

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =
0.85 x 𝑉𝑉𝐿𝐿−𝐿𝐿

√3 𝑥𝑥 1.15 𝑥𝑥 𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙
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𝑉𝑉𝑆𝑆−𝑅𝑅 =  �𝑉𝑉𝑆𝑆2 +  𝑉𝑉𝑅𝑅2 =  √2 𝑥𝑥 𝑉𝑉𝐿𝐿𝐿𝐿 

 

It is necessary to increase the line end fault current I
fault 

by √2 to reflect the maximum current that the terminal could 

see for maximum power transfer and by 115% to provide margin for device errors. An additional factor of 105% is 
also included due to the assumption that the voltage on each bus is 1.05 per unit. 
 

𝐼𝐼𝑚𝑚𝑙𝑙𝑥𝑥 = 1.15 𝑥𝑥 √2 𝑥𝑥 1.05 𝑥𝑥 𝐼𝐼𝑓𝑓𝑙𝑙𝑓𝑓𝑙𝑙𝑟𝑟 

 

𝐼𝐼𝑚𝑚𝑙𝑙𝑥𝑥 = 1.71 𝑥𝑥 𝐼𝐼𝑓𝑓𝑙𝑙𝑓𝑓𝑙𝑙𝑟𝑟 
 

Where:  

I
fault 

is the line-end three-phase fault current magnitude obtained from a short circuit study, 

reflecting sub-transient generator reactances. 
 

 
R1.6 — Not Used 
 
R1.7 — Load Remote to Generation  
Some system configurations have load centers (no appreciable generation) remote from the generation center where 
under no contingency, would appreciable current flow from the load centers to the generation center (Figure 7). 

 

Set the tripping relay on weak-source systems so it does not operate at or below 1.70 times Ifault, where Ifault is 
the maximum end of line three-phase fault current magnitude. When evaluating a distance relay, assume a 0.85 
per unit relay voltage and a line phase (power factor) angle of 30 degrees. 

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =
0.85 x 𝑉𝑉𝐿𝐿−𝐿𝐿

√3 𝑥𝑥 1.70 𝑥𝑥 𝐼𝐼𝑓𝑓𝑙𝑙𝑓𝑓𝑙𝑙𝑟𝑟
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Although under normal conditions, only minimal current can flow from the load center to the generation center, the 
forward reaching relay element on the load center breakers must provide sufficient loadability margin for unusual 
system conditions. To qualify, one must determine the maximum current flow (Imax) from the load center to the 
generation center under any system configuration. 
 

 
R1.8 — Remote Load Center  
Some system configurations have one or more transmission lines connecting a remote, net importing load center to 
the rest of the system.  
 
For the system shown in Figure 8, the total maximum load at the load center defines the maximum load that a single 
line must carry. 

Set the tripping relay at the load center so it does not operate at or below 115% of the maximum current 
flow. When evaluating a distance relay, assume a 0.85 per unit relay voltage and a line phase (power factor) 
angle of 30 degrees.  

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =
0.85 x 𝑉𝑉𝐿𝐿−𝐿𝐿

√3 𝑥𝑥 1.15 𝑥𝑥 𝐼𝐼𝑚𝑚𝑙𝑙𝑥𝑥
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Also, one must determine the maximum power flow on an individual line to the area (Imax) under all system 
configurations, reflecting any higher currents resulting from reduced voltages, and ensure that under no condition 
will loop current in excess of Imax flow in the transmission lines. 
 

 
R1.9 —Load Center Remote to Transmission System  
Some system configurations have one or more transmission lines connecting a cohesive, remote, net importing load 
center to the rest of the system. For the system shown in Figure 9, the total maximum load at the load center defines 
the maximum load that a single line must carry. This applies to the relays at the load center ends of lines addressed 
in R1.8. 

Set the tripping relay so it does not operate at or below 115% of the maximum current flow. When evaluating 
a distance relay, assume a 0.85 per unit relay voltage and a line phase (power factor) angle of 30 degrees.  

 

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =
0.85 x 𝑉𝑉𝐿𝐿−𝐿𝐿

√3 𝑥𝑥 1.15 𝑥𝑥 𝐼𝐼𝑚𝑚𝑙𝑙𝑥𝑥
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However, under normal conditions, only minimal current can flow from the load center to the transmission system. 
The forward reaching relay element on the load center breakers must provide sufficient loadability margin for unusual 
system conditions, including all potential loop flows. To qualify, one must determine the maximum current flow (Imax) 
from the load center to the transmission system under any system configuration. 
 

 
R1.10 — Transformer Overcurrent Protection  
The transformer fault protective relaying settings are set to protect for fault conditions, not excessive load conditions. 
These fault protection relays are designed to operate relatively quickly. Loading conditions on the order of magnitude 
of 150% (50% overload) of the maximum applicable nameplate rating of the transformer can normally3 be sustained 
for several minutes without damage or appreciable loss of life to the transformer.  
 
For transformers with operator established emergency ratings, the minimum overcurrent setting must be the greater 
of 115% of the highest established emergency rating, or 150% of the maximum nameplate rating. 
 
This criterion is also applicable for transmission line relays on transmission lines terminated only with a transformer. 
 
R1.10.1 — Coordination with IEEE Damage Curve 
Set load-responsive transformer fault protection relays, if used, such that the protection settings do not expose the 
transformer to a fault level and duration that exceeds the transformer’s mechanical withstand capability as illustrated 
by the “dotted line” in IEEE C57.109-1993 - IEEE Guide for Liquid-Immersed Transformer Through-Fault-Current 
Duration, Clause 4.4, Figure 4. 

 

                                                           
3 See ANSI/IEEE Standard C57.92, Table 3.   

Set the tripping relay so it does not operate at or below 115% of the maximum current flow. When evaluating 
a distance relay, assume a 0.85 per unit relay voltage and a line phase (power factor) angle of 30 degrees.  

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =
0.85 x 𝑉𝑉𝐿𝐿−𝐿𝐿

√3 𝑥𝑥 1.15 𝑥𝑥 𝐼𝐼𝑚𝑚𝑙𝑙𝑥𝑥
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R1.11 – Transformer Overload Protection 
If the pickup of overcurrent relays is less than that specified in criterion 1.10, then the relays must be set to allow the 
transformer to be operated at an overload level of at least 150% of the maximum applicable nameplate rating, or 
115% of the highest operator established emergency transformer rating, whichever is greater, for at least 15 minutes 
to provide time for the operator to take controlled action to relieve the overload. 
 
Alternatively, the relays may be set below the requirements of criterion 1.10 if tripping is supervised using either a 
top oil or simulated winding hot spot temperature element set no less than 100° C for the top oil temperature or no 
less than 140° C for the winding hot spot temperature. 
 
R1.12 a — Long Line Relay Loadability – Two Terminal Lines  
This description applies only to classical two-terminal lines. For lines with other configurations, see R1.12b, Three (or 
more) Terminal Lines, and Lines with One or More Radial Taps. A large number of transmission lines in North America 
are protected with distance based relays that use a mho characteristic. Although other relay characteristics are now 
available that offer the same fault protection with more immunity to load encroachment, generally they are not 
required based on the following:  

1. The original loadability concern from the Northeast blackout (and other blackouts) was overly sensitive 
distance relays (usually Zone 3 relays).  

2. Distance relays with mho characteristics that are set at 125% of the line length are clearly not “overly 
sensitive,” and were not responsible for any of the documented cascading outages, under steady-state 
conditions.  

3. It is unlikely that distance relays with mho characteristics set at 125% of line length will misoperate due to 
recoverable loading during major events.  

4. Even though unintentional relay operation due to load could clearly be mitigated with blinders or other load 
encroachment techniques, in the vast majority of cases, it may not be necessary if the relays with mho 
characteristics are set at 125% of the line length. For available techniques see reference 14. 
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It is prudent that the relays be adjusted to as close to the 90 degree MTA setting as the relay can be set to achieve 
the highest level of loadability without compromising the ability of the relay to reliably detect faults.  

The basis for the current loading is as follows:  

Vrelay = Line-to-Line voltage at the relay location  

Zline = Line impedance  

Θline = Line impedance angle  

Zrelay = Relay setting in ohms at the maximum torque angle  

MTA = Maximum torque angle, the angle of maximum relay reach  

Zrelay30 = Relay trip point at a 30 degree phase angle between the voltage and current  

Itrip = Relay operating current at 30 degrees with normal voltage  

Irelay30 = Current (including a 15% margin) that the circuit can carry at 0.85 per unit voltage at a 30 
degree phase angle between the voltage and current before reaching the relay trip point  

 
For applying a mho-characteristic relay at any maximum torque angle to any line impedance angle: 

 

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 =  
1.25 𝑥𝑥 𝑍𝑍𝑙𝑙𝑟𝑟𝑟𝑟𝑒𝑒

cos (𝑀𝑀𝑀𝑀𝑀𝑀 −  𝜃𝜃𝑙𝑙𝑟𝑟𝑟𝑟𝑒𝑒)
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The relay reach at the load power factor angle of 30°is determined from: 

 

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =  �
1.25 𝑥𝑥 𝑍𝑍𝑙𝑙𝑟𝑟𝑟𝑟𝑒𝑒

cos(𝑀𝑀𝑀𝑀𝑀𝑀 −  𝜃𝜃𝑙𝑙𝑟𝑟𝑟𝑟𝑒𝑒)�
 𝑥𝑥 cos (𝑀𝑀𝑀𝑀𝑀𝑀 −  30°) 

 

The relay operating current at the load power factor angle of 30° is: 

𝐼𝐼𝑟𝑟𝑟𝑟𝑟𝑟𝑝𝑝 =  
𝑉𝑉𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙

√3 𝑥𝑥 𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30
 

 

𝐼𝐼𝑟𝑟𝑟𝑟𝑟𝑟𝑝𝑝 =  
𝑉𝑉𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 𝑥𝑥 cos (𝑀𝑀𝑀𝑀𝑀𝑀 −  𝜃𝜃𝑙𝑙𝑟𝑟𝑟𝑟𝑒𝑒)

√3 𝑥𝑥 1.25 𝑥𝑥 𝑍𝑍𝑙𝑙𝑟𝑟𝑟𝑟𝑒𝑒 𝑥𝑥 cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 30°)
 

 

The load current with a 15% margin factor and the 0.85 per unit voltage requirement is calculated by: 

𝑖𝑖𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =  
0.85 𝑥𝑥 𝐼𝐼𝑟𝑟𝑟𝑟𝑟𝑟𝑝𝑝

1.15
 

 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =  
0.85 𝑥𝑥 𝑉𝑉𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 𝑥𝑥 cos (𝑀𝑀𝑀𝑀𝑀𝑀 −  𝜃𝜃𝑙𝑙𝑟𝑟𝑟𝑟𝑒𝑒)

1.15 𝑥𝑥 √3 𝑥𝑥 1.25 𝑥𝑥 𝑍𝑍𝑙𝑙𝑟𝑟𝑟𝑟𝑒𝑒 𝑥𝑥 cos(𝑀𝑀𝑀𝑀𝑀𝑀 − 30°) 
 

 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =  �
0.341 𝑥𝑥 𝑉𝑉𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙

𝑍𝑍𝑙𝑙𝑟𝑟𝑟𝑟𝑒𝑒
�  𝑥𝑥 �

cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 𝜃𝜃𝑙𝑙𝑟𝑟𝑟𝑟𝑒𝑒)
cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 30°)

� 

 
R1.12 b — Long Line Relay Loadability — Three (or more) Terminal Lines and Lines with One or 
More Radial Taps  
Three (or more) terminal lines present protective relaying challenges from a loadability standpoint due to the 
apparent impedance as seen by the different terminals. This includes lines with radial taps. The loadability of the line 
may be different for each terminal of the line so the loadability must be done on a per terminal basis:  
 

 

 

 

 

 

 

 

 

 

The basis for the current loading is as follows: 
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The basis for the current loading is as follows:  

Vrelay = Phase-to-phase line voltage at the relay location  

Zapparent = Apparent line impedance as seen from the line terminal. This apparent impedance is the 
impedance calculated (using in-feed) for a fault at the most electrically distant line terminal for 
system conditions normally used in protective relaying setting practices.  

Θapparent = Apparent line impedance angle as seen from the line terminal  

Zrelay = Relay setting at the maximum torque angle.  

MTA = Maximum torque angle, the angle of maximum relay reach  

Zrelay30 = Relay trip point at a 30 degree phase angle between the voltage and current  

Itrip = Trip current at 30 degrees with normal voltage  

Irelay30 = Current (including a 15% margin) that the circuit can carry at 0.85 voltage at a 30 degree 
phase angle between the voltage and current before reaching the trip point  

For applying a mho-characteristic relay at any maximum torque angle to any apparent impedance 
angle 

 

𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 =  
1.25 𝑥𝑥 𝑍𝑍𝑙𝑙𝑝𝑝𝑝𝑝𝑙𝑙𝑟𝑟𝑒𝑒𝑟𝑟𝑟𝑟

cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 𝜃𝜃𝑙𝑙𝑝𝑝𝑝𝑝𝑙𝑙𝑟𝑟𝑒𝑒𝑟𝑟𝑟𝑟)
 

 

 

The relay reach at the load power factor angle of 30° is determined from: 
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𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =  �
1.25 𝑥𝑥 𝑍𝑍𝑙𝑙𝑝𝑝𝑝𝑝𝑙𝑙𝑟𝑟𝑒𝑒𝑟𝑟𝑟𝑟

cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 𝜃𝜃𝑙𝑙𝑝𝑝𝑝𝑝𝑙𝑙𝑟𝑟𝑒𝑒𝑟𝑟𝑟𝑟)
�  𝑥𝑥 cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 30°) 

 

The relay operating current at the load power factor angle of 30° is: 

𝐼𝐼𝑟𝑟𝑟𝑟𝑟𝑟𝑝𝑝 =  
𝑉𝑉𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙

√3𝑥𝑥 𝑍𝑍𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30
 

 

𝐼𝐼𝑟𝑟𝑟𝑟𝑟𝑟𝑝𝑝 =  
𝑉𝑉𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 𝑥𝑥 cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 𝜃𝜃𝑙𝑙𝑝𝑝𝑝𝑝𝑙𝑙𝑟𝑟𝑒𝑒𝑟𝑟𝑟𝑟)

√3 𝑥𝑥 1.25 𝑥𝑥 𝑍𝑍𝑙𝑙𝑝𝑝𝑝𝑝𝑙𝑙𝑟𝑟𝑒𝑒𝑟𝑟𝑟𝑟  𝑥𝑥 cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 30°)
 

 
The load current with a 15% margin factor and the 0.85 per unit voltage requirement is calculated by: 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =  
0.85 𝑥𝑥 𝐼𝐼𝑟𝑟𝑟𝑟𝑟𝑟𝑝𝑝

1.15
 

 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =  
0.85 𝑥𝑥 𝑉𝑉𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙𝑥𝑥 cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 𝜃𝜃𝑙𝑙𝑝𝑝𝑝𝑝𝑙𝑙𝑟𝑟𝑒𝑒𝑟𝑟𝑟𝑟)

1.15 𝑥𝑥 √3 𝑥𝑥 1.25 𝑥𝑥 𝑍𝑍𝑙𝑙𝑝𝑝𝑝𝑝𝑙𝑙𝑟𝑟𝑒𝑒𝑟𝑟𝑟𝑟 𝑥𝑥 cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 30°)
 

 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙 30 =  �
0.341 𝑥𝑥 𝑉𝑉𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙𝑙𝑙
𝑍𝑍𝑙𝑙𝑝𝑝𝑝𝑝𝑙𝑙𝑟𝑟𝑒𝑒𝑟𝑟𝑟𝑟

� 𝑥𝑥 �
cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 𝜃𝜃𝑙𝑙𝑝𝑝𝑝𝑝𝑙𝑙𝑟𝑟𝑒𝑒𝑟𝑟𝑟𝑟)

cos (𝑀𝑀𝑀𝑀𝑀𝑀 − 30°) � 

 
R1.13 — No Explanation Necessary  
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Appendix A: Long Line Maximum Power Transfer Equations 
 

 
 

Lengthy transmission lines have significant series resistance, reactance, and shunt capacitance. The line resistance 
consumes real power when current flows through the line and increases the real power input during maximum 
power transfer. The shunt capacitance supplies reactive current, which impacts the sending end reactive power 
requirements of the transmission line during maximum power transfer. These line parameters should be used when 
calculating the maximum line power flow.  
 
The following equations may be used to compute the maximum power transfer: 
 

𝑃𝑃𝑆𝑆3−∅ =  
𝑉𝑉𝑆𝑆2

|𝑍𝑍|
 cos(𝜃𝜃°)−  

𝑉𝑉𝑠𝑠𝑉𝑉𝑅𝑅
|𝑍𝑍|  cos (𝜃𝜃 +  𝛿𝛿°) 

 

𝑄𝑄𝑆𝑆3−∅ =
𝑉𝑉𝑆𝑆2

|𝑍𝑍|
sin(𝜃𝜃°)−  𝑉𝑉𝑆𝑆2

𝐵𝐵
2
−  
𝑉𝑉𝑆𝑆𝑉𝑉𝑅𝑅
|𝑍𝑍| sin (𝜃𝜃 + 𝛿𝛿°) 

 
The equations for computing the total line current are below. These equations assume the condition of maximum 
power transfer, 𝛿𝛿 = 90º, and nominal voltage at both the sending and receiving line ends: 
 
 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙 =  
𝑉𝑉

√3 |𝑍𝑍|
(cos(𝜃𝜃°) + sin(𝜃𝜃°)) 

 

𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑝𝑝𝑟𝑟𝑟𝑟𝑝𝑝𝑒𝑒 =  
𝑉𝑉

√3 |𝑍𝑍|
�sin(𝜃𝜃°) − |𝑍𝑍|

𝐵𝐵
2
− cos (𝜃𝜃°)� 

 
𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙 = 𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙 +  𝑗𝑗𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑝𝑝𝑟𝑟𝑟𝑟𝑝𝑝𝑒𝑒 

 

𝐼𝐼𝑟𝑟𝑡𝑡𝑟𝑟𝑙𝑙𝑙𝑙 = �𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑙𝑙2 +  𝐼𝐼𝑟𝑟𝑒𝑒𝑙𝑙𝑝𝑝𝑟𝑟𝑟𝑟𝑝𝑝𝑒𝑒2  

Where:  

P = the power flow across the transmission line  

VS = Phase-to-phase voltage at the sending bus  

VR = Phase-to-phase voltage at the receiving bus  

V = Nominal phase-to-phase bus voltage  



Appendix A: Long Line Maximum Power Transfer Equations 
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δ = Voltage angle between VS and VR  

Z = Reactance, including fixed shunt reactors, of the transmission line in ohms*  

Θ = Line impedance angle  

B = Shunt susceptance of the transmission line in mhos*  
 
* The use of hyperbolic functions to calculate these impedances is recommended to reflect the distributed nature of 
long line reactance and capacitance. 
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Appendix B: Impedance –Based Pilot Relaying Considerations 
 
Some utilities employ communication-aided (pilot) relaying schemes which, taken as a whole, may have a higher 
loadability than would otherwise be implied by the setting of the forward (overreaching) impedance elements. 
Impedance based pilot relaying schemes may comply with PRC-023-4 Requirement R1 if all of the following 
conditions are satisfied.  

 
For purposes of this discussion, impedance-based pilot relaying schemes fall into two general classes:  

1. Unmodified permissive overreaching transfer trip (POTT) (requires relays at all terminals to sense an internal 
fault as a condition for tripping any terminal). Unmodified directional comparison unblocking schemes are 
equivalent to permissive overreach in this context.  

2. Directional comparison blocking (DCB) (requires relays at one terminal to sense an internal fault, and relays 
at all other terminals to not sense an external fault as a condition for tripping the terminal). Depending on 
the details of scheme operation, the criteria for determining that a fault is external may be based on current 
magnitude and/or on the response of directionally-sensitive relays. Permissive schemes which have been 
modified to include “echo” or “weak source” logic fall into the DCB class.  

 
Unmodified POTT schemes may offer a significant advantage in loadability as compared with a non-pilot scheme. 
Modified POTT and DCB schemes will generally offer no such advantage. Both applications are discussed below. 

1. The overreaching impedance elements are used only as part of the pilot scheme itself – i.e., not also 
in conjunction with a Zone 2 timer which would allow them to trip independently of the pilot 
scheme.  

2. The scheme is of the permissive overreaching transfer trip type, requiring relays at all terminals to 
sense an internal fault as a condition for tripping any terminal.  

3. The permissive overreaching transfer trip scheme has not been modified to include weak infeed 
logic or other logic which could allow a terminal to trip even if the (closed) remote terminal does 
not sense an internal fault condition with its own forward-reaching elements. Unmodified 
directional comparison unblocking schemes are equivalent to permissive overreaching transfer trip 
in this context. Directional comparison blocking schemes will generally not qualify.  



Error! No text of specified style in document. Error! No text of specified style in document. 

NERC | Determination of Practical Transmission Relaying Loadability Settings | December 2017 
20 

 

Unmodified Permissive Overreaching Transfer Trip  
In a non-pilot application, the loadability of the tripping relay at Station “A” is determined by the reach of the 
impedance characteristic at an angle of 30 degrees, or the length of line AX in Figure B-1. In a POTT application, 
point “X” falls outside the tripping characteristic of the relay at Station “B”, preventing tripping at either terminal. 
Relay “A” becomes susceptible to tripping along its 30-degree line only when point “Y” is reached. Loadability will 
therefore be increased according to the ratio of AX to AY, which may be sufficient to meet the loadability 
requirement with no mitigating measures being necessary.  
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Directional Comparison Blocking  
In Figure B-2, blocking at Station “B” utilizes impedance elements which may or may not have offset. The settings of 
the blocking elements are traditionally based on external fault conditions only. It is unlikely that the blocking 
characteristic at Station “B” will extend into the load region of the tripping characteristic at Station “A”. The 
loadability of Relay “A” will therefore almost invariably be determined by the impedance AX.  
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Appendix C: Out-of-Step Blocking Relaying 
 
Out-of-step blocking is sometimes applied on transmission lines and transformers to prevent tripping of the circuit 
element for predicted (by transient stability studies) or observed system swings.  
There are many methods of providing the out-of-step blocking function; one common approach, used with distance 
tripping relays, uses a distance characteristic which is approximately concentric with the tripping characteristic. These 
characteristics may be circular mho characteristics, quadrilateral characteristics, or may be modified circular 
characteristics.  
 
During normal system conditions the accelerating power, Pa, will be essentially zero. During system disturbances, Pa 
> 0. Pa is the difference between the mechanical power input, Pm, and the electrical power output, Pe, of the system, 
ignoring any losses. The machines or group of machines will accelerate uniformly at the rate of Pa/2H radians per 
second squared, where H is the inertia constant of the system. During a fault condition Pa >> 1 resulting in a near 
instantaneous change from load to fault impedance. During a stable swing condition, Pa < 1, resulting in a slower rate 
of change of impedance.  
 
For a system swing condition, the apparent impedance will form a loci of impedance points (relative to time) which 
changes relative slowly at first; for a stable swing (where no generators “slip poles” or go unstable), the impedance 
loci will eventually damp out to a new steady-state operating point. For an unstable swing, the impedance loci will 
change quickly traversing the jx-axis of the impedance plane as the generator slips a pole as shown in Figure C-1 
below. 
 
For simplicity, this appendix discusses the concentric-distance-characteristic method of out-of-step blocking, 
considering circular mho characteristics. As mentioned above, this approach uses a mho characteristic for the out-
of-step blocking relay, which is approximately concentric to the related tripping relay characteristic. The out-of-step 
blocking characteristic is also equipped with a timer, such that a fault will transit the out-of-step blocking 
characteristic too quickly to operate the out-of-step blocking relay, but a swing will reside between the out-of-step 
blocking characteristic and the tripping characteristic for a sufficient period of time for the out-of-step blocking 
relay to trip. Operation of the out-of-step blocking relay (including the timer) will in turn inhibit the tripping relay 
from operating. 
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Figure C-1 illustrates the relationship between the out-of-step blocking relay and the tripping relay, and shows a 
sample of a portion of an unstable swing.  
 
Impact of System Loading of the Out-of-Step Relaying  
Figure C-2 illustrates a tripping relay and out-of-step blocking relay, and shows the relative effects of several 
apparent impedances. 
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Both the tripping relay and the out-of-step blocking relay have characteristics responsive to the impedance that is 
seen by the distance relay. In general, only the tripping relays are considered when evaluating the effect of system 
loads on relay characteristics (usually referred to as “relay loadability”). However, when the behavior of out-of-step 
blocking relays is considered, it becomes clear that they must also be included in the evaluation of system loads, as 
their reach must necessarily be longer than that of the tripping relays, making them even more responsive to load.  
 
Three different load impedances are shown. Load impedance (1) shows an impedance (either load or fault) which 
would operate the tripping relay. Load impedance (3) shows a load impedance well outside both the tripping 
characteristic and the out-of-step blocking characteristic, and illustrates the desired result. The primary concern 
relates to the fact that, if an apparent impedance, shown as load impedance (2), resides within the out-of-step 
blocking characteristic (but outside the tripping characteristic) for the duration of the out-of-step blocking timer, the 
out-of-step blocking relay inhibits the operation of the tripping relay. It becomes clear that such an apparent 
impedance can represent a system load condition as well as a system swing; if (and as long as) a system load condition 
operates the out-of-step blocking relay, the tripping relay will be prevented from operating for a subsequent fault 
condition! A timer can be added such that the relay issues a trip if the out of step timer does not reset within a defined 
time. 
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Appendix D: Out-of-Step Blocking Relaying 
 
Introduction  
Switch-on-to-fault (SOTF) schemes (also known as “close-into-fault schemes or line-pickup schemes) are protection 
functions intended to trip a transmission line breaker when closed on to a faulted line. Dedicated SOTF schemes are 
available in various designs, but since the fault-detecting elements tend to be more sensitive than conventional, 
impedance-based line protection functions, they are designed to be “armed” only for a brief period following 
breaker closure. Depending on the details of scheme design and element settings, there may be implications for 
line relay loadability. This paper addresses those implications in the context of scheme design.  
 
SOTF scheme applications  
SOTF schemes are applied for one or more of three reasons: 

1. When an impedance-based protection scheme uses line-side voltage transformers, SOTF logic is required to 
detect a close-in, three-phase fault to protect against a line breaker being closed into such a fault. Phase 
impedance relays whose steady-state tripping characteristics pass through the origin on an R-X diagram will 
generally not operate if there is zero voltage applied to the relay before closing into a zero-voltage fault. This 
condition typically occurs during when a breaker is closed into a set of three-phase grounds which 
operations/maintenance personnel failed to remove prior to re-energizing the line. When this occurs in the 
absence of SOTF protection, the breaker will not trip, nor will breaker failure protection be initiated, possibly 
resulting in time-delayed tripping at numerous remote terminals. Unit instability and dropping of massive 
blocks of load can also occur.  

2. Current fault detector pickup settings must be low enough to allow positive fault detection under what is 
considered to be the “worst case” (highest) impedance to the source bus.  

3. When an impedance protection scheme uses line-side voltage transformers, SOTF current fault detectors 
may operate significantly faster than impedance units when a breaker is closed into a fault anywhere on the 
line. The dynamic characteristics of typical impedance units are such that their speed of operation is impaired 
if polarizing voltages are not available prior to the fault.  

4. Current fault detector pickup settings will generally be lower in this application than in (1) above. The greater 
the coverage desired, and the longer the line, the lower the setting.  

5. Regardless of voltage transformer location, SOTF schemes may allow high-speed clearing of faults along the 
entire line without having to rely or wait on a communications-aided tripping scheme.  

6. Current or impedance-based fault detectors must be set to reach the remote line terminal to achieve that 
objective. 

 
SOTF line loadability considerations  
This reference document is intended to provide guidance for the review of existing SOTF schemes to ensure that 
those schemes do not operate for non-SOTF conditions or under heavily stressed system conditions. This document 
also provides recommended practices for application of new SOTF schemes.  

1. The SOTF protection must not operate assuming that the line terminals are closed at the outset and carrying 
up to 1.5 times the Facility Rating (as specified in Reliability Standard PRC-023-4), when calculated in 
accordance with the methods described in this standard.  

2. For existing SOTF schemes, the SOTF protection must not operate when a breaker is closed into an unfaulted 
line which is energized from the remote terminal at a voltage exceeding 85% of nominal at the local terminal. 
For SOTF schemes commissioned after formal adoption of this report, the protection should not operate 
when a breaker is closed into an unfaulted line which is energized from the remote terminal at a voltage 
exceeding 75% of nominal at the local terminal. 
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SOTF scheme designs  

1. Direct-tripping high-set instantaneous phase overcurrent  

This scheme is technically not a SOTF scheme, in that it is in service at all times, but it can be effectively 
applied under appropriate circumstances for clearing zero-voltage faults. It uses a continuously-enabled, 
high-set instantaneous phase overcurrent unit or units set to detect the fault under “worst case” (lowest 
source impedance) conditions. The main considerations in the use of such a scheme involve detecting the 
fault while not overreaching the remote line terminal under external fault conditions, and while not 
operating for stable load swings. Under NERC line loadability requirements, the overcurrent unit setting 
also must be greater than 1.5 times the Facility Rating (as specified in Reliability Standard PRC-023-4), when 
calculated in accordance with the methods described in this standard.  

2. Dedicated SOTF schemes  

Dedicated SOTF schemes generally include logic designed to detect an open breaker and to arm 
instantaneous tripping by current or impedance elements only for a brief period following breaker closing. 
The differences in the schemes lie (a) in the method by which breaker closing is declared, (b) in whether 
there is a scheme requirement that the line be dead prior to breaker closing, and (c) in the choice of 
tripping elements. In the case of modern relays, every manufacturer has its own design, in some cases with 
user choices for scheme logic as well as element settings.  
 
In some SOTF schemes the use of breaker auxiliary contacts and/or breaker “close” signaling is included, 
which limits scheme exposure to actual breaker closing situations. With others, the breaker-closing 
declaration is based solely on the status of voltage and current elements. This is regarded as marginally less 
secure from misoperation when the line terminals are (and have been) closed, but can reduce scheme 
complexity when the line terminates in multiple breakers, any of which can be closed to energize the line.  

 
SOTF and Automatic Reclosing  
With appropriate consideration of dead-line reclosing voltage supervision, there are no coordination issues 
between SOTF and automatic reclosing into a de-energized line. If pre-closing line voltage is the primary means for 
preventing SOTF tripping under heavy loading conditions, it is clearly desirable from a security standpoint that the 
SOTF line voltage detectors be set to pick up at a voltage level below the automatic reclosing live-line voltage 
detectors and below 0.8 per-unit voltage.  
 
Where this is not possible, the SOTF fault detecting elements are susceptible to operation for closing into an 
energized line, and should be set no higher than required to detect a close-in, three-phase fault under worst case 
(highest source impedance) conditions assuming that they cannot be set above 1.5 times the Facility Rating (as 
specified in Reliability Standard PRC-023-4). Immunity to false tripping on high-speed reclosure may be enhanced 
by using scheme logic which delays the action of the fault detectors long enough for the line voltage detectors to 
pick up and instantaneously block SOTF tripping. 



 

NERC | Determination of Practical Transmission Relaying Loadability Settings | December 2017 
27 

Appendix E: Out-of-Step Blocking Relaying 
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The listed ANSI Standards are available directly from the American National Standards Institute at  

https://webstore.ansi.org/default.aspx  
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Preface  
 
The North American Electric Reliability Corporation (NERC) is a not-for-profit international regulatory authority whose 
mission is to assure the reliability and security of the bulk power system (BPS) in North America. NERC develops and 
enforces Reliability Standards; annually assesses seasonal and long-term reliability; monitors the BPS through system 
awareness; and educates, trains, and certifies industry personnel. NERC’s area of responsibility spans the continental 
United States, Canada, and the northern portion of Baja California, Mexico. NERC is the Electric Reliability 
Organization (ERO) for North America, subject to oversight by the Federal Energy Regulatory Commission (FERC) and 
governmental authorities in Canada. NERC’s jurisdiction includes users, owners, and operators of the BPS, which 
serves more than 334 million people.  
 
The North American BPS is divided into eight Regional Entity (RE) boundaries as shown in the map and corresponding 
table below. 

 
The North American BPS is divided into eight RE boundaries. The highlighted areas denote overlap as some load-serving entities 
participate in one Region while associated transmission owners/operators participate in another. 
 

FRCC Florida Reliability Coordinating Council 

MRO Midwest Reliability Organization 

NPCC Northeast Power Coordinating Council 
RF ReliabilityFirst 

SERC SERC Reliability Corporation 

SPP RE Southwest Power Pool Regional Entity 
Texas RE Texas Reliability Entity 

WECC Western Electricity Coordinating Council 
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Overview 
 
Preamble 
Implementation Guidance provides a means for registered entities to develop examples or approaches to illustrate 
how registered entities could comply with a standard that are vetted by industry and endorsed by the Electric 
Reliability Organization (ERO) Enterprise.  The examples provided in this Implementation Guidance are not 
exclusive, as there are likely other methods for implementing a standard.  The ERO Enterprise’s endorsement of an 
example means the ERO Enterprise Compliance Monitoring and Enforcement Program (CMEP) staff will give these 
examples deference when conducting compliance monitoring activities.  Registered entities can rely upon the 
example and be reasonably assured that compliance requirements will be met with the understanding that 
compliance determinations depend on facts, circumstances, and system configurations. 1 

• Guidance documents cannot change the scope or purpose of the requirements of a standard.  

• The contents of this guidance document are not the only way to comply with a standard.  

• Compliance expectations should be made as clear as possible through the standards development process 
which should minimize the need for guidance after final ballot approval of a standard. 

• Forms of guidance should not conflict.  

• Guidance should be developed collaboratively and posted on the NERC website for transparency.  

 
Purpose 
This guidance document is to assist NERC Registered Entities in developing a common understanding of the 
practices and processes surrounding the evaluation of voltage protective relay settings with respect to 
NERC Standard PRC-024-2. It is also intended to establish reasonable assumptions to be used in the 
calculations to meet the intent of this standard. It provides examples of these calculations to demonstrate 
compliance. 
 

Scope 
This guidance document applies to Generator Owners (GO) who are demonstrating compliance with PRC 024-2 
Requirement R2.  

R2. Each Generator Owner that has generator voltage protective relaying activated to trip its applicable 
generating unit(s) shall set its protective relaying such that the generator voltage protective relaying does not 
trip the applicable generating unit(s) as a result of a voltage excursion (at the point of interconnection3) caused 
by an event on the transmission system external to the generating plant that remains within the “no trip zone” 
of PRC-024 Attachment 2. If the Transmission Planner allows less stringent voltage relay settings than those 
required to meet PRC-024 Attachment 2, then the Generator Owner shall set its protective relaying within the 
voltage recovery characteristics of a location-specific Transmission Planner’s study. Requirement R2 is subject to 
the following exceptions: 

• Generating unit(s) may trip in accordance with a Special Protection System (SPS) or Remedial Action 
Scheme (RAS). 

• Generating unit(s) may trip if clearing a system fault necessitates disconnecting (a) generating unit(s). 

                                                           
1Source : http://www.nerc.com/pa/comp/Resources/ResourcesDL/Compliance_Guidance_Policy_FINAL_Board_Accepted_Nov_5_2015.pdf 
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• Generating unit(s) may trip by action of protective functions (such as out-of-step functions or loss-of-
field functions) that operate due to an impending or actual loss of synchronism or, for asynchronous 
generating units, due to instability in power conversion control equipment. 

• Generating unit(s) may trip within a portion of the “no trip zone” of PRC-024 Attachment 2 for 
documented and communicated regulatory or equipment limitations in accordance with Requirement 
R3. 

 
This guidance document does not demonstrate any calculations for auxiliary equipment voltages as auxiliary 
equipment relays are not included in the scope of PRC-024-2.2 

The examples provided in this document are applicable to facilities where the GSU impedance is the only significant 
impedance between the POI and the relay voltage sensing location and the resource is capable of +/- 0.95 power 
factor at the POI. 
For facilities that do not produce a significant amount of reactive power3, the voltage drop through the GSU 
transformer is not significant.  Therefore, the generator bus voltage can be estimated by reflecting the high-side 
(POI) voltage to the generator-side solely based on the GSU transformers turns ratio. 
 
Background 
There have been numerous requests for clarification on various points of PRC-024 from the Industry. Due to the 
number of requests and, additionally, a specific request from the IEEE PSRC J Subcommittee JTF2 task force for a PRC-
024-2 example, this Implementation Guidance was determined to be a needed document for the industry. 
 
A common question that has consistently been asked by the Industry is whether the “no trip” area of the voltage 
curve ends at 4 seconds or extends infinitely. The PRC-024 Voltage Ride-Through Time Duration Curve in Attachment 
2 of the standard is intended to prevent generators from tripping for recoverable transient voltage disturbances on 
the BES. For this reason, the curve only covers a four second time window. These voltage level and time duration 
steps are meant to allow time for a generator with its AVR set in automatic voltage control mode to recover from the 
disturbance before protective relays trip the unit. The standard development record shows that the intent of the 
standard is to simplify the analysis of voltage sensitive protective relay tripping characteristics using steady-state 
techniques to provide reasonable levels and times for the controls to respond. 3   The accompanying examples, 
displaying the relay trip characteristic plotted with the PRC-024 Voltage Ride-Through Time Duration Curve, indicate 
that the “no trip” area stops at 4 seconds. 
 
Another question that has come up consistently is: “Is the area outside the Voltage Ride-Through Time Duration 
Curve a “must trip” area?” The Standard prescribes an area that is a “no trip” area. There is no requirement to trip 
for the area outside the “no trip” area. Rather, it is a “may trip” area, if needed to protect equipment for abnormal 
voltages. In the tabular tables, the term ‘instantaneous trip’ is used. This term is intended to indicate instantaneous 
tripping is allowed, not required. 
 

                                                           
2 From PRC-024-2 Comments for draft 5 of the Standard: “The SDT has removed R4. As such, auxiliary systems are no longer mentioned in any 
of the remaining requirements.” 
3 See PRC-025-1 Options 4, 5, 10, 12 of the Application Guidelines. 
3 The SDT comments for the draft 4 posting state: The curves in Attachment 2 have been revised and shortened from 
600 seconds to 4 seconds in order to coordinate better with the Generator Relay Loadability standard (PRC-025). The philosophy is that PRC-
024 applies during excursions and PRC-025 applies subsequently during steady-state stressed system conditions. 
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In Attachment 2 of PRC-024-2 titled “Voltage Ride-Through Curve Clarifications, Evaluating Protective Relay 
Settings:” the standard states:  

Voltage Ride-Through Curve Clarifications 
Curve Details: 

 The per unit voltage base for these curves is the nominal operating voltage specified by the Transmission 
Planner in the analysis of the reliability of the Interconnected Transmission Systems at the point of 
interconnection to the Bulk Electric System (BES). 

 The curves depicted were derived based on three-phase transmission system zone 1 faults with Normal 
Clearing not exceeding 9 cycles. The curves apply to voltage excursions regardless of the type of initiating 
event.  

 The envelope within the curves represents the cumulative voltage duration at the point of interconnection 
with the BES. For example, if the voltage first exceeds 1.15 p.u. at 0.3 seconds after a fault, does not exceed 
1.2 per unit voltage, and returns below 1.15 p.u. at 0.4 seconds, then the cumulative time the voltage is above 
1.15 p.u. voltage is 0.1 seconds and is within the no-trip zone of the curve. 

 The curves depicted assume system frequency is 60 Hertz (Hz). When evaluating Volts/Hertz protection, you 
may adjust the magnitude of the high-voltage curve in proportion to deviations of frequency below 60 Hz. 

 Voltages in the curve assume minimum fundamental frequency phase-to-ground or phase to-phase voltage 
for the low-voltage duration curve and the greater of maximum RMS or crest phase-to-phase voltage for the 
high-voltage duration curve. 
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Chapter 1: Evaluating Protective Relay Settings 

 Use either the following assumptions or loading conditions that are believed to be the most probable for the 
unit under study to evaluate voltage protection relay setting calculations on the static case for steady-state 
initial conditions:  

a. All of the units connected to the same transformer are online and operating. 

b. All of the units are at full nameplate real-power output. 

c. Power factor is 0.95 lagging (i.e. supplying reactive power to the system) as measured at the generator 
terminals. 

d. The automatic voltage regulator is in automatic voltage control mode. 

 Evaluate voltage protection relay settings assuming that additional installed generating plant reactive 
support equipment (such as static VAr compensators, synchronous condensers, or capacitors) is available 
and operating normally. 

 Evaluate voltage protection relay settings accounting for the actual tap settings of transformers between the 
generator terminals and the POI. 

a. The clarifications to Attachment 2 provide guidance to the generator asset owner (GO) on how to verify 
compliance. One question that has arisen is how to define one per unit voltage at the POI when 
comparing the limits to relay settings. Item 1 of the Curve Details of Attachment 2 says, "The per unit 
voltage base for these curves is the nominal operating voltage specified by the Transmission Planner in 
the analysis of the reliability of the Interconnected Transmission Systems at the point of interconnection 
to the Bulk Electric System (BES)." Planners must plan the system such that it operates within the 
equipment capabilities of BES assets. They generally limit their acceptable operating states to some range 
of the system nominal voltage. The voltage used in the analysis is meant to designate the nominal voltage 
base used in the planner's system model. The GO must confirm the system nominal voltage for the POI 
bus that is used in the planner's model of the bulk electric system. This will normally be the standard 
nominal voltage of the system and will not vary from bus to bus for a given voltage level of the BES. 
Because the no-trip zone limits are steady-state representations of the severity of the voltage transient 
versus the time to recover during a transient event, it is acceptable to use the system model nominal in 
defining these limits. If the planners determine that operating voltages must deviate significantly from 
nominal, they generally recommend changes in the recommended setting of the no-load tap changer 
(NLTC) on the generator step-up transformer to ensure that the generation assets can operate within 
their nominal operating ranges. Thus, if a NLTC is adjusted, verification of compliance of voltage sensitive 
relays with PRC-024 limits should be repeated. 

b. Another question that has arisen is how to define the steady-state load flow conditions when accounting 
for the voltage drop between the POI and the generator. Item 1 of the Evaluating Protective Relay 
Settings section of Attachment 2 says, "Use either the following assumptions or loading conditions that 
are believed to be the most probable for the unit under study . . ." The clarifications then go on to suggest 
assuming that generator is at full nameplate real-power output and at 0.95 lagging power factor and that 
the AVR is in automatic voltage control mode. In order to interpret the intent of this guidance, we have 
to go back to understanding that we are using a steady-state analysis to provide ride-through capability 
for a transient event. 

c. Let us first look at the undervoltage limits. A transient undervoltage condition is likely to occur due to a 
short circuit in the vicinity of a generating unit. A severe short circuit should be cleared relatively quickly 
and the unit should be able to recover. If the unit is initially running at leading power factor (under excited 
and absorbing VArs from the system), the internal voltage behind the generator impedance will be low 
and the generator's ability to ride-through the transient low voltage event is reduced. Thus, for evaluating 
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undervoltage element coordination with the ride-through curve, this will likely be the worst-case 
scenario. Assuming that leading power factor will reduce the generator voltage in steady-state conditions 
and reduce coordination margins with undervoltage tripping elements relative to assuming lagging 
power factor in the calculations. In steady-state conditions, one would not expect the unit to be 
absorbing VArs during an undervoltage condition. However, the four-second time window of the ride-
through curves is intended to represent a transient disturbance. The guidance allows us to assume 
lagging power factor for this condition so that is what is used in the examples. If the GO would like to find 
the worst case for coordination, they are allowed to use an assumption of leading power factor in the 
calculations. 

d. Examining the overvoltage limits, for a transient condition, a fast-acting exciter will likely have boosted 
the excitation during a slow-clearing short circuit to help the unit remain stable. Thus, once the short 
circuit is cleared, the generator terminal voltage will be elevated until the AVR has had time to reduce 
the excitation to steady-state levels. For this case, the unit during the four-second transient time window 
will be running at lagging power factor (over excited and supplying VArs into the system). Thus, we use 
the assumption recommended in the standard of lagging power factor in the example for evaluating 
overvoltage elements. 

 



 

NERC | PRC-024-2 Implementation Guidance| October 2, 2017 
1 

Chapter 2: Compliance Implementation and Evidence 
 
This guidance document demonstrates multiple aspects of determining the generator terminal and GSU high-side 
simultaneous voltages.  Three methods are provided for voltage calculations. The first method demonstrates how 
to project the relay voltage characteristic to the high-side of the GSU (the typical POI) for a given generator voltage 
relay setting. This will allow the relay setting to be directly compared to the voltage ride-through time duration 
curves in Attachment 2 of PRC-024-2. 

The second and third methods demonstrate how to project the voltage ride-through time duration curve to the 
secondary of the instrument transformer that supply the generator voltage relay. This will allow the voltage ride-
through time duration curves in Attachment 2 of PRC-024-2 to be compared to the relay setting. Method two is 
based on the PRC-025-1 Option 1b iterative calculation. Method three is a simplified single-iteration approach. 
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Chapter 3: Load Flow Assumption for Low-Voltage Condition 
 
The power factor assumption for the low-voltage condition used in these examples is 0.95 lagging (supplying VArs 
into the system) as suggested by the standard. This will be the most likely steady-state condition during a low-voltage 
event, in that the generator will be trying to support the voltage at the POI. While the calculations in this document 
use these assumptions, other assumptions could be used.  A more severe scenario may be a leading power factor 
condition (absorbing VArs from the system) as the unit would be under excited (lower voltage behind the generator 
impedance). This would be the more conservative assumption during a low-voltage event for verifying relay setting 
compliance. 
 

2.1 Load Flow Assumption for High-Voltage Condition 
The power factor assumption for the high-voltage condition used in these examples is 0.95 lagging (supplying VArs 
into the system) as suggested by the standard. Using lagging power factor would be the more conservative 
assumption during a high-voltage event for verifying relay setting compliance. 
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Chapter 4: Example Calculations 
The following are example of calculations that could be documented and used to support compliance with the 
standard. The one-line diagram for the example calculation is shown in Figure 1 and the system parameters are shown 
below in Table 1. 
 

Input Descriptions Input Values 

Generator nameplate (MVA @ rated p.f.) MVAGEN_BASE = 176 MVA 

p.f.GEN = 0.85 

Generator nominal voltage (line to line) kVGEN_BASE = 16 kV 

Generator step-up (GSU) transformer rating MVAGSU_BASE = 170 MVA 

GSU transformer reactance (170 MVA base) ZGSU = 10.12% 

GSU transformer high-side Nameplate Voltage kVGSU_HS = 138 kV 

GSU transformer low-side Nameplate Voltage kVGSU_LS = 15 kV 

GSU transformer high-side no-load tap Voltage kVGSU_TAP = 134.5 kV 

Nominal System Voltage (line to line) kVSYS_BASE  = 138 kV 

Generator VT Ratio VTRGEN = 140:1 

Load power factor p.f.LOAD = 0.95 

System MVA base MVASYS_BASE = 100 MVA 

Table 1 

 
In the sample calculations, the following relays and settings were used: 

• One level of undervoltage (27) used for tripping. Pickup set to 102.9 V with a 60 cycle (1 second) delay. 

• One level of overvoltage (59) used for tripping. Pickup set to 125.7 V with a 1800 cycles (30 second) delay. 

• One level of definite time Volts/Hertz (V/Hz) (24) used for tripping. Pickup set to 118% of generator nominal 
with a time delay of 120 cycles (2 seconds). 

• One level of inverse time V/Hz (24) used for tripping. Pickup set at 110% of generator nominal with a delay 
of 45 seconds at 118% of generator nominal. 

• The operate time of the inverse time V/Hz (24) can be determined at any multiple of pickup using the 
following formula:  

t =
3.27

�
VApplied
VPickup

− 1�
1 
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Figure 1 
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Example Calculations: Project the Relay Characteristic to PRC-024 Graph Method 

 

 
The required voltage ride-through limits, as shown in Attachment 2 of PRC-024, are given in per unit voltage at the 
point of interconnection (POI) on the high-side of the GSU. The voltage transformer (VT) providing the signal to the 
voltage relay is located at the generator terminals. In order to validate compliance with PRC-024, the required relay 
element pickup voltage has to be reflected to the POI and account for the voltage drop across the GSU at the 
assumed loading level. The actual tapped ratio and per unit voltage base ratio must be accounted for in projecting 
the generator relay set points to the POI. The calculations are done in per unit on the generator base, then 
converted to the power system base using the ratio of the power system base to the generator base. 

Calculate the generator real power output (MWGEN): 

 MWGEN = MVAGEN_BASE * p.f.GEN 
MWGEN = 176 MVA * 0.85 

MWGEN = 149.6 MW 

 
Calculate the GSU transformer impedance on the generator base (ZGSU_GBASE): 

 ZGSU_GBASE = ZGSU * �𝐌𝐌𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆
𝐌𝐌𝐌𝐌𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

� * � 𝐤𝐤𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐋𝐋𝐁𝐁
𝐤𝐤𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

�
𝟐𝟐

 

 

ZGSU_GBASE = 10.12% * �𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌
𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌

� * �𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌
𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌

�
𝟐𝟐

 
 

ZGSU_GBASE = 9.21% on the generator base 
 

Calculate the nominal generator VT secondary voltage (VSEC): 

 VSEC = kVGEN_BASE 
VTRGEN

 

VSEC = 16 kV
140

 

VSEC = 114.29 V 
 
Calculate the ratio of generator base voltage to POI base voltage (RatioGEN-POI) using the actual high-side 
voltage tap selected on the GSU (kVGSU_TAP) to project the VGEN to the POI, neglecting the load flow voltage 
drop on the GSU: 
 

 RatioSYS_GEN =   𝐤𝐤𝐌𝐌𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆 
𝐤𝐤𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

   (5) GSURATIO =  𝐤𝐤𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐓𝐓𝐌𝐌𝐓𝐓
𝐤𝐤𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐋𝐋𝐁𝐁

       (6) RatioGEN_POI = 𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐆𝐆𝐁𝐁𝐆𝐆
𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐁𝐁𝐒𝐒𝐁𝐁_𝐆𝐆𝐆𝐆𝐆𝐆

 

 
      RatioSYS_GEN =  

𝟏𝟏𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌  
𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌

        GSURATIO = 𝟏𝟏𝟏𝟏𝟏𝟏.𝟏𝟏 𝐤𝐤𝐌𝐌  
𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌

        RatioGEN_POI = 𝟏𝟏.𝟗𝟗𝟏𝟏𝟏𝟏 
𝟏𝟏.𝟏𝟏𝟐𝟐𝟏𝟏

 
 
      RatioSYS_GEN = 8.625        GSURATIO = 8.967        RatioGEN_POI = 1.040 
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Verify the generator to power system base conversion and convert the generator base voltage at the low-side of 

the GSU in per unit to the voltage at the system (POI) at the actual voltage tap selected on the GSU (neglecting load 

flow voltage drop):   

 kVGEN_pu = 𝐤𝐤𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆∗𝐆𝐆𝐁𝐁𝐆𝐆𝐑𝐑𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑
𝐤𝐤𝐌𝐌𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

 

 
 kVGEN_pu = 𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌∗𝟏𝟏.𝟗𝟗𝟏𝟏𝟏𝟏

𝟏𝟏𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌
 

 
 kVGEN_pu = 1.040 on the generator base 
 
Load Flow Assumptions for Steady-state Voltage Drop Calculations 
As per the Voltage Ride-Through guidance provided in PRC-024, the voltage protective relay settings were 
evaluated using the following loading conditions: 

1. The generator is operating at full nameplate real-power output. 

 The load power factor (pfLOAD) is 0.95, as measured at the generator terminals: 

• 0.95 lagging (supplying VArs into the system) for evaluation of the undervoltage elements as prescribed 
in PRC-024 as most likely loading condition when the system voltage is low. 

• 0.95 lagging (supplying VArs into the system) for evaluation of the overvoltage elements as the 
condition that would be the worst case for coordination between the overvoltage protective elements 
and the Voltage Ride-Through Time Duration Curve in Attachment 2 of PRC-024 

 
Calculate the generator apparent power at 0.95 load power factor (MVALOAD) using the value of MWGEN from Eq. 1: 

 MVALOAD =  MWGEN
p.f.LOAD

 

 
MVALOAD =  𝟏𝟏𝟏𝟏𝟗𝟗.𝟏𝟏 𝐌𝐌𝐌𝐌

𝟏𝟏.𝟗𝟗𝟏𝟏
   

 
MVALOAD = 157.5 MVA 

 
Convert MVALOAD from Eq. 8 to per unit on the generator base (MVALOAD_pu): 

 MVALOAD_pu =  MVALOAD
MVAGEN_BASE

 

 
MVALOAD_pu =  𝟏𝟏𝟏𝟏𝟏𝟏.𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌

𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌
  

 
MVALOAD_pu = 0.895 p.u. on the generator base 

 
Undervoltage Element 
One level of undervoltage is set to trip with a pickup of 102.9 V (V27) and a time delay of 1 second.  
 
Calculate the undervoltage pickup (V27_pu) in per unit of secondary volts: 

 V27_pu =   𝐌𝐌𝟐𝟐𝟏𝟏
𝐌𝐌𝐬𝐬𝐬𝐬𝐬𝐬
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V27_pu =  𝟏𝟏𝟏𝟏𝟐𝟐.𝟗𝟗 𝐌𝐌

𝟏𝟏𝟏𝟏𝟏𝟏.𝟐𝟐𝟗𝟗 𝐌𝐌
  

 
V27_pu = 0.9 p.u. on the generator V.T. voltage base 
 

Calculate the generator load current (ILOAD_27) at the rated generator MW output with 0.95 lagging power factor for 
the generator terminal voltage at the relay undervoltage set point:  

 ILOAD_27 =  𝐌𝐌𝐌𝐌𝐌𝐌𝐋𝐋𝐑𝐑𝐌𝐌𝐋𝐋_𝐩𝐩𝐩𝐩 
𝐌𝐌𝟐𝟐𝟏𝟏_𝐩𝐩𝐩𝐩

∠𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏(𝐩𝐩𝐩𝐩𝐋𝐋𝐑𝐑𝐌𝐌𝐋𝐋) 

 
ILOAD_27 =  𝟏𝟏.𝟏𝟏𝟗𝟗𝟏𝟏

𝟏𝟏.𝟗𝟗
∠𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏(𝟏𝟏.𝟗𝟗𝟏𝟏) 

 
ILOAD_27 = 0.994∠-18.2° p.u. on the generator base 
 

Calculate the per unit voltage drop across the GSU (VDROP_27) at the rated generator MW output with a 0.95 lagging 
power factor: 

 VDROP_27 = ILOAD_27 *   𝐣𝐣 𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐆𝐆𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆 
 

VDROP_27 = (𝟏𝟏.𝟗𝟗𝟗𝟗𝟏𝟏∠ − 𝟏𝟏𝟏𝟏.𝟐𝟐°) *  (𝟏𝟏.𝟏𝟏𝟗𝟗𝟐𝟐𝟏𝟏∠𝟗𝟗𝟏𝟏°) 
 

VDROP_27 = 𝟏𝟏.𝟏𝟏𝟗𝟗𝟐𝟐∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏° p.u. on the generator base 
 
Calculate the per unit voltage at the POI (VPOI_27) for the rated generator MW output with 0.95 lagging power factor: 

 VPOI_27 = 𝐌𝐌𝟐𝟐𝟏𝟏_𝐩𝐩𝐩𝐩 - 𝐌𝐌𝐋𝐋𝐑𝐑𝐑𝐑𝐓𝐓_𝟐𝟐𝟏𝟏 
 

VPOI_27 = 𝟏𝟏.𝟗𝟗∠𝟏𝟏° - 𝟏𝟏.𝟏𝟏𝟗𝟗𝟐𝟐∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏° 
 

VPOI_27 = 𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠ − 𝟏𝟏.𝟏𝟏𝟗𝟗° p.u. on the generator base 

VPOI = 0.876PU@-5.69

VGEN = 0.90PU@0 VDROP = 0.092PU@71.81

IGEN = 0.994PU@-18.2

VDROP

V
G

EN

V
PO

I

VPOIVGEN

+ -
+

-

ZT +

-
 

Figure 2 
Project the voltage element setting (VPOI_27_SET) from the generator terminals to the POI, accounting for the voltage 
drop across the GSU: 

 VPOI_27_SET = |VPOI_27 | * RatioGEN_POI  
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 VPOI_27_SET = 0.876 * 1.040  
  
 VPOI_27_SET = 0.911 p.u. on the system base 
 
Plotting these results on the chart from Attachment 2 in Figure 3, it can be seen that this setting lies within the ‘No 
Trip’ zone and would not be compliant with PRC-024-2. 
 
 

 
Figure 3 
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Overvoltage Settings  
 
One level of overvoltage is set to trip with a pickup of 125.7 V (V59) and a time delay of 30 seconds. 
 
Calculate the overvoltage pickup in per unit (V59_pu): 

 V59_pu =   𝐌𝐌𝟏𝟏𝟗𝟗
𝐌𝐌𝐬𝐬𝐬𝐬𝐬𝐬

 

 
V59_pu =  𝟏𝟏𝟐𝟐𝟏𝟏.𝟏𝟏 𝐌𝐌

𝟏𝟏𝟏𝟏𝟏𝟏.𝟐𝟐𝟗𝟗 𝐌𝐌
  

 
V59_pu = 1.1 p.u. on the generator V.T. base 

 
Calculate the load current at rated MW output with 0.95 lagging power factor (ILOAD_59) for generator terminal 
voltage at the relay overvoltage set point: 

 ILOAD_59 =  𝐌𝐌𝐌𝐌𝐌𝐌𝐋𝐋𝐑𝐑𝐌𝐌𝐋𝐋_𝐩𝐩𝐩𝐩 
𝐌𝐌𝟏𝟏𝟗𝟗_𝐩𝐩𝐩𝐩

∠𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏(𝐩𝐩𝐩𝐩𝐋𝐋𝐑𝐑𝐌𝐌𝐋𝐋)  

 
ILOAD_59 =  𝟏𝟏.𝟏𝟏𝟗𝟗𝟏𝟏

𝟏𝟏.𝟏𝟏
∠𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏(𝟏𝟏.𝟗𝟗𝟏𝟏) 

ILOAD_59 = 0.813∠ −18.2° p.u. on the generator base 
 

Calculate the per unit voltage drop across the GSU at the rated generator MW output at a 0.95 lagging power factor 
(VDROP_59): 

 VDROP_59 =  𝐑𝐑𝐋𝐋𝐑𝐑𝐌𝐌𝐋𝐋_𝟏𝟏𝟗𝟗 *   𝐣𝐣 𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐆𝐆𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆 
 

VDROP_59 = (𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠ − 𝟏𝟏𝟏𝟏.𝟐𝟐°) *  (𝟏𝟏.𝟏𝟏𝟗𝟗𝟐𝟐𝟏𝟏∠𝟗𝟗𝟏𝟏°) 
 

VDROP_59 = 𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏° p.u. on the generator base 
 
 
 
Calculate the per unit voltage at the POI at rated MW output with 0.95 lagging power factor (VPOI_59): 

 VPOI_59 = 𝐌𝐌𝟏𝟏𝟗𝟗_𝐩𝐩𝐩𝐩 - 𝐌𝐌𝐋𝐋𝐑𝐑𝐑𝐑𝐓𝐓_𝟏𝟏𝟗𝟗 
 

VPOI_59 = 𝟏𝟏.𝟏𝟏∠𝟏𝟏°−  𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏°  
 

VPOI_59 = 𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗∠ − 𝟏𝟏.𝟏𝟏𝟏𝟏° p.u. on the generator base 
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VPOI = 1.079PU@-3.78

VGEN = 1.10PU@0 VDROP = 0.075PU@71.81

IGEN = 0.813PU@-18.2

 
Figure 4 

 
 
 
Project the voltage element setting (VPOI_59_SET) from the generator terminals to the POI, accounting for the voltage 
drop across the GSU: 

 VPOI_59_SET = |VPOI_59 | * RatioPOI_GEN  
 
 VPOI_59_SET = 1.079 * 1.040  
  
 VPOI_59_SET = 1.122 p.u. on the system base 
 
Plotting these results on the chart from Attachment 2 in Figure 5, it can be seen that this setting lies outside the ‘No 
Trip’ zone and would be compliant with PRC-024-2. 
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Figure 5 

 
 
Volts/Hertz Setting 
Assuming one level of definite-time volts per hertz (V/Hz) element set to trip the generator if the V/Hz ratio exceeds 
118% for 2 seconds. Using Eq. 11: 

 ILOAD_24D =   MVALOAD_pu 
V24_pu

∠cos−1(pfLOAD) 

  

ILOAD_24D =   0.895 
1.18

∠cos−1(0.95)  

 
ILOAD_24D =   0.758∠− 18.2° p.u on the generator base 
 

Calculate the voltage drop across the GSU: 

 VDROP_24D =  𝐑𝐑𝐋𝐋𝐑𝐑𝐌𝐌𝐋𝐋_𝟐𝟐𝟏𝟏𝐋𝐋 *   𝐣𝐣 𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐆𝐆𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆 
 

VDROP_24D = (𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠ − 𝟏𝟏𝟏𝟏.𝟐𝟐°) *  (𝟏𝟏.𝟏𝟏𝟗𝟗𝟐𝟐𝟏𝟏∠𝟗𝟗𝟏𝟏°) 
 

VDROP_24D = 𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏° p.u. on the generator base 
 
Calculate the generator voltage at the POI for the assumed load flow: 

 VPOI_24D = 𝐌𝐌𝟐𝟐𝟏𝟏_𝐩𝐩𝐩𝐩 - 𝐌𝐌𝐋𝐋𝐑𝐑𝐑𝐑𝐓𝐓_𝟐𝟐𝟏𝟏𝐋𝐋 
 

VPOI_24D = 𝟏𝟏.𝟏𝟏𝟏𝟏∠𝟏𝟏° −  𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏°  
 

VPOI_24D = 𝟏𝟏.𝟏𝟏𝟏𝟏∠ − 𝟏𝟏.𝟐𝟐𝟏𝟏° p.u. on the generator base 
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Project the voltage element from the generator terminals to the POI, including the voltage drop on the GSU: 

 VPOI_24D_SET = |VPOI_24D | * RatioGEN_POI  
 
 VPOI_24D_SET = 1.16 * 1.040  
  
 VPOI_24D_SET = 1.206 p.u. on the system base 
 
One level of inverse-time V/Hz element is set to trip for V/Hz ratio greater than 110% with a time-dial setting for 45 
seconds at 118% (TD = 3.27). Since the inverse-time curve requires multiple calculations, depending on the desired 
resolution of the curve to be produced, the calculations for the point on the curve that intersects with the definite 
time element (118%) will be shown and a table of results used to develop the rest of the curve in this example will 
be given. 
 
Calculate the load current at the rated MW output at 0.95 lagging power factor for the example point on the curve: 

 ILOAD_24IT =   MVALOAD_pu 
V24IT

∠cos−1(pfLOAD)  

  
ILOAD_24IT =   0.895 

1.18
∠cos−1(0.95)  

 
ILOAD_24IT =   0.758∠ − 18.2° p.u. on the generator base  

 
Calculate the per unit voltage drop from the generator terminals to the POI at assumed load flow: 

 VDROP_24IT =  𝐑𝐑𝐋𝐋𝐑𝐑𝐌𝐌𝐋𝐋_𝟐𝟐𝟏𝟏𝐑𝐑𝐓𝐓 *   𝐣𝐣 𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐆𝐆𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆 
 

VDROP_24IT = (𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠ − 𝟏𝟏𝟏𝟏.𝟐𝟐°) *  (𝟏𝟏.𝟏𝟏𝟗𝟗𝟐𝟐𝟏𝟏∠𝟗𝟗𝟏𝟏°) 
 

VDROP_24IT = 𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏° p.u. on the generator base 
 
Calculate the per unit voltage at the POI at assumed load flow: 

 VPOI_24IT = 𝐌𝐌𝟐𝟐𝟏𝟏𝐑𝐑𝐓𝐓 - 𝐌𝐌𝐋𝐋𝐑𝐑𝐑𝐑𝐓𝐓_𝟐𝟐𝟏𝟏𝐑𝐑𝐓𝐓 
 

VPOI_24IT = 𝟏𝟏.𝟏𝟏𝟏𝟏∠𝟏𝟏°−  𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏°  
 

VPOI_24IT = 𝟏𝟏.𝟏𝟏𝟏𝟏∠ − 𝟏𝟏.𝟐𝟐𝟏𝟏° p.u. on the generator base 
 
Project the inverse-time V/Hz element from the generator terminals to the POI accounting for the voltage drop across 
the GSU: 

 VPOI_24IT_SET = |VPOI_24IT | * RatioGEN_POI  
 
 VPOI_24IT_SET = 1.16 * 1.040  
  
 VPOI_24IT_SET = 1.206 p.u. on the system base 
 
Table 2 contains the results of Eq. 24-27 for the range of values for V24IT from 110% to 118% V/Hz ratios. Figure 6 
shows the results of the calculated voltage plot of the definite and inverse-time curves for the V/Hz settings on the 
graph from Attachment 2. 
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V24IT M24IT T24IT ILOAD_24IT VDROP_24IT VPOI_24IT VPOI_24IT_SET 

1.101 1.001 3600.0 0.813∠ − 18.2° 0.0748∠71.81° 1.080 1.123 
1.105 1.005 720.0 0.810∠ − 18.2° 0.0746∠71.81° 1.084 1.127 
1.11 1.009 360.0 0.806∠ − 18.2° 0.0742∠71.81° 1.089 1.132 
1.12 1.018 180.0 0.799∠ − 18.2° 0.0736∠71.81° 1.099 1.143 
1.13 1.027 120.0 0.792∠ − 18.2° 0.0729∠71.81° 1.109 1.153 
1.14 1.036 90.0 0.785∠ − 18.2° 0.0723∠71.81° 1.120 1.164 
1.15 1.045 72.0 0.778∠ − 18.2° 0.0716∠71.81° 1.130 1.174 
1.16 1.055 60.0 0.771∠ − 18.2° 0.0710∠71.81° 1.140 1.185 
1.17 1.064 51.4 0.765∠ − 18.2° 0.0704∠71.81° 1.150 1.196 
1.18 1.073 45.0 0.758∠ − 18.2° 0.0698∠71.81° 1.160 1.206 

 
Table 2 

 

 
Figure 6 

 
As an alternative to graphing the results to verify compliance, the results can be presented in a tabular form as shown 
below in Table 3: 
 

Undervoltage (27) Settings to be evaluated:    

  
27 Setting 

Pickup: 102.90 Vsec    

  
27 Time 
Delay: 1 sec    

        

VPOI 

Delay 
required 

(sec) Vgen (kV) 

PT 
ratio / 

1 
27 Pick Up 

PUPOI 

Op 
Time 
(sec) Result Notes 



Chapter 4: Example Calculations 
 

NERC | PRC-024-2 Implementation Guidance| October 2, 2017 
14 

0.900 3.00 14.25 140 0.911 1.00 
DOES NOT 
COMPLY Relay operate time is LESS than the required delay 

0.750 2.00 11.99 140 0.911 1.00 
DOES NOT 
COMPLY Relay operate time is LESS than the required delay 

0.650 0.30 10.47 140 0.911 1.00 COMPLY Relay operate time is greater than the required delay 
0.450 0.15 7.23 140 0.911 1.00 COMPLY Relay operate time is greater than the required delay 

        
        

Overvoltage (59) Settings to be evaluated:    

  
59 Setting 

Pickup: 125.70 Vsec    

  

59 Setting 
Time 

Delay: 30 sec    
        

VPOI 

Delay 
required 

(sec) Vgen (kV) 

PT 
ratio / 

1 
59 Pick Up 

PUPOI 

Op 
Time 
(sec) Result Notes 

1.100 1.00 17.28 140 1.122 NoOp COMPLY 
Applied voltage is below pickup of 59 element - No 
Operation 

1.150 0.50 18.04 140 1.122 30.00 COMPLY Relay operate time is greater than the required delay 
1.175 0.20 18.42 140 1.122 30.00 COMPLY Relay operate time is greater than the required delay 
1.200 0.00 18.81 140 1.122 30.00 COMPLY Relay operate time is greater than the required delay 

        
        

Overvoltage (24DT) Settings to be evaluated:    

  

24DT 
Setting 
Pickup: 134.86 Vsec 118% of generator nominal = 1.18 * 16000V / 140 = 134.86Vsec 

  

24DT 
Setting 
Time 

Delay: 2 sec    
        

VPOI 

Delay 
required 

(sec) Vgen (kV) 

PT 
ratio / 

1 
24D Pick Up 

PUPOI 

Op 
Time 
(sec) Result Notes 

1.100 1.00 17.28 140 1.206 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - No 
Operation 

1.150 0.50 18.04 140 1.206 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - No 
Operation 

1.175 0.20 18.42 140 1.206 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - No 
Operation 

1.200 0.00 18.81 140 1.206 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - No 
Operation 

        
        

Overvoltage (24IT) Settings to be evaluated:    

  

24IT 
Setting 
Pickup: 125.71 Vsec 110% of generator nominal = 1.10 * 16000V / 140 = 125.71Vsec 

  

24IT 
Setting 
Time 

Delay: 2 sec    
        

VPOI 

Delay 
required 

(sec) Vgen (kV) 

PT 
ratio / 

1 
24I Pick Up 

PUPOI 

Op 
Time 
(sec) Result Notes 

1.100 1.00 17.28 140 1.100 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - No 
Operation 

1.150 0.50 18.04 140 1.150 133.3 COMPLY Relay operate time is greater than the required delay 
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1.175 0.20 18.42 140 1.175 70.6 COMPLY Relay operate time is greater than the required delay 
1.200 0.00 18.81 140 1.200 48.6 COMPLY Relay operate time is greater than the required delay 

Table 3 

Example Calculations: PRC-025 Iterative Method 

 

 
This is an iterative method that has its basis in PRC-025-1, Option 1b. It begins with the per unit voltage at the POI 
and reflects it to the generator terminals. The voltage calculated at the generator terminals is used to evaluate 
operation of the generator protective voltage relays. 
 
Calculate Real Power output (MWGEN): 

 MWGEN = MVAGEN_BASE * p.f.GEN 

 
MWGEN = 176 MVA * 0.85 

 
MWGEN = 149.6 MVA 

 
Calculate Reactive Power Output (MVArGEN): 

 MVArGEN = MWGEN * tan (cos-1(p.f.LOAD)) 
 

MVArGEN = 149.6 MW * tan (18.2°) 
 

MVArGEN = 49.17 MVAr 
 
Convert the generator power output during system disturbance into per unit on the system base (MVAGEN_pu):  

 MVAGEN_pu = 𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆
𝐌𝐌𝐌𝐌𝐌𝐌𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

 + j 𝐌𝐌𝐌𝐌𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆
𝐌𝐌𝐌𝐌𝐌𝐌𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

 

 
MVAGEN_pu = 𝟏𝟏𝟏𝟏𝟗𝟗.𝟏𝟏 𝐌𝐌𝐌𝐌

𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌
 + j 𝟏𝟏𝟗𝟗.𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌𝐌𝐌

𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌
 

 
MVAGEN_pu = 1.496 p.u. + j 0.4917 p.u. on the system base 

 
Convert the GSU reactance into per unit on the system base (ZGSU_pu):   

 ZGSU_pu = ZGSU * �𝐌𝐌𝐌𝐌𝐌𝐌𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆
𝐌𝐌𝐌𝐌𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

� * � 𝐤𝐤𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐇𝐇𝐁𝐁
𝐤𝐤𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

�
𝟐𝟐

 

 

ZGSU_pu = 10.12% * �𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌
𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌

� * �𝟏𝟏𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌
𝟏𝟏𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌

�
𝟐𝟐
 

 
ZGSU_pu = 0.0595 𝛀𝛀𝐩𝐩𝐩𝐩 on the system base 

 
Calculate kVLOW_BASE to account for the difference between kVSYS_BASE and kVGSU_TAP: 

 (32) kVLOW_BASE = kVSYS_BASE * �𝐤𝐤𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆
𝐤𝐤𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐓𝐓𝐌𝐌𝐓𝐓

� 

 
kVLOW_BASE = 138 kV * � 𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌

𝟏𝟏𝟏𝟏𝟏𝟏.𝟏𝟏 𝐤𝐤𝐌𝐌
� 
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kVLOW_BASE = 15.39 kV 

Calculations for Undervoltage Values  
Using the formulas below, calculate the generator voltage (kVLOW_pu) for each high-side voltage (kVPOI pu) from the 
Voltage Ride-through Time Duration Curve in Attachment 2. 
 
Set the initial value of kVLOW_pu to 0.9 p.u. and repeat calculations until kVLOW_pu converges with a difference of less 
than 1% between iterations: 

 𝛉𝛉𝐋𝐋𝐌𝐌 = 𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏 � 𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆∗|𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐩𝐩𝐩𝐩|
|𝐤𝐤𝐌𝐌𝐋𝐋𝐑𝐑𝐌𝐌 𝐩𝐩𝐩𝐩|∗|𝐤𝐤𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑 𝐩𝐩𝐩𝐩|

� 

 

 |kVLOW pu| = 
|𝐤𝐤𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑 𝐩𝐩𝐩𝐩|∗𝐬𝐬𝐑𝐑𝐬𝐬 (𝛉𝛉𝐋𝐋𝐌𝐌𝐱𝐱)± �|𝐤𝐤𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑 𝐩𝐩𝐩𝐩|𝟐𝟐∗ 𝐬𝐬𝐑𝐑𝐬𝐬𝟐𝟐�𝚯𝚯𝐋𝐋𝐌𝐌_𝐱𝐱�+𝟏𝟏∗ 𝐌𝐌𝐌𝐌𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆 𝐩𝐩𝐩𝐩∗𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐩𝐩𝐩𝐩 

𝟐𝟐
 

 

 %Δx-y =  
kVLOW_pu_x− kVLOW_pu_y

VLOW_pu_y
  

 
Using Eq. 33-35 with kVLOW pu_1 = 0.9, calculate iteratively until %Δ < 1.0%: 
 

 𝛉𝛉𝐋𝐋𝐌𝐌_𝟏𝟏 = 𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏 � 𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆∗|𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐩𝐩𝐩𝐩|
|𝐤𝐤𝐌𝐌𝐥𝐥𝐑𝐑𝐥𝐥 𝐩𝐩𝐩𝐩_𝟏𝟏|∗|𝐤𝐤𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑 𝐩𝐩𝐩𝐩|

� 

 

 𝛉𝛉𝐋𝐋𝐌𝐌_𝟏𝟏 = 𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏 �𝟏𝟏.𝟏𝟏𝟗𝟗𝟏𝟏∗𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏
𝟏𝟏.𝟗𝟗∗𝟏𝟏.𝟗𝟗

� 
 

 𝛉𝛉𝐋𝐋𝐌𝐌_𝟏𝟏 = 6.312° 
 

 |kVLOW pu_2| = 
|𝐤𝐤𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑 𝐩𝐩𝐩𝐩|∗𝐬𝐬𝐑𝐑𝐬𝐬(𝛉𝛉𝐋𝐋𝐌𝐌𝟏𝟏)± �|𝐤𝐤𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑 𝐩𝐩𝐩𝐩|𝟐𝟐∗ 𝐬𝐬𝐑𝐑𝐬𝐬𝟐𝟐�𝚯𝚯𝐋𝐋𝐌𝐌_𝟏𝟏�+𝟏𝟏∗ 𝐌𝐌𝐌𝐌𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆 𝐩𝐩𝐩𝐩∗𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐩𝐩𝐩𝐩 

𝟐𝟐
 

 

 |kVLOW pu_2| = 𝟏𝟏.𝟗𝟗 ∗𝐬𝐬𝐑𝐑𝐬𝐬 (𝟏𝟏.𝟏𝟏𝟏𝟏𝟐𝟐)± �(𝟏𝟏.𝟗𝟗)𝟐𝟐∗ 𝐬𝐬𝐑𝐑𝐬𝐬𝟐𝟐(𝟏𝟏.𝟏𝟏𝟏𝟏𝟐𝟐)+𝟏𝟏∗ 𝟏𝟏.𝟏𝟏𝟗𝟗𝟏𝟏𝟏𝟏∗𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏 
𝟐𝟐

 
 

 |kVLOW pu_2| = 0.926 Vpu   

 

 

The result of the quadratic equation yields a positive and negative result with the negative value being ignored. 
 
Check value of kVLOW_pu for convergence:   
 

 %Δ1-2 =  
kVLOW pu 1− kVLOW pu 2

VLow pu 2
 

 

 %Δ1-2 =  0.926 −0.9
0..9

   
 

 %Δ1-2 = 2.9% 
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Since %Δ is greater than 1%, substitute 0.926 kVpu for kVLOW pu_3 in the next iteration: 
 

 𝛉𝛉𝐋𝐋𝐌𝐌_𝟐𝟐 = 𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏 � 𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆∗|𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐩𝐩𝐩𝐩|
|𝐤𝐤𝐌𝐌𝐥𝐥𝐑𝐑𝐥𝐥 𝐩𝐩𝐩𝐩_𝟐𝟐|∗|𝐤𝐤𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑 𝐩𝐩𝐩𝐩|

� 

 

 𝛉𝛉𝐋𝐋𝐌𝐌_𝟐𝟐 = 𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏 �𝟏𝟏.𝟏𝟏𝟗𝟗𝟏𝟏∗𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏
𝟏𝟏.𝟗𝟗𝟐𝟐𝟏𝟏∗𝟏𝟏.𝟗𝟗

� 
 

 𝛉𝛉𝐋𝐋𝐌𝐌_𝟐𝟐 = 6.13° 
 

 |kVLOW pu_3| = 
|𝐤𝐤𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑 𝐩𝐩𝐩𝐩|∗𝐬𝐬𝐑𝐑𝐬𝐬(𝛉𝛉𝑳𝑳𝑳𝑳_𝟐𝟐)± �|𝐤𝐤𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑 𝐩𝐩𝐩𝐩|𝟐𝟐∗ 𝐬𝐬𝐑𝐑𝐬𝐬𝟐𝟐�𝚯𝚯𝐋𝐋𝐌𝐌_𝟐𝟐�+𝟏𝟏∗ 𝐌𝐌𝐌𝐌𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆 𝐩𝐩𝐩𝐩∗𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐩𝐩𝐩𝐩 

𝟐𝟐
 

 

 |kVLOW pu_3| = 𝟏𝟏.𝟗𝟗 ∗𝐬𝐬𝐑𝐑𝐬𝐬 (𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏)± �(𝟏𝟏.𝟗𝟗)𝟐𝟐∗ 𝐬𝐬𝐑𝐑𝐬𝐬𝟐𝟐(𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏)+𝟏𝟏∗ 𝟏𝟏.𝟏𝟏𝟗𝟗𝟏𝟏𝟏𝟏∗𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏 
𝟐𝟐

 
 

 |kVLOW pu_3| = 0.926 Vpu 
 

 𝛉𝛉𝐋𝐋𝐌𝐌_𝟏𝟏 = 𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏 � 𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆∗|𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐩𝐩𝐩𝐩|
|𝐤𝐤𝐌𝐌𝐥𝐥𝐑𝐑𝐥𝐥 𝐩𝐩𝐩𝐩_𝟏𝟏|∗|𝐤𝐤𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑 𝐩𝐩𝐩𝐩|

� 

 

 𝛉𝛉𝐋𝐋𝐌𝐌_𝟏𝟏 = 𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏 �𝟏𝟏.𝟏𝟏𝟗𝟗𝟏𝟏∗𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏
𝟏𝟏.𝟗𝟗𝟐𝟐𝟏𝟏∗𝟏𝟏.𝟗𝟗

� 
 

 𝛉𝛉𝐋𝐋𝐌𝐌_𝟏𝟏 = 6.131° 
 
Check value of kVLOW_pu for convergence: 
 

 %Δ2-3 =  
Vlow pu 2− Vlow pu 3

Vlow pu 3
 

 

 %Δ2-3 =  0.926 −0.926
0.926

 
 

 %Δ2-3 = 0% 
 

  %Δ is less than 1% so iteration is complete. Convert kVLOW pu to generator voltage base: 
 

 kVGEN_0.9pu = kVLOW pu_3 * kVLOW_BASE 
 

 kVGEN_0.9pu = 0.926 p.u. * 15.39 kV 
 

 kVGEN_0.9pu = 14.25 kV 
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Table 4 contains the results for the calculations for each undervoltage step in Attachment 2: 
 

kVLOW_1 𝛉𝛉𝐋𝐋𝐌𝐌_𝟏𝟏 kVLOW_2 %Δ1-2 𝛉𝛉𝐋𝐋𝐌𝐌_𝟐𝟐 kVLOW_3 %Δ2-3 𝛉𝛉𝐋𝐋𝐌𝐌_𝟏𝟏 kVGEN 

0.90 6.132° 0.926 2.9% 6.133° 0.926 0% 6.131° 14.25 kV 
0.75 9.109° 0.778 3.7% 8.777° 0.779 0.08% 8.77° 11.99 kV 
0.65 12.168° 0.679 4.4% 11.649° 0.680 0.17% 11.629° 10.47 kV 
0.45 26.09° 0.467 3.7% 25.082° 0.470 0.6% 24.91° 7.23 kV 

Table 4 
 

Calculations for Overvoltage Values 
Repeat the calculations for each step of the overvoltage curve using Eq 33-35. Table 5 contains the results for the 
calculations for each overvoltage step in Attachment 2: 
 

kVLOW_1 𝛉𝛉𝐋𝐋𝐌𝐌_𝟏𝟏 kVLOW_2 %Δ1-2 𝛉𝛉𝐋𝐋𝐌𝐌_𝟐𝟐 kVLOW_3 %Δ2-3 𝛉𝛉𝐋𝐋𝐌𝐌_𝟏𝟏 kVGEN 

1.10 4.221° 1.123 2.1% 4.134° 1.123 0.01% 4.133° 17.28 kV 
1.15 3.861° 1.172 1.9% 3.787° 1.172 0.00% 3.787° 18.04 kV 
1.175 3.698° 1.197 1.9% 3.63° 1.197 0.00% 3.63° 18.42 kV 
1.20 3.546° 1.222 1.8% 3.483° 1.222 0.00% 3.483° 18.81 kV 

Table 5 
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Evaluate relay operations based on applied voltage from the generator VTs. The results of the evaluation are shown 
in Table 6 below: 
 

Undervoltage (27) Settings to be evaluated:    

  

27 
Setting 
Pickup: 102.90 Vsec    

  
27 Time 
Delay: 1 sec    

        

VPOI 

Delay 
required 

(sec) 
Vgen 
(kV) 

PT 
ratio / 

1 

Vsec 
applied 
to relay 

Op 
Time 
(sec) Result Notes 

0.900 3.00 14.25 140 101.79 1.00 
DOES NOT 
COMPLY 

Relay operate time is LESS than the required 
delay 

0.750 2.00 11.99 140 85.64 1.00 
DOES NOT 
COMPLY 

Relay operate time is LESS than the required 
delay 

0.650 0.30 10.47 140 74.79 1.00 COMPLY 
Relay operate time is greater than the required 
delay 

0.450 0.15 7.23 140 51.64 1.00 COMPLY 
Relay operate time is greater than the required 
delay 

        
        

Overvoltage (59) Settings to be evaluated:    

  

59 
Setting 
Pickup: 125.70 Vsec    

  

59 
Setting 
Time 

Delay: 30 sec    
        

VPOI 

Delay 
required 

(sec) 
Vgen 
(kV) 

PT 
ratio / 

1 

Vsec 
applied 
to relay 

Op 
Time 
(sec) Result Notes 

1.100 1.00 17.28 140 123.43 NoOp COMPLY 
Applied voltage is below pickup of 59 element - No 
Operation 

1.150 0.50 18.04 140 128.86 30.00 COMPLY 
Relay operate time is greater than the required 
delay 

1.175 0.20 18.42 140 131.57 30.00 COMPLY 
Relay operate time is greater than the required 
delay 

1.200 0.00 18.81 140 134.36 30.00 COMPLY 
Relay operate time is greater than the required 
delay 

        
        

Overvoltage (24DT) Settings to be evaluated:    

  

24DT 
Setting 
Pickup: 134.86 Vsec 118% of generator nominal = 1.18 * 16000V / 140 = 134.86Vsec 

  

24DT 
Setting 
Time 

Delay: 2 sec    
        

VPOI 

Delay 
required 

(sec) 
Vgen 
(kV) 

PT 
ratio / 

1 

Vsec 
applied 
to relay 

Op 
Time 
(sec) Result Notes 

1.100 1.00 17.28 140 123.43 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - 
No Operation 

1.150 0.50 18.04 140 128.86 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - 
No Operation 

1.175 0.20 18.42 140 131.57 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - 
No Operation 

1.200 0.00 18.81 140 134.36 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - 
No Operation 
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Overvoltage (24IT) Settings to be evaluated:    

  

24IT 
Setting 
Pickup: 125.71 Vsec 110% of generator nominal = 1.10 * 16000V / 140 = 125.71Vsec 

  

24IT 
Setting 
Time 

Delay: 2 sec    
        

VPOI 

Delay 
required 

(sec) 
Vgen 
(kV) 

PT 
ratio / 

1 

Vsec 
applied 
to relay 

Op Time 
(sec) Result Notes 

1.100 1.00 17.28 140 123.43 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - 
No Operation 

1.150 0.50 18.04 140 128.86 130.8 COMPLY 
Relay operate time is greater than the required 
delay 

1.175 0.20 18.42 140 131.57 70.19 COMPLY 
Relay operate time is greater than the required 
delay 

1.200 0.00 18.81 140 134.36 47.56 COMPLY 
Relay operate time is greater than the required 
delay 

Table 6 

 
  



Chapter 4: Example Calculations 
 

NERC | PRC-024-2 Implementation Guidance| October 2, 2017 
21 

Example Calculations: Simple Iteration Method 

 

 
This method starts by assuming a 0.95 lagging power factor at the POI. It then calculates the angular difference 
between the generator voltage and the POI voltage to account for the I2X losses of the GSU. The load-flow current 
angle at the POI is then adjusted by this voltage-drop angle to give the 0.95 power factor load flow out of the 
generator recommended in the standard. This simple iteration provides results with adequate accuracy. The 
calculations are done in per-unit on the power system base, then converted to the generator base using the ratio of 
the generator base to the power system base. The ratio of the GSU is considered using its actual no-load tap setting. 
One set of calculations is required for each of the eight voltage levels that define the voltage curve in Attachment 2 
of PRC-024. The generator relay set-point values are compared to the newly-constructed graph in relay secondary 
volts of Attachment 2 of PRC-024 to determine if the generator voltage relay settings are compliant. 
 
Calculate the generator real power output at rated MVA (MWGEN): 

 MWGEN = MVAGEN_BASE * p.f.GEN 
 

MWGEN = 176 MVA * 0.85 
 
MWGEN = 149.6 MW 

 
Convert the GSU transformer impedance from the GSU base to the power system base (ZGSU_SYS_BASE): 

 ZGSU_SYS_BASE = ZGSU * �𝐌𝐌𝐌𝐌𝐌𝐌𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆
𝐌𝐌𝐌𝐌𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

� * � 𝐤𝐤𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐇𝐇𝐁𝐁
𝐤𝐤𝐌𝐌𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

�
𝟐𝟐
 

 

 ZGSU_SYS_BASE = 10.12% * �𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌
𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌

� * �𝟏𝟏𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌
𝟏𝟏𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌

�
𝟐𝟐

 
 
 ZGSU_SYS_BASE = 5.95% on the system base 
 
Calculate the ratio of POI base voltage to generator base voltage (RatioPOI-GEN) using the actual high-side voltage tap 
selected on the GSU (kVGSU_TAP) to project the VPOI to the generator terminals, neglecting the load flow voltage drop 
on the GSU: 

 RatioSYS_GEN = 𝐤𝐤𝐌𝐌𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆
𝐤𝐤𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

 (39) GSURATIO = 𝐤𝐤𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐓𝐓𝐌𝐌𝐓𝐓
𝐤𝐤𝐌𝐌𝐆𝐆𝐁𝐁𝐆𝐆_𝐋𝐋𝐁𝐁

    (40)  Ratio POI-GEN = 𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐑𝐁𝐁𝐒𝐒𝐁𝐁_𝐆𝐆𝐆𝐆𝐆𝐆
𝐆𝐆𝐁𝐁𝐆𝐆𝐑𝐑𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑

 

 
 RatioSYS_GEN = 𝟏𝟏𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌

𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌
   GSURATIO = 𝟏𝟏𝟏𝟏𝟏𝟏.𝟏𝟏 𝐤𝐤𝐌𝐌

𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌
     RatioPOI-GEN = 𝟏𝟏.𝟏𝟏𝟐𝟐𝟏𝟏

𝟏𝟏.𝟗𝟗𝟏𝟏𝟏𝟏
 

 
 RatioSYS_GEN = 8.625   GSURATIO = 8.967     RatioPOI-GEN = 0.962 
 
Verify the power system to generator base conversion and convert the system base voltage (POI) at the low-side of 
the GSU in per unit to the voltage at the generator at the actual voltage tap selected on the GSU (neglecting load 
flow voltage drop):   

 kVGEN_PU = 
�
𝐤𝐤𝐌𝐌𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆
𝐆𝐆𝐁𝐁𝐆𝐆𝐑𝐑𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑

�

𝐤𝐤𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆
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 kVGEN_PU = 
�𝟏𝟏𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌
𝟏𝟏.𝟗𝟗𝟏𝟏𝟏𝟏 �

𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌
 

 
 kVGEN_PU = 0.962 p.u.  1 p.u. at the POI equals 0.962 p.u. at the generator terminals 
 
Load Flow Assumptions for Steady-state Voltage Drop Calculations 

As per the Voltage Ride-Through guidance provided in PRC-024, the voltage protective relay settings are evaluated 
using the following load conditions: 

 The generator is operating at full nameplate real-power output. 

 The load power factor (p.f.LOAD) is 0.95, as measured at the generator terminals: 

• 0.95 lagging (supplying VArs into the system) for evaluation of the undervoltage elements, as 
prescribed in PRC-024, as most likely loading condition when the system voltage is low. 

• 0.95 lagging (supplying VArs into the system) for evaluation of the overvoltage elements as the 
condition that would be the worst case for coordination between the overvoltage protective elements 
and the Voltage Ride-Through Time Duration Curve in Attachment 2 of PRC-024 

 
Calculate the generator apparent power at 0.95 load power factor (MVALOAD) using the value of MWGEN from Eq. 36: 
 

 MVAPOI_1 = 𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆
𝐩𝐩.𝐩𝐩.𝐋𝐋𝐑𝐑𝐌𝐌𝐋𝐋

 
 

 MVAPOI_1 = 
𝟏𝟏𝟏𝟏𝟗𝟗.𝟏𝟏 𝐌𝐌𝐌𝐌

𝟏𝟏.𝟗𝟗𝟏𝟏
 

 MVAPOI_1 = 157.5 MVA 

 
Convert to a per unit value on the system base: 

 MVAPOI_1_pu = 𝐌𝐌𝐌𝐌𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑_𝟏𝟏.𝟏𝟏
𝐌𝐌𝐌𝐌𝐌𝐌.𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

 
 

 MVAPOI_1_pu = 
𝟏𝟏𝟏𝟏𝟏𝟏.𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌
𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌

 

 MVAPOI_1_pu = 1.575 p.u. on the system base 

 

1.2 p.u. voltage 
VPOI_1.2_pu = 𝟏𝟏.𝟐𝟐∠𝟏𝟏° p.u. 

Iteration 1: 
Calculate the load flow current in per unit assuming rated MW output at 0.95 lagging power factor:  

 ILOAD_1.2-1 =  𝐌𝐌𝐌𝐌𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑_𝟏𝟏_𝐩𝐩𝐩𝐩 
𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑_𝟏𝟏.𝟐𝟐_𝐩𝐩𝐩𝐩

∠𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏(𝐩𝐩𝐩𝐩𝐋𝐋𝐑𝐑𝐌𝐌𝐋𝐋)  

ILOAD_1.2-1 =  𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏 
𝟏𝟏.𝟐𝟐

∠𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏(𝟏𝟏.𝟗𝟗𝟏𝟏)  
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ILOAD_1.2-1 =  𝟏𝟏. 𝟏𝟏𝟏𝟏𝟐𝟐∠ − 𝟏𝟏𝟏𝟏. 𝟐𝟐° p.u. on the generator base 

Calculate the per unit voltage drop from the POI to the generator terminals at the assumed load flow: 

 VDROP_1.2-1 = ILOAD_1.2-1 *   𝐣𝐣 𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆 
 

VDROP_1.2-1 = (𝟏𝟏.𝟏𝟏𝟏𝟏𝟐𝟐∠ − 𝟏𝟏𝟏𝟏.𝟐𝟐°) *  (𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏∠𝟗𝟗𝟏𝟏°) 
 

VDROP_1.2-1 =  𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠𝟏𝟏𝟏𝟏.𝟏𝟏° p.u. on the generator base 
 

Calculate the per unit voltage drop at the generator terminals at the assumed load flow: 

 VGEN_1.2-1 = VPOI_1.2_pu + VDROP_1.2-1 

 VGEN_1.2-1 = (𝟏𝟏.𝟐𝟐∠𝟏𝟏°) +  (𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠𝟏𝟏𝟏𝟏.𝟏𝟏°) 

 VGEN_1.2-1 = 𝟏𝟏.𝟐𝟐𝟐𝟐𝟏𝟏∠𝟏𝟏.𝟏𝟏𝟏𝟏° p.u. on the generator base 

  



Chapter 4: Example Calculations 
 

NERC | PRC-024-2 Implementation Guidance| October 2, 2017 
24 

Calculate the power factor at the generator for 0.95 at the POI: 

 p.f.1.2-1 = cos (∠VGEN_1.2-1 - ∠ILOAD_1.2-1) 
 p.f.1.2-1 = cos(𝟏𝟏.𝟏𝟏𝟏𝟏° + 𝟏𝟏𝟏𝟏.𝟐𝟐°) 

 p.f.1.2-1 = 0.929 

 

The calculated values and their vector relationships are shown in Figure 7 below. 

 

Figure 7 

 

Rotate the load-flow current by the difference of power factor angle between the POI and the generator calculated 
in the first iteration to obtain the desired generator power factor angle for the next iteration. 
 
Iteration 2: 

 MVA1.2-2 = 𝐌𝐌𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆
𝐩𝐩.𝐩𝐩.𝟏𝟏.𝟐𝟐−𝟏𝟏

 
 

 MVA1.2-2 = 
𝟏𝟏𝟏𝟏𝟗𝟗.𝟏𝟏 𝐌𝐌𝐌𝐌
𝟏𝟏.𝟗𝟗𝟐𝟐𝟗𝟗

 

 

 MVA1.2-2 = 161.0 MVA 

 MVA1.2-2_pu = 𝐌𝐌𝐌𝐌𝐌𝐌𝟏𝟏.𝟐𝟐−𝟐𝟐
𝐌𝐌𝐌𝐌𝐌𝐌.𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆

 
 

 MVA1.2-2_pu = 
𝟏𝟏𝟏𝟏𝟏𝟏.𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌
𝟏𝟏𝟏𝟏𝟏𝟏 𝐌𝐌𝐌𝐌𝐌𝐌

 

 

 MVA1.2-2_pu = 1.61 p.u. on the system base 
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Calculate the load flow current in per unit assuming rated MW output at the power factor calculated in the first 
iteration:   

 ILOAD_1.2-2 =  𝐌𝐌𝐌𝐌𝐌𝐌𝟏𝟏.𝟐𝟐−𝟐𝟐_𝐩𝐩𝐩𝐩 
𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑_𝟏𝟏.𝟐𝟐_𝐩𝐩𝐩𝐩

∠�𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏(𝐩𝐩𝐩𝐩𝐋𝐋𝐑𝐑𝐌𝐌𝐋𝐋) +  ∠𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆𝟏𝟏.𝟐𝟐−𝟏𝟏�  

ILOAD_1.2-2 =  𝟏𝟏.𝟏𝟏𝟏𝟏 
𝟏𝟏.𝟐𝟐

∠[𝐬𝐬𝐑𝐑𝐬𝐬−𝟏𝟏(𝟏𝟏.𝟗𝟗𝟏𝟏) +  𝟏𝟏.𝟏𝟏𝟏𝟏°]  

ILOAD_1.2-2 =  𝟏𝟏. 𝟏𝟏𝟏𝟏𝟏𝟏∠ − 𝟏𝟏𝟏𝟏. 𝟏𝟏𝟏𝟏° p.u. on the generator base 

 

Calculate the per unit voltage drop from the POI to the generator terminals at the assumed load flow: 

 VDROP_1.2-2 = ILOAD_1.2-2 *   𝐣𝐣 𝐙𝐙𝐆𝐆𝐁𝐁𝐆𝐆_𝐁𝐁𝐒𝐒𝐁𝐁_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆 
 

VDROP_1.2-2 = (𝟏𝟏.𝟏𝟏𝟏𝟏𝟐𝟐∠ − 𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏°) *  (𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗𝟏𝟏∠𝟗𝟗𝟏𝟏°) 
 

VDROP_1.2-2 =  𝟏𝟏.𝟏𝟏𝟏𝟏∠𝟏𝟏𝟏𝟏.𝟐𝟐𝟏𝟏° p.u. on the generator base 
 

Calculate the per unit voltage drop at the generator terminals at the assumed load flow: 

 VGEN_1.2-2 = VPOI_1.2_pu + VDROP_1.2-2 

 VGEN_1.2-2 = (𝟏𝟏.𝟐𝟐∠𝟏𝟏°) +  (𝟏𝟏.𝟏𝟏𝟏𝟏∠𝟏𝟏𝟏𝟏.𝟐𝟐𝟏𝟏°) 

 VGEN_1.2-2 = 𝟏𝟏.𝟐𝟐𝟐𝟐𝟏𝟏∠𝟏𝟏.𝟏𝟏𝟐𝟐° p.u. on the generator base 
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Calculate the power factor at the generator to confirm the simple iteration gives 0.95 at the generator: 

 p.f.1.2-2 = cos (∠VGEN_1.2-2 - ∠ILOAD_1.2-2) 
 p.f.1.2-2 = cos(𝟏𝟏.𝟏𝟏𝟐𝟐° + 𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏°) 

 p.f.1.2-2 = 0.949 

The calculated values and their vector relationships for the second iteration are shown in Figure 8 below. 

 

 
Figure 8 

 
 

Convert the voltage ride-through value to the generator VT secondary voltage seen by the relay: 

 VGEN_1.2_SEC = 𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆_𝟏𝟏.𝟐𝟐.𝟐𝟐∗𝐑𝐑𝐌𝐌𝐓𝐓𝐑𝐑𝐑𝐑𝐓𝐓𝐑𝐑𝐑𝐑_𝐆𝐆𝐆𝐆𝐆𝐆∗𝐤𝐤𝐌𝐌𝐆𝐆𝐆𝐆𝐆𝐆_𝐁𝐁𝐌𝐌𝐁𝐁𝐆𝐆
𝐌𝐌𝐓𝐓𝐑𝐑𝐆𝐆𝐆𝐆𝐆𝐆

 

VGEN_1.2_SEC = 𝟏𝟏.𝟐𝟐𝟐𝟐𝟏𝟏∗𝟏𝟏.𝟗𝟗𝟏𝟏𝟐𝟐∗𝟏𝟏𝟏𝟏 𝐤𝐤𝐌𝐌
𝟏𝟏𝟏𝟏𝟏𝟏

 

VGEN_1.2_SEC = 134.42 V 
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Repeat Equations 44-54 for each voltage level from the graph in Attachment 2. The results for each equation at each 
voltage are in Table 7: 
 

VPOI 

(p.u.) 

Iteration MVAPOI_pu 

(p.u.) 

ILOAD 

(p.u.) 

VDROP 

(p.u.) 

VGEN 

(p.u.) 

p.f.2 VGEN_SEC 

(V) 

1.2 1 1.575 𝟏𝟏.𝟏𝟏𝟏𝟏𝟐𝟐∠-18.2° 0.078∠71.8° 𝟏𝟏.𝟐𝟐𝟐𝟐𝟏𝟏∠3.47° 0.929  

1.2 2 1.610 1.341∠-14.73° 0.08∠𝟏𝟏𝟏𝟏.2𝟏𝟏° 1.223∠𝟏𝟏.𝟏𝟏2° 0.949 134.42 

1.175 1 1.575 𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠-18.2° 0.08∠71.8° 𝟏𝟏.𝟐𝟐𝟏𝟏𝟐𝟐∠3.61° 0.928  

1.175 2 1.611 1.371∠-14.58° 0.082∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟐𝟐° 1.198∠𝟏𝟏.𝟏𝟏𝟏𝟏° 0.949 131.71 

1.15 1 1.575 𝟏𝟏.𝟏𝟏𝟏𝟏𝟗𝟗∠-18.2° 0.082∠71.8° 𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠3.77° 0.927  

1.15 2 1.613 1.403∠-14.43° 0.084∠𝟏𝟏𝟏𝟏.5𝟏𝟏° 1.174∠𝟏𝟏.𝟗𝟗𝟏𝟏° 0.949 129.01 

1.1 1 1.575 𝟏𝟏.𝟏𝟏𝟏𝟏𝟐𝟐∠-18.2° 0.085∠71.8° 𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠4.11° 0.925  

1.1 2 1.617 1.470∠-14.08° 0.088∠𝟏𝟏𝟏𝟏.92° 1.125∠𝟏𝟏.𝟏𝟏𝟏𝟏° 0.949 123.62 

0.9 1 1.575 𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠-18.2° 0.104∠71.8° 𝟏𝟏.𝟗𝟗𝟏𝟏𝟏𝟏∠6.06° 0.912  

0.9 2 1.641 1.823∠-12.14° 0.109∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏° 0.929∠𝟏𝟏.𝟏𝟏𝟏𝟏° 0.947 102.11 

0.75 1 1.575 𝟐𝟐.𝟏𝟏𝟏𝟏𝟏𝟏∠-18.2° 0.125∠71.8° 𝟏𝟏.𝟏𝟏𝟗𝟗𝟏𝟏∠𝟏𝟏.𝟏𝟏𝟏𝟏° 0.893  

0.75 2 1.675 2.234∠-9.64° 0.133∠𝟏𝟏𝟏𝟏.𝟏𝟏𝟏𝟏° 0.783∠𝟗𝟗.𝟏𝟏𝟏𝟏° 0.944 86.11 

0.65 1 1.575 𝟐𝟐.𝟏𝟏𝟐𝟐𝟏𝟏∠-18.2° 0.144∠71.8° 𝟏𝟏.𝟏𝟏𝟏𝟏𝟏𝟏∠𝟏𝟏𝟏𝟏.15° 0.872  

0.65 2 1.716 2.640∠-7.04° 0.157∠𝟏𝟏𝟐𝟐.𝟗𝟗𝟏𝟏° 0.687∠𝟏𝟏𝟏𝟏.𝟏𝟏2° 0.939 75.55 

0.45 1 1.575 𝟏𝟏.𝟏𝟏𝟗𝟗𝟗𝟗∠-18.2° 0.208∠71.8° 𝟏𝟏.𝟏𝟏𝟏𝟏𝟐𝟐∠21.02° 0.775  

0.45 2 1.931 4.291∠2.82° 0.255∠𝟗𝟗𝟐𝟐.𝟏𝟏𝟐𝟐° 0.506∠𝟏𝟏𝟏𝟏.25° 0.888 55.67 

Table 7 
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Evaluate relay operations based on applied voltage from the generator VTs (VGEN_SEC) from Table 7. The results of the 
evaluation are shown in Table 8 below: 
 

Undervoltage (27) Settings to be evaluated:  

  

27 
Setting 
Pickup: 102.90 Vsec  

  
27 Time 
Delay: 1 sec  

      

VPOI 

Delay 
required 

(sec) 

Vsec 
applied 
to relay 

Op 
Time 
(sec) Result Notes 

0.900 3.00 102.11 1.00 
DOES NOT 
COMPLY Relay operate time is LESS than the required delay 

0.750 2.00 86.11 1.00 
DOES NOT 
COMPLY Relay operate time is LESS than the required delay 

0.650 0.30 75.55 1.00 COMPLY Relay operate time is greater than the required delay 
0.450 0.15 55.67 1.00 COMPLY Relay operate time is greater than the required delay 

      
      

Overvoltage (59) Settings to be evaluated:  

  

59 
Setting 
Pickup: 125.70 Vsec  

  

59 
Setting 
Time 

Delay: 30 sec  
      

VPOI 

Delay 
required 

(sec) 

Vsec 
applied 
to relay 

Op 
Time 
(sec) Result Notes 

1.100 1.00 123.62 NoOp COMPLY 
Applied voltage is below pickup of 59 element - No 
Operation 

1.150 0.50 129.01 30.00 COMPLY Relay operate time is greater than the required delay 
1.175 0.20 131.71 30.00 COMPLY Relay operate time is greater than the required delay 
1.200 0.00 134.42 30.00 COMPLY Relay operate time is greater than the required delay 

      
      

Overvoltage (24DT) Settings to be evaluated:  

  

24DT 
Setting 
Pickup: 134.86 Vsec 

118% of generator nominal = 1.18 * 16000V / 140 = 
134.86Vsec 

  

24DT 
Setting 
Time 

Delay: 2 sec  
      

VPOI 

Delay 
required 

(sec) 

Vsec 
applied 
to relay 

Op 
Time 
(sec) Result Notes 

1.100 1.00 123.62 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - No 
Operation 

1.150 0.50 129.01 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - No 
Operation 

1.175 0.20 131.71 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - No 
Operation 

1.200 0.00 134.42 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - No 
Operation 

      
      

Overvoltage (24IT) Settings to be evaluated:  
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24IT 
Setting 
Pickup: 125.71 Vsec 

110% of generator nominal = 1.10 * 16000V / 140 = 
125.71Vsec 

  

24IT 
Setting 
Time 

Delay: 2 sec  
      

VPOI 

Delay 
required 

(sec) 

Vsec 
applied 
to relay 

Op 
Time 
(sec) Result Notes 

1.100 1.00 123.62 NoOp COMPLY 
Applied voltage is below pickup of 24DT element - No 
Operation 

1.150 0.50 129.01 124.67 COMPLY Relay operate time is greater than the required delay 
1.175 0.20 131.71 68.57 COMPLY Relay operate time is greater than the required delay 
1.200 0.00 134.42 47.23 COMPLY Relay operate time is greater than the required delay 

Table 8 

 



Agenda Item 6a 
Planning Committee 
December 12, 2017 

 
MEITF White Papers: Proposed NERC Glossary Definitions and IROL Framework 

 
Action 
Endorse the white papers 

1. Proposed Modifications to NERC Glossary Definitions Related to IROLs 
2. Proposed IROL Framework for FAC Standards 

 
Background 
The establishment and communication of System Operating Limits (SOL) and Interconnection 
Reliability Operating Limits (IROLs) are addressed in NERC Reliability Standards FAC-010-3, FAC-
011-3, and FAC-014-2. These standards have remained essentially unchanged since their 
inception. A NERC Standards Drafting Team (SDT) was formed in 2015 (Project 2015-09) to 
revise the standards and address recommendations from a periodic review.  
 
In support of standards development, the NERC Standards Committee (SC) requested technical 
assistance from the NERC Operating Committee and Planning Committee to:  

1. Assess the impact that instabilities can have on BPS reliability 

2. Describe simulation methods for assessment of Instability, including appropriate methods 
for use in quantifying impact the Instability and available means for demonstrating impact 
containment 

3. Identify technically sound methodologies for use in establishing IROLs to address different 
types of instabilities 

4. Evaluate the reliability impacts, if any, resulting from use of different methods to establish 
IROLs across North America 

The white papers were developed by the joint MEITF to provide technical input to the SDT to 
support (1) revised definitions for inclusion in the NERC Glossary of Terms, and (2) an IROL 
framework of recommended changes to applicable NERC Reliability Standards. The white 
papers do not constitute changes to definitions or Reliability Standard requirements; rather 
they are inputs to assist the SDT in developing new or modified definitions and standards 
requirements using NERC’s Standards Development Process. The MEITF also is proposing a 
Reliability Guideline for PC and OC to authorize posting for stakeholder comment (Agenda Item 
4.c). Collectively these items respond to the SC request. 
 
The definitions white paper proposes a set of new and revised definitions with associated 
justification. The IROL Framework white paper contains the MEITF’s recommendations for 
modifications to the FAC standards that work cohesively with the proposed revisions to the 
NERC Glossary terms and the Reliability Guideline. These documents promote clarity and 
consistency across the industry while maintaining flexibility for system characteristics. The 
proposed framework presented in this document is the outcome of extensive discussions 
between industry, NERC Staff, and FERC Staff within the MEITF.  
 
Proposed motion language:  

http://www.nerc.com/pa/Stand/Pages/Project-2015-09-Establish-and-Communicate-System-Operating-Limits.aspx


1. I move for the NERC Planning Committee to endorse the white paper “Proposed 
Modifications to NERC Glossary Definitions Related to IROLs” as presented. 

2. I move for the NERC Planning Committee to endorse the white paper “Proposed IROL 
Framework for FAC Standards” as presented. 

 
Summary 
Leave Blank for meeting participant notes 



 
 

 

 
 
Proposed IROL Framework for FAC Standards  
NERC Methods for Establishing IROLs Task Force (MEITF) 
White Paper – December 2017 
 
Purpose 
The NERC Methods for Establishing IROLs Task Force (MEITF) was tasked by the NERC Planning and 
Operating Committees to assist Project 2015-09 Standard Drafting Team (SDT) by providing 
recommendations on the establishment of Interconnection Reliability Operating Limits (IROLs), and to 
propose a framework for establishing IROLs within the NERC Reliability Standards. In addition to this 
framework, the MEITF has also developed a proposed set of NERC Glossary definition revisions and 
additions that align with the proposed framework. A Reliability Guideline is also being developed to support 
the analytical methods for establishing IROLs and studying System Instability, Uncontrolled Separation, and 
Cascading.  
 
The MEITF is recommending modifications to the FAC standards (based on the framework presented here) 
that work cohesively with the proposed revisions to the NERC Glossary terms and the Reliability Guideline. 
These documents all serve as a foundation for developing a framework around establishing IROLs that 
provides clarity and consistency across the industry while maintaining flexibility for system characteristics. 
The proposed framework presented in this document is the outcome of extensive discussions between 
industry, NERC Staff, and FERC Staff within the MEITF. It provides a balance between the somewhat 
conflicting concepts of consistency and flexibility, and strikes a balance by allowing that flexibility yet 
ensuring a minimum and adequate level of reliability assurance. 
 
Background 
Establishing IROLs and operating to within these limits is a critical aspect of Reliable Operation of the bulk 
power system (BPS) because of the widespread impact and consequences of exceeding an IROL if the critical 
contingency were to occur. The establishment of IROLs is governed by the Facilities, Design, Maintenance, 
and Control (FAC) Standards, specifically, FAC-010, FAC-011, and FAC-014. These standards are currently 
being revised under NERC Project 2015-09 Establish and Communicate System Operating Limits; however, 
the IROL-related requirements in these standards are not being modified at this time. The decision was 
made by the SDT to maintain the existing language for the IROL-related requirements until the MEITF 
completed its work. Subsequent revisions to IROL-related requirements would then be addressed based on 
the documentation and recommendations provided by the MEITF. 
 
Many of the challenges associated with the establishment of IROLs stem from the subjective definitions 
used in the NERC Glossary of Terms, particularly around the definition of IROL. The definition of IROL 
references the words “instability, Cascading, and uncontrolled separation”. However, varying interpretation 
of these three terms has led to disparate application of the IROL definition. Inconsistent interpretation of 
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these terms leads to inconsistencies in the establishment of IROLs. One critical aspect of the MEITF efforts 
are recommended improvements to the NERC Glossary terms associated with the establishment of IROLs.  
 
These inconsistencies are exacerbated by the general manner in which the FAC standards address the 
establishment of IROLs. The current IROL-related requirements in FAC-011 and FAC-014 require the RC’s 
SOL Methodology to include: (1) a description of how to identify the subset of SOLs that qualify as IROLs, 
and (2) criteria for determining when violating a SOL qualifies as an IROL and criteria for developing any 
associated IROL TV. These requirements provide no framework for IROL establishment; consequently, the 
RC can establish IROLs based on their particular interpretation of these non-specific requirements and their 
particular interpretation and application of the non-specific components built in to the IROL term. The end 
result is significant inconsistency in the establishment of IROLs across the NERC Regions. 
 
Acceptable System Performance and IROL Designation 
First and foremost, one must understand that Operational Planning Assessments (OPAs) and Real-Time 
Assessments (RTAs) that assess for SOL exceedances (including the subset of SOLs that qualify as IROLs), 
ensure acceptable system performance by requiring these analyses to identify SOL exceedances. If an SOL 
exceedance is identified, IRO-008-2 R5 and TOP-001-4 R14 require actions including the implementation of 
an Operating Plan to “mitigate a SOL exceedance”. In addition to these requirements, more general 
requirements in IRO-001-4 R1 and TOP-001-4 R1 require the RC and TOP to “act to maintain the reliability” 
of their respective area to ensure acceptable system performance and operation within SOLs. These 
concepts, in addition to examples on the types of actions that would be included in an Operating Plan are 
included in the SOL whitepaper1. 
 
Acceptable system performance is generally handled through OPAs/RTAs and implementation of Operating 
Plans for SOL exceedances. However, certain SOLs are designated as IROLs due to the risk that exceeding 
these operating limits poses to the BPS. Designating an SOL as an IROL carries additional requirements for 
operations (IRO-009-2 and TOP-001-4 R12) and triggers additional requirements in other Reliability 
Standards (CIP, FAC-003-3, PRC-023-3). The IROL designation mandates that the “[RC] shall have one or 
more Operating Processes, Procedures, or Plans that identify actions the [RC] shall take or actions the [RC] 
shall direct others to take (up to and including load shedding)”. These actions should 1) “be implemented 
in time to prevent the identified IROL exceedance”, and 2) “mitigate the magnitude and duration of an IROL 
exceedance such that the IROL exceedance is relieved within the IROL’s Tv”. Actions must be taken to 
mitigate unacceptable risk on the BPS, and with IROLs, the operational flexibility offered in the Operating 
Plan for SOLs is reduced by mandating additional requirements to both prevent the IROL exceedance and 
define that actions should include “up to and including load shedding” pre-contingency.  
 
  

                                                      
1 The 2014-03 SDT developed a white paper titled “System Operating Limit Definition and Exceedance Clarification”, available here: 
http://www.nerc.com/pa/Stand/Prjct201403RvsnstoTOPandIROStndrds/2014_03_fifth_posting_white_paper_sol_exceedance_20150108_cl
ean.pdf. 

http://www.nerc.com/pa/Stand/Prjct201403RvsnstoTOPandIROStndrds/2014_03_fifth_posting_white_paper_sol_exceedance_20150108_clean.pdf
http://www.nerc.com/pa/Stand/Prjct201403RvsnstoTOPandIROStndrds/2014_03_fifth_posting_white_paper_sol_exceedance_20150108_clean.pdf
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Proposed IROL Framework 
The framework presented here is intended to provide recommendations for modifications to the FAC 
standards by the SDT related to the establishment of SOLs and IROLs, governed by the SOL Methodology. 
The FAC Standards describe the items that are required to be addressed in the SOL Methodology, and 
related requirements in FAC-014 require entities to establish SOLs and IROLs consistent with the SOL 
Methodology. Accordingly, the framework recommended by the MEITF for establishing IROLs aligns with 
this concept. The framework is intended to provide clarity as to the revisions without attempting to draft 
exact language for the revision of those requirements. The following framework is proposed: 
 
 
Each Reliability Coordination shall include in its SOL Methodology a description of how the subsets of SOLs 
that qualify as IROLs are established. This methodology should, at a minimum: 
 

1. Describe the analytical techniques used to study and determine Instability, System Instability, 
Uncontrolled Separation, and Cascading 

2. Require that IROLs are established to prevent System Instability  
3. Require that loss of load greater than 2000 MW caused by Instability, Uncontrolled Separation, or 

Cascading is unacceptable and warrants the establishment of an IROL 
4. Establish a risk assessment process for determining which SOLs should be considered IROLs to 

prevent an unacceptable loss of load between 300 MW and 2000 MW due to Instability, 
Uncontrolled Separation, or Cascading. This risk assessment process shall, at a minimum, include 
considerations for: 

a. Amount of pre-contingency load shedding necessary 
b. Resulting impacts to neighboring Reliability Coordinator Areas 
c. Nature of the load (e.g., economics, criticality, geographic region, etc.) at risk 
d. Restoration plans and estimated time to restore the affected load at risk 
e. Risk of contingencies more severe than single contingency events 

 
Technical Basis for the Proposed IROL Framework 
The MEITF developed the proposed framework based on extensive discussions, and provides the following 
technical rationales in support of the framework.  
 
Description of Analytical Techniques 
One of the notable differences between SOL Methodologies across RCs is the amount of transparency and 
clarity around how Instability, Uncontrolled Separation, and Cascading are analyzed determined. The SOL 
Methodology should clearly document the process and analytical methods associated with those 
phenomena. The MEITF believes that providing a description of the analytical techniques used to study 
System Instability, Uncontrolled Separation, and Cascading will help support consistency across RC 
footprints in the technical rigor and assessment of these risks. The Reliability Guideline: Methods for 
Establishing IROLs serves as a foundation and reference for RCs to use in developing their documentation 
of analytical methods.  
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Distinguishing System Instability 
Based on the definition of System Instability proposed by the MEITF, System Instability is not quantifiable 
and leads to an unknown amount of risk to the BPS. System Instability typically involves a severe Instability 
occurring across a large electrical area affecting a relatively large amount of load. Particularly since System 
Instability is not truly quantifiable and its containment cannot be effectively determined, the MEITF believes 
that this condition should be clearly listed in the SOL Methodology as unacceptable and an IROL should be 
established to mitigate these conditions from occurring. 
 
Unacceptable Instability, Uncontrolled Separation, or Cascading 
While System Instability is not acceptable due to its significant impact and inability to accurately quantify, 
other types of Instability, Uncontrolled Separation, or Cascading may be less of a concern to some degree. 
For example, loss of synchronism of one or multiple generators will likely have little to no impact on the 
BPS. Similarly, Cascading that is bounded to a load pocket serving relatively small amounts of load may also 
not be a significant risk to overall System Stability. Therefore, it is important to explicitly document in the 
SOL Methodology the process used to establish which types of Instability, Uncontrolled Separation, and 
Cascading may be allowable. That process should then be followed during the establishment of IROLs.  
 
Upper Size Threshold on Load Loss 
To determine a reasonable upper threshold of load loss for which an IROL should be established in all cases, 
the MEITF explored a number of different concepts. It was concluded that an upper load loss threshold for 
establishing IROLs is not solely based on a technical, engineering basis. Rather, it is a risk-based framework 
where RCs in coordination with the TOPs and many other stakeholders including state regulators, end-use 
customers, etc., set implicit “thresholds” on load loss that they would ever be willing to incur. Many of the 
MEITF RC representatives were able to establish a load loss quantity that would be simply deemed 
“unacceptable”. While that quantity varied between a range of approximately 1000-3000 MW, it was clear 
to the MEITF that some upper threshold of “unacceptability” in which an IROL should be established to 
protect against a significant loss of load, including pre-contingency load shedding. However, this is based 
on empirical knowledge and judgment in addition to technical engineering analysis. 
 
To understand how large load centers (e.g., metropolitan areas) would be protected by the upper load loss 
threshold when establishing IROLs, the MEITF used openly available data2 and rough engineering estimates 
of the annual peak demand in the sixty largest metropolitan areas in the United States. The demand 
estimates were based on RC knowledge of their respective area and/or based on average kW demand per 
meter, climate, and population density. Table 1 shows the results of this analysis.  
  

                                                      
2 https://en.wikipedia.org/wiki/List_of_primary_statistical_areas_of_the_United_States  

https://en.wikipedia.org/wiki/List_of_primary_statistical_areas_of_the_United_States
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Table 1: Population and Demand Estimates 

Ranking Metro Area Population 
(2014) 

# of Electric 
Meters 

Annual Peak 
Demand [MW] 

1 New York City    23,632,722    9,476,021      18,500  

2 Los Angeles    18,550,288   6,200,000      23,000  

3 Chicago    9,928,312   3,700,000      19,800  

4 Washington D.C.    9,546,579   3,500,000      26,600  

5 San Francisco    8,607,423   3,200,000      13,000  

6 Boston    8,099,575    2,656,117      16,000  

7 Dallas/Ft. Worth    7,352,613    2,273,266      20,000  

8 Philadelphia    7,164,790    2,214,108      11,400  

9 Miami    6,723,472    2,806,190      13,000  

10 Houston    6,686,318    2,393,966      18,000  

11 Atlanta    6,258,875   2,100,000      13,000  

12 Detroit    5,315,251   1,800,000      9,000  

13 Seattle    4,526,991    1,692,405      10,000  

14 Phoenix    4,489,109   1,400,000      14,000  

15 Minneapolis    3,835,050    1,250,000      8,000  

16 Cleveland    3,497,851    1,146,120      6,600  

17 Denver    3,345,261    1,180,193      8,500  

18 San Diego    3,263,431   1,200,000      4,900  

19 Portland    3,160,488    1,055,764      8,300  

20 Orlando    3,045,707     963,315      6,000  

21 Tampa    2,915,582    1,169,254      7,000  
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Table 1: Population and Demand Estimates 

Ranking Metro Area Population 
(2014) 

# of Electric 
Meters 

Annual Peak 
Demand [MW] 

22 St. Louis    2,910,738     780,753      5,200  

23 Pittsburgh    2,653,781    1,187,083      5,500  

24 Charlotte    2,537,990     660,059      4,500  

25 Sacramento    2,513,103     813,326      4,400  

26 Salt Lake City    2,423,912    780,000      5,400  

27 Kansas City    2,411,635     750,000      5,000  

28 Columbus    2,398,297    800,000      5,400  

29 Indianapolis    2,353,935     480,000      3,000  

30 San Antonio    2,328,652     786,000      6,000  

31 Las Vegas    2,315,324     910,615      7,400  

32 Cincinnati    2,208,450     588,467      3,600  

33 Raleigh-Durham    2,075,126     571,888      3,600  

34 Milwaukee    2,043,904     630,056      2,000  

35 Austin    1,943,299     710,000      4,000  

36 Nashville    1,912,819     540,000      3,000  

37 Virginia Beach    1,819,427     544,114      4,400  

38 Winston-Salem    1,630,368     499,123      3,200  

39 Jacksonville    1,543,297     467,679      3,400  

40 Louisville    1,498,593     393,627      2,500  

41 Hartford    1,487,971    450,000      2,500  

42 New Orleans    1,480,408     408,449      1,200  
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Table 1: Population and Demand Estimates 

Ranking Metro Area Population 
(2014) 

# of Electric 
Meters 

Annual Peak 
Demand [MW] 

43 Grand Rapids    1,421,374    400,000      2,000  

44 Greenville, SC    1,409,582    400,000      2,500  

45 Oklahoma City    1,408,578    400,000      3,000  

46 Memphis    1,370,129     421,000      3,300  

47 Birmingham    1,317,269    400,000      3,000  

48 Richmond    1,260,029     522,020      4,200  

49 Harrisburg    1,239,677     380,000      2,100  

50 Buffalo     1,214,960     357,368      2,000  

51 Rochester    1,177,439    350,000      2,000  

52 Albany    1,173,518     373,603      2,000  

53 Albuquerque    1,165,798    350,000      2,000  

54 Tulsa    1,139,468    350,000      2,200  

55 Fresno    1,120,522    350,000      1,700  

56 Knoxville    1,103,782    350,000      1,500  

57 Dayton    1,077,665    325,000      2,000  

58 Tucson    1,051,211     417,000      3,000  

59 El Paso    1,050,374    390,000      2,800  

60 Fort Myers    1,028,290    350,000      2,200  
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The MEITF analyzed the results collected in Table 1 and concluded that an upper load loss threshold of 2000 
MW is most suitable for load loss conditions in which an IROL should always be established.3 A 2000 MW 
threshold protects at least the top 40 large load centers and the majority of the rest of the top sixty 
metropolitan areas. Yet, it does not cause undue burden (unnecessary establishment of IROLs) that would 
occur with a lower threshold (e.g., 1000 MW). Most importantly, it creates a level of consistency across RC 
SOL Methodologies that is correlated to a diverse population of metro areas in the United States, is 
decoupled from RC/TOP area load sizes, and aligns with the ERO Event Analysis Category 3 levels.  
 
The MEITF had consensus that pre-contingency load shedding to protect the loss of load above this 
threshold would be acceptable based on today’s practices, and that the establishment of an IROL to ensure 
Reliable Operation is warranted. On the other hand, the MEITF also agreed that for load loss below this 
threshold, the decision to establish an IROL and possibly shed load pre-contingency should be based on a 
number of factors and a risk analysis (discussed in more detail below). 
 
Lower Threshold of 300 MW Load Loss  
Any Instability condition for which a quantifiable amount of load loss can be determined (i.e., not System 
Instability) poses a risk tolerance question to the RC as to how and when an IROL should be established. 
Some situations (generally very localized in nature) may arise where small amounts of load may be lost due 
to potential low probability Cascading or certain types of Instability. However, if those conditions are 
quantifiable and can be proved to be contained and studied ahead of time, it depends on the size of the 
potentially impacted load loss. 
 
The MEITF believes that a lower threshold for load loss should be established where IROLs do not need to 
be established. These are quantifiable Instability conditions (e.g., a local BES load bus collapses for a severe 
contingency under rare conditions) proven by study to be contained. It is not feasible or reasonable to 
establish this threshold based on comprehensive engineering studies or assessment of the North American 
BPS since each condition is highly unique and system/situation dependent. However, the MEITF reviewed 
various threshold levels and gained consensus that 300 MW is a reasonable lower threshold for which IROLs 
are not necessary.  
 
As justification for this threshold, the MEITF referenced the ERO Event Analysis Process (EAP). The EAP 
started with a Field Trial V1 (10/2010-5/2011) with Cat 2f defined as load shedding resulting in the loss of 
100 MW or more as a result of (1) manual load shedding, (2) UFLS, or (3) UVLS. Industry comments from 
the Field Trial V1 stated that the EAP categories were confusing and should be aligned with OE-417 and 
EOP-004-1 reporting thresholds to ease the burden of reporting events. Based on those comments, the 
NERC Event Analysis Subcommittee (EAS) changed the Cat 2f definition to “Unintended loss of 300 MW or 
more of firm load for more than 15 minutes.” in Field Trial V2 (5/2011-02/2012) to align with the OE-417 
and EOP-004-1 reporting requirements in effect at the time, as industry requested. The 300 MW threshold 
originated in the OE-417 report and was incorporated into EOP-004 from its first version onward. The Event 

                                                      
3 Note that the analysis was performed using peak load data. For off-peak conditions, the load loss could be slightly more widespread; 
however, the concept of an upper threshold to protect against these types of conditions still holds. The use of metropolitan areas served as a 
basis for justifying the upper load threshold; however, in actual operations and studies to establish IROLs, the RC will be considering the 
amount of load loss, not the metropolitan areas themselves. 
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Analysis Subcommittee (EAS) adopted the 300 MW threshold in an effort to mitigate confusion the industry 
was having. The EAS also felt that the 300 MW threshold could be adjusted if needed in future versions of 
the EAP based on event reporting data. Cat 2f has not been changed since.  
 
The MEITF believes that if events that result in loss of firm load less than 300 MW are not necessary to 
report per the EAP, then establishing an IROL is not necessary for these situations. To be clear, an SOL would 
always be established and all efforts to operate under this SOL would take place. However, the RC would 
not be obligated to shed load pre-contingency to mitigate an exceedance of this limit or to return to within 
the limit within the IROL Tv time (not to exceed 30 minutes). 
 
Risk Assessment between Upper and Lower Load Loss Thresholds 
As described above, an IROL must be established for a potential load loss above the upper threshold of 
2000 MW because the impact of this load loss size is significant (relative to the cost and impact of shedding 
load pre-contingency). On the other hand, an IROL should not be established for a potential load loss below 
the lower threshold of 300 MW because the impact to BPS reliability for a load loss this size is low enough 
not to warrant pre-contingency load shedding. Between these two threshold (300 MW and 2000 MW), the 
decision of whether to establish an IROL is based on RC judgment and a risk assessment. The risk considers 
the likelihood of occurrence of the critical contingency and the implications of shedding firm load to protect 
against that risk. If the risk assessment determines that an IROL is not warranted, then an Operating Plan 
would be developed that uses any and all possible tools to mitigate the conditions; however, it does not 
require pre-contingency load shedding.  
 
This risk assessment between the upper and lower load loss threshold balances having the IROL designation 
assigned to SOLs whose consequences create unacceptable risk to the BPS, and allows for RC flexibility while 
ensuring an adequate level of reliability. Properly assigning an IROL designation to SOLs that have 
unacceptable risk allows the RC to use the necessary tools and mechanisms available to distinguish 
criticality and prioritize implementation of Operating Plans, accordingly. 
 
The framework states that the risk assessment should include, at a minimum, the following items:  
 

a. Amount of pre-contingency load shedding necessary 
b. Resulting impacts to neighboring Reliability Coordinator Areas 
c. Nature of the load (e.g., economics, criticality, geographic region, etc.) at risk 
d. Restoration plans and estimated time to restore the affected load at risk 
e. Risk of contingencies more severe than single contingency events 

Each of these items are discussed in the following subsections. 

Amount of Pre-Contingency Load Shedding Consideration 
When an IROL is established, NERC Standard IRO-009-2 requires the system operator to take action up to 
and including pre-contingency load shedding to prevent exceeding the IROL more than Tv. Since any 
sustained exceedance of an IROL results in an assured shedding of load necessary to resolve the exceedance 
(regardless of whether the low likelihood contingency actually occurs), care should be taken to balance the 
risks to the BPS with the impacts of required load shedding pre-contingency. In operating scenarios where 
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there are local, contained Instability conditions, the severity and extent of the Instability may not pose a 
risk to overall BPS System Stability. In these cases, pre-contingency load shedding to prevent the Instability 
from occurring may not be warranted. These conditions may be managed by an Operating Plan that does 
not include the use of an IROL and does not include pre-contingency load shedding. However, it does 
include any and all other available operator actions to mitigate an SOL Exceedance. Accordingly, the 
prudency of pre-contingency load shedding to mitigate the potential risks to BPS reliability must be weighed 
by the RC in these situations.  
 
For example, an extended forced outage may result in a scenario where the next contingency would result 
in voltage Instability for a studied, contained load pocket. The RC considers establishing an IROL to prevent 
the Instability; however, the RC determines that beyond a certain loading level, the only way to prevent the 
Instability is to shed load pre-contingency (since no other mitigation options can alleviate the problem). The 
RC decides that the risk to BPS reliability is quantifiable, within a reasonable tolerance, and shedding load 
pre-contingency would not be good utility practice. For a numerical example, assume that shedding 200 
MW of load pre-Contingency would prevent the Instability of a total of 500 MW of load if the low probability 
contingency were to occur. This could be deemed by the RC as an excessive amount of pre-contingency 
load shedding to protect against the larger load loss. On the other hand, if the amount of pre-contingency 
load shedding to prevent Instability of 500 MW of load was, say, 20 MW, then the RC may decide that this 
is warranted and an IROL could be established. This is up to the RC and their risk assessment.  
 
Resulting Impacts to Neighbors 
When determining SOLs and IROLs, the RC should not solely assess the impact of contingencies within its 
Area, but should also consider any impact that may propagate to neighboring RCs. For example, a given 
contingency may not cause adverse impact or major load loss within a RC footprint but it could cause major 
changes in power flow dispatch or transient stability swings that could lead to System Instability, 
Uncontrolled Separation, or Cascading in the neighboring RC system. Such a scenario warrants the 
establishment of an IROL. 
 
Nature of Affected Load at Risk 
The type of load that would be lost due to Instability, Uncontrolled Separation, or Cascading should be 
considered by the RC to identify if any critical loads are included in the affected area. Examples may include 
armed forces facilities, national security buildings, governmental buildings, large data centers, and various 
other types of critical load. The RC may include these types of loads explicitly in their restoration plans or 
deem these loads particularly critical from a reliability and security standpoint, and could establish IROLs to 
protect against loss of these facilities due to their criticality.  
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Restoration Plans 
The complexity of restoration plans and the expected time to complete those plans should also be 
considered. Complexity of restoration plans is highly correlated with the topology and nature of the system 
under consideration. For any amount of load at risk of disconnecting, the actions required to successfully 
restore the affected portion of the system can vary widely based on a number of factors including the: 
 

• Availability of generation to aid system restoration (blackstart capability) 
• Number of TOPs involved and the level of required coordination between them 
• Existence of alternate restoration scenarios (partial restoration options, alternate paths) 
• Number of actions in the operating sequence and remote control capability  
• Extent of geographic subsystem and the personnel available for local intervention 
• Risk of equipment damage 

 
Risk Multiple Element Contingencies 
Whether an IROL may be established often depends on the contingencies considered in the evaluation of 
potential IROLs. For example, no risks of System instability, Cascading, or Uncontrolled Separation may be 
identified when only considering single contingencies but could exist for more severe multiple Element 
contingencies (e.g., breaker failure, relay failure, common structure, etc.). For establishing SOLs and IROLs, 
latitude is given to the RC to define these contingencies in the SOL Methodology. The RC can determine the 
likelihood that the contingency event could occur and ultimately exclude the multiple element contingency 
under any given situation. The risk assessment included in the SOL Methodology should clearly outline the 
process used for making these determinations of which multiple element contingencies are considered for 
establishing IROLs.  
 
 



 
 

 

 
Proposed Modifications to NERC Glossary 
Definitions Related to IROLs 
NERC Methods for Establishing IROLs Task Force (MEITF) 
White Paper – December 2017 
 
Purpose 
The Methods for Establishing IROLs Task Force (MEITF) was formed to support the efforts of the Project 2015-09 
Standard Drafting Team (SDT) related to the topics of Interconnection Reliability Operating Limits (IROLs). One of the 
critical areas of focus involved addressing inconsistencies or gaps with the existing definitions used in the NERC 
Glossary of Terms for the NERC Reliability Standards. This white paper proposes a set of revised definitions with 
associated justification or explanation of these updates to thoroughly explain why they were devised. The proposed 
changes align with the MEITF guidance for a proposed framework of establishing IROLs that should be considered in 
future revisions to the FAC Reliability Standards. It is recommended that the SDT that moves these definition forward 
use them as provided (with the exception of any minor grammatical errors). 
 
NOTE: As with any proposed changes to terms used in the NERC Glossary of Terms, a thorough review of the Reliability 
Standards that will be affected by the new changes to the definitions will need to be performed by the SDT. It is 
expected that revisions to standards requirements will need to be made to apply these updated definitions and add 
clarity to the requirements. The definitions proposed here serve as a foundation for these efforts. 
 
NOTE: The use of red text is provided here for highlighting changes between existing and proposed definitions, for 
emphasis and clarity only.  
 
Existing NERC Glossary Definitions 
The following approved NERC Glossary definitions are relevant to the proposed revisions and additions of NERC 
defined terms. 
 

Table 1: Existing NERC Glossary Definitions 

Continent-Wide 
Term 

FERC 
Approval 

Date 
Definition 

Reliable Operation 1/21/2016 
(7/1/2016 
Effective 

Date) 

Operating the elements of the bulk-power system (Bulk-Power System) 
within equipment and electric system thermal, voltage, and stability limits 
so that instability, uncontrolled separation, or cascading failures of such 
system will not occur as a result of a sudden disturbance, including a 
cybersecurity incident, or unanticipated failure of system elements. 
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Table 1: Existing NERC Glossary Definitions 

Continent-Wide 
Term 

FERC 
Approval 

Date 
Definition 

Element 7/1/2016 Any electrical device with terminals that may be connected to other 
electrical devices such as a generator, transformer, circuit breaker, bus 
section, or transmission line. An Element may be comprised of one or 
more components.  

System Operating 
Limit (SOL) 

1/21/2016 The value (such as MW, Mvar, amperes, frequency or volts) that 
satisfies the most limiting of the prescribing operating criteria for a 
specified system configuration to ensure operation within acceptable 
reliability criteria. System Operating Limits are based upon certain 
operating criteria. These include, but are not limited to: 
• Facility Ratings (applicable pre- and post-Contingency 

Equipment Ratings or Facility Ratings) 
• Transient stability ratings (applicable pre- and post-Contingency 

stability limits) 
• Voltage stability ratings (applicable pre- and post-Contingency 

voltage stability) 
• System voltage limits (applicable pre- and post-Contingency 

voltage limits) 

Adverse Reliability 
Impact 

3/16/2007 The impact of an event that results in frequency-related instability; 
unplanned tripping of load or generation; or uncontrolled separation or 
cascading outages that affects a widespread area of the Interconnection. 

Interconnection 
Reliability Operating 
Limit (IROL) 

12/27/2007 A System Operating Limit that, if violated, could lead to instability, 
uncontrolled separation, or Cascading outages that adversely impact 
the reliability of the Bulk Electric System. 

IROL Tv 12/27/2007 The maximum time that an Interconnection Reliability Operating Limit can 
be violated before the risk to the interconnection or other Reliability 
Coordinator Area(s) becomes greater than acceptable. Each 
Interconnection Reliability Operating Limit’s Tv shall be less than or equal 
to 30 minutes. 

Cascading 7/1/2016 The uncontrolled successive loss of System Elements triggered by an 
incident at any location. Cascading results in widespread electric service 
interruption that cannot be restrained from sequentially spreading beyond 
an area predetermined by studies. 

Stability 3/16/2007 The ability of an electric system 
 to maintain a state of equilibrium during normal and abnormal conditions 
or disturbances. 
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Proposed Updated Glossary Definitions by FAC Standard Drafting Team 
The Project 2015-09 FAC Standards Drafting Team (SDT) has proposed the following revised definitions to System 
Operating Limit (SOL), SOL Exceedance, and System Voltage Limits. These are not proposed by the MEITF, they are 
simply provided here for background and reference. 
 

Table 2: Proposed Updates to Glossary Definitions by FAC SDT 

Continent-Wide 
Term Definition 

System Operating 
Limits 

Facility Ratings, System Voltage Limits, and stability limits used in the operation of the 
BES. 

SOL Exceedance An operating condition or analysis result characterized by any of the following, as 
determined in Real-time monitoring, Real-time Assessments (RTA) or Operational 
Planning Analysis (OPA):  
 
The pre-Contingency state indicates any of the following: 
• Actual flow through a Facility is above the Facility’s Normal Rating  
• Actual bus voltage is outside normal System Voltage Limits 
• A stability limit established to prevent instability without a Contingency is exceeded 
• A stability limit established to prevent a Contingency from resulting in instability is 

exceeded 
 
The calculated post-Contingency state indicates any of the following: 
• Flow through a Facility is above the Facility’s highest Emergency Rating, or above a 

Facility Rating for which there is not sufficient time to reduce the flow to defined 
levels should the Contingency occur 

• Bus voltage is outside the highest or lowest emergency System Voltage Limit, or 
outside a System Voltage Limit for which there is not sufficient time to bring the bus 
voltage to defined levels should the Contingency occur 

• Monitored parameters indicate that a Contingency could result in instability 
 

System Voltage 
Limits 

The maximum and minimum steady-state voltage limits (both normal and emergency) 
that provide for acceptable System performance. 
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Revised Definitions Associated with IROLs 
The MEITF proposes the following NERC Glossary definition revisions and additions to provide clarity between 
interlinked definitions and how they are applied for NERC Reliability Standards requirements. The following 
subsections provide a description and justification for each revision to the definitions. 
 

Table 3: Revised Glossary Definitions Associated with IROLs 

Continent-Wide 
Term Definition 

Interconnection 
Reliability Operating 
Limit (IROL) 

A System Operating Limit that, if exceeded, could result in any of the following on the 
Bulk Electric System: (1) System Instability; or (2) an unacceptable* amount of load loss 
caused by Instability, Uncontrolled Separation, or Cascading. 
 
*unacceptable is defined in the SOL Methodology 
 

IROL Tv The maximum time that an Interconnection Reliability Operating Limit can be exceeded. 
Each Interconnection Reliability Operating Limit’s Tv shall be less than or equal to 30 
minutes. 
 

Stability The ability of Elements of the Bulk-Power System, for a given initial operating condition, to 
regain a state of operating equilibrium after being subjected to a Disturbance. 
 

System Stability The ability of the Bulk-Power System*, for a given initial operating condition, to regain a 
state of operating equilibrium after being subjected to a Disturbance. 

 
*Refers to the remaining portion of the interconnected Bulk-Power System, with the 
exception of the Elements disconnected as a result of the Disturbance. 
 

Instability The inability of Elements of the Bulk-Power System, for a given initial operating condition, 
to regain a state of operating equilibrium after being subjected to a Disturbance. 
 

System Instability The inability of the Bulk-Power System*, for a given initial operating condition, to regain a 
state of operating equilibrium after being subjected to a Disturbance. 

 
*Refers to the remaining portion of the interconnected Bulk-Power System, with the 
exception of the Elements disconnected as a result of the Disturbance. 

 

Controlled 
Separation 

The intended islanding of a portion of the Bulk-Power System that includes generation or 
load. 
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Table 3: Revised Glossary Definitions Associated with IROLs 

Continent-Wide 
Term Definition 

Uncontrolled 
Separation 

The unintended islanding of a portion of the Bulk-Power System that includes generation 
or load. 
 

Cascading The uncontrolled successive loss of System Elements triggered by a Disturbance.  
 

 
  



 

White Paper – Revised Reliability Definitions 6 

Stability and Instability 
 

Table 4: Comparison of Definitions 

Definition Existing  Proposed 

Stability The ability of an electric system to 
maintain a state of equilibrium during 
normal and abnormal conditions or 
disturbances. 

The ability of Elements of the Bulk-Power 
System, for a given initial operating condition, 
to regain a state of operating equilibrium after 
being subjected to a Disturbance. 
 

Instability N/A The inability of Elements of the Bulk-Power 
System, for a given initial operating condition, 
to regain a state of operating equilibrium after 
being subjected to a Disturbance. 
 

 
The existing definition of Stability does not capture some essential concepts that are proposed in the new definition. 
The definition was also updated to align with CIGRE/IEEE1, which was adapted to fit the needs of NERC Glossary Terms 
and the industry. Specifically, the following updates were made:  
 

1. Addition of “Elements”: As described in the following subsection, the MEITF proposes to differentiate 
between Stability and System Stability, with the former capturing the general concept of power system 
stability and the latter capturing instabilities that impact larger portions of the intact interconnected Bulk-
Power System. To address the broad definition of power system stability with the proposed Stability 
definition, the inclusion of “Elements” was added to constitute the BPS. While this may seem obvious, it is 
important to capture the Elements for which are considered when describing instability. 

2. Addition of “initial operating condition”: Stability analysis of all types is based on a system’s ability to settle 
back to a new steady-state operating condition following a Disturbance regardless of the size of that 
Disturbance (large or small). It is important to state this explicitly in the definition of Stability with the phrase 
“for a given initial operating condition”. The IEEE/CIGRE definition also uses this terminology and the MEITF 
believes the NERC definition should adopt this to be consistent. 

3. Use of “regain” vs. maintain: While the existing definition of Stability uses the term “maintain”, this phrase 
may actually contradict the overall definition of Stability. The concept of power system stability, as stated 
above, if to regain a state of equilibrium after being subjected to a Disturbance. The use of the term 
“maintain” is not well suited to capture the essence of this definition since the system will not be in 
equilibrium during the Disturbance. Maintaining equilibrium when subjected to a Disturbance is not possible, 
nor an expectation for the power system. Therefore, the MEITF proposes the use of the term “regain”, to be 
consistent with the IEEE/CIGRE definition. 

4. Addition of “after being subjected to a Disturbance”: The existing definition of Stability uses “during normal 
and abnormal conditions or Disturbances”. This phrase is ambiguous and causes confusion on how the 
definition should be applied since the normality or abnormality of the system is irrelevant to the stability of 
the system. However, as the existing definition does capture, it is important to consider returning to a state 

                                                      
1 CIGRE, “Definition and Classification of Power System Stability,” IEEE/CIGRE Joint Task Force on Stability Terms and Definitions, Technical 
Brochure 231, June 2003.  
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of equilibrium following a Disturbance (large or small). That is captured in the proposed definition by adding 
the phrase “after being subjected to”. This also mirrors the IEEE/CIGRE definition. 

 
The IEEE/CIGRE definition also includes phrases that the MEITF did not believe were suitable for the NERC Glossary 
definition of Stability. For example, the definition uses the phrase “physical disturbance” and “with most system 
variables bounded so that practically the entire system remains intact”. The use of the term “physical” obviates any 
consideration for cyber Disturbances that could also impact the grid and was determined to be too prescriptive. The 
phrase regarding system variable bounded was determined too academic for a practical definition that can be applied 
by registered entities. Lastly, the use of the “practically the entire system” was determined to be too ambiguous and 
actually captures the essence of the definition of System Stability being proposed in the subsequent section. 
 
To comprehensively explain stability and instability, the antonym definition to Stability (“Instability”) is also proposed 
since the term “instability” is used in Reliability Standards without a definition. Using the term instability that is not 
defined in the NERC Glossary creates ambiguity when applied to the Reliability Standards and the MEITF believes this 
needs to be addressed. The antonym of Stability was straightforward to propose, simply by using the term “inability” 
rather than “ability” in the proposed definition of Stability. 
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System Stability and System Instability 
 

Table 5: Comparison of Definitions 

Definition Existing  Proposed 

System Stability N/A The ability of the Bulk-Power System*, for a 
given initial operating condition, to regain a 
state of operating equilibrium after being 
subjected to a Disturbance. 

 
*Refers to the remaining portion of the 
interconnected Bulk-Power System, with the 
exception of the Elements disconnected as a 
result of the Disturbance. 
 

System 
Instability 

N/A The inability of the Bulk-Power System*, for a 
given initial operating condition, to regain a 
state of operating equilibrium after being 
subjected to a Disturbance. 

 
*Refers to the remaining portion of the 
interconnected Bulk-Power System, with the 
exception of the Elements disconnected as a 
result of the Disturbance. 
 

 
The MEITF discussed the existing and proposed definitions of Stability and Instability and their intended use in the 
Reliability Standards. Based on this discussion, the MEITF believes that definitions of System Stability and System 
Instability should be proposed to address broader stability (issues). The following justifications are provided for the 
proposed definitions: 
 

1. Distinction between Stability and System Stability: To address the inconsistencies and discrepancies in how 
Stability (and instability) is applied in the NERC Reliability Standards, the MEITF determined the best way to 
address this is to separate out the overall phenomenon of Stability (and Instability) defined above in broad 
terms where Elements of the BPS are able to regain a state of equilibrium and the more direct System Stability 
(and System Instability) definitions focusing on the vast majority of Elements finding a new equilibrium point 
while planned or small parts of the system may go unstable and disconnect from the grid. For example, “unit 
instability” where a single generating unit and its directly connected Elements trip off due to loss of 
synchronism would not be considered a System Instability since the “remaining portion of the intact 
interconnected Bulk-Power System” remains intact. Similarly, a small load pocket that trips due to localized 
voltage instability contained to a small number of buses would not be considered System Instability for the 
same reason – particularly because the instability is predetermined and planned to be locally contained and 
trip due to the initiating Disturbance. 

2. Definition of “System”: The MEITF determined that the only viable means of addressing the concept 
described above regarding System Stability and Stability was to directly define what “System” refers to for 
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this definition of System Stability (and System Instability). The MEITF proposes the language above to provide 
clarity to what this term refers to without using ambiguous words such as “widespread” or “majority”. 

 
System Instability was simply defined as the antonym of System Stability, using the term “inability” with the 
remainder of the definition matching System Stability. The MEITF agreed it was valuable to explicitly define System 
Instability since it is used in other proposed definitions.  
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Uncontrolled Separation 
 

Table 6: Comparison of Definitions 

Definition Existing  Proposed 

Uncontrolled 
Separation 

N/A The unintended islanding of a portion of the 
Bulk-Power System that includes generation or 
load. 
 

Controlled 
Separation 

N/A The intended islanding of a portion of the Bulk-
Power System that includes generation or load. 
 

 
In the current definition of IROL, the term “uncontrolled separation” does not have a definition and therefore causes 
ambiguity, discrepancy, and confusion in how IROLs are defined and established. The MEITF developed a definition 
for Uncontrolled Separation (and Controlled Separation) to address this. The following items are worth noting: 
 

1. Uncontrolled and unintended: The MEITF thoroughly discussed the use of “uncontrolled” as compared with 
“unintended”. While the “uncontrolled” term is used in the statutory definition of Reliable Operation, it is 
slightly ambiguous in its meaning when applied on a practical basis. While it is understood that uncontrolled 
separation of the system is not acceptable, it is hard to determine what uncontrolled separation looks like 
beforehand. The MEITF discussed that this term essentially refers to the unintended separation of the system. 
To address this, the MEITF determined it was best to not change the overall phrase of “uncontrolled 
separation” to continue matching the Reliable Operation definition; however, it was determined that (1) the 
definition should be clearly defined, and (2) the use of the term “unintended” should be contained within the 
definition. For example, simulations with islanding of portions of the BPS that are not known ahead of time 
or controlled through some form of planned control action (e.g., RAS) are not intended. Conversely, relay 
action of primary or secondary protection (e.g., that clears a fault) is not controlled or intended (unless it is 
clearing the initiating fault). 

2. Islanding a portion of the Bulk-Power System: Uncontrolled separation particularly applies to situations 
where portions of the BPS that include generation or load are islanded from the rest of the system. The term 
“uncontrolled” refers to the unintentional separation of these Elements that would be separated from the 
rest of the interconnected system due to operation of protection system. While island conditions may be 
formed, these islands may or may not remain in synchronism following the separation. Further, the island(s) 
may contain generation, load, or both; however, the determination of whether this is “acceptable” or not is 
determined in the SOL Methodology (see definition of IROL).  

3. Controlled Separation: The term “Controlled Separation” was also developed to avoid any ambiguity or 
uncertainty in how these definitions are applied. The use of Controlled Separation relates to intentional 
separation caused by expected actions such as Remedial Action Schemes or other control systems. The 
operation of protection systems during a Disturbance that are not directly being used for primary or backup 
protection (e.g., clearing faults) are not considered “controlled”2. The islands that are formed from this 
Controlled Separation may or may not maintain synchronism after the intentional separation. For example, 

                                                      
2 The concepts of “controlled” vs. “uncontrolled” discussed in this definition of Controlled Separation also apply to the word “uncontrolled” in 
the definition of Cascading. That is, “uncontrolled successive loss of elements…” in the definition of Cascading can be interpreted as 
successive loss of elements that is not intended. 
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a load pocket may be tripped for specific contingencies to avoid System Instability or sufficiently bound 
Cascading. On the other hand, RAS may operate to separate two large parts of the interconnected BPS to 
maintain synchronism of each island following the specified contingencies. In either case, these are planned 
and designed accordingly ahead of time and are therefore controlled and intended. 

4. Separation and Instability: While Uncontrolled Separation is generally attributed to loss of synchronism of 
parts of the system, the system may actually separate into two stable islands. However, the MEITF believes 
that if this is not an intended action (not controlled and/or known ahead of time) and the size of the island(s) 
contains enough load, then it is not acceptable regardless of the stability of the two systems. Conversely, if 
the separation occurs due to a planned action such as a remedial action scheme (RAS), operator action, or 
other intentional control, then this  is Controlled Separation. 

5. Intended Definition: The MEITF believes that intended does not need any further clarification. Other options 
explored included “controlled”, “expected”, “known”, and “planned”, and the group felt that “intended” is 
the most suitable term in this situation and sufficiently self-explanatory. 

6. Uncontrolled Until Proven Controlled: The MEITF discussed the concept of a separation event being deemed 
“uncontrolled” unless sufficient study can definitively demonstrate that the separation is occurring as 
designed based on beforehand knowledge of the system and that it is contained for the impending system 
conditions leading up to the separation. 
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Cascading 
 

Table 7: Comparison of Definitions 

Definition Existing  Proposed 

Cascading The uncontrolled successive loss of 
System Elements triggered by an incident 
at any location. Cascading results in 
widespread electric service interruption 
that cannot be restrained from 
sequentially spreading beyond an area 
predetermined by studies. 
 

The uncontrolled successive loss of System 
Elements triggered by a Disturbance.  
 

 
Cascading is defined in the NERC Glossary and the only defined term of the three reliability risks identified in the 
existing definition of IROL and Reliable Operation. The MEITF proposes the definition above based on the following 
considerations:  
 

1. Simplification: As with the other definitions, the goal of the Cascading definition should be to accurately 
capture a phenomenon. Cascading technically occurs when any amount of uncontrolled successive loss of 
System Elements occurs. The definition should not qualify this concept with some level of breadth or depth 
of that Cascading event. For example, successive tripping of transmission circuits is considered Cascading; 
however, this example may or may not result in any electric service interruption or reliability risk. Yet, the 
phenomenon of Cascading should still be accurately identified. The determination of whether the Cascading 
is deemed unacceptable or acceptable is more suited for the establishment of criteria, which is the concept 
of the SOL Methodology.  

2. Removal of “Incident At Any Location”: The use of the term “incident” is not consistent with many other 
definitions that refer to events on the system as “Disturbances” and the MEITF proposes to use the term 
“Disturbance” to align with other definitions. Similarly, the phrase “at any location” is superfluous and 
implied without it being explicitly described; therefore the MEITF proposes to remove that phrase.  

3. Removal of Widespread: the concept of using “widespread” in the Cascading definition creates significant 
ambiguity and discrepancies in how it gets applied when defining Cascading. In addition, the further 
classification of only characterizing successive tripping of Cascading if it cannot be restrained from 
sequentially spreading beyond an area predetermined by studies further adds confusion to how the 
phenomenon is identified. The concept of Cascading being confined or restrained to an area predetermined 
by study would also be addressed in an established SOL Methodology.  

4. “Uncontrolled” Successive Loss: The term “uncontrolled” was maintained in this definition. Industry 
generally understands the types of uncontrolled actions considered as part of Cascading. These include, for 
example, protection system operation due to Element failure from thermal overload, transmission line sag, 
voltage degradation, etc. 
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Interconnection Reliability Operating Limit 
 

Table 8: Comparison of Definitions 

Definition Existing  Proposed 

Interconnection 
Reliability 
Operating Limit 
(IROL) 

A System Operating Limit that, if violated, 
could lead to instability, uncontrolled 
separation, or Cascading outages that 
adversely impact the reliability of the 
Bulk Electric System. 
 

A System Operating Limit that, if exceeded, 
could result in any of the following on the Bulk 
Electric System: (1) System Instability; or (2) an 
unacceptable* amount of load loss caused by 
Instability, Uncontrolled Separation, or 
Cascading. 
 
*unacceptable is defined in the SOL 
Methodology 
 

IROL Tv The maximum time that an 
Interconnection Reliability Operating 
Limit can be violated before the risk to 
the interconnection or other Reliability 
Coordinator Area(s) becomes greater 
than acceptable. Each Interconnection 
Reliability Operating Limit’s Tv shall be 
less than or equal to 30 minutes. 
 

The maximum time that an Interconnection 
Reliability Operating Limit can be exceeded. 
Each Interconnection Reliability Operating 
Limit’s Tv shall be less than or equal to 30 
minutes. 
 

 
The key revisions to the definition of IROL to address inconsistencies and gaps in its intended use and application in 
the Reliability Standards are: 
 

1. Use of “Exceeded”: The existing IROL definition uses the term “violated” to refer to exceeding an IROL limit. 
However, “violated” is not an appropriate term to refer to exceeding a pre-defined operating limit such as an 
SOL or IROL. The commonly used and understood term in the industry is “exceeded”. 

2. Reordering of Text: Based on input from NERC legal, the MEITF chose to reorder the text so that it is clear 
that the qualifier of Bulk Electric System is applied to the determination of System Instability, Instability, 
Uncontrolled Separation, and Cascading. While the definitions of the phenomena use Bulk-Power System to 
relate to the overall concepts, BES is used in the IROL definition to qualify the establishment of IROLs only to 
the BES.  

3. Defined System Instability: The existing definition of IROL uses a lowercase term “instability”. The lack of 
definition of “instability”, and conversely of “stability” has raised significant confusion around how it relates 
to Reliable Operation of the BPS and how it is applied to the definition of IROLs. It is commonly understood 
utility practice that not all types of instability are treated the same. There are certain instabilities that are 
deemed acceptable and others that have a more significant reliability impact and should be treated more 
carefully. For example, TPL-001-4 Requirement R4.1.2 explicitly states that “when a generator pulls out of 
synchronism in the simulations, the resulting apparent impedance swings shall not result in the tripping of 
any Transmission system elements other than the generating unit and its directly connected Facilities”. This 
implies that the instability of that generating unit is acceptable so long as it does not impact the rest of the 
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interconnected BPS. Other examples such as the loss of a small load pocket due to instability with clearly 
defined local containment and known relay actions to sever the unstable portion of the system may be 
acceptable if properly planned and accounted for. On the other hand, System Instability is now a defined 
term that describes those instabilities that are not quantifiable, impact a significant portion of the BPS, and 
warrant IROL establishment. For example, transient instability between portions of the system or voltage 
instability that affects large portions of the BPS are not local. For these reasons, the MEITF developed 
definitions for Stability, Instability, System Stability, and System Instability. As described above, System 
Instability refers to Instability events where parts of the system go unstable in an unplanned manner or there 
is no clearly defined containment. The use of “System Instability” clearly defines how the vast majority of the 
industry has interpreted the existing definition of “instability” (i.e., no formal definition). 

4. Use of “unacceptable”: As described above, Instability that is not deemed System Instability must be proved 
by study to be contained and well understood. These types of instabilities may or may not warrant 
establishment of an IROL and this is really based on a number of factors, particularly the amount of load loss, 
the nature of the load loss, and the criticality of the load. A linkage between the use of unacceptable and the 
SOL Methodology is important in that the definition portrays that some Instability, Uncontrolled Separation, 
and Cascading is “unacceptable” and that the SOL Methodology defines what that level is. The MEITF believes 
that defining a threshold within the definition is not an appropriate approach and proposes this approach as 
a more practical and effective solution. 

5. Defined Uncontrolled Separation: The definition and capitalization of Uncontrolled Separation provides 
clarity to the definition of IROL in how it should be applied. As described in the related subsection defining 
this term, the uncontrolled and unintended separation of large parts of the system is widely understood to 
be not acceptable from an interconnection reliability standpoint. The definition clearly articulates that any 
separation that is not intended through design (e.g., RAS) would be classified as Uncontrolled Separation. 
Note that protection system operations designed to clear faults that operate for post-fault conditions are not 
considered “controlled”. Separations that are intentionally controlled through RAS and other controls are 
acceptable so long as they are well understood and studied ahead of time so as to preserve the reliability of 
the grid. Islanding of small portions of the grid (e.g., a small radial network, etc.) are generally acceptable; 
hence why the use of “unacceptable” defined by the SOL Methodology is also applied here. 

6. Modified Use of Cascading: The modified definition of Cascading uses a more universally accepted definition 
of the term and removes the qualifier of “widespread” when defining the concept. Cascading is a 
phenomenon in which there is an uncontrolled successive loss of system elements regardless of the breadth 
of the elements lost. Cascading can occur on a transmission system and only impact a local area, or cascading 
can occur on a transmission system and impact a large portion of the interconnection. When determining if 
an IROL needs to be defined for a possible Cascading condition, the extent and impact of the cascade should 
be taken into consideration; hence why the use of “unacceptable” defined by the SOL Methodology is also 
applied here. Cascading that is confined to a local area, below the pre-defined “unacceptable” threshold, 
may not necessitate an IROL to be defined. An unbounded cascade (e.g., ending in System Instability), a 
cascade of too many successive elements, or a cascade with an impact greater than pre-defined thresholds 
is considered “unacceptable” and warrants the establishment of an IROL. For example, Cascading loss of lines 
connecting a (relatively smaller) generator to the BES could be considered a local area issue and have very 
little impact on the interconnection. In contrast, the Cascading of lines in which the amount of generation or 
load loss is large enough to cause a significant perturbation of the system could be considered an IROL. 
Cascading in which the extent and impact cannot be determined is considered unbounded and an 
unacceptable operating state and IROLs should be defined accordingly. 

7. Qualification of unacceptable loss of load by the SOL Methodology: As mentioned, “unacceptable” is 
defined in the SOL Methodology and relates to the amount of load loss caused by Instability, Uncontroled 
Separation, and Cascading. (Remember that System Instability is often not quantifiable and therefore not 
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acceptable.) IROLs are established to ensure continuity of the load and System Stability. Loss of generation is 
not deemed a reliability risk unless is causes loss of load, which would then warrant establishment of an IROL. 
As in, loss of generation may be causal (or contributory) to the establishment of the IROL but should not 
warrant establishment of an IROL on its own. Further, IROLs may be established to include generators 
(interfaces), which then create a limit that is operated to, but this is not the reason for which an IROL is 
established. 

 
The IROL Tv definition was also revised with the following changes: 
 

1. Use of “Exceeded”: The existing IROL Tv definition uses the term “violated” to refer to exceeding an IROL 
limit. However, “violated” is not an appropriate term to refer to exceeding a pre-defined operating limit such 
as an SOL or IROL. The commonly used and understood term in the industry is “exceeded”. 

2. Removal of Phrase: While the MEITF fully supports the phrase “before the risk to the interconnection or 
other Reliability Coordinator Area(s) becomes greater than acceptable”, it does not add any value to the 
definition of IROL Tv. The definition is clearer and more accurately captures what IROL Tv refers to without 
this text included.  
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Essential Reliability Services Working Group (ERSWG) Technical and Policy Briefs 

 
 
Action 
Approve 
 
Background 
The NERC Planning Committee and Operating Committee charged the Essential Reliability 
Services Working Group (ERSWG) to consider reliability issues that may result from the 
changing generation resource mix and was charged with evaluating and developing “Sufficiency 
Guidelines” for each quantifiable measure. These sufficiency guidelines were proposed in the 
“Essential Reliability Services Whitepaper on Sufficiency Guidelines” in December 2016. 
 
The ERSWG has now assisted the relevant subcommittees of the PC and OC in assuming the 
ongoing assessment activities for essential reliability services using historical data. For the 
frequency response measures (Measures 1, 2 and 4), the historical measures have been refined 
since the 2016 report, so both a Technical Brief and a Brief for Regulators and Policymakers are 
included in the meeting materials for your approval. For the balancing measure (Measure 6), 
the method in the 2016 report is not changed and the Brief for Regulators and Policymakers is 
in the meeting materials for your approval. 
 
The ERSWG plans to provide additional documents to the PC and OC for their March meeting. 
After completing these documents and working with the relevant subcommittees of the PC and 
OC for the ongoing assessments of forward looking measures, it is anticipated that the ERSWG 
will have completed its current charter. 
 
Proposed motion language: Move for approval of the following documents from the ERSWG: 

1. Brief for Regulators and Policymakers on ERS Measure 6 Ramping/Balancing using a 
Historical Perspective 

2. Technical Brief on ERS Measures 1, 2, and 4 Frequency Response using a Historical 
Perspective 

3. Brief for Regulators and Policymakers on ERS Measures 1, 2, and 4 Frequency Response 
using a Historical Perspective 

 
Summary 
Leave Blank for meeting participant notes 



 

 

 

 

Historical Balancing Trends 
A Brief for Regulators and Policymakers  
ERS Framework1 Measure 6 – Historical Balancing/Ramping Analysis 
 

System operators must maintain a continuous balance between generation and demand on the grid during 
real-time operations. The operators require some level of flexibility and control to maintain this balance. 
This balancing effort can be affected by characteristics of the resource mix, resources under the operator’s 
control, demand behaviors, and other system-specific factors. While maintaining the continuous balance 
between generation and demand is not a new requirement for the operation of an interconnected electric 
system, the combination of those factors could result in periods of excessive or insufficient generation, 
limited availability of resource ramping capability, and other real-time conditions that cause the system 
operator to rely on other Balancing Authorities (BAs) for balancing. 

There are various ways to mitigate balancing concerns, but it is important to identify the anticipated 
challenges early so that appropriate changes can be planned and implemented in a timely and reliable 
manner. For this reason, methods have been developed by the Essential Reliability Services (ERS) Working 
Group and the NERC Resources Subcommittee (RS) to help BAs identify trends and indications of potential 
balancing concerns. This briefing discusses the use of historical operating data by the BAs and the RS to 
identify trends that could become a concern. A separate briefing for forward-looking balancing trends is 
being developed by the ERS Working Group with the NERC Reliability Assessment Subcommittee (RAS). 

The analysis method is based on a commonly used “control performance standard” called CPS12, which is 
a statistical measure of the BA’s area control error variability as it relates to the interconnection frequency 
error. The CPS1 values reflect how well the BA maintains balance of resources and load in its area. Periods 
where the BA’s resources are even slightly out of balance with load are directly reflected in the CPS1 values. 
The CPS1 values are averaged over a twelve-month rolling window and reported to NERC on a monthly 
basis to reflect overall performance characteristics of the BA. 

The approach used for Measure 6 is to analyze the hourly CPS1 values to identify repeated patterns of 
imbalance. This is done by counting the hours with low CPS1 values (indicating imbalance) and the 
occurrences where CPS1 values are low for periods of three consecutive hours. Working with the BAs, the 
RS has obtained three years of historical hourly CPS1 values and continues to receive this data on a quarterly 
basis. Moving forward, the RS will identify BAs that are trending toward levels where additional analysis 

                                                             

1 Essential Reliability Services Working Group, Measures Framework Report, November 2015  

2 NERC Resources Subcommittee's 2011 Technical Document on Balancing and Frequency Control 

http://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERSTF%20Framework%20Report%20-%20Final.pdf
http://www.nerc.com/docs/oc/rs/NERC%20Balancing%20and%20Frequency%20Control%20040520111.pdf
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and risk mitigation activities may be prudent. The RS will work with these BAs to understand the trends and 
discuss options for improving any ramping issues. This method of using historical data will identify ramping 
and balancing concerns for each BA given their unique characteristics and resources.  

The ongoing process is summarized in the diagram below. 

 

 

 

If a BA appears to be trending toward conditions where balancing could become more challenging, there 
are numerous alternatives to provide the BA with additional flexibility and dispatch control, such as use of 
more flexible resources, demand-side management, changes to operating and scheduling procedures, or 
changes to operation of non-dispatchable resources (both conventional and renewable) to mitigate such 
trends. By identifying balancing trends in advance of when they could become a potential reliability issue, 
BAs and system operators can plan for any changes to support the ongoing reliable operation of the Bulk 
Power System. A summary of interconnection results from the historical data will be included in the NERC 
State of Reliability Report on an annual basis. 

 

For Further Information 
Earlier work on this topic was discussed in greater detail in Chapter 2 of the ERS Whitepaper on Sufficiency 
Guidelines. 

The ERS Working Group is currently working with the NERC Reliability Assessment Subcommittee (RAS) on 
the forward-looking Measure 6. This planning method, which will look at the flexibility of balancing resource 
and demand for future years, will be the subject of a separate Brief for Regulators and Policymakers. The 
RAS will summarize these results annually in the NERC Long Term Reliability Assessment Report. 

http://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERSWG_Sufficiency_Guideline_Report.pdf
http://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERSWG_Sufficiency_Guideline_Report.pdf


 

 

Historical Frequency Trends  
Technical Brief 
 
ERS Framework1  Measures 1, 2 & 4 – Historical Frequency Analysis  
 
The NERC Planning Committee and Operating Committee jointly created the Essential Reliability Services 
Task Force (ERSTF) to consider reliability issues that may result from the changing generation resource mix, 
resulting in the development of essential reliability services (ERS) measures for examination and monitoring 
to identify trends. The ERSTF was converted into the ERS Working Group (ERSWG) and charged with 
identifying, evaluating, and developing “Sufficiency Guidelines” for each quantifiable measure.  
 
The ERSWG frequency measures are intended to monitor and identify trends in frequency response 
performance as the generation mix continues to change. The holistic frequency measure, called Measure 4 
in ERSWG reports, tracks phases of frequency performance for actual disturbance events in each 
interconnection (e.g., initial frequency rate of change, and timing of the arresting and recovery phases). 
Other measures look at components of this coordinated frequency response, such as the amount of 
synchronous inertial response (SIR, Measure 1) and the initial rate of change in frequency following the 
largest contingency event (RoCoF, Measure 2). This paper describes the analysis being conducted by the 
NERC Resources Subcommittee (RS) for these measures using historical data. 
 
Background 
 
Frequency support is the response of generators and loads to maintain the system frequency in the event 
of a system disturbance. Frequency support is provided through the combined interactions of synchronous 
inertia (traditionally from generators such as natural gas, coal, and nuclear plants as well as from motors at 
customer locations) and frequency response (from a wide variety of generators and loads). Working in a 
coordinated way, these characteristics arrest and eventually stabilize frequency. A critical issue is to 
stabilize the frequency before it falls below underfrequency load shedding values or rises above 
overfrequency relay trip settings.  
 
It is important to understand that inertia and frequency response are properties of the interconnection (not 
to each balancing area individually) and these properties have different characteristics for each 
interconnection. For example, if changes to the resource mix alter the relative amounts of synchronous 
inertial response or frequency response, various mitigation actions are possible (such as obtaining faster 
primary frequency response from other generators or loads) to maintain or improve overall frequency 
support.  
 

                                                      
1 Essential Reliability Services Working Group, Measures Framework Report, November 2015  

http://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERSTF%20Framework%20Report%20-%20Final.pdf
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Trends in the frequency measures can be analyzed using historical data. This document discusses each 
frequency measure and describes the analysis being conducted by the NERC RS using historical data. The 
results of this analysis by the NERC RS will be reflected in the NERC State of Reliability (SOR) Report.  
The ERSWG is also working with the NERC RS on forward-looking projections for these frequency measures, 
and when available, these planning methods will be discussed in a separate Technical Brief. 
 
Measure 4 Frequency Performance after Large Contingency 
 
Measure 4 is a holistic measure that tracks the system frequency performance following large contingency 
events that have actually occurred in each interconnection. On a quarterly basis, the NERC RS selects the 
events and calculates a number of submeasures that reflect the minimum/maximum frequency points and 
the timing of the minimum/maximum frequencies and recovery period. For Measure 4, multiple years of 
these values will be monitored to highlight trends that could be due to changes in the generation mix or 
other factors. 
  
The actual events that are being analyzed by the NERC RS are referred to as Metric 4 events. (The NERC RS 
was previously using Metric 4 to select significant events, and the naming similarity of Measure 4 and Metric 
4 is purely coincidental.)   
 

 
 

Table 1. Metric 4 Event Selection Criteria 
 

Interconnection ∆fAC (mHz)  or  >= MW Loss 
Eastern 36 mHz 800 MW 
Western 70 mHz 700 MW 
Texas 80 mHz 450 MW 
Québec 300 mHz 450 MW 

 

Metric 4 events are used for the annual NERC State of Reliability Report that 
performs statistical analyses of frequency response performance trends at the 
interconnection level. The criteria shown in Table 1 are used to select events for 
analyses. 
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Measure 4 consists of a number of submeasures that use a common nomenclature for identifying points 
and values in frequency response traces. Figure 1 shows two frequency traces after the loss of a generation 
resource and the naming conventions commonly used in event analysis are indicated on the figure. The 
event starts at time t0. Value A is the average frequency from t-16 to t-2 seconds. Point C is the lowest 
frequency point observed in the first 12 seconds. Value B is the average frequency from t+20 to t+52 
seconds. Point C’ occurs if and when the frequency (t+52 to t+300 seconds) falls below either Point C or 
Value B.  
 
Frequency response values are generally calculated as a ratio of the megawatts affected in the event and a 
frequency deviation. In this document, these values are shown as a positive value in MW/0.1Hz. 
 

 
Figure 1. Frequency traces after a loss of a generation resource 

The NERC RS uses “box-and-whisker” plots for the submeasures of Measure 4. In the plots, the central value 
(the red line and number) is the median value, the top and bottom edges of the box (in blue) are the 25th 
and 75th percentiles, and the whiskers correspond to +/- 2.7 standard deviations (i.e., 2.7 sigma, 
representing 99.3% coverage of all the events in the set, assuming the data are normally distributed). If 
necessary, the RS can adjust the whiskers to show a different coverage, but all figures in this document use 
these default settings. Individual outliers (red crosses) are events outside of the 99.3% coverage. 
 
For the plots shown in this document, loss of load events are excluded. All plots show only the loss of 
generation events. The NERC RS also analyzes loss of load events in an analogous way, but such events are 
less common than loss of generation events and are omitted here to avoid confusion. 
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Measure 4 contains analyzed events that occurred between December 2015 and November 2016. Table 2 
shows the number of Metric 4 events during this period for all interconnections. 
 

Table 2. Metric 4 Number of Events 

Interconnection Number of Events 
Eastern 65 
Western 46 
Texas 51 
Québec 47 

 
 
Submeasure 4.1 A to B Frequency Response  
 
The A to B Frequency Response reflects the initial primary frequency response for the interconnection. This 
submeasure is the ratio of net MW lost to the difference between Value A and Value B frequencies.  
 

𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑹𝑹𝑭𝑭𝑹𝑹𝑹𝑹𝑹𝑹𝑭𝑭𝑹𝑹𝑭𝑭 𝑨𝑨 𝒕𝒕𝑹𝑹 𝑩𝑩 =
𝑮𝑮𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑮𝑮𝒕𝒕𝑮𝑮𝑹𝑹𝑭𝑭 (𝑹𝑹𝑭𝑭 𝑳𝑳𝑹𝑹𝑮𝑮𝑳𝑳)  𝑳𝑳𝑹𝑹𝑹𝑹𝒕𝒕 (𝑴𝑴𝑴𝑴)
𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑨𝑨 − 𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑩𝑩

 

 
An increasing trend over time indicates that frequency response is improving for the interconnection. 
Histogram distributions show the variability of the interconnection response for multiple individual events. 
Figure 2 shows boxplots for Submeasure 4.1, for analyzed events that occurred between December 2015 
and November 2016. The median A to B frequency in MW/0.1 Hz is listed next to the centerline (red line) 
of each boxplot. The table under the plot shows average generation loss in MW for the analyzed events in 
each interconnetcion. 
 
The boxplots are shown in the same figure for convenience, but since all four interconnections are of 
different sizes with very different resources and characteristics, this is for purposes of illustration and not 
for comparison. As more data becomes available, each interconnection will be analyzed separately to show 
their individual trends across multiple years. The average MW loss for the time period under study should 
be considered when evaluating individual interconnection trends. The same approach and caveats apply to 
the boxplots for Submeasures 4.2 through 4.7 discussed below. 
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Figure 2. A to B Frequency Response (Submeasure 4.1) for Analyzed Events between 
December 2015 and November 2016 

 
Submeasure 4.2: A to C Frequency Response   
 
The A to C frequency response captures the impacts of inertial response, load response (load damping) and 
initial governor response2. This submeasure is the ratio of net MW lost to the difference between Value A 
and Point C frequencies.  

𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑹𝑹𝑭𝑭𝑹𝑹𝑹𝑹𝑹𝑹𝑭𝑭𝑹𝑹𝑭𝑭 𝑨𝑨 𝒕𝒕𝑹𝑹 𝑪𝑪 =
𝑮𝑮𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑮𝑮𝒕𝒕𝑮𝑮𝑹𝑹𝑭𝑭 (𝑹𝑹𝑭𝑭 𝑳𝑳𝑹𝑹𝑮𝑮𝑳𝑳) 𝑳𝑳𝑹𝑹𝑹𝑹𝒕𝒕 (𝑴𝑴𝑴𝑴)
𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑨𝑨 − 𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑪𝑪

 

 
An increasing trend over time would indicate that the interconnection frequency response is improving. 
Figure 3 shows boxplots for Submeasure 4.2, for analyzed events that occurred between December 2015 
and November 2016. The median A to C frequency in MW/0.1 Hz is listed next to the centerline (red line) 
of each boxplot. The table under the plot shows average generation loss in MW for the analyzed events in 
each interconnection. 
 

                                                      
2 Governor response is triggered immediately after frequency exceeds a pre-set deadband; however, depending on generator technology, full 
governor response may require up to 30 seconds to be fully deployed. 
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Figure 3. A to C Frequency Response (Submeasure 4.2) for Analyzed Events between 
December 2015 and November 2016 

 
 
Submeasure 4.3: C to B Ratio  
 
The C to B Ratio captures the difference between the maximum frequency deviation and the settling 
frequency. It reflects governor responsiveness with respect to frequency nadir for the interconnection. 
 

𝑪𝑪 𝒕𝒕𝑹𝑹 𝑩𝑩 𝑹𝑹𝑮𝑮𝒕𝒕𝑮𝑮𝑹𝑹 =
𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑪𝑪 − 𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑨𝑨
𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑩𝑩− 𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑨𝑨

 

 
The C to B Ratio must be interpreted in the context of Submeasures 4.1 and 4.2. Because both Point C and 
Value B can vary, an increasing ratio can either indicate that frequency response is improving or degrading, 
and it is primarily the trend over time that is interesting. Figure 4 shows boxplots for Submeasure 4.3, for 
analyzed events that occurred between December 2015 and November 2016. The median C to B ratio is 
listed next to the centerline (red line) of each boxplot. 
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Figure 4. C to B Ratio (Submeasure 4.3) for Analyzed Events between December 2015 and 
November 2016 

 
Submeasure 4.4: C’ to C Ratio  
 
When C’ exists, the C’ to C Ratio is the ratio between C’ and C and potentially measures withdrawal of 
primary frequency response. 
 

𝑪𝑪′to 𝑪𝑪 𝑹𝑹𝑮𝑮𝒕𝒕𝑮𝑮𝑹𝑹 =
𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑪𝑪′ − 𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑨𝑨
𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑪𝑪 − 𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭𝑭 𝑨𝑨
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A declining trend is a possible indication of improving primary frequency response performance. Table 3 
shows the subset of Metric 4 events where C’ exists as well as the average frequency deviation (Hz) between 
Value B and Point C’. 
 

Table 3. Metric 4 Number of Events Where C’ Exists 

Interconnection 
Number of 

Events 

Average fB to fC’ 
Frequency 

Deviation (Hz) 
Eastern 41 0.006 
Western 26 0.009 
Texas 28 0.010 
Québec 18 0.020 

 
Figure 5 shows boxplots for Submeasure 4.4, for analyzed events that occurred between December 2015 
and November 2016. The median C’ to C ratio is listed next to the centerline (red line) of each boxplot. 
 

 
 

Figure 5. C’ to C Ratio (Submeasure 4.4) for Analyzed Events between December 2015 and 
November 2016 
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The following time-based submeasures are used to understand the speed at which primary frequency 
response or governor withdrawal are occurring. As with the prior submeasures, the primary value will be 
from the multiyear trends that can indicate whether frequency response performance or governor 
withdrawal phenomena are improving or degrading. 
 
Submeasure 4.5: Time t0 to tC 
 
Time t0 to tc is the difference in time between the frequency nadir and initial event.  This submeasure 
reflects the combined effects of system inertial response and initial primary frequency response (and in 
some interconnections, the added effects of other “fast frequency response” services).  
 
A decreasing trend over time can reflect decreases in inertial response or the speed of frequency response 
due to changes in the generation and/or load resource mix. Trending this time value can also be useful for 
ensuring that the defined times for BAL-003-1 fit the actual event data. In addition, trending this value with 
respect to event size and initial frequency can help to identify how deadband settings play a role in arresting 
the frequency decline. 
 
Figure 6 shows boxplots for Submeasure 4.5, for analyzed events that occurred between December 2015 
and November 2016. The median time t0 to tc in seconds is listed next to the centerline (red line) of each 
boxplot. 
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Figure 6. Time t0 to tc (Submeasure 4.5) for Analyzed Events between December 2015 and 
November 2016 

 
Submeasure 4.6: Time tC to tC’  
 
Time tc to tc’ to tc is the difference in time between the governor withdrawal minimum and the initial 
frequency nadir. This submeasure captures the time in which governor stabilization and withdrawal occur 
prior to when secondary controls and load responsiveness begin to return frequency to its nominal value. 
Submeasure 4.6 can be derived from Submeasure 4.5 and Submeasure 4.7. Due to this redundancy, the 
NERC RS retired this submeasure. 
 
Submeasure 4.7: Time t0 to tC’ 
 
Time t0 to tc’ is the difference in time between the potential governor withdrawal minimum and the initial 
event. This provides a comprehensive picture of the overall time in which frequency declines and 
continues to fall after the initiating event. While C’ should be mitigated and eliminated entirely, the time 
between the initial event and absolute minimum should be minimized.  
 
Figure 7 shows boxplots for Submeasure 4.7 for analyzed events that occurred between December 2015 
and November 2016. The median time t0 to tC’ in seconds is listed next to the centerline (red line) of each 
boxplot. 
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Figure 7. Time t0 to tC’ (Submeasure 4.7) for Analyzed Events between December 2015 and 

November 2016 

 
The NERC RS will continue to enhance methods to analyze and report the findings and trends based on 
actual events. Proposed enhancements include evaluating: 

• the maximum frequency excursion after the start of an event (Point Cn) 3 ;  
• the frequency margin from Cn to the first step in underfrequency load shedding relative to each 

interconnection; 
• the relationship and timing associated with Cn and C’. 

 
  

                                                      
3 Cn is defined as the lowest frequency from the start of the event up to 180 seconds 
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Measure 1: Synchronous Inertia Response 
 
For historical trending of SIR (Measure 1), a process was established for conducting synchronous inertia 
calculations for each interconnection. System inertia depends on the inertial constant (referred to as ‘H’) 
and MVA base4 of the generators that are online and synchronized to the grid at a given point in time.  
Therefore, for each historical time step, the total SIR for the interconnection can be calculated as a sum of 
H*MVA base for all online synchronous generators. This data, along with some supporting information, is 
now being collected and provided to the NERC RS on a quarterly basis. The data varies slightly depending 
on the interconnection as follows: 
 

• The Texas Interconnection and Quebec Interconnection provide total system inertia, system load, 
power production from non-synchronous generation, and HVDC exports/imports. The data is 
provided with 4 second resolution. 

• For the Western Interconnection, Peak RC provides total system inertia, system load, power 
production from non-synchronous generation, and HVDC exports/imports. The data is provided with 
1 minute resolution. 

• For the Eastern Interconnection, MISO has been providing total system inertia and system load. The 
data is provided with 15 minute resolution. This data is a part of ongoing project in collaboration 
with Eastern Interconnection. In 2018, the Eastern Interconnect Data Sharing Network (EIDSN) will 
provide the data. 

A platform is being developed to facilitate the direct submission of the data to NERC using PI Historian 
software. The NERC RS will analyze the data and provide reports on trends each year. As an example, Figure 
9 shows inertia trends in ERCOT from January 2013 to September 2017. Similar boxplots will be produced 
for other interconnections when sufficient amounts of data are collected.  

                                                      
4 The inertial constant is calculated based on the machine size, weight, nominal speed and converted to seconds using chosen MVA base. 
MVA base is not necessarily equal to generator MVA nameplate rating. 
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Figure 8. Boxplot of the system inertia in ERCOT 2013-20175 

  

                                                      
5 Blue dots correspond to actual system inertia during the maximum wind penetration times in each year, when the highest portion of load 
was supplied by wind generation. 
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Measure 2: Initial Rate of Change of Frequency after Large Contingency 
 
Measure 2 is the initial Rate of Change of Frequency (RoCoF) after a large generator trip event and is 
measured in Hz/s. This is an indirect measure of interconnection inertia at the time of the event. RoCoF can 
be calculated for each interconnection from the lowest SIR value in each year and the megawatt (MW) size 
of the largest contingency event for the interconnection. The Resource Contingency Criteria (RCC) as 
defined in the BAL-003 Standard is used as the largest contingency event.  
 
The RoCoF and the load shedding settings for the interconnection can be used to calculate the shortest 
available time during which sufficient frequency response must be provided to the interconnection in order 
to establish the frequency nadir and avoid underfrequency load shedding. In reality, a component of RoCoF 
is the load damping coefficient for each interconnection. The load damping coefficient for each 
interconnection is being further refined by the NERC RS.  
 
If the time between the event and the frequency nadir is becoming smaller (as suggested by the RoCoF and 
more precisely indicated by Submeasure 4.5), there may be value in the interconnection obtaining faster 
frequency response from generators and loads.  
 
As with SIR, RoCoF trends will be analyzed by the NERC RS each year. As an example, Table 2 shows the 
largest RoCoF for each interconnection for the first two quarters of 2017 calculated without consideration 
of load damping (i.e., using pessimistic assumptions). 
 

Table 4. RoCoF by Interconnection - 2017 Q1 and Q2 

 



 

 

Historical Frequency Trends 
A Brief for Regulators and Policymakers 
 
ERS Framework1 Measures 1, 2 & 4 – Historical Frequency Analysis 
 
Frequency support is the response of generators and loads to maintain the system frequency in the event 
of a system disturbance. Frequency support is provided through the combined interactions of synchronous 
inertia (traditionally from generators such as natural gas, coal, and nuclear plants as well as from motors at 
customer locations) and frequency response (from a wide variety of generators and loads). Working in a 
coordinated way, these characteristics arrest and eventually stabilize frequency. A critical issue is to 
stabilize the frequency before it falls below underfrequency load shedding values or rises above 
overfrequency relay trip settings.  
 
It is important to understand that inertia and frequency response are properties of the interconnection (not 
to each balancing area individually) and these properties have different characteristics for each 
interconnection. For example, if changes to the resource mix alter the relative amounts of synchronous 
inertial response or frequency response, various mitigation actions are possible (such as obtaining faster 
primary frequency response from other generators or loads) to maintain or improve frequency support.  
 
The ERSWG frequency measures are intended to monitor and identify trends in frequency response 
performance as the generation mix continues to change. The holistic frequency measure, called Measure 4 
in ERSWG reports, tracks phases of frequency performance after actual disturbance events in each 
interconnection (initial frequency rate of change, arresting phase and recovery phase). Other measures look 
at components of this coordinated frequency response, such as the amount of synchronous inertial 
response (SIR, Measure 1) and the initial rate of change in frequency following the largest contingency event 
(RoCoF, Measure 2). 
 
Trends in the frequency measures can be analyzed using historical data. The NERC Resources Subcommittee 
(RS) is monitoring the historical trends and will be annually reporting on these results in the NERC State of 
Reliability Report.  
 
Measure 4 is a holistic measure that tracks the system frequency performance following large contingency 
events that actually occurred in each interconnection. On a quarterly basis, the NERC RS selects the events 
and calculates values that reflect the minimum/maximum frequency points and the timing of the 
minimum/maximum frequencies and recovery period. These values are trended from one year to the next 
as the generation mix changes. The RS is enhancing methods to analyze the findings and trends for these 
valuable results that show the response to actual events. 
 

                                                      
1 Essential Reliability Services Working Group, Measures Framework Report, November 2015  

http://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERSTF%20Framework%20Report%20-%20Final.pdf
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For historical trending of SIR (Measure 1), a process was established for conducting synchronous inertia 
calculations for each interconnection. System inertia depends on inertial constant (referred to as ‘H’) and 
MVA base2 of the generators that are online and synchronized to the grid at a given point in time. The total 
SIR for each interconnection can be calculated using data that is now being collected on an ongoing basis. 
This data is currently provided to the NERC RS on a quarterly basis. A platform is being developed to 
facilitate the direct submission of the data to NERC. The NERC RS will analyze the data and provide reports 
on trends each year.  
 
RoCoF (Measure 2) is an alternative way to look at inertia. It can be calculated from the SIR value obtained 
in Measure 1 and the size of the largest contingency event for the interconnection (the Resource 
Contingency Criteria as defined in the BAL-003 Standard – this is usually the largest generator online). The 
RoCoF value and the load shedding values for the interconnection can be used to calculate the time during 
which sufficient frequency response must be provided to the interconnection. If the necessary time for 
response is decreasing, there may be value in obtaining faster frequency response from generators and 
loads. As with SIR, RoCoF trends will be analyzed by the NERC RS each year. 
 
For Further Information 
 
For more details on this topic, see Chapter 1 of the ERS Whitepaper on Sufficiency Guidelines. The ERS 
Working Group is currently working with the NERC RS on the forward-looking projections for Measures 1, 
2 and 4. These planning methods, which will supplement the historical methods described above, will be 
the subject of a separate Brief for Regulators and Policymakers. The NERC RS will summarize the forward 
looking projections annually in the NERC Long Term Reliability Assessment Report. 
 

                                                      
2 To be precise, the inertial constant depends on the size, weight, nominal speed of the generator. MVA base is used to normalize the inertia 
constant. The generator’s nameplate rating is usually (but not always) chosen as MVA base. SIR does not depend on a plant’s output level, 
but on whether it is synchronized to the grid. 

Figure 1. Frequency trace after a loss of a generation resource 

http://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERSWG_Sufficiency_Guideline_Report.pdf
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Geomagnetic Disturbance Data Request 

Action 
Authorize posting 
 
Background 

On September 22, 2016, the Federal Energy Regulatory Commission (FERC) issued Order No. 
830 approving Reliability Standard TPL-007-1 − Transmission System Planned Performance for 
Geomagnetic Disturbance Events. In the Order, FERC also directed NERC, pursuant to Section 
1600 of the NERC Rules of Procedure, to collect geomagnetically-induced current (GIC) 
monitoring and magnetometer data from U.S. registered entities for the period beginning May 
2013, including both data existing as of the date of the Order and new data going forward (P. 
89). Furthermore, FERC directed that NERC should make the collected GIC and magnetometer 
data available to support ongoing research and analysis of GMD risk (P. 89). The data is 
intended to promote greater understanding of GMD events and their potential impacts to the 
reliable operation of the Bulk-Power System. For example, measured GIC and magnetometer 
data can help validate various models used in calculating GICs and assessing their impacts in 
power systems. 

NERC and the Geomagnetic Disturbance Task Force (GMDTF) have drafted the attached NERC 
Rules of Procedure Section 1600 data request for the collection of GIC monitoring and 
magnetometer data as required by Order No. 830. The GMD data request applies to U.S. 
registered Transmission Owners and Generator Owners. Although not required, Canadian 
registered Transmission Owners and Generator Owners are encouraged to participate. 
Reporting entities would be requested to provide information related to their installed GIC 
monitor and magnetometer capabilities, and to provide data from these devices to NERC for 
strong GMD events (K-7 and greater as reported by U.S. Space Weather Prediction Center). The 
projected timeframe for implementing an approved GMD data request is 2019, allowing time 
for NERC and the GMDTF to develop data reporting instructions and NERC to obtain a data 
collection application for the specified GMD data.   

Per NERC Rules of Procedure, NERC plans to notify FERC and post the GMD Data Request for 
45-day stakeholder comment period. NERC staff and the GMDTF will review the comments 
received and make appropriate revisions. The GMD Data Request will be provided to the PC for 
endorsement and to the NERC Board of Trustees for approval in 2018.  
 
Summary: (left blank for your notations) 

http://www.nerc.com/filingsorders/us/FERCOrdersRules/E-4.pdf
http://www.nerc.com/filingsorders/us/FERCOrdersRules/E-4.pdf
http://www.swpc.noaa.gov/noaa-scales-explanation


 

 

DRAFT 

Geomagnetic Disturbance Data  
Rules of Procedure Section 1600 Data Request in Response to FERC 
Order No. 830 
 
Background 
On September 22, 2016, the Federal Energy Regulatory Commission (FERC) issued Order No. 830 
approving Reliability Standard TPL-007-1 − Transmission System Planned Performance for Geomagnetic 
Disturbance Events. In the Order, FERC also directed NERC, pursuant to Section 1600 of the NERC Rules of 
Procedure, to collect geomagnetically-induced current (GIC) monitoring and magnetometer data from 
registered entities for the period beginning May 2013, including both data existing as of the date of the 
Order and new data going forward.1 Furthermore, FERC directed that NERC should make the collected GIC 
and magnetometer data available to support ongoing research and analysis of GMD risk.2  
 
FERC also directed NERC to develop certain revisions to Reliability Standard TPL-007-1, including 
development of one or more requirements for responsible entities to obtain GIC monitoring and 
magnetometer data to enable model validation and situational awareness. NERC standards Project 2013-
03 – Geomagnetic Disturbance Mitigation is addressing revisions to TPL-007-1 in accordance with the 
NERC Standard Processes Manual. NERC must file revisions to TPL-007-1 for regulatory approval by May 
28, 2018.  
 
In accordance with Section 1600 of the NERC Rules of Procedure, NERC may request data or information 
that is deemed necessary to meet its obligations under Section 215 of the Federal Power Act, as 
authorized by Section 39.2(d) of FERC regulations (“data request”). This is a proposal for such a request. 
 
Authority 
Under Section 215 of the Federal Power Act (16 U.S.C. § 824o), Congress entrusted FERC with the duties 
of approving and enforcing rules to ensure the reliability of the nation’s Bulk-Power System, and with the 
duties of certifying an Electric Reliability Organization (“ERO”) that would be charged with developing and 
enforcing mandatory Reliability Standards, subject to FERC approval. NERC was certified as the ERO on 
July 20, 2006. NERC’s authority for issuing this data request is derived from Section 215 of the Federal 
Power Act, and from the following sources: 
 
NERC is requesting this information in accordance with its authority provided in 18 C.F.R. §39.2(d), which 
provides:  

                                                      
1  Order No. 830, P 89.  The directive applies to only U.S. responsible entities (See n, 118). However, responsible entities in other 
NERC jurisdictions including Canada are encouraged to participate in order to obtain relevant GMD data for the North American Bulk-Power 
System.  
2  Order No. 830, P 93. In the order, FERC stated: “The record in this proceeding supports the conclusion that access to GIC monitoring 
and magnetometer data will help facilitate GMD research, for example, by helping to validate GMD models.”  If GIC monitoring and 
magnetometer data is already publicly available (e.g., form a government entity or university), FERC stated that NERC need not duplicate 
those efforts (n. 122).  

http://www.nerc.com/filingsorders/us/FERCOrdersRules/E-4.pdf
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Each user, owner or operator of the Bulk-Power System within the United States (other than 
Alaska and Hawaii) shall provide the Commission, the Electric Reliability Organization and the 
applicable Regional Entity such information as is necessary to implement Section 215 of the 
Federal Power Act as determined by the Commission and set out in the Rules of the Electric 
Reliability Organization and each applicable Regional Entity. The Electric Reliability Organization 
and each Regional Entity shall provide the Commission such information as is necessary to 
implement section 215 of the Federal Power Act. 
 

NERC Rules of Procedure Section 1600 provides:  
 

1601. Scope of a NERC or Regional Entity Request for Data or Information  
Within the United States, NERC and Regional Entities may request data or information that is 
necessary to meet their obligations under Section 215 of the Federal Power Act, as authorized by 
Section 39.2(d) of the Commission’s regulations, 18 C.F.R. § 39.2(d). In other jurisdictions NERC 
and Regional Entities may request comparable data or information, using such authority as may 
exist pursuant to these Rules of Procedure and as may be granted by Applicable Governmental 
Authorities in those other jurisdictions. The provisions of Section 1600 shall not apply to 
Requirements contained in any Reliability Standard to provide data or information; the 
Requirements in the Reliability Standards govern. The provisions of Section 1600 shall also not 
apply to data or information requested in connection with a compliance or enforcement action 
under Section 215 of the Federal Power Act, Section 400 of these Rules of Procedure, or any 
procedures adopted pursuant to those authorities, in which case the Rules of Procedure applicable 
to the production of data or information for compliance and enforcement actions shall apply. 
 
1602. Procedure for Authorizing a NERC Request for Data or Information 

1. NERC shall provide a proposed request for data or information or a proposed modification to a 
previously-authorized request, including the information specified in Section 1602.2.1 or 
1602.2.2 as applicable, to the Commission’s Office of Electric Reliability at least twenty-one 
(21) days prior to initially posting the request or modification for public comment. Submission 
of the proposed request or modification to the Office of Electric Reliability is for the 
information of the Commission. NERC is not required to receive any approval from the 
Commission prior to posting the proposed request or modification for public comment in 
accordance with Section 1602.2 or issuing the request or modification to Reporting Entities 
following approval by the Board of Trustees. 

2. NERC shall post a proposed request for data or information or a proposed modification to a 
previously authorized request for data or information for a forty-five (45) day public comment 
period. 

2.1. A proposed request for data or information shall contain, at a minimum, the following 
information: (i) a description of the data or information to be requested, how the data 
or information will be used, and how the availability of the data or information is 
necessary for NERC to meet its obligations under applicable laws and agreements; (ii) a 
description of how the data or information will be collected and validated; (iii) a 
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description of the entities (by functional class and jurisdiction) that will be required to 
provide the data or information (“Reporting Entities”); (iv) the schedule or due date for 
the data or information; (v) a description of any restrictions on disseminating the data 
or information (e.g., “Confidential Information,” “Critical Energy Infrastructure 
Information,” “aggregating” or “identity masking”); and (vi) an estimate of the relative 
burden imposed on the Reporting Entities to accommodate the data or information 
request. 

2.2. A proposed modification to a previously authorized request for data or information 
shall explain (i) the nature of the modifications; (ii) an estimate of the burden imposed 
on the Reporting Entities to accommodate the modified data or information request, 
and (iii) any other items from Section 1602.2.1 that require updating as a result of the 
modifications. 

3. After the close of the comment period, NERC shall make such revisions to the proposed 
request for data or information as are appropriate in light of the comments. NERC shall submit 
the proposed request for data or information, as revised, along with the comments received, 
NERC’s evaluation of the comments and recommendations, to the Board of Trustees. 

4. In acting on the proposed request for data or information, the Board of Trustees may authorize 
NERC to issue it, modify it, or remand it for further consideration. 

5. NERC may make minor changes to an authorized request for data or information without 
Board approval. However, if a Reporting Entity objects to NERC in writing to such changes 
within 21 days of issuance of the modified request, such changes shall require Board approval 
before they are implemented. 

6. Authorization of a request for data or information shall be final unless, within thirty (30) days 
of the decision by the Board of Trustees, an affected party appeals the authorization under this 
Section 1600 to the Applicable Governmental Authority. 

 
1603. Owners, Operators, and Users to Comply 
Owners, operators, and users of the Bulk-Power System registered on the NERC Compliance 
Registry shall comply with authorized requests for data and information. In the event a Reporting 
Entity within the United States fails to comply with an authorized request for data or information 
under Section 1600, NERC may request the Commission to exercise its enforcement authority to 
require the Reporting Entity to comply with the request for data or information and for other 
appropriate enforcement action by the Commission. NERC will make any request for the 
Commission to enforce a request for data or information through a non-public submission to the 
Commission’s enforcement staff. 
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Rules of Procedure Section 1600 Required Information 
The following information is provided to support the data request, as required by NERC Rules of 
Procedure Section 1602.  
 
Description of the data requested, how the data will be used, and how the availability of the 
data is necessary for NERC to meet its obligations under applicable laws and agreement 
NERC, pursuant to Section 1600 of the NERC Rules of Procedure, will request geomagnetically-induced 
current (GIC) monitor data and magnetometer data for specific time period(s) from registered entities 
that possess such data.3 Attachment 1 contains details of the data and information requested.  
 
The data is intended to promote greater understanding of GMD events and their potential impacts to the 
reliable operation of the Bulk-Power System. For example, measured GIC and magnetometer data can 
help validate various models used in calculating GICs and assessing their impacts in power systems. As 
specified in Order No. 830, NERC will make non-confidential collected GIC and magnetometer data 
available. 
 
Description of how the data will be collected and validated 
Data will be collected by electronic submission. The request covers measured (raw) data. NERC will verify 
completeness of received data for the collection periods described in Attachment 1. 
 
Description of entities that are requested to provide data (Reporting Entities) 
Transmission Owners and Generator Owners will be requested to indicate whether or not they have GIC 
data or magnetometer data for the period beginning May 1, 2013. Reporting Entities with GIC data or 
magnetometer data from May 1, 2013, or later will be requested to provide data for specific periods as 
described in attachment 1. A Reporting Entity may submit a consolidated report that covers the GIC data 
or magnetometer data of several NERC entities if the Reporting Entity desires to do so. NERC entities 
outside the jurisdiction of the United States may provide data specified in Attachment 1, but are not 
required to do so.  
 
Schedule for providing data  
Data reporting is anticipated to begin in 2019. Requested data for historical periods from May 1, 2013 to 
March 31, 2019, shall be provided to NERC by June 30, 2019. Thereafter, requested data for specific 
periods shall be provided annually that covers the period of April 1 to March 31 to NERC by June 30 of 
each year for the previous 12 months ending on March 31 of the reporting year. To avoid requiring 
Reporting Entities to store data for longer periods of time, the Reporting Entities may provide the 
requested data prior to the annual (June 30) deadline.   
 
The schedule for data reporting will be finalized when the data collection technology application and data 
reporting instructions are completed.  
 
 
                                                      
3  The data request applies to U.S. responsible entities. Responsible entities in other NERC jurisdictions including Canada are 
encouraged to participate in order to obtain relevant GMD data for the North American Bulk-Power System. 
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Restrictions on disseminating data 
In accordance with guidance issued by FERC in Order No. 830,4 NERC does not anticipate that the 
requested information will contain Confidential Information as that term is defined by Section 1501 of the 
NERC Rules of Procedure.  
 
If a Reporting Entity believes that any data required to be submitted under this request is Confidential 
Information, the entity shall submit a request to NERC for Confidential Information treatment. The burden 
shall rest on the Reporting Entity to justify the need for confidential treatment. This request shall:  

1. be submitted no later than 60 days prior to the date the data submission is due;  
2. identify the data claimed to be Confidential Information; 
3. state, with specificity, the reasons why the data is claimed to be Confidential Information; and 
4. identify the time period after which the data would no longer be considered Confidential 

Information (e.g., six months). 

If the request is granted, the Reporting Entity shall mark all Confidential Information or Critical Energy 
Infrastructure Information as instructed in Section 1502.1 of the NERC Rules of Procedure to ensure that 
all sensitive information will be protected. NERC will handle that data in accordance with Sections 1500 
and 1605 of the NERC Rules of Procedure for as long as the data is considered Confidential Information.  
 
Entities denied access to GIC and magnetometer data or Reporting Entities denied Confidential Treatment 
of GIC and magnetometer data may appeal this determination to FERC. 
 
Burden to Reporting Entities 
The burden of responding to this data request will vary depending on several factors, including the 
number of monitoring devices, system capabilities for data retrieval, and the specific data requested 
(based on GMD activity during the reporting period). The selected thresholds for reporting (GMD events 
of Interest in Attachment 1) are intended to minimize burden on Reporting Entities without detracting 
from the objective of obtaining relevant data on GMD events with the potential to impact reliable 
operation of the BES. GMD Events meeting the reporting threshold are expected to occur, on average, 
130 days during an 11-year solar cycle5. 
 
  

                                                      
4  See Order No. 830 at PP 93-95. 
5  See National Oceanographic and Atmospheric Administration Space Weather Prediction Center (NOAA SWPC) Space Weather 
Scales, Category G3 - Strong.  
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Attachment 1 

 
NERC, pursuant to Section 1600 of the NERC Rules of Procedure, requests geomagnetically-induced 
current (GIC) monitor data and magnetometer data from registered entities that possess such data for the 
period beginning May 2013, including both data existing as of the date of the approved data request and 
new data going forward. 
 
Entity Information  
The following information is requested for each NERC Registered Entity that is a Transmission Owner or 
Generator Owner on March 31, 2019. Entities that register as a Transmission Owner or Generator Owner 
after March 31, 2019 are requested to provide the following information within 90 days of registering. 
Reporting Entities will report changes to the information below, if any, within 90 days of completing any 
change. A Reporting Entity may submit a consolidated report that covers the requested information of 
several NERC entities if the Reporting Entity desires to do so. 

• Entity Name and NERC ID 
• Entity Point of Contact: Name, email address, and phone number 
• Number of GIC monitoring devices connected to a BES Facility providing data to the Reporting 

Entity, if any 
• For each GIC monitoring device connected to a BES Facility, provide: 

o Geographic Latitude, in nearest whole degree and tenth of degree 
o Geographic Longitude, in nearest whole degree and tenth of degree 
o A device identification number (Device ID) assigned by NERC. When a Reporting Entity has 

one GIC monitoring device, the Device ID is the Reporting Entity’s NERC ID. When the 
Reporting Entity has more than one GIC monitoring device, the device ID is the Reporting 
Entity’s NERC ID with an additional unique number (e.g. 21999-1, 21999-2,…) 

o The measurement range for the GIC Monitor in Amperes (e.g., -500 A through + 500 A) 
o The type of transformer associated with the GIC monitoring device (e.g., three-phase, 

single-phase, auto) 
o The type of neutral connection (“3” to indicate three-phase, “1” to indicate single-phase, 

or “N/A” to indicate the information is not applicable) 
• Number of magnetometers owned or operated by the Reporting Entity, if any 
• For each magnetometer, provide: 

o Geographic Latitude, in nearest whole degree and tenth of degree 
o Geographic Longitude, in nearest whole degree and tenth of degree 
o A device ID assigned by NERC.  When a Reporting Entity has one magnetometer, the 

Device ID is the Reporting Entity’s NERC ID. When the Reporting Entity has more than one 
magnetometer, the device ID is the Reporting Entity’s NERC ID with an additional unique 
number (e.g. 21999-1, 21999-2,…) 

o Orientation of the magnetometer (e.g., cartesian, horizontal-polar) 
o Type of instrument and manufacturer 
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GIC Monitoring Device Data 
Provide all GIC monitoring device data collected within the time period defined for each GMD event of 
interest. Ideally, data sampling rates during GMD events of interest should be at a continuous rate of one 
sample per 10 seconds or faster. For historical GMD events of interest (back to May 2013), provide GIC 
monitoring device data of one sample per 10 seconds if available. Otherwise, provide any GIC monitoring 
device data that the entity has or report ‘No data available’, as appropriate.  

• Data fields.  
o Device ID.  The unique identifier described above. 
o Date/Time stamp.  The date and time to the whole second at which the data was sampled 

(versus system or SCADA time), recorded in Greenwich Mean Time (GMT). (MM/DD/YYYY 
HH:MM:SS). If sample time is not recorded, indicate ‘System Time’ 

o GIC value.  The measurement of the GIC, to the nearest tenth Amperes (A). Positive (+) and 
negative (-) signs indicate direction of GIC flow (Positive reference is flow from ground into 
transformer neutral). 

 
Magnetic Field Data 
Provide all magnetic field data collected from the Reporting Entity’s magnetometers within the time 
period defined for each GMD event of interest. Ideally, data sampling rates during GMD events of interest 
should be at a continuous rate of one sample per 10 seconds or faster. 

• Data fields. 
o Device ID.  The unique identifier described above. 
o Date/Time stamp.  The date and time to the whole second at which the data was sampled 

(versus system or SCADA time), recorded in Greenwich Mean Time (GMT). (MM/DD/YYYY 
HH:MM:SS)  

o Measurement values.  The measured magnetic field vector (e.g., three magnetic field 
components, to nearest tenth of nano-Tesla (nT) or higher resolution.) 

 
GMD Events of Interest 
 
GMD events of interest for the period starting May 1, 2013 and ending March 31, 2019 
A listing of periods when geomagnetic activity met or exceeded K-7 as determined by NOAA Space 
Weather Prediction Center will be specified by date and time ranges.  
 
GMD events of interest for annual periods (between April 1, 2019, and each year thereafter, 
ending on March 31 of the subsequent year) 
During GMD events of moderate and stronger geomagnetic activity. Data collection periods begin when 
geomagnetic activity thresholds for K-7 are reached at any part of the continental United States as 
determined by NOAA Space Weather Prediction Center. The data collection period continues for 24-
hours, or 12-hours after geomagnetic activity recedes below K-7 thresholds, whichever is longer.6  
 

                                                      
6  NOAA SWPC issues an alert when geomagnetic activity thresholds for K-7 are reached. NOAA SWPC forecasts, warnings, and alerts 
are available to the public by subscription service and from the NOAA SWPC website.    
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Data Format and Submission 
To be defined separately as Data Reporting Instructions (DRI). 
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Example Data Formats 
 

Date Time Sta 1 Sta 2 Sta 3 Sta 4 
9/11/15 0:00:00 1.1 -0.2 5.1 0 
9/11/15 0:00:10 1.1 -0.2 5.2 0 
9/11/15 0:00:20 1 -0.2 5.1 0 
9/11/15 0:00:30 1.1 -0.2 5.1 0.1 
9/11/15 0:00:40 1 -0.2 5.2 0 
9/11/15 0:00:50 1 -0.2 5.1 0 
9/11/15 0:01:00 1 -0.2 5.1 0 
9/11/15 0:01:10 1 -0.2 5.1 0 
9/11/15 0:01:20 1 -0.1 5.3 0 
9/11/15 0:01:30 1 -0.1 5 0 
9/11/15 0:01:40 0.9 -0.6 4.9 0 
9/11/15 0:01:50 0.8 -0.1 4.6 0.1 
9/11/15 0:02:00 0.8 -0.3 4.6 0 
9/11/15 0:02:10 0.8 -0.3 4.7 0.1 
9/11/15 0:02:20 0.8 -0.2 5 0 
9/11/15 0:02:30 0.5 -0.2 5.8 0 
9/11/15 0:02:40 0.3 0 6.3 0 
9/11/15 0:02:50 0.5 -0.2 5.5 0.1 
9/11/15 0:03:00 0.5 -0.2 4.3 0.1 
9/11/15 0:03:10 0.4 -0.2 4 0 

 
Figure 1 is an example of GIC data 
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Date Time_utc Station N (NT) E (NT) Z (NT) 
1/00/15 2:00:00 AM BOU -0.9 1.5 2.6 
1/00/15 2:00:10 AM BOU -1 1.4 2.7 
1/00/15 2:00:20 AM BOU -0.3 0.9 2.7 
1/00/15 2:00:30 AM BOU -0.9 1 2.7 
1/00/15 2:00:40 AM BOU -0.5 0.9 2.6 
1/00/15 2:00:50 AM BOU -0.5 0.4 2.7 
1/00/15 2:01:00 AM BOU -0.3 0.3 2.6 
1/00/15 2:01:10 AM BOU 0.1 0.4 2.5 
1/00/15 2:01:20 AM BOU 0.3 0.6 2.6 
1/00/15 2:01:30 AM BOU 0.5 0.3 2.7 
1/00/15 2:01:40 AM BOU 0.5 0.3 2.7 
1/00/15 2:01:50 AM BOU 0.6 0 2.7 
1/00/15 2:02:00 AM BOU 0.4 -0.2 2.7 
1/00/15 2:02:10 AM BOU 0.5 -0.1 2.7 

 
Figure 2 is an example of magnetic field data 

 
 



Agenda Item 7a 
Planning Committee 
December 13, 2017 

 
Overview of DER Impacts to UFLS/UVLS Programs 

 
 
Action 
Discussion 
 
Background 
In September 2017, the NERC Planning Committee (PC) discussed potential reliability 
implications associated with high penetration of Distributed Energy Resources (DER) on 
Underfrequency Load Shedding (UFLS) programs. As noted in the 2017 DER Report, The effect 
of aggregated Distributed Energy Resources (DER) may not be fully represented in Bulk-Power 
System (BPS) planning models and operating tools. This could result in unanticipated power 
flows, increased demand forecast errors, and unintended consequences in protection and 
control of the BPS. [1] In the case of UFLS and Undervoltage Load Shedding (UVLS) programs, an 
unexpected loss of aggregated or an aggregated portion of DER can contribute to frequency 
and voltage instability at high DER penetrations. 
 
The PC determined that additional information from Regional Entities on practices and 
approaches to account for DER in UFLS and UVLS programs was needed in order to assess risks 
to reliability and potential actions that the PC or subcommittees should consider. 
 
Regional Entity representatives were asked to develop overview presentations to inform the PC 
on the activities and measures being taken by Planning Coordinators to account for DER in UFLS 
and UVLS program planning. Some topics included in these presentations are:  

• Strategies that are in place or are being considered to minimize the impact DER can 
have on UFLS and UVLS programs; 

• Approaches to account for DER in UFLS and UVLS protection design (e.g., how DER is 
accounted for in feeder loadings);  

• Ways that can be employed by the Planning Coordinator to evaluate the potential 
impact on UFLS and UVLS effectiveness caused by changes or growth in DER since the 
UFLS/UVLS was designed. 

 
The PC will discuss the reliability risks and consider potential next steps that may be warranted. 
 
Summary 
Leave Blank for meeting participant notes 

                                                      
[1] 2017 Distributed Energy Resources Report - Connection, Modeling, and Reliability Considerations 

http://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/Distributed_Energy_Resources_Report.pdf
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2017 LTRA Recap and Process Feedback  

 
 
Action 
Discussion 
 
Background 
NERC staff will offer a recap of the 2017 LTRA key findings and recommendations, along with a 
discussion on how to improve the review process for 2018, addressing the following concerns: 

• NERC Staff modifying the LTRA, subsequent to PC Approval / Acceptance 
• Comment matrix, review periods, and transparency 

 
Summary 
Leave Blank for meeting participant notes 
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Planning Committee 
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Scope Overview: Special Reliability Assessment on Accelerated Conventional 

Generation Retirements Impact 
 
 
Action 
Discussion 
 
Background 
In May 2017, NERC solicited policy input from stakeholders on future special reliability 
assessments and discussed topics with the Member Representatives Committee (MRC). NERC 
proposed conducting an assessment of the potential impacts on Bulk-Power System reliability 
that could be cause by accelerated retirements of large amounts of coal-fired and nuclear 
generation resources.  
 
The assessment topic was selected to align with the work of the Reliability Issues Steering 
Committee (RISC) and other NERC reliability assessments. The ERO Reliability Risk Priorities 
Report1 have highlighted the uncertainty of resource adequacy and performance as a high risk 
due to the acceleration of synchronous generation retirements. The recent Department of 
Energy proposed rule considers implementing cost compensation for certain coal-fired and 
nuclear generation resources to ensure the reliability and resilience benefits provided by these 
assets are maintained in the resource mix.  
 
Accelerated generation retirements may not be foreseen in long-range planning processes, and 
thus can result in an exposure period during which BPS reliability could be degraded. 
Furthermore, lack of energy infrastructure or other siting constraints may result in replacement 
generation being located at long distances from load-centers being served resulting in potential 
reliability and resilience issues. 
 
NERC is developing an assessment scope and timeline with region representatives from ERO-
RAPA, the Reliability Assessments Subcommittee, and input from utilities.  
 
 
Summary 
Leave Blank for meeting participant notes 

                                                      
1                 ERO Reliability Risk Priorities: RISC Recommendations to the NERC Board of Trustees, November 2016, 
http://www.nerc.com/comm/RISC/Related%20Files%20DL/ERO_Reliability_Risk_Priorities_RISC_Reccommendatio
ns_Board_Approved_Nov_2016.pdf 
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	Preface
	The North American Electric Reliability Corporation (NERC) is a not-for-profit international regulatory authority whose mission is to assure the reliability and security of the bulk power system (BPS) in North America. NERC develops and enforces Reliability Standards; annually assesses seasonal and long‐term reliability; monitors the BPS through system awareness; and educates, trains, and certifies industry personnel. NERC’s area of responsibility spans the continental United States, Canada, and the northern portion of Baja California, Mexico. NERC is the Electric Reliability Organization (ERO) for North America, subject to oversight by the Federal Energy Regulatory Commission (FERC) and governmental authorities in Canada. NERC’s jurisdiction includes users, owners, and operators of the BPS, which serves more than 334 million people. 
	The North American BPS is divided into eight Regional Entity (RE) boundaries as shown in the map and corresponding table below.
	/
	The North American BPS is divided into eight RE boundaries. The highlighted areas denote overlap as some load-serving entities participate in one Region while associated transmission owners/operators participate in another.
	Preamble
	NERC, as the FERC-certified Electric Reliability Organization (ERO), is responsible for the reliability of the Bulk Electric System (BES) and has a suite of tools to accomplish this responsibility, including but not limited to the following: lessons learned, reliability and security guidelines, assessments and reports, the Event Analysis program, the Compliance Monitoring and Enforcement Program, and Reliability Standards. Each entity, as registered in the NERC compliance registry, is responsible and accountable for maintaining reliability and compliance with the Reliability Standards to maintain the reliability of their portions of the BES. 
	It is in the public interest for NERC to develop guidelines that are useful for maintaining or enhancing the reliability of the BES. The NERC Technical Committees—the Operating Committee (OC), the Planning Committee (PC), and the Critical Infrastructure Protection Committee (CIPC)—are authorized by the NERC Board of Trustees (Board) to develop Reliability (OC and PC) and Security (CIPC) Guidelines per their charters. These guidelines establish voluntary recommendations, considerations, and industry best practices on particular topics for use by users, owners, and operators of the BES to help assess and ensure BES reliability. These guidelines are prepared in coordination between NERC Staff and the NERC Technical Committees. As a result, these guidelines represent the collective experience, expertise, and judgment of the industry. 
	The objective of each reliability guideline is to distribute key practices and information on specific issues to support high levels of BES reliability. Reliability guidelines do not provide binding norms and are not subject to compliance and enforcement (unlike Reliability Standards that are monitored and subject to enforcement). Guidelines are strictly voluntary and are designed to assist in reviewing, revising, or developing individual entity practices to support reliability for the BES. Further, guidelines are not intended to take precedence over Reliability Standards, regional procedures, or regional requirements. Entities should review this guideline in conjunction with Reliability Standards and periodic review of their internal processes and procedures, and make any needed changes based on their system design, configuration, and business practices.
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	Executive Summary
	The electric utility industry is undergoing a rapid change in the way the bulk power system (BPS) is planned and operated, predominantly driven by a changing resource mix and increasing penetration of renewable energy resources such as wind and solar. One aspect of this change is the growing use of newer technologies, such as wind plants, solar photovoltaic solar plants, and battery energy storage systems that are asynchronously connected to the grid through a power electronic interface. As a group, these types of resources are commonly referred to as inverter-based resources or non-synchronous resources. The changing resource mix not only affects dispatch and essential reliability services such as voltage control, frequency response, and ramping, but also affects grid dynamics and controls. Grid planners and operators are faced with addressing these engineering issues as more of these resources connect to the grid. 
	Grid strength is a commonly used term to describe how “stiff” the grid is in response to small perturbations such as changes in load or switching of equipment. While strong grids provide a stable reference source for resources, weak grids can pose challenges for connecting new resources and particularly for connecting inverter-based resources. These resources rely on an adequate grid strength (relative to the size of the resource) for synchronizing the power electronics. In addition, inverter-based resources do not provide significant levels of fault current. While these issues alone do not pose a reliability risk, existing control, and protection paradigms need to be adapted to accommodate these changing characteristics from the generation fleet.
	This guideline provides the electric utility industry with background and useful reference information pertaining to the topics of identifying weak grid conditions and potential issues that may arise from weak grids when connecting or operating inverter-based resources. The goal of this guideline is to proactively provide the industry with information to consider as these types of issues emerge for increased penetrations of inverter-based resources.
	Key takeaways discussed throughout this guideline include:
	 Increasing Penetration of Inverter-Based Resources and “Weak Grid” Conditions: Inverter-based resources (e.g., wind and solar) continue to be a significant component of new generating resource additions. As the resource mix and technologies interconnecting to the BPS continue to evolve, the electric power grid will undergo changes. Utility-scale, inverter-based resources are often located in areas of the BPS with relatively sparse transmission and few synchronous generating resources; and are generally considered “weak” parts of the system due to their low short circuit strength relative to the size of the interconnected inverter-based resources.
	 Need for Enhanced Coordination and Communication: The most important aspect of identifying and mitigating issues with inverter-based resources in a weak grid is coordination and communication between the Transmission Planner (TP), Generator Owner (GO), and manufacturer of the inverter-based resource. Increased coordination between these entities will help ensure any weak grid issues that may arise can be addressed and mitigated effectively. 
	 Inverter Controls Affected: The control systems of a vast majority of inverter-based resources rely on the voltage magnitude and angle at their terminals to not be largely affected by the current injection of the resource for stable operation. In this context, electrical system strength refers to the sensitivity of the resource’s terminal voltage to variations of current injections. In a “strong” system, voltage and angle are relatively insensitive to changes in current injection from the inverter-based resource, while this sensitivity is higher in a “weak” system.
	 Short Circuit Ratio (SCR) Based Metrics: The SCR metric is most appropriate when considering a single inverter-based resource interconnecting to the BPS. It does not account for the presence of other inverter-based resources or power electronic-based equipment. Additional SCR-based metrics have been developed by industry to address the presence of multiple inverter-based resources, and should be considered accordingly for each system being studied. Each SCR-based metric has potential benefits and drawbacks in its application that are discussed herein. In general, SCR-based metrics should be used by planners, manufacturers, and developers to obtain a high level understanding of area system strength. The relative impact the inverter-based resource (s) will have on the larger power system is assessed with more detailed studies using specific knowledge of the equipment (from the manufacturers and developers) and the network (from the planners) to confirm whether the plant will work correctly.
	 Weak Grid Issues: A number of issues may manifest under weak grid conditions. These issues may include anything from classical voltage instability to control instability and control interactions. Examples of these types of issues are provided in this guideline to raise industry awareness of the issues and means by which to study these issues. The most important aspect of identifying and mitigating these issues is coordination and communication between the TP, GO, and manufacturer of the inverter-based equipment. 
	 Planning Considerations: TPs need to ensure accurate and representative models are available to perform grid reliability studies, including inverter-based resources. Planners are recommended to use the screening methods outlined in this guideline to identify areas where weak grid conditions may be a concern. Once these areas are understood, modeling requirements should be put in place that clearly define the types of models, list of acceptable models, and intended use of these models. Transient stability models may have limitations to model detailed inverter-response, particularly under weak grid conditions. Detailed electromagnetic transient (EMT) models may be needed to identify any weak grid issues that could arise.
	 Solution Strategies: The TP, GO, and manufacturer have a number of exploratory solution options to mitigate potential weak grid issues that may arise for interconnecting inverter-based resources. These range from reinforcements or equipment that improve grid strength directly to enhancing inverter-based resource controls to enable more reliable operation under weak grid conditions. 
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	Inverter-based resources such as variable energy resources (VER) like wind and solar continue to be a significant component of new capacity additions. The cumulative additions of these utility-level resources to the North American power system surpassed 100 GW in 2016 (Figure 1.1). While wind has been the predominant renewable resource, solar capacity additions are rapidly growing in many areas of the BPS. As the resource mix and technologies interconnecting to the BPS continue to evolve, the electric power grid will undergo changes. Many of the large utility-scale renewable generating resources are not located near major load centers. These resources are often in areas of the grid with sparse extra high voltage (EHV) transmission backbone and few synchronous generating resources to provide short circuit current and grid strength. These parts of the grid are generally considered “weak” parts of the system for these reasons. 
	/
	Figure 1.1: Cumulative Wind and Solar Additions (2008-2016)
	There are engineering challenges when integrating inverter-based resources into weak electric systems. More common challenges that planners and operators have had to face include:
	 Transmission overloading: need for higher capacity transmission in the local area to accommodate higher penetrations of inverter-based resources
	 Voltage profile or voltage deviation challenges: additional reactive power compensation or inverter-based controls to ensure acceptable voltage profiles across the system and sufficient reactive power available following major grid events
	 Low short circuit ratio (SCR): no significant short circuit sources driving need to ensure sufficient levels of current for fault clearing and generator protection
	There are additional challenges that can occur when interconnecting inverter-based resources to weak parts of the BPS that are typically more complex and involve more advanced engineering analysis. A technical brochure was recently published by CIGRE WG B4.62, titled Connection of Wind Farms to Weak AC Networks, which describes some of these more advanced issues related to interconnecting wind power plants (WPPs). The purpose of this guideline is to highlight some of the key takeaways from the CIGRE technical brochure, in coordination with CIGRE and the subject matter expertise that helped contribute to the brochure, and introduce some additional points that are relevant for the North American BPS. The focus is to provide utility planners, modelers, generation developers and owners, and operations engineers with useful experience-based information, tools, techniques, and recommendations around identifying weak grids and mitigating potential issues that could arise in weak grid conditions.
	Most inverter-based resources are interfaced with the BPS using power electronic converters. Examples include wind turbine generators (WTGs) with full converter technology (Type 4 WTGs), doubly-fed induction generators (Type 3 WTGs), and solar PV inverters. The vast majority of control systems for these resources rely on the voltage magnitude and angle at their terminals to not be largely affected by the current injection for stable operation. In this context, electrical system strength refers to the sensitivity of the inverter-based resource terminal voltage to variations of its current injection. In a “strong” system, this sensitivity is low; in a “weak” system, this sensitivity is higher. 
	Inverter-based resources connecting to a portion of the BPS with synchronous generation that is electrically close or relatively large is likely to be connecting to a strong system. If the size (rating) of resource connecting to this system increases or the electrical distance to the synchronous generation increases, then relative system strength becomes weaker. Technology and control advances in recent years has enabled certain inverter-based technologies to perform satisfactorily in these weaker systems. Regardless, system strength continues to be a useful and simple indication to anticipate potential performance issues and facilitate discussions with inverter-based resource developers and manufacturers regarding any identified issues. 
	A different definition of system strength is occasionally used to characterize the tolerance of system frequency to active power unbalances. While that aspect is relevant to BPS reliability, and is also an issue that will grow with increased penetration of inverter-based resources, it is not related to the subjects discussed in this guideline.
	The predominant reason the issues highlighted throughout this guideline are more prevalent with variable energy resources is that these resources are connected to the grid through power electronic controls. Inverter-based resources offer faster, more advanced controls than synchronous machines, but the additional flexibility also adds a layer of complexity when it comes to ensuring their reliable operation when interconnected to the BPS. This section provides a high-level overview of the types of inverter-based resources described throughout this guideline; in particular, Type 3 and Type 4 wind turbine generating plants and solar photovoltaic plants. 
	WPPs consist of many individual WTGs connected through a collector system to a WPP collector substation where the voltage is typically stepped up to same voltage as the BPS voltage in which it is connected to. The individual WTG ratings are usually in the range of 1 to 5 MVA, and are one of the four major technology types (Figure 1.2):
	 Type 1: Fixed speed induction generator
	 Type 2: Variable slip induction generator with variable rotor resistance
	 Type 3: Variable speed doubly-fed induction generator
	 Type 4: Variable speed full converter interface
	/
	Figure 1.2: WTG Technologies and Grid Interfaces [Source: WECC]
	Type 1 and 2 WTGs are induction generators directly connected to the electric power system. Type 1 WTGs are induction generators with simple controls and a steep torque-speed characteristic so they operate at nearly constant speed and larger units use (relatively slow) blade pitch controls to aid in speed control. Type 2 WTGs vary the rotor resistance using power electronics. The (fast) rotor resistance control works with the blade pitch control to control speed, improve stability following disturbances, and reduce mechanical stress. It also helps smooth out voltage flicker caused by variable output, improving power quality. As induction generators, these WTGs consume reactive power and require shunt compensation to meet power factor requirements at the point of interconnection (POI). While these technologies may still exist, they are relatively older technologies and are not typically being installed in the North American market.
	Type 3 and 4 WTGs are connected to the grid through some form of power electronic interface that includes an AC-DC-AC conversion. This inverter interface and fast electronics allow for a much more flexible control of speed vs. torque, enables independent control of active and reactive power, provides more efficient conversion of kinetic energy to electrical energy, and enables these resources to support steady-state and dynamic voltage control. The stator of a Type 3 WTG is directly interfaced with the electric power system while the rotor is connected through a power electronic interface allowing for variable speed of the machine and fast control response. Type 4 WTGs are connected through a full AC-DC-AC interface, asynchronously isolating the WTG from the system. This requires the converter to be fully sized to the rating of the WTG the electric machine which may be an induction generation, synchronous generator, or permanent magnet generator that operates at variable speeds.
	WPPs, particularly WPPs with Type 3 and 4 WTGs, typically have a plant level control strategy where each individual WTG has its own controls to ensure some level of speed-torque, aerodynamic, pitch, and converter controls, and an overall plant controller coordinates these turbine level controls to ensure overall stable operation of the entire fleet of WTGs. The plant level controls generally use a voltage or MW/MVAR reference and distribute active and reactive power set points to each individual WTG, allowing the entire plant to operate with the grid in a coherent way. Figure 1.3 shows a block diagram of the overall wind plant control functions and how they operate together. 
	/
	Figure 1.3: Wind Plant Controller Block Diagram [Source: WECC]
	Utility-scale solar PV plants are built and designed in a similar fashion to Type 3 and 4 WPPs in that they consist of many individual inverter-based resources aggregated up to a central plant-level control system. The PV arrays are connected to the grid by a DC bus connected through power electronics and an isolation transformer (Figure 1.4). Being fully electronic, these resources have significant control flexibility as a result of the capabilities of the power electronics driving the inverters. Similarly, solar PV technology does not involve rotating mechanical parts so any mechanical limitations of WPPs that may hinder their control capabilities are not present with solar PV resources. Plant-level controls operate in much the same fashion as a wind plant in sharing controls amongst the PV panels based on inverter capability, available irradiance, panel status, and grid operating conditions.
	/
	Figure 1.4: One Line Diagram of a Solar PV Plant [Source: WECC]
	Inverter-based resources are particularly susceptible to weak grid conditions for several reasons. First, they have little or no inertia in their mechanical systems to provide the synchronizing power inherent in more traditional generation forms. Their ability to provide expected real and reactive power is dependent on the electronic controls which separate the power source from the grid. These controls in turn depend on a stable voltage reference from the grid. As the system is weakened, the voltage reference becomes less stable, and control dynamics and tuning become increasingly influential on overall system behavior. The specifics of some of the issues that may be encountered and the reasons for them will be covered later in this guideline.
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	The ability to identify “weak” systems helps to reliably plan and operate the BPS by understanding potential areas where weak grid issues could arise. Weak grids and the challenges associated with them are usually system-specific, making blanket interconnection standards or requirements often difficult to apply in a reasonable and fair manner. Therefore, it is often more appropriate for planners to use tools, techniques, and approaches to identify weak grid and determine if more detailed analyses are required for each interconnection or areas where weak grid issues and high penetration of inverter-based resources may occur. Similarly, it is important to understand, where applicable, the types of credible system conditions that could drive the grid into a weak condition and result in weak grid issues.
	There are a number of different methods in which system strength can be quantified. Each method has its benefits and drawbacks, which are described briefly in the following sections. However, some of these metrics are useful screening tools to determine potential weak grid conditions or areas. 
	As described before, the strength of a system is associated to the sensitivity of the inverter-based resource terminal voltage to its current injection changes. Hence, the quantification of system strength is related to the equivalent impedance seen from resource’s terminals into the BPS for small voltage variations during normal or contingency conditions. The indices described in this section can be calculated using short circuit programs to estimate these equivalent impedance values. It should be noted that these estimations are not related to the operation of the system during any particular short circuit condition.
	The most basic and easily applied metric to determine the relative strength of a power system is short circuit ratio (SCR). SCR is defined as the ratio between short circuit apparent power (SCMVA) from a 3LG fault at a given location in the power system to the rating of the inverter-based resource connected to that location. Since the numerator of the SCR metric is dependent on the specific measurement location, this location is usually stated along with the SCR number.
	Where 𝑆𝐶𝑀𝑉𝐴𝑃𝑂𝐼 is the short circuit MVA level at the POI without the current contribution of the inverter-based resource, and 𝑀𝑊𝑉𝐸𝑅 is the nominal power rating of the inverter-based resource being connected at the POI. This metric was developed as an aid in classical line-commutated converter (LCC) HVDC design, and is commonly used by the utility industry to quantify system strength. A low SCR area (“weak system”) indicates high sensitivity of voltage (magnitude and phase angle) to changes in active and reactive power injections or consumptions. High SCR (“stiff”) systems have a low sensitivity and are predominantly unaffected by changes in active and reactive power injection. The SCR metric is most appropriate when considering a single inverter-based resource operating into a relatively conventional power system (does not account for the presence of other inverter-based resources or power electronic-based equipment electrically close to the POI under study (e.g., other WPPs nearby)).
	SCR, as defined above, cannot be easily applied to understand the strength of a grid when multiple inverter-based resources are connected electrically close. More specifically, the use of SCR to estimate system strength for an inverter-based resource connected close to other inverter-based resources can lead to overly optimistic results. Several methods have been proposed to estimate system strength for groups of inverter-based resources connected electrically close. These are described briefly below for reference. Refer to the CIGRE technical brochure for more detailed examples. 
	The weighted short circuit ratio (WSCR) has been recently applied in Texas to assist in defining operational limits for total transmission of power from inverter-based resources across key power system interfaces. WSCR is defined as:
	where SCMVAi is the short circuit capacity at bus i without current contribution from non-synchronous generation and PRMWi is the MW output of non-synchronous generation to be connected at bus i. N is the number of wind plants fully interacting with each other and i is the wind plant index.
	Composite short circuit ratio (CSCR) estimates the equivalent system impedance seen by multiple inverter-based resources by creating a common medium voltage bus and tying all inverter-based resources of interest together at that common bus. The composite short circuit MVA at the common bus without current contribution from the inverter-based resources, CSCMVA, is then calculated. CSCR can then be calculated as
	where 𝑀𝑊𝑉𝐸𝑅 is the sum of the nominal power rating of all inverter-based resources considered. This method calculates an aggregate SCR for multiple inverter-based resources, rather than each resource like the conventional SCR approach. 
	Both the CSCR and the WSCR calculation methods are based on the assumption of strong electrical coupling between non-synchronous generation plants. This is equivalent to assuming that all non-synchronous generation plants are connected to a virtual POI. In practice, there is usually some electrical distance between each non-synchronous generation plant’s POI, and the non-synchronous generation plants will not fully interact with each other. The CSCR and WSCR values obtained with this method will typically give a more accurate estimate of the system strength compared to SCR values when more than one inverter-based resource is present.
	Other methods have been proposed which more directly account for impedances between the considered plants. This is done either through impedance matrix manipulation, or calculated changes in voltage at all other locations when reactive power is injected at each location. Although this method is more rigorous and allows consideration of each individual wind plant in the presence of the others, it is more difficult to apply as a screening method (for example, on the back of an envelope), and may be more difficult to determine what actions should be taken when used as an area wide operating screening tool. 
	SCR with Interaction Factors (SCRIF) has been proposed to capture the change in bus voltage at one bus corresponding resulting from a change in bus voltage at another bus. Electrically close inverter-based resource buses will have a relatively higher Interaction Factor (IF) than inverter-based resource buses that are electrically separated. When multiple inverter-based resources are located very close to each other, they share the grid strength and short circuit level; hence, the grid strength is actually much lower than the overall short circuit level calculated at that bus or buses. SCRIF captures the voltage sensitivity between inverter-based resources as a screening tool for potential controls issues by using inverter-based resource interaction factors, as follows:
	Where IF is the change in bus voltage at bus i (∆𝑉𝑖) for a change in bus voltage at bus j (∆𝑉𝑗), as follows:
	An advantage of the use of SCRIF is that it can be readily amended to cater for any conceivable configuration for connection of multiple inverter-based resources. 
	SCR, WSCR, CSCR, and similar metrics should be carefully applied, understanding the assumptions and limits of each metric. For example, if a system is determined to be extremely weak, such that the inverter-based resource is likely to have a problem, the equation for SCR immediately presents several mitigation solutions. Increasing the SCMVA at the interconnection (increasing the numerator) directly increases SCR. Synchronous condensers, lower impedance transformers, and additional interconnecting transmission all increase the short circuit level and generally improve weak system behavior. Conversely, decreasing inverter-based resource output (decreasing the denominator) also directly increases SCR, and is also effective to improve weak system behavior. 
	However, in both cases care is needed. Adding synchronous condensers can introduce new modes of angular instability, and may also introduce protection and maintenance challenges. Reduction in active power from the wind plant (through curtailment) relieves stress on loaded lines and generally improves stability, but can leave a fully rated inverter (with associated voltage controls etc.) still actively connected to the same grid. Since SCR generally does not consider inverter capacity, but MW output, other inverter-based equipment such as static var compensators (SVCs) or flexible AC transmission system (FACTS) devices are generally ignored in these calculations, even though they also require a stable voltage for their own power electronic controls.
	It is clear that disconnecting half of the units in an inverter-based resource plant may result in the same SCR increase as 50% active curtailment, the resulting electrical system is not the same and may respond differently in a weakened condition.
	If applying such a metric as a generic operating procedure (for example, WSCR should stay above a given threshold), the threshold for WSCR calculated using MVA could be different from WSCR calculated using MW. In this case, the WSCR metric could be applied both in terms of MW and MVA, as expressed below.
	Each of the methods described in the preceding sections has benefits and drawbacks as a screening tool to identify weak grid conditions and potential issues with inverter-based resources. Table 2.1 provides an illustrative description of the similarities, differences, benefits, and drawbacks of these metrics. The red ‘X’ represents that the metric cannot be applied for the described purpose. One star represents that the metric can be applied with some additional effort or processing, or can be applied to a limited extent, and two stars represents that the metric is easily or directly applied for these purposes. 
	/
	* e.g., STATCOMs or partial power inverter-based resources
	Each metric has benefits and drawbacks in its application for assessing system strength and potential weak grid issues. These may include:
	 Simple calculation using short circuit programs: Metric utilizes positive sequence short circuit program for primary results. Some simple additional manipulation or post-processing may be required.
	 Accounting for nearby inverter-based equipment: Metric inherently considers the presence of nearby inverter-based equipment, particularly if the equipment is very close.
	 Common metric across large group of inverter-based resources: Metric provides a single consolidated value for all the plants within the selected group. 
	 Accounts for weak coupling between plants within larger group: Metric is able to consider the isolating effect of impedance between inverter-based resource plants, or to consider that each plant may be obtaining system strength from different sources. (As opposed to assuming plants are perfectly coupled - essentially a single plant).
	 Considers non-active power inverter capacity: Metric accounts for capacity of inverters nearby which may require a strong system, but do not generate active power. Examples could be curtailed wind plants, static compensators (STATCOMs), or SVCs.
	 Considers individual sub-plants within larger group: Metric provides a system strength value at any number of individual buses within a group, accounting for the presence of the others.
	There are some critical limitations when SCR-based screening tools are used in power systems planning. First among these is the wide variety of problems which may be encountered under weak conditions. When the system is generally unable to support stable operation as well, the specific limits which will be encountered are very dependent on the precise nature of the interconnection. Specific control revisions within a vendor family of controls, specific system and outage conditions, and the precise nature of nearby equipment can all determine whether there will be a problem at a given SCR or not. The temptation for planners is to apply screening metrics in a general way to determine whether their system will operate correctly, while the reality is that weak system issues are usually not general but specific. Lower SCR typically increases the likelihood of issues, but often doesn’t predict the exact mode of failure or the precise point at which system stability will be compromised. This uncertainty means that usually SCR-based metrics should be relegated to a high level of screening, and if specific knowledge is required regarding whether a given system will operate as expected, more rigorous study is required, often entailing EMT study tools.
	Even when used purely as screening metrics, there is a temptation for planners to use SCR-based tools to set “minimum system strength” criteria. The danger with this is that as equipment and control technology evolves, or as different types of equipment are mixed, the appropriate threshold becomes perilously difficult to set correctly. What is “weak” for one manufacturer may not be a problem for another. What was “weak” for one manufacturer two years ago may no longer be difficult to achieve. The addition of a new piece of equipment may (through poor controls, for example) suddenly destabilize otherwise very well controlled existing equipment.
	In general, SCR-based metrics should be used by planners, manufacturers, and developers to obtain a high level understanding of the relative impact the interconnecting generator(s) will have on the larger power system. Based on that information, and combined with specific knowledge of the equipment (from the manufacturers and developers), and specific knowledge of the network (from the planners), further studies may be required to confirm whether the plant will operate correctly.
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	A number of issues can occur under weak grid conditions. Once these potential conditions have been identified, it is useful to understand the different types of issues that have been observed and how these issues may be mitigated. All issues should be addressed in close coordination between the TP, Planning Coordinator (PC), GO, and manufacturer of the generating resources under consideration. These issues are relatively complex and this close coordination helps ensure all entities develop the most effective and efficient solution to the problem(s). This chapter provides an overview of some of the issues that may be encountered under weak grid conditions, particularly for inverter-based resources. Appendix B provides some illustrative examples of actual weak grid interconnection issues.
	Weak grid issues have been addressed by transmission planning engineers in different aspects for many years. One relatively well understood aspect of weak grids is steady-state voltage stability, which relates to how much the system voltage changes (dV) relative to changes in real or reactive power flow (dP or dQ) across the network. The change in system voltage compared to real or reactive power flow (dV/dP or dV/dQ) are well known measures quantifying grid voltage stability. The amount of reactive loss in the network is proportional to the square of the current (I2). The amount of voltage drop across the network is also based on the magnitude of current flowing through it. Network elements (e.g., transmission lines, transformers, and cables) are inherently lossy during periods of high power transfer due to their relatively high leakage and series reactance properties, ultimately lowering system voltage. During periods of lower demand, transmission line or cable shunt susceptance (also known as line charging) dominates and adds to the overall system reactive power supply, raising the voltage. 
	When the grid is strong, there are a relatively large number of online synchronous machines providing a substantial amount of available short circuit current and reactive support to the network. In a strong grid, the system series impedance is relatively low and the voltage is relatively constant vs. load level. That is, as power flow increases in a strong grid, dV/dP and dV/dQ is small. However, a weak grid has a comparably small availability of short circuit current (either due to fewer online synchronous machines or a higher network impedance due to long transmission lines and multiple voltage transformations). This low short circuit availability causes higher dV/dP and dV/dQ sensitivity, and these sensitivities increase as the electrical network becomes weaker (i.e., higher risk of voltage collapse). 
	The increased active power variability of inverter-based resources, their connection to weak grid locations, and the nature of their inverter controls can result in potential weak grid issues that may not generally be studied (or as closely considered) as synchronous resources. Figure 3.1 shows two illustrations of grid strength and control modes and how they may impact voltage stability. 
	 The left figure illustrates the impact that control modes can have on grid performance in a relatively strong grid. For a given installed rating of the generating resource, the constant power factor (unity power factor in this example) is unable to maintain voltage as strongly as the same resource in voltage control mode. While this is expected, this is an important concept and similar to the requirements put forth in FERC Order 827. In both cases, the voltage does not sag all that much in the strong grid case as load level is increased, but closed-loop dynamic voltage control of the POI and supply of reactive power to maintain voltages does a better job of supporting grid voltage during steady state operation. For inverter-based resource plants (as with any new generator following FERC Order 827), closed-loop voltage regulation is an essential reliability service for the BPS. 
	 The right figure illustrates the impact of power transfer on voltage in weak grids and how the different control points enable more active power transfer and a more stable local power system. The plot shows the PV curves under voltage control mode (green) and power factor control mode with various set points. As more power is transferred across the system in this weak grid scenario, dV/dP becomes larger. To support the grid voltage in these cases, shunt capacitor banks are switched on to discretely add reactive power and extend the power transfer capability, hence the spikes in the plots. Voltage control mode is able to stably support the most active power transfer across the system and also maintains a steady system voltage at higher power transfers. Conversely, power factor control mode at unity causes a quick degradation in system voltage for increased power transfer since the system requires an exponentially higher amount of reactive power for this case. Decreasing power factor levels (i.e., pf = 0.99, 0.98, 0.97) delivers more reactive power to the grid and result in high voltage conditions since the system is unable to accommodate the increasing reactive output at higher active power levels. In all power factor modes, the steepness of the PV curve and instability points are at relatively higher voltages than the voltage control mode.
	/
	Figure 3.1: Illustration of Grid Strength, Voltage Stability, and Wind Plant Control 
	[Source: GE]
	With inverter-based resources, output variability (e.g., changes in cloud cover or wind speed) may illuminate potential voltage issues that could arise in a classical voltage stability sense. Synchronous generation is typically held at constant active power output and ramped relatively slowly. Daily load changes can drive some instability issues, and those can be dealt with accordingly on a relatively slow basis. Individual inverter-based resources, on the other hand, can ramp output very quickly depending on available input power. This variability, coupled with the load profile, can exacerbate voltage stability risks. This can be further complicated by network topology changes, planned or forced outages, etc. While the system is planned for N-1 security, weak grid issues can materialize under a wide range of conditions, particularly under outage conditions. It is critical to have closed-loop voltage control for all grid-connected inverter-based resources, particularly in weak areas of the grid. 
	This issue of classical voltage stability is relevant and important to consider regardless of the source technology. However, it is not the only issue to be resolved. Separately, control stability is also an important issue to resolve in weak grids that have power electronic sources. 
	Control interaction refers to any interaction of control systems between elements on the BPS. This term is typically associated with power electronic-based generation interacting with other power electronic resources such as generators and FACTS devices, but also conventional generation and non-power electronic-based devices such as series capacitors or switched shunt devices. Control interaction is more prominent in weak grid areas because each device attempting to control a specific electrical quantity or point on the BPS has more impact on other devices. Conversely, in strong (“stiff”) parts of the system, each device has little overall impact in changing that quantity and therefore little impact on other devices.
	“Control instability” encompasses a broad spectrum of phenomena when applied in power systems, but one of the important modes of instability in weak systems relates to interactions between fast, high gain controllers of power electronic resources such as wind (Type 3 and Type 4) or solar plants and relatively high impedances connecting the resources to the power system. In general, the open loop gain as experienced by the interacting controllers is higher when they are connected and operated in weak AC systems, making them more susceptible to control instability (sometimes referred to as “small signal” instability). These instabilities may result in growing or erratic oscillations that have negative consequences to grid reliability such as unit tripping, flicker or power quality concerns, and ultimately potential human safety concerns or damage to equipment. Small signal stability concerns such as these are usually functions of the linear control regions and the network impedance, and are often characterized by oscillations occurring in the absence of any disturbance.
	Figure 3.2 shows an example of a wind turbine connected to a test system where the SCR is gradually decreased by increasing the impedance between the WPP and the simulated bulk system. At some point, every conventionally controlled wind plant will reach a minimum SCR, below which its controls will experience instability. 
	/
	Figure 3.2: WPP Control Instability Example for Weak Grid 
	[Source: Electranix]
	Other modes of instability become more common as the system is weakened, depending on specific control and protection configurations of individual plants. These can include non-linear controls or control-mode changes which activate during system disturbances or external events.
	Figure 3.3 shows an example of control instability at a wind plant connected to a weak grid. Following a fault, the plant enters a separate ride-through control mode, where active power is reduced and quickly ramped back up following fault clearing. However, as the active power ramps, the reactive support available from the inverter is unable to support the voltage due to the high impedance between the plant and the larger grid, and voltage collapses. This causes the plant to re-enter ride-through mode and reduce its active power, which in turn allows the voltage to recover, and the cycle repeats, causing severe voltage oscillations to propagate through the system.
	/
	Figure 3.3: Example of Control Instability (Mode Cycling) at Wind Plant Connected to Weak Grid [Source: Electranix]
	Figure 3.4 shows an example of control instability at a wind plant connected to a weak grid. Following a fault, the plant enters a separate ride-through control mode, where active power is reduced and quickly ramped back up following fault clearing, as in the prior example. However, the plant is unable to find a stable post fault operating point in the weakened system, and following several severe oscillations, the plant trips.
	/
	Figure 3.4: Example of Control Instability at Wind Plant Connected to Weak Grid 
	[Source: Electranix]
	These types of control interactions and instabilities are often not detectable using positive sequence simulation tools since these models usually do not represent the fast inner controllers that are responsible for the unstable modes. More complex studies using EMT tools may be required to identify control interactions or control instability for power electronic resources connected to weak grids. Furthermore, utilities with power electronic resources connected to weaker parts of the grid should be aware of these types of control interactions and should be proactive in identifying and mitigating these types of issues so as to ensure reliable operation of the BPS and avoid any unnecessary oscillatory behavior and/or plant tripping. 
	Ensuring ride-through capability and coordinated controls during abnormal grid conditions is essential for effectively integrating inverter-based resources into weak grids. Two aspects related to ride-through include meeting Reliability Standard requirements related to voltage and frequency protective relays, as well as stability of the phase lock loop (PLL) and inverter-based resource response to any PLL issues. 
	NERC Reliability Standard PRC-024-2 describes how generator protective relays should be set such that generating units remain connected during frequency and voltage excursions (see Figures 3.5 and 3.6). The curves specify a “No Trip Zone” where the BES resources should not trip within the specified time durations. Outside this specified region, BES resources may remain online to support grid reliability to the best extent possible. There is no explicit requirement for BES resource to trip; this is driven by plant protection requirements and local grid reliability issues.
	Within the “No Trip Zone”, resources are not permitted to “trip” or disconnect from the grid. Inverter-based resources typically incorporate a Momentary Cessation (“block”) mode where they cease to supply current to the grid. Inverter-based resources should support the grid during fault conditions by supplying active and reactive current to the best extent possible within their inverter capability. Momentary cessation should be used as sparingly as possible, and current injection should resume immediately following fault clearing in most cases. The concept of momentary cessation contradicts the general intent of PRC-024-2 to ride through abnormal conditions to continue operation and injection of active and reactive power (according to grid conditions and unit capabilities). The misinterpretation of PRC-024-2 standard requirements by asynchronous resources warrants a revisiting of PRC-024-2 to clarify these issues.
	Balancing the contribution of active and reactive current with the grid needs of voltage and frequency response may require detailed studies of inverter capability and coordination with the inverter-based resource manufacturer. While, in general, priority should be given to reactive current to ensure local voltage stability and maintaining voltages within acceptable limits during the transient timeframe and post-contingency steady-state, this should be coordinated between the TP, PC, GO, and manufacturer. Any inverter momentary cessation should be reserved for severe fault (zero voltage) conditions, and inverters should be capable of fast resumption of active and reactive power control once the fault condition has been cleared, depending on the energy and frequency requirements for the area. Manufactures should design their equipment such that it reliably supplies current to the grid within the "No Trip Zone" of the PRC-024-2 ride-through curves. Any local interconnection requirements should be met in addition to the PRC-024-2 requirements. 
	Voltage and frequency ride-through is critical under weak grid conditions for the following reasons:
	 Weak grids experience a high sensitivity of voltage to changes in power (i.e., higher dV/dP, dV/dQ), and are more prone to potential voltage collapse conditions. Attempting to push active current during low voltage conditions could further degrade system voltage and result in collapse. Reactive current should be given priority during fault conditions in these weak grid conditions; however, studies should ensure that reactive current contribution during fault conditions does not cause voltage overshoot or other problems that could trip the inverters. 
	 Weak grids are indicative of a lack of synchronous generators or transmission in the local area. Tripping of inverter-based resources during abnormal voltage and frequency excursions would further exacerbate issues of grid support.
	 Tripping of inverter-based resources could result in high voltage conditions due to loss of power transfer, which could result in cascading outage of inverter-based resources and further voltage rise. 
	/
	Figure 3.5: PRC-024-2 Voltage Ride-Through Curve
	/
	Figure 3.6: PRC-024-2 Frequency Ride-Through Curve
	 The majority of inverter-based resources use a PLL to synchronize to the grid. Figure 3.7 shows a generic inverter schematic and how the PLL is a key component of the overall control system between the network and the inverter. The inverter operates in a “grid following” fashion by deriving the grid phase and frequency using a closed loop control system (Figure 3.8). The PLL voltage phase estimation is used to derive the d- and q-axis voltages and currents that are fed to the control algorithms. Similarly, the PLL voltage phase estimation is used to convert the control action (i.e., converter modulation) from d-q to phase quantities. Inaccurate PLL system voltage phase angle results in inaccurate control of the inverter-based resource active and reactive power. Following clearing of a fault, the PLL should regain synchronism sufficiently fast in order to control reactive power to maintain system voltage. In the short period (1-2 cycles following a fault), this critical PLL function becomes even more difficult in weak systems, as the phase angle may have shifted drastically, and the post fault voltages may be especially noisy. Inverter manufacturers should ensure PLL stability and the ability to withstand large changes in phase that are typically experienced under EHV fault conditions. Actual PLL functionality is often considered by manufacturers to be proprietary information, supported by internal research. However, this consideration should also be balanced against the requirement for TPs to understand the characteristics of the resources connected to the BPS. Transient stability models do not represent the PLL in detail, and this is a major limitation for studying integration of inverter-based resources in weak systems. This issue supports the need for appropriate models to perform detailed EMT studies for weak grid conditions.
	/
	Figure 3.7: Generic Inverter Control Schematic [Source: EPRI]
	/
	Figure 3.8: Common PLL Structure – Synchronous Frame [Source: EPRI]
	Chapter 3: Planning Study Considerations
	Transient Stability Limitations
	Electromagnetic Transient Models
	Study Model Recommendations

	The following sections describe useful considerations that TPs and PCs should make when studying integration of inverter-based resources to the BPS.
	Transient stability simulation tools are widely used in planning applications to evaluate stability of the BPS. These tools are effective in predicting disturbance response, generator stability, voltage stability, load dynamics, and many other phenomenon for most applications. However, as the penetration of inverter-based resources grows and the prevalence of weak grid interconnections becomes more important, these tools may encounter limitations which should be well understood by those who use them. Some considerations that should be made with respect to weak grids studies using transient stability tools include:
	 Validity for Phenomena Slower than 5 Hz: “Transient stability programs use simplified generator models ignoring the dynamics of stator flux. In addition, the transmission network is modeled using a constant bus admittance matrix calculated for the power frequency. Due to these simplifications, any oscillations above the range of electromechanical oscillations (up to 5 Hz) produced by a transient stability program are not reliable.” Subsynchronous phenomena or harmonic effects due to switching or controls are not accurately represented using these models.
	 Positive Sequence-based: Positive sequence RMS quantities are typically calculated in these tools. The effect of DC current components, as well as zero and negative sequence components are usually neglected in these calculations. Some of the limitations of these approximations are commonly understood for unbalanced conditions (for example, the negative sequence aspects may become relevant for evaluating limitation of overvoltages in unfaulted phases during unbalanced faults). Zero sequence aspects may not be critical because the transformer connection group in the inverter-based systems often isolates the zero sequence system in the inverter-based resource from the BPS, but this may require additional review. 
	 RMS-based: Phasor-based tools require that the power system electrical quantities be represented as 3-phase rms quantities. The operation of protection systems is highly dependent on how measurement is modeled; there may be limitations in transient stability tools on measurement delays. Measurement, in general, must be approximated in these models, as the rms quantities are inherent to the transient stability tools (instantly available), while in the real controls they must be calculated from phase quantities. Additionally, the unique individual phase dynamics implicit in a severe contingency event such as a fault may not be captured, and this can result in different behavior from control elements which use these phase quantities, such as instantaneous phase-based protection circuits and synchronization controls (PLL details). 
	 Large simulation time step: A typical power electronic converter contains control loops and algorithms with very fast response times – faster than can be represented with the relatively large simulation time steps used in transient stability programs. These control loops include PLL controllers and inner current loop controllers, are often key drivers of instability modes in weak systems (such as small signal instability modes), and govern the ability of the plant to maintain synchronism and quickly provide grid support. If a smaller time step in the transient stability tools can more accurately represent the controller, then the time step may be reduced for the simulation; however, this may cause numerical issues with the simulation and the time step often cannot be reduced to a sufficiently small interval to capture the dynamics necessary for weak grid stability studies. 
	 Convergence issues: The iterative nature of the transient stability and powerflow calculations can be challenging in weak systems, manifesting in convergence problems as the system becomes very weak. This aspect in some cases is driven by limitations of specific models and not the tool itself, but can prevent proper analysis. 
	 Limited converter electrical representation: Depending on the sophistication of the model, internal converter electrical representation is simplified. For example, the converter DC bus (including associated bus voltage protections, choppers, and controls) may be assumed to be infinitely strong. Likewise, interfaces and controls relating to the inverter-based resource energy source are often approximated or ignored, where these elements can in some circumstances influence the converter behavior.
	/
	Figure 4.1: Comparison of Fault Response between Transient Stability and EMT Models (Modified from public ERCOT Panhandle Study Report) [Source: Electranix, ERCOT]
	Manufacturers of modern inverter-based equipment have in some cases gone to considerable lengths to overcome some of the above limitations and often use creative approximations to provide the best possible representation of their specific equipment using user-defined models. However, for some phenomena these tools are not appropriate, and as interconnecting systems become very weak, most manufacturers will recommend using EMT tools to confirm equipment behavior or validate the transient stability results. 
	In very weak system interconnections, planners and manufacturers may deem more detailed analysis to be necessary using EMT simulation tools. EMT simulation programs have in common a key distinction from phasor-based transient stability models. Power-flow and transient stability programs iteratively solve a system of equations to satisfy a set of constraints in the phase domain. EMT software solves systems of differential equations which describe the three-phase electrical network in the time domain, allowing unbalanced faults, harmonics, fast transients, and other effects to be modeled. In addition, extremely high levels of detail may be used in modeling the fast controllers which are used in real equipment converters, capable of capturing the very fast time constants used in current controls and switching algorithms. In many cases, the actual firmware code used in the power electronic devices may be inserted as-is into the model, eliminating most modelling approximations and approaching perfectly accurate control representation under transient conditions. 
	If it is determined that EMT studies are required, this very high level of detail is necessary, as the control modes which lead to the weak system issues described above are critically dependent on the specific control implementation (including PLL, inner current controls, specific protection implementation, etc.). Use of “generic” or “typical” EMT models is usually not recommended, as they cannot predict with accuracy the specific issues which may be encountered. If conventional transient stability models are not sufficiently accurate, detailed EMT models are required.
	In some cases, it is useful to validate transient stability models using detailed EMT models (particularly in systems which are “marginally weak”), to provide justification to the planners that their standard transient stability models and studies are accurately predicting performance. 
	An example set of requirements for EMT models is shown in Appendix A.
	The increasing penetration of inverter-based resources and potential weak grid issues drives the need for TPs to understand where weak grid conditions may be a concern and ensure accurate and representative models are available to study the impacts inverter-based resources may have on grid reliability, and vice versa. Planners are recommended to use the screening methods outlined in this guideline to identify areas where weak grid conditions may be a concern. Once these areas are understood, modeling requirements should be put in place that clearly define the types of models, list of acceptable models, and intended use of these models. The following concepts should be considered when developing these requirements:
	 Generic Positive Sequence Stability Model: A generic model used for interconnection-wide modeling should be required for every resource seeking interconnection to the BES. Generic models are expected to accurately represent the general dynamic behavior of the inverter-based resources, and should be benchmarked to more detailed models by the manufacturer, to the best extent possible. These generic models should be part of the standard model library within the commercial software platforms, and should also conform to the data requirements specified by the TP and PC under NERC Reliability Standard MOD-032-1. 
	 Detailed Positive Sequence Stability Model: Interconnection stability studies (e.g., System Impact Studies) should use the most detailed model available for the study being performed. These studies are often positive sequence transient stability analyses. Detailed models from the inverter-based resource manufacturer should be provided for these studies to ensure stability and security of the BES prior to connection of these resources. It is very important that these models be developed to a sufficient quality, with appropriate documentation, to allow for dependable use in system studies.
	 Electromagnetic Transient Model: In the event that a weak grid condition has been identified, or a possible weak grid condition may occur in the future, EMT models should also be required from the GO. The EMT models should follow the considerations listed in Appendix A.
	Sharing EMT models usually requires confidentiality agreements between the manufacturer and data owners and users. These types of models are used for detailed local studies; however, the data sharing and software support for these models create challenges from an interconnection-wide modeling perspective. Transient stability models typically do not have the same degree of confidentiality restrictions (i.e., user-defined transient stability models may still require a confidentiality agreement). Hence, these models, particularly the generic models, are used for larger system modeling purposes.
	Chapter 4: Coordination and Potential Solution Options
	Manufacturer Involvement
	Potential Solution Options

	There are a number of potential solutions that can be considered and deployed to address weak grid conditions. Some of the solutions can mitigate the weak grid condition from occurring entirely. Others help support the integration of inverter-based resources under the weak grid conditions. In either case, the potential reliability risks described previously can be minimized. Similar to the weak grid issue, the solutions deployed are dependent on the system characteristics for each inverter-based resource interconnection, as well as the manufacturer capabilities of the inverter-based resource. Coordination and engagement with the manufacturer is critical to identify the best solution for each potential given weak grid issue.
	Manufacturers play an integral role in the design of WTG and plant performance and should be incorporated into any discussions around weak grid conditions. The most important aspect of identifying and mitigating issues with inverter-based resources in a weak grid is coordination and communication between the TP, GO, and equipment manufacturer. Increased coordination between these entities helps ensure any weak grid issues that may arise can be addressed and mitigated effectively. The following considerations are useful when interacting with manufacturers:
	 Short Circuit Thresholds: The manufacturers should understand what a “weak grid” is for their equipment and controls, and should be able to clearly articulate this to the TP. TPs should request documentation and demonstration that the equipment to be installed on the system can meet the performance specifications under the expected low short circuit levels. The manufacturer may need additional information to understand how the SCR-based metric was used and applied. Detailed EMT simulations or comparable manufacturer information should be provided to the TP to clearly illustrate that the PV converter or WTG product has a stable performance in similar system strength conditions. This should include the ranges of system strength that the equipment can tolerate and operate as designed (e.g., ride-through). Prior to commercial operation and as part of the planning evaluation, TPs should have an understanding of the controls design, expected performance, and demonstrated results showing this performance. TPs should not simply ask for the ‘acceptable’ SCR level from manufacturers; rather, a bidirectional engineering conversation should address these considerations. 
	 Control Design: Operation of inverter-based resources in weak grid conditions can be an important consideration in the control design for manufacturers. In the design process, manufacturers evaluate the capability to comply with performance requirements with different system strengths for predefined product configurations. It should be noted that at the product design stage, the specific BPS topology and characteristics of all future inverter-based resource applications with this product are unknown. In this context, manufacturers can characterize applications with system strength levels that are well covered within the design processes. For example, strong and weak system strength may be well within the design verifications.
	 Additional Inverter-Based Resource Studies: Manufacturers may also suggest low system strength levels where additional inverter-based resource application studies may be required to complement the product performance design verifications. For example, for very weak system strength, a manufacturer (or TP) may recommend to evaluate the performance in a detailed EMT study, particularly early in the interconnection process.
	 Performance Requirements: There is no industry standard for what strong, weak, or very weak system strength means. This characterization is useful for comparison with the design criteria of the product under consideration. The different control technologies used in the industry can result in a wide range of capabilities related to weak grids. Early dialogue with the manufacturers related to the application characteristics will typically reduce potential weak grid issues.
	It is recommended that planners, developers, and consultants characterize the system strength of an inverter-based resource application and discuss with the manufacturer potential performance concerns. The analysis and product configuration to mitigate issues integrating inverter-based resources into very weak grids requires understanding of the power electronic controls and capabilities, operational understanding of how the plant will perform, and understanding of the specific equipment used in each application. 
	Potential solution options to mitigate issues associated with weak grids include:
	 Synchronous condenser: Synchronous condensers are often the primary solution for weak grid issues, primarily due to the multifaceted benefits from these resources. Some of the benefits include large capability to supply fault current (higher short circuit capacity), increased system inertia, voltage capability and improved voltage stability, and other power quality improvements. This solution is particularly useful in situations where synchronous resources are being retired (or being considered for retirement) since there are a number of options that can be explored. New synchronous condensers can be installed or the existing unit(s) may be able to be used as synchronous condensers. 
	 Plant Control Changes: In some cases, changes to the plant control system(s) may alleviate weak grid issues. Time constants and gains may be adjusted to reduce the risks of unstable response under weak grid conditions. Voltage control strategies such as reactive droop can be deployed to minimize inter-plant control interactions. These changes are system specific and should be determined in close coordination between the TP, GO, and manufacturer. The evaluation of these changes can be time consuming, and may not be a viable option in the timeframe needed for maintaining grid reliability (e.g., interconnection study process, necessary maintenance outages, etc.).
	 Converter Control Changes: In some cases, changes to the power electronic controls in WTG or PV converters may alleviate weak grid issues. These changes can consist of modifications to control parameter values and/or modifications to the control structures. These modifications may require complex engineering efforts, but can avoid the need to add equipment to the project. Not always weak grid issues can be fully addressed with converter control changes. In some cases the required changes may be significant and impractical modifications to the selected products. Terminal voltage control or PLL enhancements are examples of potential control modifications in weak grid systems. These changes should be determined in close coordination between the TP, GO, and manufacturer.
	 Reduction in Plant Capacity or Power Output: Short circuit ratio and potential negative impact of an inverter-based resource can have on the BPS can be improved by either reducing the plant capacity or limiting plant output. As the capacity or output reduces, the SCR will increase; similarly, any sensitivities to active or reactive power output will be reduced by the reduction in plant capacity or output. Other solution options may be more applicable in the planning stages; however, this may be the only viable short-term solution if weak grid conditions are encountered in real-time or near real-time. Restricting plant output under specific operating conditions may be used as a bridge strategy until a longer-term solution such as reinforcement or controls improvements can be implemented. In cases where the SCR is so low that the transfer of power is unfeasible during a particular N-1 condition (i.e., SCR well below unity), inverter-based resource output may need to be reduced rapidly to avoid system instabilities. In such cases, the TP, GO, and manufacturer may need to agree on an operating plan that reduces the power output of the inverter-based resource under certain operating conditions where the critical contingency could result in weak grid issues or during all operating condition depending on the complexity of the situation and the ability of the operator to manage these conditions and ensures stability and BPS reliability.
	 Transmission Reinforcement: Transmission system reinforcement (e.g., line reconductoring, new transmission circuits, new or larger transformers) can increase SCR at the point of connection of the inverter-based resource, particularly when coupled with system upgrades necessary to accommodate the capacity of the new generating resource in the weak system area. Series compensation can also mitigate some aspects of weak grid operation and can be an effective way of mitigating the need to build additional lines. Care should be taken in using series compensation for transmission of inverter-based resources, as it introduces the risk of sub-synchronous oscillation phenomena.
	 FACTS Devices: FACTS devices such as SVCs and STATCOMs can help control BPS voltages by providing dynamic reactive support. This may help in controlling voltage fluctuations under weak grid conditions as well as help with transient ride-through capability. However, these devices have fast control loops that can interact with inverter-based resources on weak grids, are limited in their contribution to fault current (similar to an inverter-based resource) and do not provide any system inertia. Battery energy storage systems are becoming more common, and may be able to provide fast frequency response and mitigation for voltage control instabilities. However, care should be taken as these devices may also be subject to weak grid instabilities depending on their control philosophy.
	Chapter 5: Conclusion
	Most inverter-based resource control systems rely on the voltage magnitude and angle at their terminals to not be largely affected by its current injection for stable operation. System strength refers to the sensitivity of the terminal voltage of the inverter-based resource to variations of current injections. Weak grid conditions with a higher sensitivity are a key consideration when integrating inverter-based resources to the BPS. 
	Weak grids are typically system-specific and require system-specific studies and solutions. It is important for TPs to apply appropriate tools, techniques, and simulation approaches in weak grid systems and higher penetration of inverter-based resources. To identify these systems, a number of SCR-based metrics have been developed by the industry. The benefits and drawbacks of each method, as well as a high-level description of how to apply the method, are provided in this guideline. There is no specific short circuit threshold one can consider as a “weak grid”, so understanding system short circuit levels, and engaging with the GO and manufacturer of the inverter-based equipment is key to reliably planning and operation under these weak grid conditions. 
	The most important aspect of identifying and mitigating issues related to integrating inverter-based resources into potentially weak grid conditions is coordination and communication between the TP, GO, and the equipment manufacturer. With increasing penetration of inverter-based resources, a number of issues may manifest and have been discussed in this guideline to raise industry awareness along with the means by which to study these issues. Controls instability, control interactions, small signal instability, and classical voltage stability issues are more prominent in weak grids. This guideline provides a description of each phenomenon, as well as some illustrative examples of weak grid issues that have been experienced by grid operators across North America. Simulation tools and their inherent limitations should be understood by the planners identifying potential weak grid conditions. Conventional positive sequence, phasor-based simulation tools may not be able to capture some of the weak grid issues described in this guideline. More advanced EMT modeling may be required in certain situations, and these models should be provided by the GO to the TP for any potential weak grid area of the system. 
	Solutions to weak grid issues are also system specific and will depend on the weak grid issue identified, the local grid characteristics, and plant control capabilities. Potential solution options are described briefly in this guideline to provide TPs with a suite of options to explore in more detail. 
	The changing resource mix and increasing penetration of inverter-based resources are driving parts of the BPS towards “weak grid” conditions. This guideline serves as a high-level overview of how to identify potential weak grid conditions, considerations TPs can make when studying these types of systems, and potential mitigation techniques to ensure a reliable BPS when interconnecting inverter-based resources to weak grids. The recommendations are based on industry experience during the interconnection planning process and experience operating inverter-based resources in weak grids.
	Appendix A: Requirements for EMT Modeling
	Model Accuracy Features
	Model Usability Features

	Specific modeling requirements for an EMT study depend on the type of study to be performed. An EMT study that may cover topics such as weak system interconnection, ride-through evaluation, voltage control and event response, control interactions with nearby devices, and islanding performance should require a model that has the characteristics described in the following sections.
	For the model to be sufficiently accurate, it should:
	 Represent the full detailed inner control loops of the power electronics. The model should not use the same approximations classically used in transient stability modeling, and should fully represent all fast inner controls as implemented in the actual equipment. It is possible to create models which embed the actual hardware code into an EMT model component, and this is the recommended type of model. 
	 Represent all control features pertinent to the type of study being done. This may include external voltage controllers, plant level controllers, customized PLLs, ride-through controllers, subsynchronous control interaction (SSCI) damping controllers, weak grid options, or other types of controls. Actual hardware code is recommended to be used for most control features. Operating modes that require system specific adjustment should be user accessible. In some cases, plant level voltage control should be represented along with adjustable droop characteristics. If the plant level controllers are very slow, these may be approximated using constant reactive power modes.
	 Represent all pertinent electrical and mechanical configurations. This includes any filters and specialized transformers. There may be other mechanical features (e.g., gearboxes, pitch controllers, etc.) that should be modeled if they impact electrical performance.
	 Have all pertinent protection systems modeled in detail for both balanced and unbalanced fault conditions. This typically includes various over- and under-voltage protections (individual phase and RMS), frequency protections, DC bus voltage protections, and overcurrent protection. Actual hardware code is recommended to be used for these protection features. 
	In order to allow study engineers to perform system analysis using the model, the EMT model should:
	 Have control or hardware options which are pertinent to the study accessible to the user. These may include adjustable protection thresholds or real power recovery ramp rates, for example. Diagnostic flags (flags to show control mode changes or protection activations) should also be accessible to aid in analysis.
	 Be capable of running at a minimum time step of 10 µs. Most of the time, requiring a smaller time step (e.g., 10 µs) means that the control implementation has not used the interpolation features of the EMT simulation, or is using inappropriate interfacing between the model and the larger network. Lack of interpolation support introduces inaccuracies into the model at higher time steps. Models should be able to run at a small time step down to, at least, 10 µs.
	 Include documentation and a sample implementation test case. Access to technical support engineers is desirable.
	 Be capable of initializing itself. Model should initialize and ramp to full output without external input from simulation engineers. 
	 Accept external reference values. This includes real and reactive power reference values (for reactive power control modes), or voltage reference values (for voltage control modes).
	Appendix B: Challenges with Weak Grid Issues
	High Penetration of Wind in West Texas
	Synchronous Condenser and Wind Farm Interactions
	Weak Grid Voltage Stability Issues Interconnecting on Weak Circuits
	Transformer Energization in Weak Grids

	This section provides illustrative examples of challenges utilities have faced integrating inverter-based resources into weak grid conditions. These examples are intended to be useful references for future awareness and understanding of the various issues that may be faced moving forward.
	The Panhandle region of ERCOT in West Texas is remote from synchronous generators and load centers and is considered a weak grid with a large amount of wind generation. Several system characteristics and challenges that were detected and or studied in a weak grid include:
	 In a highly compensated weak grid, static voltage collapse can occur within the normal operating voltage range (0.95 to 1.05 pu) masking voltage stability risks in real time operations. Static var compensators contribute to this effect and have limited effectiveness for further increasing transfer capability.
	 A grid with low short circuit ratios and high voltage sensitivity of dV/dQ requires special coordination of various complex control systems. Typical voltage control settings can result in aggressive but un-coordinated voltage support strategies, causing un-damped oscillations potentially leading to overvoltage cascading or voltage collapse. 
	 Wind projects connected to the Panhandle region are effectively connected to a common POI such that each wind plant control may interact with other wind plants controls strategies.
	ERCOT identified the need to maintain adequate system strength using WSCR in the Panhandle region to avoid potential control inability problems. The WSCR is a measure of system strength and therefore stability that accounts for the lack of conventional generation or significant load in the Panhandle region, the low fault current contribution of the region’s wind units, and the mutual interactions between the power electronic converters through which these units are connected to the grid. To determine a proper threshold of WSCR, ERCOT conducted a detailed PSCAD EMT Program (EMTP) analysis and assessment of the ERCOT Panhandle region and confirmed that a WSCR of 1.5 is appropriate for the Panhandle region for the proposed network topology. In addition, for Panhandle WSCR levels at 1.5 or higher, PSS/E dynamic models and PSCAD models performed adequately. As the WSCR drops below 1.5, the need for more detailed EMTP type models becomes more critical. System enhancements, including a newly added transmission circuit and two synchronous condensers, were verified to be adequate to improve the system strength and address weak grid issues. 
	It should be noted that WSCR is currently used to monitor the Panhandle region susceptibility to weak-grid problems and will require further analysis to evaluate applicability of such WSCR metrics in other regions. With the continued growth of renewable generation in the ERCOT system, periodic PSCAD studies should be considered to validate PSS/E studies and further develop WSCR planning metrics and practices. 
	The following example discusses the application of a synchronous condenser at a wind power plant. In the first steps of the interconnection study for the proposed wind facility, it was identified that the generator was interconnecting to a point on the system with low SCR through a long radial transmission line. In this case, the SCR was calculated using the standard SCR calculation methodology described earlier in this document. Because of the low SCR, EMT analysis was conducted for the project and confirmed that the project did not have stable response for certain credible contingencies. This unstable behavior was not observed using the positive sequence stability model. As a result of the unstable EMT performance, a synchronous condenser was proposed and sized to provide stable behavior for the conditions tested. As well as providing stable transient performance, the synchronous condenser can be used to help meet the interconnecting power factor and voltage control requirements for the facility. Figure B.1 shows a simplified one line diagram of the installation. 
	/
	Figure B.1: Simplified One-Line Diagram of Wind Generating Facility with a Synchronous Condenser
	Later, operations engineering studies identified further concerns. Stability analysis demonstrated that when the synchronous condenser was on-line, the limiting system condition was steady state post-contingency voltages. When the synchronous condenser was off-line, the limiting condition was actuation of the wind farm’s low voltage ride through protection, which would cycle in and out actuation. Tripping the plant would cause local voltage to rise enough to allow reconnection of the plant, which in turn caused actuation of the low voltage ride through protection. The resulting voltage variation and transients were unacceptable, as was the loss of the plant for the limiting transmission contingency.
	There are some limitations that need to be considered with this type of installation:
	 The synchronous condenser should be sized for a reasonable range of system conditions, considering facility outages or maintenance; however, it is not practicable to cover all possible operating conditions.
	 Since the project response is unstable without the synchronous condenser, the output of the generating facility may have to be limited when the synchronous condenser is out of service. This presents additional complications to the calculations of operating limits.
	 The protection for the synchronous condenser will be challenging to coordinate, especially for contingencies that island the facility from the system.
	 Determining the actual lagging operating limits of the synchronous condenser is key, and behavior of the condenser when that lagging limit is reached can be critical for local system performance.
	BPA encountered classical voltage instability conditions caused by a high penetration of WPPs connected near the midpoint of a long (nearly 200 miles) 230 kV transmission line. This relatively weak part of the network experienced high dV/dP and dV/dQ sensitivities. Figure B.2 shows a wind power hub with a Type 2 plant and Type 3 plant operating in power factor mode in late 2010. Illustrated differently, Figure B.3 shows a wind ramp at this location in December 2011, expressed as a classical PV plot. The wind plant and local network experienced a voltage collapse following the wind ramp. 
	/
	Figure B.2: Voltage Fluctuation Issues for a WPP Connected to a Weak Grid Area 
	[Source: BPA]
	/
	Figure B.3: Classical Voltage Instability (PV Curve) for a Wind Ramp Event  
	[Source: BPA]
	To monitor plant performance in the future, BPA used V-Q plots to monitor the WPP modes of operation. Figure B.4 shows two examples of a plant’s operation along with the required dynamic voltage control on a reactive droop characteristic. The left figure shows the plant operating in voltage control mode with a fairly aggressive (i.e., low) droop characteristic where small changes in voltage result in large changes in reactive power output. In response to this, the plant operator switched to power factor mode without notifying the TOP. The right figure shows the power factor mode of operation, where reactive power output is held near 0 regardless of system voltage (no dynamic voltage support).
	To mitigate the conditions shown in Figure B.5 where one WPP at the wind hub is supplying reactive power and the other is consuming reactive power, BPA coordinated with the WPPs to ensure correct voltage control (and reactive power) mode of operation and also devised a wind hub voltage control scheme. The goal of the scheme was to automatically control two 230 kV capacitors to aid operators in managing voltage in this area, maximize dynamic reactive reserves, and maintain acceptable pre- and post-contingency voltage levels.
	Figures B.4 and B.5 demonstrate that planned operation of a WPP can be very different from actual operation; therefore, monitoring a power plant’s performance after energization is key.
	/
	Figure B.4: WPP Volt/Var Droop: Desired vs. Actual Operation Examples [Source: BPA]
	/
	Figure B.5: Poorly Coordinated Volt/Var Control during Wind Ramp [Source: BPA]
	Energizing a transformer can cause it to draw significant initial inrush currents that are unbalanced in nature and that decay over time to much smaller steady state magnetizing currents. The main factors affecting the inrush current magnitude and duration include transformer design, initial conditions, and network factors. These inrush currents that can take several seconds to decay are supplied by the system, and flow through the network impedance which results in system voltage drop. In energizing transformers from weak grids, there is increased likelihood of resultant system voltage drops exceeding allowable limits or even the withstand level of any voltage-sensitive industrial loads or other inverter-based resources in the vicinity.
	Power quality monitoring systems have captured significant voltage drops associated with energization of the transformers of several solar facilities (see Figure B.6 for illustration of typical interconnection) that have connected to the BPS. Figure B.7 shows the rapid voltage changes on the three phases measured at a 12 kV bus in response to energization of a solar facility connected to a nearby weak 46 kV bus. It can be seen that inrush caused 12 kV bus voltage to drop from pre-energization value of 1.02 pu to 0.87 pu for the worst phase and the recovery to pre-energization voltage took around five seconds. It may be noted that the voltage at the 46 kV bus dropped to an even lower value of 0.85 pu. Such rapid voltage changes easily exceed the typical limit of 5% (for up to four instances per day, IEEE 1453.1) at a PCC of a fluctuating facility connected to BPS. 
	Figure B.6: Illustration of Typical Solar Facility Interconnection to Utility System [Source: Southern Company]
	/
	Figure B.7: Example Rapid Voltage Change due to GSU Energization at a Solar Facility [Source: Southern Company]
	Solutions being investigated to address these issues include:
	 Pre-insertion Switching: This solution involves use of a switching device that is equipped with a pre-insertion resistor. It is a very effective solution to mitigate the transient magnetizing currents and resultant system voltage drops. It may be noted that a comprehensive EMT study is recommended for each location where this is to be applied, to arrive at an optimal value for the pre-insertion resistor and insertion time. 
	 Point-on-Wave (POW) Control Switching: This solution involves using segregated pole breakers with special purpose point-on-wave control. It is another effective strategy but more complicated to implement in practice.
	 Moving interconnection: In some cases, it may be possible to move the point of interconnection to a higher voltage level where the SCR is expected to be higher, resulting in smaller rapid voltage changes on the BPS.
	 Energizing Solar Facility Transformers in Stages: Energizing the GSU along with all the inverter transformers yields the worst case scenario. Therefore, energizing the GSU first followed by various inverter transformers in stages may help minimize the rapid voltage changes caused by energization.
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	Preface
	The North American Electric Reliability Corporation (NERC) is a not-for-profit international regulatory authority whose mission is to assure the reliability and security of the bulk power system (BPS) in North America. NERC develops and enforces Reliability Standards; annually assesses seasonal and long‐term reliability; monitors the BPS through system awareness; and educates, trains, and certifies industry personnel. NERC’s area of responsibility spans the continental United States, Canada, and the northern portion of Baja California, Mexico. NERC is the Electric Reliability Organization (ERO) for North America, subject to oversight by the Federal Energy Regulatory Commission (FERC) and governmental authorities in Canada. NERC’s jurisdiction includes users, owners, and operators of the BPS, which serves more than 334 million people. 
	The North American BPS is divided into eight Regional Entity (RE) boundaries as shown in the map and corresponding table below.
	/
	The North American BPS is divided into eight RE boundaries. The highlighted areas denote overlap as some load-serving entities participate in one Region while associated transmission owners/operators participate in another.
	Preamble
	It is in the public interest for NERC to develop guidelines that are useful for maintaining or enhancing the reliability of the Bulk Electric System (BES). The Technical Committees of NERC; Operating Committee (OC), Planning Committee (PC) and the Critical Infrastructure Protection Committee (CIPC) per their charters are authorized by the NERC Board of Trustees (Board) to develop Reliability (OC and PC) and Security Guidelines (CIPC). These guidelines establish a voluntary set of recommendations, considerations, and industry best practices on a particular topic for use by BES users, owners, and operators in assessing and ensuring BES reliability. These guidelines are coordinated by the technical committees and include the collective experience, expertise, and judgment of the industry. The objective of this reliability guideline is to distribute key practices and information on voltage and reactive power planning and operations which are critical in maintaining the highest levels of BES reliability. Reliability guidelines are not to provide binding norms or create compliance type parameters similar to compliance standards that are monitored or enforced. Guideline practices are strictly voluntary and are designed to assist in reviewing, revising, or developing individual entity practices to achieve the highest levels of reliability for the BES. Further, these guidelines are not intended to take precedence over regional procedures or requirements. 
	NERC as the FERC certified ERO is responsible for the reliability of the BES and has a suite of tools to accomplish this responsibility, including but not limited to: lessons learned, reliability and security guidelines, assessments and reports, the Event Analysis program, the Compliance Monitoring and Enforcement Program and mandatory reliability standards. Each entity as registered in the NERC compliance registry is responsible and accountable for maintaining reliability and compliance with the mandatory standards to maintain the reliability of their portions of the BES. Entities should review this guideline in detail in conjunction with the periodic review of their internal processes and procedures and make any needed changes to their procedures based on their system design, configuration, and business practices.
	Executive Summary
	The development and verification of accurate steady-state and dynamic models that accurately represent the equipment installed in the field is a critical component of planning and operating the bulk power system (BPS). Models of individual elements on the BPS are provided by the equipment owners (e.g., Generator Owners, Transmission Owners, etc.) and combined by the Transmission Planners and Planning Coordinators to form steady-state powerflow, and dynamics cases. Those cases are used for Planning Assessments, outage coordination studies, the establishment of IROLs, and many other system reliability studies. The purpose of some of the NERC MOD Standards is to ensure some degree of verification and testing occurs to verify that the model represents the actual behavior of the equipment. Many of the activities performed to meet the requirements of these Standards – namely MOD-025-2, MOD-026-1, and MOD-027-1 – are described in detail in this Reliability Guideline (“guideline”) to provide technical reference material and guidance on power plant testing, model verification, and modeling practices for synchronous generators. 
	The aforementioned NERC Standards primarily apply to the equipment owners, and it is their responsibility to perform verification to prove that the modeled response reasonably represents reality when the equipment is in-service and operational. This often requires some form of testing or other methods to demonstrate the responses match. The guideline recommends close coordination between the equipment owner (e.g., Generator Owners), the testing engineer (if different than the Generator Owner), the Transmission Planner and Planning Coordinator (the model user), and the equipment manufacturer (if necessary). In addition, other entities are often directly or indirectly involved in the testing, development, or use of these models including the Generator Operator, Transmission Operator, and Reliability Coordinator.
	The guideline covers many of the potential tests that may need to be performed to develop or ensure a verified model; however, not all of these tests are necessary under all verification scenarios. A well-developed baseline model created during commissioning may still be accurate many years later and verification may be completed fairly easily with certain verification tests. On the other hand, when detailed equipment data is not available (e.g., older plants, multiple owners, undocumented equipment upgrades, etc.), more extensive testing may need to be performed to ensure a reasonable match. Most importantly, testing and verification should ensure the safety of plant personnel and protection of the equipment under test at all times. The intent of the guideline is to serve as a foundational repository of useful information related to testing; however, the expertise of plant personnel and the testing engineer should take precedence over any other guidance.
	This guideline aligns with the NERC’s mission of improved reliability through sharing industry practices for planning and operating the BPS. It primarily applies to Generator Owners, Generator Operators, Planning Coordinators, Transmission Planners, Transmission Operators, and Reliability Coordinators. 
	Introduction
	Key Testing Principles
	Modeling and Verification Perspectives
	Commissioning, Baseline Model Development, and Reverification Tests
	Disturbance-Based Power Plant Model Verification

	This Reliability Guideline (“guideline”) provides Generator Owners (GOs) and Transmission Planners (TPs) with technical reference material and guidance related to testing, model verification, and modeling practices for synchronous generating resources. These activities center around the relevant NERC Reliability Standards listed below related to the development and verification of models used for reliable planning and operation of the bulk power system (BPS). The majority of the material in this guideline is dedicated to power plant testing and model verification, and the other relevant standards related to these activities are also covered in varying depths throughout the guideline. 
	Power plant testing and model verification standards:
	 MOD-025-2: Verification and Data Reporting of Generator Real and Reactive Power Capability and Synchronous Condenser Reactive Power Capability
	 MOD-026-1: Verification of Models and Data for Generator Excitation Control System or Plant Volt/Var Control Function
	 MOD-027-1: Verification of Models and Data for Turbine/Governor and Load Control or Active Power/Frequency Control Functions
	Power plant protection and limiter coordination standards:
	 PRC-019-2: Coordination of Generating Unit or Plant Capabilities, Voltage Regulating Controls, and Protection 
	Interconnection-wide model development and verification standards:
	 MOD-032-1: Data for Power System Modeling and Analysis
	 MOD-033-1: Steady-State and Dynamic System Model Validation
	The development and verification of accurate steady-state and dynamic models of the power system (i.e., MOD-032-1 and MOD-033-1) is a complex yet crucial component of system studies performed to ensure reliable planning and operation of the BPS. While the component data is provided by the equipment owners such as the GO (MOD-032-1 R2), the development and verification of the system models (MOD-032-1 and MOD-033-1), as well as system studies are often performed by the TPs, Planning Coordinators (PCs), and Reliability Coordinators (RCs). Results from these system studies are fundamental in the assessment of BPS reliability and, therefore, are of direct concern for the GOs, even though they are typically not involved with the development of system models or the execution of system studies. The quality of the results of these studies, as well as the confidence in the conclusions from such studies, are directly related to the quality of the information provided for the development of the steady-state and dynamic models used in these studies. One of the goals of this guideline is to help in the coordination and sharing of information between the transmission and generation entities, helping to bridge the gap between the data owners and the data users.
	Several other NERC Reliability Standards (MOD-025-2, MOD-026-1, MOD-027-1, PRC-019-2, etc.) apply to the equipment owners, particularly GOs, and require testing and verification of models, and documentation and analysis of the coordination between protection, limiters, and capabilities. These standards provide critical information that form much of the data that is supplied by a GO in support of the case creation process as per MOD-032-1. 
	As such, this guideline covers an array of testing considerations, actual testing procedures, and how those tests help derive or verify the model parameters, as related to MOD-025-2, MOD-026-1, and MOD-027-1. The guideline serves as a compendium of potential tests that may or may not need to be performed, depending on specific situations for each generating facility. In general, a broader set of tests may be performed during commissioning in the development of a baseline model while a reduced set of tests may suffice for model re-verification purposes. 
	In addition to the dynamic model verification processes, the inter-related aspects of generator protection coordination (PRC-019-2) and generator capability testing (MOD-025-2) are considered in the guideline to provide necessary guidance on these activities. The modeling and verification activities centered in the equipment (plant) level serve as the fundamental layer to provide the necessary information to create and verify the fidelity of the interconnection-wide models, namely associated with MOD-032-1 and MOD-033-1. As these standards come into effect, it is important that relevant registered entities have reference material and guidance to understand the vast topics covered in this guideline. The guideline serves as a focal point to raise industry awareness, understanding, and expertise in the area of power plant model verification and testing (predominantly the responsibility of GOs), and how these efforts support the development of accurate and representative interconnection-wide models (predominantly the responsibility of the TP, PC, and RC) used to plan and operate the BPS.
	This guideline aligns with the NERC’s mission of improved reliability through sharing industry practices for planning and operating the bulk power system. It primarily applies to GOs, Generator Operators (GOPs), PCs, TPs, Transmission Operators (TOPs), and RCs. 
	The following principles form the basis for generator testing and model verification for reliable operation of the BPS:
	 The first and foremost priority of testing is the safety of plant personnel and plant equipment. Testing should never call for increased risks to the safety of the personnel directly or indirectly involved with these tests, and testing should never result in damage or harm to the machine and its components. In many situations, this is the foremost consideration that will determine what is prudent to do in specific circumstances.
	 Testing confirms the structure and performance of control systems and the correct operation and coordination of these controls relative to the protection systems and limiters. It also provides evidence that the controls have been reasonably tuned to provide acceptable response, without oscillatory or undesired response for standard tests.
	 Testing develops and/or verifies mathematical models used by TOPs, TPs, PCs, and RCs for system studies to represent the behavior of actual equipment installed in the field, to the best extent possible.
	 The verification of dynamic models and model parameters can be completed in a number of different ways. This guidelines provides illustrative examples of tests and how those tests support the development and verification of models. However, there may be other means of verifying (e.g., other methodologies, newer technologies in the future, etc.) of verifying these models. 
	 Staged testing and model verification is intended to develop a model that accurately, to the extent possible, represents the performance of the unit when synchronized to the BPS. Simulations for the BPS in planning studies typically use an integration time step on the order of 4 ms (quarter-cycle) for simulation lengths of up to 30-60 seconds. These models are not expected to emulate the equipment performance exactly, rather they are intended to match the general dynamic behavior of the machine within reason. Differences between simulation and actual response during testing should be explained by the testing engineer. This is a good example of how engineering judgment should be applied to any type of testing and model verification activities, while being mindful of the needs and expectations of the various parties (GO, TP, RC, testing engineers, etc.). 
	These principles should be considered throughout the entirety of this guideline, as well as in the field while performing actual testing and verification practices. 
	While accurate modeling and verification of these models for the purposes of reliably operating and planning the BPS is well understood by all involved parties, there are different perspective between GOs, TPs/PCs, testing engineering, and OEMs that should be considered. Table 0.1 proves some of the perspectives from each entity, and is intended to shine a light on the different functional aspects of the model, the purpose of the model, and the need for accurate and verified models.
	Table 0.1: Overview of Model Verification and Testing Standards
	Perspectives
	Entity
	 Accurate steady-state, dynamic, and short circuit models are needed and used to reliably plan and operate the BPS. These models are used to develop powerflow, dynamics, and short circuit cases for reliability studies.
	 Model accuracy can impact the determination of System Operating Limits (SOLs), Interconnection Reliability Operating Limits (IROLs), and large BPS investment decisions
	 The dynamic models should be accurate out to at least 30 seconds and usually to 60 seconds. Any plant-level controls that interact within this timeframe should be modeled
	Transmission Planner/ Planning Coordinator
	 Most reliability studies are performed using positive sequence powerflow and dynamic simulation tools; however, some special studies may require more detailed electromagnetic transient (EMT) tools and associated models
	 Powerflow and dynamics data needs to be collected in a timely and efficient manner for the purposes of building interconnection-wide cases as well as performing planning studies
	 Safety of equipment and personnel within the plant is of utmost importance.
	 Power plant model verification should be performed at a reasonable cost for the reliability benefit achieved. Any time the unit is offline for the purposes of testing is lost revenue for the plant.
	 The GO is not a model user and therefore may have limited understanding of how these models are developed and verified; often this requires consultation with other experts.
	Generator Owner
	 Compliance obligations should not create undue burden on the GO.
	 Plant operators have the ultimate judgment on what is reasonable and safe to perform in terms of testing; they will consult and coordinate with the testing engineer.
	 Guidance on the types of verification tests and sufficient model accuracy for the purposes of the NERC MOD Reliability Standards is useful.
	 PMU data can be used to perform disturbance-based model verification to ensure that the model developed during testing matched actual performance.
	 Understanding the intended use of the models helps develop a test plan that meets the modeling needs at least cost.
	 Tests should be performed at an operating point(s) closest to the normal operating range of the equipment. 
	 Measurement error cannot be completely eliminated; however, reasonable effort should be taken to minimize these errors. 
	Testing Engineer
	 It is desirable to have either manufacturer-provided data or previously validated data to start with model verification. Therefore, it is important to gather sufficient data from existing plant documentation.
	 Model parameters should fall into reasonable ranges before submitting data to the GO.
	 The model is a numerical representation of actual equipment, and is not an exact match of all plant physics and controls. This is true of any model, even the most detailed EMT models.
	 Proprietary, vendor-specific, “black box” models will typically provide a more accurate representation of the dynamic response compared with publicly available generic models.
	 Sharing of proprietary models, or access to block diagrams, usually require the execution of an NDA, which have proven a challenge and impediment to collaboration between involved entities.
	Equipment Manufacturer
	 While not perfect, generic models are generally sufficiently accurate for the purposes of powerflow and positive sequence dynamic simulations.
	 Understanding the intended use of the model will help ensure the models can be developed and delivered to the GO and TP/PC effectively and accurately.
	 Coordination with the GO during commissioning and operation, and engaging with the TP/PC as necessary on any reliability issues, is critical.
	 Understanding the metrics used for determining model accuracy between actual and simulated response aids in model development.
	Power plant testing and model verification can take place at different times in a generating unit’s life, with different needs and goals. Baseline model development occurs during initial commissioning and is necessary to develop a baseline understanding of the characteristics of the machine, and to develop an accurate and representative model of the machine. The development of baseline models often alleviates or minimizes the potential need for re-verification testing in the future (i.e., disturbance-based verification or other options may be more suitable if an effective baseline model is established). Model verification will also need to occur when power plant components are replaced or refurbished (e.g., generator rewind, exciter or governor equipment replacement, etc.). Lastly, the NERC Reliability Standards require a periodic re-verification of the dynamic models used to represent the generator components to ensure that these models reflect a reasonable representation of the equipment in the field. Different methods or approaches can be used to re-verify the power plants models, including: 
	 Staged testing
	 Disturbance-based monitoring
	 Operational data
	While staged testing procedures and modeling methods are the primary focus of this guideline, it also stresses the necessity of relying on manufacturer-supplied data as likely the most accurate data available to represent some aspects of the machine and its controls. Disturbance-based power plant model verification (PPMV) is also discussed, particularly in situations where baseline testing has developed an accurate and representative model in the past. 
	In all situations, a review of local or regional requirements and engineering judgment should be used to determine which set of tests may be required for the specific task at hand. For example, local requirements may require a new unit to perform a more exhaustive set of tests to confirm parameters which are based on physical characteristics of the equipment. These tests are needed for baseline model performance testing (e.g., power vs. gate curve for a hydroelectric units), and are not expected to differ materially over the life of the equipment. In this timeframe, operational data will not exist and disturbance-based monitoring may not be appropriate (i.e., disturbance-based monitoring requires a baseline model). For the power vs. gate curve example, this specific test may not need to be performed upon re-verification if a good baseline model already exists. Conversely, if a new turbine runner is installed, the power vs. gate curve will need to be re-measured.
	Figure 0.1 shows an illustrative diagram of the many tests discussed in this guideline and the general applicability of these tests for unit commissioning and/or re-verification. The diagram does not stipulate that one must perform all the tests listed; rather, it illustrates that commissioning may require more testing to prove that the equipment will operate in a stable fashion, provide data for tuning the controls, and to develop a baseline model that can be used for re-verification purposes. Verification activities may only need to draw on a select number of these tests depending on the quality of the baseline model and ability to match staged test results with simulation.
	/
	Figure 0.1: Framework of Commissioning Tests [Source: IESO]
	Disturbance-based power plant model verification (PPMV) using dynamic disturbance recording (DDR) data (e.g., synchrophasor data from phasor measurement units (PMUs)), digital fault recorders (DFRs), or other high resolution disturbance monitoring data can serve as a recurring test to ensure that the modeled response to system events matches actual response of the power plant or generating unit. Thus, disturbance-based model verification is used as a binary check (“yes/no”) that the model is performing as expected. Online performance monitoring using disturbance-based PPMV provides a cost effective and efficient means of ensuring that the model is accurate. From the TP’s perspective, this approach provides expeditious verification that the modeled performance is a reasonable representation of the behavior of actual unit operation. Any significant differences can be used to instigate a model check by the GO, and can also be used to guide the GO towards potential corrections to the model. From the GO’s perspective, online verification using high resolution measurement data can provide evidence of compliance by demonstrating the validity of the model by online measurement. Therefore, the GO may not have to take the unit offline for testing of model parameters. Taking the unit offline as well as bringing in an outside contractor to perform the model verifications can be costly for the GO. 
	Figure 0.2 shows a high-level illustration of a PMU monitoring phasor quantities of voltage and current signals from the power plant. The response of the unit(s) is measured by the DDR and playback capability available in most commercially available transient stability simulation software programs is used to recreate the event in simulation. The simulated and actual response of the unit are compared. Figure 0.3 shows an example comparison for a large nuclear power plant steam turbine generator. The figures show real and reactive power response as the measures of success of how well the model matches reality. In this case, the simulated response matches the modeled response quite well. In situations where the model does not match the simulated response, disturbance-based PPMV can identify the discrepancy but additional analysis, testing, or calibration would need to be performed to determine the source of the differences.
	/
	Figure 0.2: Online Disturbance Monitoring (Source: BPA)
	/
	Figure 0.3: Nuclear Plant Calibration Example – Pre (Top) and Post (Bottom) Calibration
	[Source: Bonneville Power Administration]
	The recommended approach is for the model user (the TP and PC) and the model owner (the GO) to work together to perform the disturbance-based verification. The TP and PC have the software tools, including the playback capability, and the GO may have the data necessary to play back and compare the simulated response. GOs should identify potential sources of high speed data recording capability to enable disturbance-based PPMV. Many options for acquiring the data (e.g., digital relays, DFRs, and PMUs) are available today. In some cases, the TP and/or TO may have a PMU monitoring the unit(s) and can provide that data to the GO if requested for the purposes of model verification. To capture the dynamic response of the unit, higher resolution data is recommended (i.e., typically 60 samples per second). Lower resolution data may not fully capture the dynamics necessary for play-in and comparison of the actual and modeled response. 
	It is generally more practical for a GO to collect disturbance data at the low-side of the GSU using either a DFR, digital relay, or standalone PMU. By also recording field voltage and current of the generator (or exciter in the case of a brushless unit), this may enable some model tuning in addition to the verification. Recordings at the generator terminals can be an effective tool for troubleshooting issues within the power plant. 
	The NERC Synchronized Measurement Subcommittee (SMS) developed a guideline on the topic of disturbance-based PPMV and the steps to performing the verification. This guideline can be found HERE.
	Chapter 1: Relevant NERC Reliability Standards
	Power Plant Capability Testing and Model Verification Standards
	Interconnection-Wide Model Development and Verification Standards

	Several NERC Reliability Standards are inter-related and significant in obtaining accurate and representative interconnection-wide models used for planning and operating the BPS. These standards work in tandem and aim to ensure the development and verification of models as well as the sharing of these models between applicable entities. Each standard has a specific applicability and set of requirements, and should be read in its entirety to understand how to meet these standards. This section will provide a high-level overview of the relevant standards, as well as some recommendations and key takeaways to consider with respect to each standard. 
	Development and verification of interconnection-wide steady-state and dynamic simulation models is mostly the responsibility of the TPs and Planning Coordinators (MOD-032-1, MOD-033-1). These standards set the data and reporting requirements for the equipment owners of the elements on the BPS (e.g., Transmission Owners, GOs, etc.). Therefore, the equipment owners have the responsibility of developing accurate and representative models of their equipment, providing those models to the TP and PC for development of interconnection-wide models, and verifying the accuracy of these models over time. 
	Several NERC Reliability Standards deal with the accuracy and verification of the information and models, particularly from generating resources. In this regard, it is important to distinguish between standards that require actual testing at a generator facility (e.g., MOD-025-2, MOD-026-1, and MOD-027-1) and standards that may not directly require an actual test (e.g., PRC-019-2, PRC-024-2, and PRC-025-1). Regardless, these standards require documentation and analysis of power plant protection, limiters, and capabilities and are important steps in the planning and preparation for the power plant tests. 
	The standards are described below in three categories to aid in the understanding and discussion of each standard and its goal:
	 Power plant testing and model verification standards
	 Power plant protection and limiter coordination standards
	 Interconnection-wide model development and verification
	This guideline primarily addresses power plant testing and model verification activities (and related standards). However, the other inter-related standards are described here to help contextualize how these standards all work together to ensure accurate and verified models are developed and provided for power system operations and planning studies.
	The power plant testing and model verification standards include MOD-025-2, MOD-026-1, and MOD-027-1. Table 1.1 provides a high level overview of these standards. The testing and verification practices that are used for these standards are discussed in this guideline. Refer to the standards for specific details on requirements.
	Table 1.1: Overview of Model Verification and Testing Standards
	MOD-027-1
	MOD-026-1
	MOD-025-2
	Topic
	July 1, 2016
	July 1, 2016
	July 1, 2016
	Effective Date
	 GO
	 GO
	 GO
	Applicability
	 TP
	 TP
	 TO 
	Eastern or Quebec Interconnections:
	 Individual unit > 100 MVA 
	 Plant* consisting of multiple units > 100 MVA 
	 Individual unit > 20 MVA 
	Western Interconnection: 
	 Individual generating unit > 75 MVA 
	 Synchronous condenser > 20 MVA 
	Facilities+
	 Plant consisting of multiple units > 75 MVA 
	 Plant/Facility > 75 MVA 
	ERCOT Interconnection: 
	 Individual generating unit > 50 MVA 
	 Plant consisting of multiple units > 75 MVA 
	All Interconnections (MOD-026-1) 
	Steady-State
	Steady-State
	Steady-State
	Types of Tests
	Dynamic
	Dynamic
	10 years
	10 years
	5 years
	Periodicity
	Dynamic model verification for turbine-governor and load control or active power-frequency control
	Dynamic model verification for synchronous generator, exciter, voltage regulator, impedance compensation and power system stabilizer (if applicable)
	Real and Reactive Generator Capability
	Primary Focus
	Slow and Fast Recording
	Slow and Fast Recording
	Slow Recording
	Data Recording Requirements
	(Steady-State and High Resolution)
	(Steady-State and High Resolution)
	(Steady-State)
	Coordination between GOP and TOP
	Recommended
	Recommended
	Recommended
	* Directly connected at a common BES bus with total generation
	+ Gross nameplate rating for individual units or gross aggregate nameplate rating for multiple units
	Each of the modeling and verification standards (namely MOD-025-2, MOD-026-1, and MOD-027-1) has a key purpose and primary objectives, including: 
	 MOD-025-2: Physical testing confirms by observation from measurement that the generator can continuously operate within the specified capability curve without tripping or being unexpectedly limited. Supplementary information that builds on measurements (e.g., power vs. ambient temp curves) can and should be used if actual capability cannot be reached due to limitations in the plant, and allows one to extrapolate up to the expected capability. Identification of any coordination issues (tripping, limiters, etc.) can start a process to further analyze and correct these issues. This can lead to confirmation of accurate Pmin, Pmax, Qmin, Qmax, and transformer tap values used in the powerflow cases (assuming capability is reached or calculated, as intended by the standard). The test can also confirm accuracy of telemetry, operation in automatic voltage control, and other items that may be required for other local criteria, as applicable. 
	 MOD-026-1/MOD-027-1: Dynamic model verification confirms that the dynamic performance of the excitation system (generator, excitation system, PSS, and voltage compensator) and turbine-governor models provided to the TP/PC accurately reflect actual response of the equipment installed in the facility. This ensures that the studies performed to plan and operate the BPS are also as accurate as possible. 
	Once the individual component models have been developed and/or verified, MOD-032-1 and MOD-033-1 establish requirements for the PCs to develop interconnection-wide models and test the overall performance of these models (see Table 1.2 for an overview). The system-wide validation of these models creates a feedback loop that can and may instigate further model verification or model review.
	Table 1.2: Overview of Interconnection-Wide Model Standards
	MOD-033-1
	MOD-032-1
	Topic
	R1: July 1, 2015
	July 1, 2017
	Effective Date
	R2, R3, R4: July 1 2016
	 RP
	 BA
	 PC
	 TO
	 GO
	 RC
	Applicability
	 TP
	 LSE
	 TOP
	 TSP
	 PC
	Continuous / data submittal at least once every 13 months
	10 years
	Periodicity
	Establish consistent modeling data requirements and reporting procedures for development of steady-state, dynamics, and short circuit planning cases
	Establish consistent validation requirements to facilitate collection of data and building of planning models
	Primary Focus
	Data Recording Requirements
	System-wide steady-state and dynamic data
	N/A
	Chapter 2: General Testing Considerations
	Pre-Testing Considerations
	Expected Testing Schedule
	Pre-Test Data Request
	Data Acquisition, Signals, and Measurement Locations
	Good Vendor Data
	Representation of Typical Operating Mode(s)

	If disturbance-based PPMV is not an option, testing is necessary to perform the model verification for MOD-026-1 and MOD-027-1. This chapter, and the forthcoming chapters, provide useful considerations during testing. 
	The following topics should be considered leading up to and during testing:
	 Calibrated Measurement Equipment: Ensure that the measurement equipment used to record the response of the generating unit to various tests is properly calibrated.
	 Minimize Setup Time: To the extent possible, prior to testing, some planning should be done to identify the measurement points and needed preparation for testing in order to minimize set up time at the plant. Nevertheless, flexibility by the testing staff is still necessary since in a power plant safety of the personnel and equipment always comes first, and thus last-minute alterations and changes may be required in the test procedures and plans.
	 Signal Check Procedure: All connection points and signals being measured should first be checked to ensure proper, and safe, connections have been made and the expected quantities are being measured before any testing commences.
	 Noise Mitigation: Power plants are naturally electrically noisy environments and precautions should be taken, to the extent possible, to reduce noise level in the signals being measured. For example, use shielded twisted pairs to reduce electromagnetic interference, keep unshielded leads short and twisted, and use balanced differential signals. In the end, some signals (e.g. field voltage and current) will naturally contain significant amounts of noise/ripple (e.g. ripple in rectified field voltage). These will require some form of hardware or software filtering.
	 Expertise and Experience: The end goal of the model verification is to perform the minimum number of tests in order to collect the necessary data, together with baseline data, to derive and validate the computer simulation models for a power plant. This process, as with any other engineering task, is a combination of technical details, sound engineering judgment, and experience. There is no absolute right or wrong way of addressing this task, and each facility/plant will require certain site-specific augmentations and/or flexibility in the process due perhaps to limitations encountered on-site. Thus, every effort must be made to ensure safety of personnel and equipment, while exerting judicious effort to perform the necessary test, and collect the intended data for the purpose of model verification. Expertise and judgment must be exercised to avoid inadvertent mistakes. 
	 Controller Settings, Data Sheets, and Calculations: Ensure that all controller settings (e.g., PSS settings, AVR settings, operating modes, over-/under-excitation limiters, etc.) are well understood and documented to the best extent possible.
	It is important to lay out a testing schedule so the GO, GOP, and testing personnel clearly understand the expectations and constraints for testing. This also helps ensure data collection prior to testing, procurement of any necessary fuel, coordination with the TOP, and clearing for outages properly performed. Figure 2.1 shows an example of a typical testing schedule from the testing engineer’s perspective. An experienced testing engineer can typically test a unit in about half a day to a full day depending on the circumstances. Any potential constraints that may arise during testing may extend the testing schedule or hinder completion of testing within this timeframe. Once testing is concluded and all necessary data is collected, significant work goes into developing and/or verifying the models and model parameters. This may require further coordination with the GO.
	Each of the steps of this example testing schedule are described in detail throughout this guideline.
	/
	Figure 2.1: Example of Testing Schedule [Sources: GE, Kestrel]
	Prior to testing, the GO should gather all relevant data related to the plant, generator, controls, and protection systems. The individual performing testing will need much of this documentation to understand the type of systems being tested as well as for developing the documentations and simulation results to demonstrate verification of the modeled performance with actual testing. This data request will often happen about a month or more prior to actual testing. If the data is not provided in a timely manner, the testing schedule may have to be extended since the testing entity may not have sufficient information to prepare for the day of testing. 
	Table 2.1 provides examples of types of information the GO should gather that may be requested prior to testing. This information can be in the form of tables, models, block diagrams, electrical diagrams, plant schematics, past testing reports, etc.
	Table 2.1: Possible Requested Plant Information
	Relevant Data
	Category
	Station information, plant supervisor and/or operator contact information, overall plant one-line diagrams, auxiliary equipment operating limits, plant/unit voltage schedule
	General
	MVA base and rating, turns ratio, configuration, tap settings, impedances, powerflow model, diagrams
	Transformer Data
	Individual generator IDs, capability curve diagram, machine ratings (MVA, speed, voltage, field quantities, etc.) open circuit saturation curve, manufacturer data sheet (unsaturated reactance’s), dynamic model
	Generator Data
	Exciter and AVR type, manufacturer information (name, model, model number), block diagrams and manufacturer-specified parameters, dynamic model, schematics, connection diagrams, saturation curve, commissioning report
	Excitation System Data
	PSS type, manufacturer information (name, model, model number), block diagrams and manufacturer-specified parameters, dynamic model, schematics, connection diagrams, latest PSS tuning study
	Power System Stabilizer Data
	Governor type, manufacturer information (name, model, model number), block diagrams and manufacturer-specified parameters, dynamic model, schematics, connection diagrams, turbine rating and rated speed, 
	Turbine-Governor Data
	Types of active protection (e.g., V/Hz, loss of field, over-/under-voltage, out-of-step, etc.), protective relay specification sheets, protection schematics and settings sheets, relay PT and CT ratios, PRC-019-2 reports
	Protection System Data
	Plant volt/var or power/frequency controls, connection and controls diagrams, data logs, historical plant data
	Plant-Level Controls Data
	Each entity performing the testing and/or model verification may require or specify data in different formats or depth. To the extent possible, this information should be provided in its entirety to aid in the successful development and/or verification of a model as well as to ensure an effective and efficient testing process. It should also be understood that in some cases, particularly for older equipment, some of the above data (e.g. machine parameters, exciter saturation curves, etc.) may not be available despite best efforts by the GO to gather them. In these cases, a combination of engineering judgment and testing will need to be used to derive the most feasible estimate of the missing parameters. When using tests to derive parameter values, some level of error is expected since no test or measurement process is free of error, but it will be the only plausible course of action.
	Model verification requires comparison of actual test results against simulated or modeled values. This requires measurement of electrical quantities during the test conditions. These quantities are either directly measured or extracted from modern, digital control systems. Measurement equipment should record electrical quantities at a high resolution. Typically, these recordings are in the range of 10-25 kHz with at least 6-8 recording channels for external devices. Many digital systems may have recording capability integrated into the existing platform. Table 2.2 shows the signals, the secondary measured range, and the location of measurement usually necessary for power plant testing, depending on the specific tests being performed. 
	Table 2.2: Measured Signals
	Location
	Range
	Signal
	Varies – test signal that is inducing a response in the unit (used for comparison of response)
	Varies
	Input
	From DA transducer, electrical output, or PLC digital output signal 
	4-20 mA or 0-10 VDC or digital output
	Controller Output Signal
	From stator PT secondary in protection/metering panels or exciter cabinets
	0-120 VAC
	Stator Voltage
	Using clamp-on transducer or CT secondary in protection/metering panels or exciter cabinets
	0-5 AAC
	Stator Current
	From exciter field voltmeter or directly across DC bus
	0-1000 VDC
	Field Voltage
	From field current shunt in exciter cabinet
	0-300 mV
	Field Current
	Deriving or calculating frequency (speed) is likely more reliable than direct frequency measurement
	N/A
	Frequency or Speed
	From output of LVDT or potentiometer (if available)
	4-20 mA or 0-10 VDC
	Valve Position
	Digital output from turbine controls on digital control systems
	Typically in percentage
	Fuel Flow
	From output of LVDT or output from governor on digital control systems
	4-20 mA or 0-10 VDC
	Gate Position (Hydro)
	From output of LVDT or output from governor on digital control systems
	4-20 mA or 0-10 VDC
	Blade Position (Hydro)
	From output of LVDT or potentiometer (if available)
	Jet Deflector Position (Hydro)
	4-20 mA or 0-10 VDC
	Note 1: In the case of brushless excitation systems, the field voltage and field current of the exciter is measured. In these cases, the field voltage of the exciter can be much lower in magnitude (e.g., as low as 0 – 50 VDC) and the field current of the exciter may be measured using clamp-on CTs.
	Note 2: In some older control systems, it may not be feasible to accurately measure valve position, fuel flow, etc. These quantifies are generally useful to have, but not essential.
	Note 3: In the case of a steam turbine, there is no single valve position. Thus, if plausible and necessary, the main steam throttle valve control command might be measured. Again, this a useful quantity to have for verification purposes, but not essential.
	Note 4: Stator voltage and current, and field voltage and current need to be measured at high resolution. The other signals may or may not need to be sampled at higher resolution based on the resource type.
	While Table 2.2 lists the signals to ideally be measured, the absolute minimum required set of measurements are the three stator voltages, stator currents, field voltage, and field current. These measured quantities are then used, through signals processing and conditioning, to calculated the actual quantities needed for model verification, including:
	 3-phase real power (MW)
	 3-phase reactive power (MVAR)
	 Positive sequence stator voltage (Vt)
	 Field voltage (Efd)
	 Field current (Ifd) 
	 Speed/frequency at the generator terminals (Hz)
	Where possible, signals for valve position and fuel flow may also be useful. Gate/blade position is also important for hydro units. With that said, there are exceptions in the field and non-ideal conditions that may lead to the necessity of making appropriate compromises. For example, modern digital controls from certain vendors do not have a field shunt; rather, field current is a digitally calculated value in the controls. In these cases, there is no useful measurement of field current that can be made for comparison between measured and simulated transient events (e.g., voltage reference step test).
	In the case of power plants built around the 1980’s and onwards, reliable data from the original equipment manufacturer (OEM) should be available and accurate. This includes data sheets for the generator, excitation system, turbine-governor, and other relevant generator components. Figures 2.2 show examples of parts of a data sheet for a Brush machine.
	In the case of some older units (i.e., before the 1970s to 1980s), this type of detailed data sheet may or may not exist for all components (i.e., generator electrical parameters, open-circuit saturation curve, generator capability curve, etc.). 
	If it does exist, is traceable directly to the specific unit (e.g. by serial numbers, etc.), and no material changes to the unit have been made (or new data sheets issued for rotor/stator rewinds), then experience has shown that this data is “good” (reliable) and that field testing would not yield parameters for the electrical generator (i.e. Xd, X’d, X’’d, etc.) that are more accurate than those provided by the OEM data sheets. This type of “good” (reliable) OEM data should be the starting point of any model verification process, and parameters should not be changed unless there is justifiable evidence to do so after careful consultation with the OEM and other parties involved.
	 If it does not exist and cannot be collected by the GO (e.g., for older units), it may be necessary to consult with the OEM and/or perform additional tests (described in some of the following chapters) to make a reasonable estimate of the model parameters.
	It is quite common, however, to find through testing and model verification that gains and the tunable time constants on control systems differ from those in the OEM-supplied datasheets. This is typically because standard datasheets provide gains and tuning that are default values and may often not be updated after the equipment is commissioned and tuned in the field for the specific conditions of the local interconnection to the BPS. If baseline model development through testing and verification has been performed at plant commissioning, then more than likely the models provided upon commissioning will form a reliable baseline model for all equipment. In any case, datasheets should be updated with the actual gains/tuning set upon commissioning and/or any modification to these parameters. Likewise, the model parameters should be updated to reflect any changes to actual installed equipment, and communicated to the TP and PC for inclusion in their system studies. 
	“Good” vendor data is not only reliable and available but also comprehensive enough to deduce information about the machine and develop model parameters. This often includes block diagrams with respective parameter values, base values, saturated and unsaturated parameters (as applicable), ratings under specified conditions, sensitivity curves, etc.
	/
	One of the main purposes of model verification and testing is to ensure that the behavior of the resource can be accurately predicted via a set of steady-state and dynamic models. These models are expected to represent the expected operation under normal operating conditions. While power plants may have multiple modes of operation, these modes of operation should be well understood by the GO and should be communicated to the TP and PC who are performing the system studies using these models. It is not realistic to develop models for all potential operating conditions; however, a model that represents the normal operating condition should be provided.
	In situations where there are multiple “typical” operating modes (and subsequent variances in modeling parameters), the GO should coordinate with their Balancing Authority (BA) and TP to understand the implications of these operating modes. The BA and/or TP will likely expect the plant to be operating in one mode based on the model provided, and may also be able to provide guidance on the operating mode that will best support BPS reliability. For example, governor response from generating resources can be categorized into the following:
	 Frequency responsive: The generating unit is responsive to changes in grid frequency and the turbine-governor controls generator output based on deviations in frequency 
	 Load control/Outer-loop MW control (frequency response withdrawal): The generating unit is controlled to a load set point. It may respond to changes in grid frequency but will return to a load set point relatively quickly (typically considering the initial 30 to 60 seconds following the disturbance). Governor load control or outer loop controls will interact or override the described response of the turbine-governor.
	 Non-responsive: The generating unit will not respond to changes in grid frequency due to blocked controls and/or operating modes that do not respond to changes in grid conditions. Temperature control and sliding pressure are considered non-responsive. 
	Setting changes and dynamic model changes that occur due to status changes (e.g., dual setting automatic voltage regulators (AVRs) based on status of the power system stabilizer (PSS)) should be reported to the TP and PC, as well as when these situations may arise during normal plant operation. Plant controllers and their interaction with the dynamic response of the unit should also be taken into consideration when determining the modes of operation and an appropriate dynamic model. The dynamic models are generally used for transient simulations typically studying conditions up to 60 seconds. 
	TPs and PCs should ensure they understand the mode(s) of operation of the generating fleet in their footprint, and apply engineering judgment in the use of the models supplied for system studies. Any potential variances in operating conditions should be studied by the TP/PC to identify any potential reliability issues. In situations where there is evidence of alternate operating modes or uncertainty in the expected operating condition, the most pessimistic representation of machine response should be considered (e.g., non-responsive). Model verification and testing should help clarify these issues.
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	The purpose of MOD-025-2 is to “ensure that accurate information on generator gross and net Real and Reactive Power capability and synchronous condenser Reactive Power capability is available for planning models used to assess Bulk Electric System (BES) reliability”. The standard applies to GOs and also to TOs that own synchronous condensers. The requirements outline a process for the applicable entities to provide its TP with documentation of the verification of the active and reactive power capability of each applicable unit following the specifications outlined in Attachment 1 using the Attachment 2 (or a form similar to Attachment 2). Figure 3.1 provides an overview of the specifications in Attachment 1 and how those specifications relate to specific tests for different types of generation units. The flow of information is unidirectional as the GOs and applicable TOs provide verification reports to the TP for review. While TPs are not an applicable entity in MOD-025-2, the TP and GO (or applicable TO) should coordinate to ensure the capability testing and verification is completed successfully (as described in detail in Appendix D).
	It is important to note that the tests associated with MOD-025-2 are quite similar to tests that may be required for interconnection agreements or local criteria, particularly regarding reactive capability. Given the similarities, the techniques and approaches for the testing of generating units to fulfill MOD-025-2 requirements are likely applicable to meeting other requirements. GOs (or TOs) planning to perform MOD-025-2 testing should consult with their transmission service provider to determine if additional requirements apply, to streamline the execution of similar activities. Furthermore, some regional requirements may include provisions for coordination with the system operator. Capability testing requirements may be challenging to meet without support from the system operator, and such coordination should occur prior to scheduling testing. 
	The following sections describe technical aspects of MOD-025-2 testing and verification, and how these tests relate to the data submitted for interconnection-wide modeling pursuant to the requirements of MOD-032-1. Appendix D provides numerical examples that demonstrate various aspects of MOD-025-2 testing.
	/
	Figure 3.1: Flowchart of MOD-025-2 Attachment 1 Testing Requirements
	Prior to performing NERC MOD-025-2 testing, it is highly recommended that the PRC-019-2 requirements be fulfilled. PRC-019-2 requires an engineering evaluation be performed to coordinate the voltage regulation controls, limiting functions, equipment capabilities, and protection settings of the unit/plant (see Figure 3.2). These analyses help prepare the way for successful MOD-025-2 testing by identifying desired MOD-025-2 test stopping points, the locations of the over-excitation limiter (OEL) and under-excitation limiter (UEL), and by ensuring that running to these limits will not cause inadvertent tripping of the unit. If a unit does not have an OEL or UEL the MOD-025-2 test must be planned to avoid thermal damage to the generator and maintain safe margins to tripping functions.
	In addition to the PRC-019-2 findings, operational limits for the plant equipment should be determined and adhered to. These limits may include the acceptable operating ranges for generator terminal voltage, stator current, auxiliary voltages, transmission level voltages, generator stator temperatures, and GSU transformer cooling temperatures. Often operation outside these limits could lead to extreme equipment damages or simply operator alarms that would typically stop an operator from moving the operating point beyond that range.
	 /
	Figure 3.2: Generator Capability Curve
	/
	The capability of a synchronous generator is defined in IEEE C50.13-2014. The rating of a generator is the MVA (apparent power) available continuously at the terminals at rated frequency, voltage, power factor, and primary coolant temperature. The standard specifies that at rated frequency, generators shall be thermally capable of continuous operation within the confines of their reactive capability curves over the range of ±5% in voltage. To define the reactive capability, generator manufacturers supply generator capability curves similar to the ones shown in Figure 3.3. Note that the capability curve on the left uses a different sign convention for leading (consuming) and lagging (producing) conditions. Also note that this curve is only for the generator itself and not the “composite capability curve” (see Figure 3.2) that also includes the protection and limiter curves.
	//
	Figure 3.3: Reactive Capability Curve Examples [Sources: Brush, NRG Energy]
	The generator capability curve consists of separate intersecting curves that may include: 
	 Rotor thermal limit: over-excited (lagging) reactive capability of the generator, established by the rated field current limit heating
	 Stator current heating: operating limits at rated stator current and the highest output power at unity power factor 
	 Stator end turn heating: based on geometry of the conductors at the end turns, limit of operation in the under-excited (leading) region
	Generator manufacturers also supply generator V Curves, which are graphical representations of the generator stator current vs. excitation field current for various loading combinations of power and power factor.
	Note that the generator capability curve provided by the manufacturer only identifies permissible operation of the generator, independent of other factors. When a generator is connected to the BPS, the manufacturer’s capability curve does not necessarily represent the achievable operating limits of the generating unit due to multiple factors including excitation limiters, GSU impedance, and turn ratio, the POI scheduled voltage, and auxiliary system voltage limits. It is generally unlikely that a generating unit will operate to the manufacturer’s capability curve limits in both the over-excited and under-excited regions.
	The typical representation of a synchronous generator in steady state (power flow) calculations is shown in Figure 3.4. The generator bus is represented as a PV bus, describing the two primary operating variables within the control of the GOP – active power (P) and terminal voltage (V). Pgen is the active power generation and |ET| is the magnitude of bus voltage. From those quantities, the power flow solution calculates the bus voltage angle, θ, and the reactive power output of the generator, QGEN. 
	/
	Figure 3.4: Power Flow Representation of a Synchronous Generator
	In the simplest implementation of power flow software, the synchronous generator is modeled as a power source with defined active and reactive power limits, as shown in Figure 3.5 with a rectangular capability defined by a minimum and maximum active power output for the generator (Pmin and Pmax) and a minimum and maximum reactive power output of the generator (Qmin and Qmax). The rectangular capability uses the reactive limits (Qmax/Qmin) at the maximum power output (Pmax) as a conservative assumption since the reactive capability of the machine is greater at lower active power output levels. More detailed representations of generator reactive capability (e.g., piece-wise linear points defining Qmax/Qmin as a function of real power output) are available in various commercial software tools, but these do not represent the variation in reactive limits as a function of the terminal voltage magnitude.
	/
	Figure 3.5: Simplified Representation of Synchronous Generator Capability in Steady State Powerflow
	The power flow solution along with the dynamic model parameters are used to calculate the initial conditions of the dynamic simulation models, as represented in Figure 3.6. Values from the power flow solution for the synchronous machine terminal conditions (bus voltage magnitude |ET|, bus voltage angle θ, active power output PGEN, and reactive power output QGEN) are used to determine the generator field current IFG and field voltage EFG (shown in Figure 3.6) as well as turbine mechanical power PMECH (not shown in Figure 3.6). These are the initial conditions of the excitation system model and turbine-governor model. 
	/
	Figure 3.6: Representation Calculation of Initial Conditions for Excitation System Model
	In the initialization of a dynamic simulation, the initial (steady-state) value for generator field current IFG can be expressed as the function below. The diagram may give the wrong impression that the generator field current is a derived quantity from the selected terminal conditions of voltage active power, and reactive power as expressed below.
	In reality, the generator operating terminal voltage |ET| is controlled primarily by the function of field current IFG. To a lesser extent, the magnitude to ET is affected by variations of PGEN and QGEN output. 
	IFG is adjusted to control ET. Consequently, adjusting ET affects the output of QGEN based on interaction of the generator and the BPS as a new steady state is established. The magnitude of QGEN affects ET and field current IFG is adjusted as needed to support and maintain ET at its set point. Normally, it is unacceptable to use QGEN as an established set point and drive IFG and ET as needed (as per VAR-002-4 R1.). QGEN is an interactive exchange of power between the machine and the system without a net transfer of energy (i.e., reactive power). The magnitude of reactive power is dependent on the magnitudes of ET and the relative voltage of the system. Due to this interaction, the maximum reactive capability of a generating unit cannot be injected at will into the BPS. Rather, it is a product of relative voltage magnitude, excitation, and voltage set point. 
	Figure 3.7 shows simplified circuit diagrams and the relation of voltages and reactive power transfer between the generator and system. As ET is raised higher than the system voltage Esystem, the generating unit will export reactive power. Similarly, as ET is lower than system voltage, the unit will import reactive power. 
	//
	Figure 3.7: Circuit Diagram of Reactive Transfer [Source: NRG Energy]
	The generator automatic voltage regulator (AVR) controls terminal voltage to an established set point |ET| by adjusting IFG. In the process, steady state values of PGEN, and QGEN are achieved if not limited by other constraints. PGEN, is determined by the mechanical input power to the machine, which is the primary variable to determine angular separation of voltages, and is approximated by (quantities in per unit): 
	where
	VPOI = POI voltage, assumed as the high-side of the GSU
	XGSU = Impedance of the GSU (neglecting resistance and due to high X/R ratio, i.e. |X| = |Z|)
	θ = Angular separation between ET and VPOI 
	Under steady state operating conditions, the primary controllable variable in this equation is θ, based on the amount of mechanical input power applied to the turbine (i.e., the ability to control mechanical input power drives the ability to control electrical output power). On the contrary, the generator controls ET (within the limits of the excitation system and transformer taps) but does not control the VPOI. Therefore, there is no equivalent mechanism for direct control over QGEN by the GOP. This is demonstrated by the approximated equation of QGEN, expressed as (in per unit): 
	Active power output (and excitation) will determine θ, and the difference of voltage magnitudes between ET and VPOI ((ET( - (VPOI() is the primary variable to determine the generator reactive power output. As ET is adjusted, the impact on VPOI will simultaneously affect the reactive output of the generator. Figure 3.8 shows the difference between testing conditions that may be encountered during MOD-025-2 testing and the operating conditions calling upon a generating unit to deliver reactive power. 
	/
	Figure 3.8: Impact of System Voltage on Test Results [Source: NRG Energy]
	The generator maintains VPOI to the scheduled value by delivering the necessary reactive power, achieved by raising or lowering ET by adjusting IFG within operating ranges of power output. The purpose of MOD-025-2 is to confirm and provide a level of confidence for the operating limits of ET and IFG over the operating range of PGEN. The reactive capability of the synchronous generator (in its over-excited condition) is dependent on the maximum limit on the generator field current IFGlimit. Regardless, there is a defined limit on the maximum generator field current (which restricts maximum reactive power output Qmax) due to the thermal limit of the rotor winding. The OEL commonly limits IFG, and acts to keep the field current within the desired operating constraints. Most typically, the OEL limit has either a definite-time limit of field current or an inverse-time characteristic based on the pickup level of field current. Understanding that reactive power output of a synchronous generator is dependent on voltage magnitude |ET|, active power output PGEN, and field current IFG is critical to the interpretation of the results of any reactive capability test, particularly those necessary to comply with MOD-025-2. 
	Before conducting generator reactive power capability verification tests, the current GSU tap setting, expected generator terminal voltages, and station service bus voltages should be reviewed since these will affect testing constraints. It is crucial to have a proper GSU tap setting for optimizing the utilization of the desired range of generator reactive capability. Due to the fact that a GSU consumes reactive power, it is typically desirable to have a sufficient amount of the gross reactive production capability available to the transmission system. The voltage range (Vmax and Vmin) at the generator terminals is the typical limitation for utilizing the full range of the generator reactive capability. Figure 3.9 shows the expected operating points with various GSU tap settings at the same transmission bus voltage. With a lower tap setting (e.g., a=0.95 or 95%), the generator terminal voltage would likely be running high, and, consequently, reaching the high voltage limit at the generator bus and/or the other lower voltage buses. Therefore, only a small portion of the reactive power capability can be utilized. On the other hand, with a higher tap setting (e.g., a = 1.05 or 105%), the full reactive production capability can most likely be utilized. Although the reactive absorption capability may be restricted with a higher tap setting, due to the reactive power losses on the GSU, the generating facility should be able to effectively absorb a sufficient amount of reactive power from the transmission system when needed. The TP should coordinate with the GO (usually at commissioning) to set the tap according to expected operation to minimize the potential of limiting reactive power due to voltage constraints. If adjusting taps during testing is an option, this may relieve voltage limit constraints; however, this may not be an option in many cases.
	/
	Figure 3.9: Generator Terminal Voltage vs. Gross Reactive Power 
	[Source: Southern Company]
	The capability curve of a synchronous machine consists of a number of different components, which may include the generator capability curve, overexcitation limiter curve, underexcitation limiter curve, loss of field protection curve, and steady-state stability limit curve. The “composite” capability curve is what is tested during MOD-025-2 testing, and is the focus of data supplied for machine capability as part of MOD-032-1 (discussed in a following section). It is common to express machine capability in terms of a static capability curve such as that drawn in Figure 3.2. However, a capability curve and the limiters associated with the capability are functions of voltage (see Figure 3.10), even though a machine capability curve is typically drawn at 1.0 pu voltage. This often causes confusion since the capability testing results obtained will likely differ from the OEM-supplied capability curve at 1.0 pu voltage. 
	To explain how generator capability testing is performed and illustrate some of the challenges associated with reactive capability testing, a set of example testing conditions and calculations are provided in Appendix D. The examples are based on an actual in-service generator, but the plant configuration and its connection to the grid is simplified and represented by a generator step-up (GSU) transformer and a transfer impedance connecting the high voltage (HV) bus (plant point of interconnection (POI)) to an infinite bus representing the BPS. 
	/
	Figure 3.10: Impacts of Voltage on Capability Curve [Source: Kestrel]
	Although the TOP is not listed in the Applicability section of MOD-025-2, the TOP plays a key role in generator capability testing. Attachment 1 describes:
	“If the Reactive Power capability is verified through test, it is to be scheduled at a time advantageous for the unit being verified to demonstrate its Reactive Power capabilities while the Transmission Operator takes measures to maintain the plant's system bus voltage at the scheduled value or within acceptable tolerance of the scheduled value.”
	The GOP and TOP should coordinate with each other to ensure system bus voltages are within tolerance of the scheduled value. The coordination should include a clear understanding of the extent to which the system bus voltage can be varied during testing, within reliability limits, to provide the widest range of voltages such that generator capability can be tested to its fullest extent. The size of the generator relative to the strength of the system in which it is connected (e.g., short circuit ratio (SCR)) impacts how much that generating unit can influence system voltage. Large generators, or generators connected to an area of the grid with relatively low SCR, may influence system voltage more. Hence, system voltage limits may be reached sooner and testing limited due to this constraint. If the TOP has sufficient time to study the potential to adjust system voltage levels (e.g., switching shunt capacitors or reactors, adjusting SVC or STATCOM voltage set points, adjusting nearby generator schedules, etc.), these options may be explored at the discretion of the TOP. However, as mentioned, system voltage plant-level voltage may hinder testing the generator up to its maximum reactive capability (or applicable limiter settings) in some cases. 
	When performing a lagging (over-excited) capability test, VPOI voltage will typically rise. This is opposite of the operating conditions that would otherwise electrically call upon the unit to produce reactive output (a time when POI voltage is low). This inherently creates a restriction in the amount of reactive power the unit can produce without hitting limits during test. Likewise, high voltage grid conditions that would cause the unit to consume (leading) reactive power. However, during testing, the change in ET to under-excite the unit may also lower system voltage.
	Figure 3.11 graphically illustrates this concept and the difference between normal operating conditions that induce changes in reactive power and the operating conditions during test that induce a change in reactive power output. The TOP is always trying to maintain Esystem to within limits – but during testing, the changes in VPOI and ET are exaggerated. These illustrations assume steady state conditions in which the operator is taking action to maintain VPOI to scheduled value.
	/
	Figure 3.11: Change in Voltages during Test and Normal Operating Conditions [Source: NRG Energy]
	The TOP may elect to assist in coordinating reactive sources to aid in holding POI voltage for the generating unit under test, as mentioned in Attachment 1 of MOD-025-2. However, the TOP is not required, as per MOD-025-2, to coordinate other resources to support a reactive test if it is not prudent to do so. However, it is recommended that the TOP support or accommodate favorable conditions for MOD-025-2 testing. System voltage may be varied slightly, to the extent possible, such that the terminal and auxiliary bus voltages of the unit being tested remain within normal operating limits. Supplying high amounts of reactive power from the generator increases the voltage drop across the GSU, which is not an issue during actual grid disturbances when bus voltages fall and MVARs are automatically increased as the excitation system responds to the event (and vice versa for high system voltage events). However, exporting maximum reactive power during a test when system voltage is already within normal operating ranges tends to drive system voltage to above-normal levels, and this may limit reactive power output during testing (before reaching generator capability, or generator terminal or auxiliary bus voltage limits). 
	Figure 3.12 illustrates how system voltage level may limit the ability of the GO to get to either the field limit or UEL and under what conditions for a given value of active power output (Pmax). The left figure shows the range of reactive power at the generator terminals when the terminal voltage is adjusted between 0.95-1.05 pu, with reactive power output of other units on the grid remaining relatively constant, and also shows how the system voltage will vary when the generator terminal voltage is adjusted when system voltage is at a normal value of 240 kV when the generator is at 1.0 pu. The middle graph shows how the reactive power range diminishes as the short circuit level (grid strength) decreases. The range of available testing reduces because the dV/dQ sensitivity under the weaker grid strength increases; changes in reactive power output result in larger changes of system voltage level. The right figure shows how the range is affected when system voltage is high when the unit is at 1.0 pu. The range of available testing is shifted down, allowing for testing up to or near the full under-excited capability of the machine. The same situation is true when system voltage is lower for a 1.0 pu terminal voltage, allowing for capability testing up to or nearer full over-excited range. One can observe similar results to those in the rightmost figure when the generator transformer taps are set to a position further away from nominal.
	/
	Figure 3.12: Impact of System Voltage on Capability Testing [Source: IESO]
	Figure 3.13 shows how a unit with no degradation of reactive capability below that shown on the generator OEM D-curve can be “dialed-in” to a successful MOD-025-2 test or “dialed-out” depending on the ability and willingness of the TOP to adjust system voltages (if possible). In the event that conditions conducive to testing could not be achieved, the MOD-025-2 as-measured data may be adjusted using calculations to capability or limiter limits that were not restricted by system conditions (i.e., Note 2 of MOD-025-2). 
	/
	Figure 3.13: Adjustment of System Voltage for Successful MOD-025-2 Testing
	There are electrical configurations and instances where the GO may be able to utilize units at a common station, sharing a common bus, or sharing a common transformer to maximize the opportunity that the unit under test will reach its maximum reactive power output and not be limited by other factors (e.g., terminal voltage fluctuations, system voltage limits, etc.). This is particularly useful in situations of low short circuit ratio where the size of the unit is relatively large compared with the short circuit MVA at that interconnection point. In these cases (e.g., large units or weak grids), changes in reactive output have a larger impact on system voltage as compared with a system with very high short circuit ratio. It is also useful to the GO in situations where system voltage is high and without capability to utilize other units, testing may need to be postponed since system voltages are too restrictive. The concept of utilizing other units’ capability for the purposes of testing may be constrained by additional factors not considered here such as fuel availability (e.g., limited reservoir capability (min head)), other plant limitations, and system operating condition limitations (e.g., dispatch of other generating units in the vicinity).
	MOD-025-2 does not include requirements focusing on utilization of other units. However, to the extent possible, coordination with other resources within the plant can help enable reaching higher reactive power output levels closer to the D-curve in many cases. In addition, the TOP may have the ability to adjust the output of nearby generators and use other transmission elements (e.g., switch shunt capacitors or reactors, change set points of dynamic reactive devices, etc.). Appendix D, Cases 2 and 3 provide useful examples that illustrate how utilizing other reactive resources can help ensure to the best extent possible that reactive capability is reached. This also helps minimize the use of calculations to demonstrate presumed reactive capability under different operating conditions. It also helps capture any actual limitations that may not be expected to be reached by these calculations. Without accounting for additional nearby units (in the plant, on the common bus, or on the common transformer), the tested unit may max out at different levels of reactive output depending on the operating point of the other unit. 
	This process is mutually beneficial for the TOP and GOP in that system voltage fluctuations are minimized and potential violations of voltage limits within the plant are mitigated to the extent possible. The GO should coordinate with the TP and PC prior to testing to ensure that the planned testing procedure and how to utilize other units’ capability are adequate. 
	MOD-025-2, Attachment 1, Section 2.2.1 states that applicable generators should be tested “at the minimum real power output at which they are normally expected to operate”. At this minimum output, maximum leading and lagging reactive values are collected as soon as a limit is reached. Some generators, although relatively rare, may be obligated (e.g., contractually, etc.) to operate at a single output level at all times other than when ramping on-line and off-line. In this case, the maximum and minimum real power output levels at which they are “normally expected to operate” are equal to each other. It may be reasonable that the generator is only tested at this single real power output level for MOD-025-2, Attachment 1, Sections 2.1.1, 2.2.1, and 2.2.2. When submitting the test information for this situation, the GO should include a technical basis and note on the test form stating the particular reason why the unit is only expected to normally operate at that single level. This minimizes any extraneous information that could be provided to the TP, reduces the likelihood that the models will misrepresent the unit’s capability, and clarifies what is needed for the GO. The steady-state models provided to the TP should then also reflect these conditions, with Pmax = Pmin and corresponding Qmax (lag) and Qmin (lead) for this one real power output level.
	MOD-025-2 Attachment 1, under the specification for applicable facilities, specification 2.2.3 explicitly states that “Nuclear Units are not required to perform Reactive Power verification at minimum Real Power output”; hence, these units only need to be tested for reactive power capability at maximum real power output.
	MOD-025-2 and MOD-032-1 are two closely related standards for testing and reporting maximum and minimum active and reactive power of a generating unit. MOD-025-2 requires testing generating units and reporting the following results obtained during test:
	 Gross maximum and minimum real power capability 
	 Maximum and minimum reactive power capability at real power capabilities provided above
	Attachment 1 of MOD-032-1 describes the steady-state data that should be submitted by the GO for generating units, including:
	 Real power capabilities – gross maximum and minimum values
	 Reactive power capabilities – maximum and minimum value at real power capabilities provided above
	While some tools do have the capability to represent a machine’s steady-state capability curve, most tools simply model a machine by specifying these four points from both MOD-025-2 and MOD-032-1:
	 Pmax: The lesser of the mechanical power of the turbine and the continuous electrical capability of the generator for +/- 0.95 lead/lag power factor, measured at the generator terminals excluding all supplemental firing capability (and/or any power augmentation) for ambient conditions specified by the TP
	 Pmin: The minimum generator output [MW], measured at the generator terminals, to ensure the generating unit does not become unstable or violate any emissions regulations
	 Qmax: Maximum sustained overexcited reactive output [MVAR] at the generator terminals, at the maximum real power capability (Pmax). These values should be based on the most limiting constraints as shown in PRC-019-2 coordination curves (e.g., overexcitation limiter, etc.), and based on 1.0 pu terminal voltage.
	 Qmin: Maximum sustained underexcited reactive output [MVAR] at the generator terminals, at the maximum real power capability (Pmax). These values should be based on the most limiting constraints as shown in PRC-019-2 coordination curves (e.g., underexcitation limiter, loss of field, etc.), and based on 1.0 pu terminal voltage.
	An important consideration is whether the reported maximum and minimum capabilities from the MOD-025-2 testing should be the same as the data supplied for MOD-032-1 purposes. The answer to this question is “not necessarily” for the following reasons:
	 MOD-025-2 testing provides the maximum and minimum capability (including limiters) that a unit is able to demonstrate under operating conditions at the time of the test. The test may be limited by system voltage or auxiliary bus voltage, and these conditions may preclude the unit from achieving its full capability at that time. The data reported for MOD-025-2 testing is not required to be representative of the reactive capability of the machine. However, values from these tests may be used to determine the applicable capability of a unit.
	 MOD-032-1 generator reactive capability data should be the maximum and minimum reactive capability that the unit can provide (including limiters). This should not be any value limited by auxiliary bus voltages or system voltages during the time of any test. In powerflow studies, for example, the reactive power will be demanded of the unit when the terminal voltage is low. 
	Figure 3.14 shows an example of a machine capability curve with the testing results within the capability of the machine, which would get reported for MOD-025-2 testing. These are not equal to the specified capability limits of the machine (Pmax, Pmin, Qmax, Qmin) that should be provided to the TP for MOD-032-1. For interconnection-wide modeling purposes, the TP and PC are expecting values that would be associated with the full capability of the machine for a 1.0 pu terminal voltage (i.e., the capability curve of the machine). As a distinct component in the simulation, these quantities should not be limited or restricted based on testing (other than limits associated with excitation limiters). On the other hand, MOD-025-2 capability curve testing provides actual values gathered during testing or during normal operation of the machine, and may not uncover the actual machine capability if they cannot be reached due to other limitations during testing. The aforementioned Note 2 of MOD-025-2 provides an optional but highly recommended means whereby test results restricted by HV system conditions can be corrected to values usable for MOD-032-1. The same analysis will also show if limitations other than HV system voltage affected the MOD-025-2 verification, allowing correction to values measured during the test that do not reach the generator OEM D-curve boundaries (or applicable limiters that prevent reaching this capability). 
	The TP, PC, and GO should not treat the MOD-032-1 capability data as necessarily the same as the MOD-025-2 as-tested capability results, nor should they expect for the MOD-025-2 testing results to identically match the capability curve of the machine. If the actual capability testing reaches expected generator limitations, or calculations are used to demonstrate those limits, then the data should match closely. Otherwise, the MOD-032-1 data used for planning (and operating) cases will likely differ than the MOD-025-2 testing values.
	/
	Figure 3.14: Difference between MOD-025-2 Testing Data and MOD-032-1 Data [Source: NRG Energy]
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	The purpose of MOD-026-1 is to verify the generator excitation control system or plant volt/var control function dynamic models. This section describes the various tests that may be performed to develop or verify the dynamic models related to the generator excitation control system.
	It is important to note that Footnote 1 of MOD-026-1, which describes the power plant elements that are considered part of the excitation control system or plant volt/var control function:
	1 Excitation control system or plant volt/var control function:
	a. For individual synchronous machines, the generator excitation control system includes the generator, exciter, voltage regulator, impedance compensation, and power system stabilizer.
	b. For an aggregate generating plant, the volt/var control system includes the voltage regulator & reactive power control system controlling and coordinating plant voltage and associated reactive capable resources.
	Footnote 1 explicitly states that for synchronous machines, the generator, exciter, AVR, impedance compensation, and PSS are all included as part of the generator excitation control system. Therefore, the generator, PSS, and compensation dynamic models, where applicable, should also be verified as part of MOD-026-1. The interactions of accuracy between the generator model and excitation system model (e.g., exciter masking bad generator data) should be accounted for. It is important to derive an accurate generator model prior to verifying the exciter model. This section covers the tests that may be relevant to verifying a generator dynamic model as well as the exciter and PSS. As noted previously, where good OEM data exists for the generator model parameters (see Chapter 1), field testing is not likely to provide results that are deemed “better” for the generator parameters. In these cases, the emphasis of testing should be on validating the excitation system (AVR, exciter, current-compensation, and PSS).
	The open circuit magnetization (saturation curve) test is one of the most important verification tests since it defines the base values from which many other modeling parameters are derived from. Often, the results of the open circuit saturation curve test are iteratively refined to get a set of parameters that provide the best fit for capturing overall unit dynamic response. 
	The machine is operating at full speed, no load (FSNL) with the generator main breaker open (not connected to the grid). Quite often, the excitation system is started under manual control at a reduced set point, to start the saturation curve tests at a low value for field current and therefore terminal voltage. While maintaining excitation in manual control, terminal voltage (and obviously field current) is then increased, such that a sufficient number of samples are taken below 60% of rated terminal voltage and a sufficient number of samples are taken between 60% and up to 110% (generally not exceeding 1.05) as per IEEE 115-2009. Sometimes, the test is conducted without an excitation start up (field flash). In these cases, it is possible to perform the measurements from the highest value of terminal voltage (110% or, more typically, 105%) down to values as low as 50% of the rated terminal voltage or even lower. Note that some excitation systems may not allow the voltage to be reduced to below around 80% terminal voltage, even when the generator is off-line. To do so may require completely shutting down the unit and making temporary changes to the excitation system controls – this is typically ill-advisable as it may lead to inadvertent changes or damage to the unit or controls. Thus, whatever data can be safely and judiciously obtained from the open-circuit saturation curve test should be obtained and the best estimate of the air-gap line determined.
	It is critical to maintain excitation in manual control mode and take the measurements with the field current and the terminal voltage being monotonically changed in only one direction to avoid hysteresis effects in the measurements. Terminal voltage and field current are recorded during the test and plotted against each other (Figure 4.1). Depending on the ability of the speed governor to maintain machine speed at a constant value during this test, it is necessary to record frequency (or speed) and correct the voltage measurements for deviations from nominal speed. Measurements of field voltage may also be useful, as they permit an assessment of the field resistance value and/or the field winding temperature during the test.
	/
	Figure 4.1: Open Circuit Saturation Curve Test Data [Source: US ACE]
	The open circuit saturation curve test is used to estimate the air gap line field current at 1.0 pu terminal voltage (ifag = ifgbase in Figure 4.2), and the open circuit magnetization saturation factors at 1.0 pu (S1.0) and 1.2 pu (S1.2) terminal voltage. A tangential line (air gap line) is drawn starting from the origin (zero terminal voltage and zero field current) through the lower voltage data points collected on the curve. Since data is generally only collected between around 0.6 to 1.1 pu stator voltage, engineering judgment is applied to get an air gap line that would be tangential to the lower voltage data if that data were available. Once the air gap line is established, a polynomial or exponential fit to the saturation curve data is established. Different software platforms may derive these curve fits differently and this should be accounted for during model development. 
	Figure 4.2 shows the data points needed to calculate the S1.0 and S1.2 values, and the equations for these values are provided below. It is important to know that these values are ratios of the difference between the air gap line and the actual measured data divided by the air gap line value. Therefore, these values should be in all but the rarest cases less than 1.0.
	/
	Figure 4.2: Open Circuit Saturation Curve Characteristics 
	The base field current is then used to find the base field voltage (Efgbase) via the following equations, which is needed as a base quantity to per unitize many parameters for the excitation system (i.e., this is not possible without ifgbase).
	It is important to bear in mind that the open circuit saturation curve is nonlinear to some degree over its entirety, and that the placement of an assumed tangent air gap line is somewhat subjective, and should be considered as a starting point. The subsequent fitting of V-curve data to a model will often suggest a better fit by reconsidering the base air gap field current and perhaps the saturation function parameters (S(1.0), S(1.2)). Therefore, the definition of the open circuit saturation model and the entire steady state model of the machine can be an iterative process.
	Excitation systems that incorporate a rotating machine are typically modeled such that the machine is represented by a single time constant, TE, and the effective nonlinear gain (which includes machine saturation). If the exciter is a DC generator, this portion of the model is represented by the blocks shown in Figure 4.3. 
	To properly model these systems, it is first necessary to obtain the saturation characteristic of the machine (field voltage as a function of exciter field current). If the manufacturer’s data is not available, static data points taken at different load points of the unit can be used to approximate the saturation curve, since for DC machines the appropriate saturation function is with the exciter under load, i.e., supplying current to the generator main field circuit. The base exciter field current can be set either with the air gap line shown in Figure 4.5, or with a constant resistance load line drawn against the load saturation curve, akin to the air gap line as drawn against the no load saturation curve.
	For rotating exciters which are an AC machine, the no-load saturation characteristic of the machine should be used to define SE, since the loading effects are included elsewhere in the model.
	/
	Figure 4.5: AC Exciter Representation
	In this case, the manufacturer’s saturation data will be necessary. The time constant of a rotating exciter, TE, is critical to the model response, and should be validated through test if the manufacturer’s value is not provided. For a brushless excitation system, the manufacturer’s data will be the only possible source of the saturation and time constant portions of the model. If the OEM data is not available, then engineering judgment should be used to develop a reasonable estimate of the parameters.
	/
	Figure 4.6: Rotating Exciter Saturation Curve
	As long as both the exciter output voltage and exciter field voltage are available for measurement, the entire rotating exciter model, including TE can be validated using a variety of dynamic response measurements, such as a frequency response as shown in Figure 4.7.
	/
	Figure 4.7: Example of Frequency Response Test for Rotating Exciter
	The remaining components of the rotating exciter models are set by calculation and/or equipment type. Software documentation and/or IEEE Standard 421.5 should be consulted for details.
	Measuring the open-circuit saturation curve is particularly important in the case of brushless excitation systems in order to establish the base for the field current of the exciter (see Figure 4.8). In the case of a brushless excitation system, the graph is a plot of exciter field current versus generator stator voltage, and most OEM data sheets will not supply this. However, for units with static excitation systems, the measured open-circuit saturation curve will often match the OEM data sheets to within expected measurement error, unless the actual equipment has defects such as a shorted field winding. Refer to IEEE 421.5 for more information.
	In all cases, an exciter model outputs field voltage with the assumption that the steady-state relationship between field voltage and field current is constant (fixed resistance). In reality, the temperature dependent resistance will require greater field voltage under higher running temperatures, which is not accounted for in the models. Therefore, the model should be set for the desired representation, e.g., full load temperature, and the effects accounted for accordingly in the saturation function in the DC models. In the AC models, variation in temperature can be accounted by adjusting KD. Effects such as winding resistances being temperature-dependent are important for matching measurements to simulations (i.e., for MOD-026-1 verification testing) but are then disregarded when these models are incorporated into the system database. This is not considered a problem for stability studies, as these effects are mostly related to field quantities instead of the overall generator output.
	Having accurate base values for exciter field quantities is critical. They are used to determine the key parameters in ac exciter models such as regulator output limits (Vrmax/Vrmin) and OEL pickup levels. However, in many cases, vendor-provided exciter saturation curve (Figure 4.8) may not be available. Modelling engineers often have to determine the base values from field test data. 
	Figure 4.9 shows the open-circuit saturation curve obtained from field test for a generating unit with brushless excitation system. Since main generator’s field circuit is not accessible, exciter field voltage and current are typically recorded and used as the base for field quantities. In this case, exciter field voltage and current base are determined as follows:
	 IEF_BASE = 1.8 ADC
	 VEF_BASE = IEF_BASE * REF = 10.3 VDC (REF = 5.6 Ohm)
	Note that these base values don’t correspond to the ac exciter’s airgap field voltage/current, as they are taken with the ac exciter under loaded condition. Due to the demagnetizing effect of the exciter, the calculated field bases (VEF_BASE or IEF_BASE) are much larger than no-load airgap base values. To eliminate the influence of demagnetizing effect (represented by KD in the model), base values derived from test data must be adjusted by dividing a factor of (1+SE+KD). The base values after being adjusted essentially corresponds to exciter’s airgap field voltage and current.
	In this example, if we assume KD = 1.8 pu and SE = 0 pu, then the adjustment factor is 2.8 pu. The exciter field voltage and current bases after being adjusted are shown below.
	 IEF_BASE_adj = 1.8 ADC / 2.8 = 0.64 ADC
	 VEF_BASE_adj = 10.3 VDC / 2.8 = 3.7 VDC
	The adjusted base values for exciter field quantities can be used to per-unitize the AVR settings such as regulator output limits, and OEL pickup levels. 
	/
	Figure 4.9: Sample Open-Circuit Saturation Curve, Unit with Brushless Exciter
	[Source: Powertech]
	The V-curve test is intended to validate the d- and q-axis reactance’s (Xd and Xq), leakage reactive (Xl), and the saturation functions of the generator model. A necessary use of this test data is in deriving the Kis parameter for the GENTPJ mode. In this test, the following values should be recorded: field current, field voltage, real power, reactive power, and stator terminal voltage. It is important to monitor terminal voltage and stator current to ensure safe operation during this test. 
	The V-curve test should be performed at a few different load levels on the machine. Typically these are in the range of near 0%, some partial load value (e.g., 50% or 70%), and near baseload (e.g., > 90% loading). The machine is dispatched at unity power factor (0 MVAR output). The amount of reactive power absorbed from the grid is increased slowly toward the lower limit to get steady-state measurements, and stopped when a reactive limit or minimum acceptable operating state is reached. Reactive power is then incremented toward the upper limit and again stopped when a reactive limit or maximum acceptable operating state is reached. As reactive power is incremented from leading to lagging power factor, a half dozen to a dozen points are gathered along the way to record the steady-state values of MW, MVAR, kV and field current/voltage. As with the open-circuit saturation test, it is critical that this test be done monotonically to avoid magnetic hysteresis. The reactive power is finally adjusted back to 0 MVAR output. The active power is adjusted to the new operating state, and the process is repeated at that other load levels. Figure 4.10 shows this process on a generic capability curve. Note that for nuclear units and large critical thermal units it may not be possible to perform this test at any operating condition other than at baseload. This should be sufficient in these cases. 
	/
	Figure 4.10: Testing Reactive Capability during V-Curve Test [Source: US ACE]
	Getting an accurate V-curve and open circuit saturation curve fit (and representative parameters) includes an iterative process. First, the air gap line should be approximated from the available data. As described above, test data is obviously not collected for low voltages down to 0.0 pu, so the test data is used to fit the air gap line, which passes through the origin of the plot. The goal is to get a tangential line near the lowest terminal voltage data available since this will more accurately represent the air gap line being tangent to the remainder of the curve. Figure 4.11 shows the result of manually determining ifdo. After this first step, the V-curve data between the steady-state model parameters and the actual test results are not expected to match. 
	/
	Figure 4.11: First Step in V-Curve Fitting – Determining ifdo [Source: US ACE]
	Next, S1.0 is found by curve fitting to the low power output V-curve test results. This is shown in Figure 4.12. After this step, ifdo and S1.0 are set. 
	/
	Figure 4.12: Second Step in V-Curve Fitting – Determining S1.0 [Source: US ACE]
	The final step is to iteratively estimate the remaining generator parameters (S1.2, Ld, Lq, Il, Kis) by fitting the v-curves. Often it is easier to fit S1.2 using the v-curves because the open circuit saturation curve data does not go far enough to clearly define it. When other information is available that can confidently be used to define any of the other parameters, those parameters can be fixed, and the other parameters solved for. It is important to note that the models are not perfect and theoretically correct parameters may not always give the best fit for the model being used. Figure 4.13 shows the final result of this process. There are openly available tools that can help automatically solve for the optimal parameters following the process just described. There are tools that can do this in less steps using optimization algorithms.
	/
	Figure 4.13: Final Step in V-Curve Fitting [Source: US ACE]
	The inertia constant (H) of a machine is an integral part of analyzing the stability of the interconnected BPS, and has implications on system stability assessment, unit stability performance, and reliable planning and operation of the BPS. Inaccurate values of H can lead to either conservative or optimistic results of system stability. If the modeled inertia constant is too low, conservative result (less stable) will be observed. On the other hand, an optimistic value of H where it is modeled too high can lead to overestimation of system stability conditions and potential instabilities during actual system operation that were unexpected during the near-term planning horizon, operational planning assessments, or real-time assessments. The inertia constant is also an integral part of tuning the PSS and a representative estimate of H is necessary for correct tuning. All these issues can impact transmission investments, plant performance, critical clearing times, and other issues related to the interface between generation and transmission.
	The most accurate means of determining H is to review technical drawings or information supplied by the manufacturer for the machine. This is because, from a fundamental standpoint, the best value of H is determined through detailed calculations from the exact dimensions of the turbine-generator mechanical shaft. Manufacturers use detailed finite element models of the drive-train assembly for their design and manufacturing process and thus can derive a very accurate value of H for both the electrical generator and the turbine-assembly, and thus the combined total turbine-generator value of H. A machine manufacturer will always have calculated the inertia for its equipment, but the value may sometimes need to be converted to the correct basis. H is the ratio of kinetic energy to generator rated MVA, and is obtained from the equation
	where H has units of MW-sec/MVA and WR2 is lbm-ft2. Some OEMs may instead provide a GD2 rotational inertia value, which must be converted from diameter to radius and from SI units to imperial units if being plugged into the formula above. Additionally, the H value must be recalculated if raising the generator nameplate MVA in a manner that leaves the rotational inertia unaffected (e.g. due to cooling system improvements). Manufacturers may also only provide H for the generator and not include the turbine or rotating exciter. The turbine inertia must be accounted for, as it is often the largest portion of the inertia, particularly for large steam-turbines and heavy-duty gas turbines. In most situations, these data points collected from the manufacturer data should be trusted as the most accurate source of data for H, since H is not meaningfully affected by manufacturing tolerances, maintenance, repair, or long-term wear and tear.
	Load rejection tests and derivation of H from these tests should not be used to derive H from scratch. In the event that no manufacturer data is available, a load rejection test may be necessary to derive H; however, there is inherent error in using this test data that results in the slope of the response not being an accurate measurement of solely the inertia of the machine. Examples include: 
	 Fast-acting fuel/steam shutoff value action following unit breaker-trip signal
	 Governor response
	 Turbine damping
	 Inaccuracy in drawing a tangential line to the acceleration curve near the t = 0 point
	 Friction and windage
	 Mechanical load (e.g., compressor braking for single-shaft gas turbines)
	 Measurement errors in the measured initial power/load rejected and the calculated speed of the unit after load rejection
	These effects can lead to overestimating or underestimating the inertia, which may also overestimate or underestimate system stability. Load rejection tests may also impose unnecessary stresses on boilers, turbines, and other equipment, and should not be undertaken at high load levels without justification. 
	If no alternative derivation of H is available, load rejection tests can be performed by dispatching the unit online carrying load at relatively low levels (e.g., 5-20%). Once measurement recording is started, the operator opens the main generator circuit breaker and the dynamic response is recorded. The pre- and post-rejection active power output should be recorded for the test to determine the change in power output. Frequency is measured during the test and a tangential line is drawn at the point of rejection against the frequency measurement over time, typically within the first couple hundred milliseconds. Frequency is often calculated from the terminal voltage (Vt) waveform measurement (since other frequency measurements may be noisy) and any resulting voltage transient may appear in the speed measurement. Figures 4.14 and 4.15 show examples of frequency measured over time for load rejection tests. The inertia constant is derived using the following equations below:
	If the test results compare reasonably well to the expected H value, supplied by the manufacturer, verification is complete. The load rejection test can be used to check the calculated H value but should not be used in determining H value directly. If the calculated H value is not confirmed by the load rejection test then it may be necessary to contact the manufacturer or obtain information to determine more accurate characteristics during a turbine overhaul. Again, it is emphasized that load rejection tests are not necessary where good vendor calculated values of H exist.
	/
	Figure 4.14: Load Rejection Test and Estimation of Inertia Constant for 156 MVA Unit
	/
	Figure 4.15: Load Rejection Test and Estimation of Inertia Constant for Hydro Unit
	Table 4.1: H from Plot Interpretation
	Value
	Parameter
	78.4
	Base MVA
	5.84
	Pre-Separation Power (MW)
	0.074
	ΔP Pre-Separation Power (pu)
	60.0
	Base Frequency (Hz)
	1.30
	Straight-Line Delta Speed (Hz)
	0.0217
	ΔS: Straight-Line Delta Speed (pu)
	1.615
	ΔT: Straight-Line Delta Time (sec)
	2.77
	H: Inertia Constant (sec)
	In instances where OEM generator design data is unavailable or the accuracy of the data is in dispute, it may be possible to perform current interruption tests to help determine the d- and q-axis generator model parameters.
	The adequacy of d- and q-axis generator model parameters can be determined through a comparison of dynamic simulations and recorded tests. Current interruption tests (or breaker openings) from zero power factor and under-excited can be used for the identification of the generator model d-axis parameters. Identification of the generator model q-axis parameters can be attempted through rejection tests from load conditions which establish exclusively q-axis stator currents.
	This approach to dynamic generator model parameter identification makes use of time responses of generator variables. The basic techniques use time domain analysis of generator variables under disturbances such as load rejections and field voltage changes. Key variables to record for the transient response tests are stator current, terminal voltage, field current, field voltage, and frequency or speed.
	In order to estimate the d-axis generator model parameters, the ideal initial conditions of the unit would be at zero active power, absorbing reactive power and in manual control of the excitation system. This condition guarantees that flux only exists in the d-axis. The test would consist of opening the generator circuit breaker connecting the machine to the power grid and recording the terminal voltage and field current response to the breaker opening. With the generator under-excited, saturation effects would not be present and the test results can be used to determine the basic unsaturated values of Xd, X’d, X’’d, T’d0 and T’’d0. Figure 4.16 shows terminal voltage (blue), stator current (black), field current (green) and field voltage (red) response to a current interruption test designed to determine the d-axis generator parameters.
	/
	Figure 4.16: Current Interruption Test Measurement Quantities 
	[Source: J. Undrill]
	Using the equations below and the values determined in Figure 4.16 by analyzing the changes in terminal voltage and stator current, an initial guess for the d-axis impedances can be made. Simulations of the current interruption test can also be used to confirm or determine the generator model d-axis parameters. Note that the field current response can also be used to determine the T’d0 and T’’d0 time constants as laid out in the de Mello and Ribeiro paper.
	It should be noted that there are some limitations to this test when applying the ideal theory to real world applications. In many instances, it is impossible to run a synchronous generator at zero active power either due to reverse power relay action or the inability of the plant controls to successfully maintain zero or low load for any significant period of time. In these cases, reducing the generator output to less than 5% of maximum output may be acceptable in achieving a model match.
	Note that the theory behind this test is that when the generator breaker is opened, the field voltage is expected to be held constant. However, most static excitation systems work in constant field current regulator (FCR) mode when switched into manual operation and not field voltage regulator (FVR) mode. Figure 4.17 shows expected FVR behavior (left) versus the unexpected FCR behavior (right) during a current interruption test. It is clear from the right plot that field voltage (red) is not held constant during the test. This impacts the terminal voltage (blue) and field current (green) response significantly when compared to the ideal response. The equations laid out in the de Mello and Ribeiro paper can no longer be determined by analyzing the plots, but rather must be simulated. In addition, field voltage would need to be “played back” into the generator model in order to replicate the response accurately. Most commercial and open source software packages offer this type of play back feature.
	Lastly, units that use brushless excitation systems offer even less ability to determine the generator model parameters via this method as field current and field voltage are not measurable/recordable values.
	/
	Figure 4.17: Constant Field Voltage vs. Variable Field Voltage during Interruption Test 
	[Source: J. Undrill]
	In order to estimate the q-axis generator model parameters, it would be ideal to establish a loading condition on the unit where the stator current is composed only of a quadrature axis component. The desired loading condition can be arrived at by successive current interruption tests where the field current deviation is recorded each time. The objective is to find the ideal loading condition that results in no noticeable transient deviation for the field current. While multiple current interruption tests could be performed to find this location, a minimum of two various conditions which result in transient deviation in opposite directions can be used to locate the point where ΔIfd is zero as shown in the de Mello and Ribeiro paper. 
	An alternative method of finding the correct q-axis loading condition is to utilize a rotor position signal and calculate the relative rotor angle between the stator current and the measured rotor position. The q-axis loading condition then can be achieved by adjusting the unit P and Q such that the relative rotor angle is 90° additional to the rotor angle measured during d-axis current interruption test prior opening the unit breaker. The rotor position signal can be obtained through one-pulse-per-revolution key phasor signal or laser tachometer measurement by means of placing a reflective tape on the generator shaft. Figure 4.18 below illustrates the rotor angle positions during d-axis test and q-axis test. The advantage of this method is that it significantly reduces the number of load rejection tests need to be performed on-site. The disadvantage is when one-pulse-per-revolution key phasor signal is not available, the generator needs to have a complete shutdown to allow placement of a reflective tape on the shaft. 
	/
	Figure 4.18: Illustration of Rotor Positions in D-Axis and Q-Axis
	[Source: Powertech]
	Once the location is found, a final current interruption test using that real and reactive power level to produce zero d-axis stator current component will result in a transient voltage (blue) as shown in the top plot of Figure 4.19.
	/
	Figure 4.19: Flux Comparison to Confirm Q-Axis Data 
	[Source: GE]
	In order to determine the q-axis parameters, flux (Vt,pu/speedpu) shown in the center plot of Figure 4.19 is used to eliminate any differences between simulation and test frequency, often caused by the inability to exactly match the governor offline control responses. 
	While the q-axis current interruption tests can be achieved, they may not derive the exact generator model parameters and lead to additional errors. It is recommended that this test not be the sole source for determining/verifying the q-axis parameters. A combination of this interruption test along with an exciter step, an exciter impulse, and a generator synchronization can be used to confirm q-axis parameters.
	Excitation system and PSS models are typically verified using voltage reference step tests with the PSS offline (OFF) and PSS online (ON). PSS OFF tests verify the automatic voltage regulator (AVR) models while the PSS ON tests help to verify PSS models. Table 4.2 shows the signals that should be captured during these tests. The step signal should be recorded or the step size should be clearly noted. If the excitation system is a static exciter, then only the field voltage and current of the generator main field need to be recorded. If the excitation system is a rotating AC exciter, both the main field of the generator and the exciter field quantities should be captured, if possible. However, only one of these is adequate, and the testing engineer may have a particular preference. For brushless excitation systems, only the field voltage and current of the exciter can be measured. Sampling rates should be at least 120 samples per second or faster. Data should be collected for at least 1-5 seconds prior to the step injection and for at least 10-20 seconds after. 
	Table 4.2: Exciter Step Test Signals
	Offline Verification Signals
	Online Verification Signals
	MW
	MVAR
	Terminal voltage
	Terminal voltage
	Field voltage
	Field voltage
	Field Current
	Field Current
	Exciter field voltage
	Exciter field voltage
	Exciter field current
	Exciter field current
	Frequency
	Frequency 
	PSS Output
	Table 4.3 shows some of the potential step tests that may be performed for verification purposes. Not all of these step tests necessarily need to be performed to collect sufficient data to verify the model; however, the tests typically conform to one of these options.
	Table 4.3: Potential Voltage Reference Step Tests
	Step Duration (sec)
	Vref Step %
	PSS Status
	Unit Status
	Loading
	10-20
	±2-5%
	No Load
	Off
	Offline
	10-20
	±2-4%
	Min Load
	Off
	Online
	10-20
	±2-4%
	Full Load
	Off
	Online
	10-20
	±2-4%
	Min Load
	On
	Online
	10-20
	±2-4%
	Full Load
	On
	Online
	The smaller reference step tests help validate AVR parameters (e.g., KPR, KIR) while the larger reference steps with the unit offline help validate the ceiling parameters in the model. Performing the larger reference steps with the unit online is not recommended, particularly because this could cause the unit to change from consuming a large amount of reactive power to producing a large amount of reactive power which is not ideal for grid reliability as it may violate downstream equipment limitations or local criteria. In addition, larger steps are performed offline to avoid any interactions from components such as the PSS, UEL, and OEL (e.g., the test targets specific aspects of the model verification). 
	Performing the smaller steps at full load helps validate any droop or line drop compensation since this is based on current. It can be shown that droop is present by applying a 2% step offline and observing a 2% terminal voltage change and then applying this step online and observing a terminal voltage change that is less than 2% and in proportion to the droop quantity. Full load testing also validates the PSS (note that the PSS is typically turned off by the controls at very low generator output levels). So the steps to verify PSS performance should be performed when the unit is loaded near rated load. The test is performed at full load rather than partial load since these conditions have the highest propensity for oscillations. The testing also confirms that the machine is well damped for these types of step changes common during grid disturbances. 
	In summary, in the case of the on-line tests, these should be done as close to rated unit MW output as possible, with, and without the PSS ON. In the case of the off-line tests, these should be done at rated speed. Note that the off-line tests are, as indicated above, an additional confirmation of the AVR dynamics, and often a good way (by comparing off-line and on-line step tests) of verifying the current-compensation values in the AVR controls. However, the off-line step tests are not absolutely essential, particularly for digital control systems where the current-compensation values can be easily determined and verified from the digital settings. Also, the ceiling of the excitation system can also be confirmed by calculation. During the course of these tests, the GOP should notify its TOP of any status change of the PSS, as per VAR-002-4 Requirement R3, when the PSS is turned OFF and then back ON.
	Figure 4.20 shows the dynamic response from a 5% voltage reference step test at full speed, no load (FSNL). The terminal voltage and field voltage are matched between simulation and actual response to confirm modeled performance. In the left plot, the dynamic response is verified; in the right plot, the field voltage ceiling is verified from the step response. Figures 4.21 and 4.22 show results from a 2% voltage reference step test with the unit online loaded near full load with the PSS off and on, respectively. Note the relatively close match of field voltage, terminal voltage, and reactive power for both cases. 
	/ /
	Figure 4.20: Voltage Reference Step Tests at Full Speed, No Load [Source: GE]
	/
	Figure 4.21: 2% Voltage Reference Step Test at Online Near Full Load, PSS ON
	Measured (Blue) vs. Simulation (Red) 
	[Source: GE]
	/
	Figure 4.22: 2% Voltage Reference Step Test at Online Near Full Load, PSS OFF
	Measured (Blue) vs. Simulation (Red) 
	[Source: GE]
	Generating units that share a common bus at the terminals are equipped with some form of compensation that allows for stable operation through sharing of reactive load. This can be accomplished through reactive or cross current compensation. For units that share a low side bus, it is easiest to simply validate one unit with all other units’ offline (Figure 4.23). In this case, compensation can be validated in and out of service as a normal part of staged testing, if desired. If verification is performed with other units online, compensation cannot be removed without other units first being placed in manual mode to prevent instability. Care must be taken when performing staged testing with units connected to the same bus and excitation system in manual mode as machine limits could be exceeded. Verification of compensation settings for all parallel units can be performed simultaneously if the compensated responses of all parallel units are captured when performing staged testing on a single machine.
	See Figure 4.24 where a 2% voltage reference step test in Auto mode was performed in the high pressure (HP) of a cross compound machine and the low pressure (LP) data was captured at the same time. Data was then validated through a single machine infinite bus (SMIB) system.
	/
	/
	Figure 4.23: RCC Verification using Voltage Reference Step Tests [Source: USBR]
	/
	Figure 4.24: RCC Verification for Cross Compound Unit w/ Both AVRs in Auto [Source: Duke]
	The effect of the reactive current compensation can also be validated using frequency response methods (see Figure 4.25). The process is similar in cases when the RCC is set for line drop compensation as well, or if cross current compensation is employed between two (or more) units. Since the reactive current output determines the compensated response, in order to properly validate the values of reactive current compensation parameters it is necessary that the model reactive current responses very closely match the measured reactive current responses as well as the voltages. Playback methods are very effective for validating reactive current compensation models.
	/
	Figure 4.25: Frequency Response Verification for RCC [Source: USBR]
	In some instances, the GOP may have been granted exemption from operating in automatic voltage control mode to a scheduled voltage value or range. In those cases, the resource is allowed to operate in a power factor or reactive power (VAR) control mode. These controllers act as a secondary control loop in the AVR controls, slowly adjusting the AVR reference in order to maintain a specific MVAR or power factor set point. These models can be determined from online AVR reference step tests with the controller active. In most cases, these outer loop controls are very slow in response and the field measurement recordings need to be longer to capture the return of the reactive power to its original set point. The timeframes of these controls should be considered when determining how and if to model them. If the MVAR or power factor controls interact with the AVR in a timeframe that is simulated as part of the transient stability or mid-term stability simulations (e.g., out to approximately 60 seconds), then a representative model should be provided. Otherwise, a suitable match between simulation and actual test without these additional models can be attained. In this case, the GO should still inform the TP that the plant operates in a VAR or power factor control mode.
	Figure 4.26 shows an example of a relatively fast outer loop VAR controller for a 112.8 MVA generating unit. The outer loop VAR control comes from the plant-level distributed control system (DCS) rather than internal to the exciter. The DCS overrides the 2% voltage reference step test within 10 seconds. The figure also shows how the standard excitation system model was not able to accurately represent this overriding outer loop control. In this case, an additional model is needed to represent the outer loop controller otherwise the actual response of the plant to changes in voltage cannot be accurately modeled. Dynamic models such as pfqrg (reactive power regulator/power factor angle control) can be used in conjunction with the excitation system model to capture these effects.
	/
	Figure 4.26: Power Factor Controller Response Compared to Simulation
	In order to provide a better local mode real power oscillation, exciter impulse tests are often performed (see Figure 4.27). While similar to the exciter step tests, the exciter impulse tests are typically larger in magnitude (5% - 10%) but for much shorter durations (0.1 – 0.5 seconds). Exciter impulse tests are often used in analysis of PSS commissioning to determine its effectiveness in damping oscillations. This type of test can also be used as part of a collection of tests in determining/verifying generator model q-axis parameters.
	/
	Figure 4.27: 5% Exciter Impulse Test (PSS Off) [Source: GE]
	This test can be used to help confirm Xq, X’q, T’q0 and T’’q0 by a comparison of the simulation to measured real power oscillations. Assuming the inertia constant is confirmed, the magnitude, and period of these oscillations are greatly affected by the q-axis parameters. Note that the 2% exciter voltage step test also offers a similar opportunity in verifying the q-axis parameters, but the real power oscillations may not be as observable.
	To evaluate the damping of the PSS, the results of the exciter impulse tests with and without the PSS enabled is compared in Figure 4.28. A reduction in the “local” mode oscillation is observed with the PSS in-service. 
	/
	 Figure 4.28: 5% AVR Impulse Test – PSS Off vs. PSS on [Source: GE]
	To further clarify the PSS performance the MW signals of the impulse test with and without PSS are processed by using Fast Fourier Transform (FFT) to get a power spectral density of the signal as a function of the signal frequency. Figure 4.29 compares the MW with and without PSS and clearly demonstrates the reduction in signal magnitude provided by PSS around the local mode frequency (~1.25Hz). 
	/
	 Figure 4.29: Impulse Test FFT [Source: GE]
	With the unit running at full-speed no-load (FSNL), the operator will synchronize the unit to the grid. This normal event can often be recorded during a testing session. It is important to capture the real power, reactive power, terminal voltage, stator current, and generator frequency response pre- and post-synchronization. Often this recorded response is used along with a q-axis current interruption test, voltage reference step and impulse tests in confirming and/or determining q-axis reactance’s and time constants. Initially, the reaction of the real power response during a synchronization of the unit to the grid can be compared to dynamic model simulations, as the initial real power oscillations are primarily driven by the q-axis parameters. Along with iterations with the current interruption test and voltage reference step tests, the data can be estimated fairly well.
	In order to simulate the synchronization correctly, the pre- to post-synchronization change of speed and voltage needs to be accounted for. This type of simulation requires the use of a user-written model to adjust for any off-nominal pre-synchronization speed, voltage magnitude and voltage angle (or synch angle).
	Figure 4.30 shows a comparison of the real power output of a dynamic simulation model to the recorded response of the generator. 
	/
	Figure 4.30: Active Power during Synchronization [Source: GE]
	The mathematical representation of generator control systems (e.g., excitation control systems, speed governors, etc.) is based on block diagrams of these systems expressed in the Laplace domain. This representation lends itself most naturally to consider these system in terms of transfer functions in the S or frequency domain. While it is most common to consider model verification test methods that are easily replicated in time domain simulation (e.g., step response tests), there are situations in which it is more appropriate, even necessary, to consider the verification of the block diagram models with respect to their native, frequency domain transfer function form.
	Although there are several methods that can be used to measure the control system response as a function of frequency, the level of noise in the electrical signals from the generator measurements of interest make most of these methods ineffective. A simple and effective way to measure the frequency response of these systems is using a variable frequency sine wave input and measuring the response of each frequency over the range of interest. The output signal for one or more exact periods of a single frequency is compared to the input signal and the differences in amplitude and phase angle are used to calculate the magnitude and phase responses. The injection of the sine wave input and reading of the output signals can be performed in simulation identical to how it is performed during testing at the plant. Commercial analyzer equipment and modeling software are available for this type of analysis, although many practitioners develop their own tools. The compiled results of the test are then plotted on a Bode plot. The exact same test performed in simulation is then used and model results are compared against the measured responses:
	/
	Figure 4.31: Frequency Response Test Plots [Source: USBR]
	In this case, the responses of Vt/Vref as a function of frequency prove to be a valuable and effective verification of the excitation control system model. Frequency response measurements are necessary to validate power system stabilizer tuning as well as the model. The minimum load measurement of Vt/Vref is used to tune the phase compensation of the stabilizer, as shown in Figure 4.32. This method of analysis can also be used to measure the response of the governor control loops as well.
	/
	Figure 4.32: Tuning of Phase Compensation Plot [Source: USBR]
	/
	Figure 4.33: Turbine-Governor Frequency Response Test Plot [Source: USBR]
	Frequency response analysis is valuable for accurate baseline model development, as it not only verifies the model over the entire frequency band of interest but can be used to identify the characteristics of individual components or subsystems of the control systems. Figure 4.34 is a verification of a subsystem of the governor system in the Figure 4.31 above.
	/
	Figure 4.34: Turbine-Governor Subsystem Frequency Response Test Plot [Source: USBR]
	A PSS modulates an AVR to produce terminal voltage changes in phase with rotor speed deviations, which provide damping torque to reduce both low frequency and local mode power oscillations. It is fairly standard practice for interconnection agreements to require a PSS on new units, which is tuned during commissioning. A PSS can improve stability during abnormal grid conditions, enabling a wider range of allowable system conditions (e.g., forced or planned outages) that may not be studied in the long-term planning horizon. For existing units, AVR upgrades may be a good time to add a PSS. Requests by the TP/PC for adding a PSS to specific units should occur early in the process of upgrades to minimize costs and impacts to GOs. However, the GO should engage with the TP/PC, who typically performs studies to identify if adding a PSS provides reliability benefit to the unit and the BPS.
	Modern high-gain AVRs, while significantly improving first-swing transient stability by providing increased synchronizing torque, may in some cases contribute to system oscillations due to decreased damping torque. While detection systems, alarms, and operator action may offer some protection, PSSs are developed specifically for the purpose of protecting the grid against unexpected oscillations by providing increased damping torque. Therefore TPs should consider requiring PSSs at all large generating plants to ensure that oscillations remain well damped for both known oscillation issues as well as situations where oscillations are unexpected. In addition, excitation systems for many newer generators include an installed PSS as part of the AVR upgrade yet may not be activated. TPs should consider requiring an operable PSS for units that may in any way be involved in a potential oscillatory situation or issue.
	Regardless of the design or vintage, a PSS consists of phase compensation (including washouts and a ramp tracking filter), signal limiters, and gain settings. Unlike most of the plant models, the models of PSSs can be nearly identical representations of the actual equipment. The block diagram shown in Figure 4.35 represents what is now the de facto industry standard and the required design in some jurisdictions. This dual input design is a completely digital implementation, which is convenient for the purposes of model verification since if the implementation has been verified and properly calibrated in the equipment, then the digital settings file can be trusted as the source of the model parameters. If this is not the case, or if the PSS consists of analog electronics, then determining the PSS parameters and model verification should be performed in an open loop configuration with the unit shut down or offline and the model or its components considered separately.
	/
	Figure 4.35: PSS Block Diagram
	The phase compensation, which includes the lead-lag and the washout blocks can be most easily verified using frequency response measurements over a large bandwidth (can range from 0.01 Hz to 100 Hz, but more typically 0.1 to 10 Hz). This measurement (or calculation) is a necessary step in tuning the PSS. In the dual input design, proper measurement of the phase compensation can be accomplished using the frequency input path only with the ramp tracking filter and the power input path nullified. 
	The proper tuning of a PSS for high initial response excitation systems often leads to phase lag time constants on the order of 0.01 seconds, typically the minimum setting allowed in digital systems. However, the typical time steps used in performing large scale stability studies do not allow time constants set this short, so it should be kept in mind that the resulting response of such a PSS model might in effect not match the measured response (see Figure 4.36). This caveat also applies to the generator and excitation system and their models as well. Model fidelity should not be expected beyond 3 Hz.
	/
	Figure 4.36: PSS Compensation Test – Measured vs. Simulated [Source: USBR]
	Verification of PSS limiting functions can be carried out by measuring the output voltage at which they operate. An input signal or the gain KS1 can be increased until the PSS output signal is clipped. The calibration of the output limiter should be verified as the maximum per unit frequency change. Other important limits (i.e., the voltage cutoff and low power cutoff points), although not currently represented in the models, should be documented.
	Verification of the overall gain, KS1, is perhaps the most difficult part of the PSS to verify, and unfortunately is the most important. In analog systems, each portion of the circuitry can contribute to the overall effective gain, and the calibration of the gain dial setting must be known accurately, preferably measured. Verification of the overall frequency/volt (or volt/volt) gain through the PSS should be measured using a small low frequency input signal to check the resulting df/dv signal gain of the PSS output signal. If frequency response testing of the governor is performed, the resulting low frequency oscillations in the measured frequency input to the PSS can provide such an input for the PSS which will also verify the calibration and effective gain of the PSS frequency transducer. In units where rotor frequency is calculated by compensating measured terminal voltage with Xq, (which is currently not how PSS simulation models work) error in the estimation of the machine reactance can lead to considerable error in the PSS input signal, as the computer models use the simulated generator rotor frequency as the input signal.
	Since the main intent of requiring PSS throughout interconnections is to contribute damping to low frequency, inter-area mode oscillations, the PSS model should be verified in this frequency range as best as possible. While it is normal practice to tune the PSS based on local mode oscillations that can be stimulated with inputs into the AVR, the frequency range of the local mode oscillation for most units is in the 1-4 Hz range. However, the local mode oscillation behavior depends not only on the PSS, but the exciter, generator, and external system as well. Depending on the equipment, tuning, and accuracy of individual generator, excitation system, and external power system models, the correspondence between measurements and model performance of local mode behavior is likely to be noticeably imperfect, and may not be the best evidence for verification of the PSS model. In the best cases, the behavior in this frequency range is approximate. The model accuracy will likely degrade further at higher frequencies, which if used as evidence of “maximum PSS gain” in a PSS tuning study, should be taken with the proper consideration.
	There are differences between the actual PSS inputs and the model interpretation. Most PSSs use a compensated frequency rather than the actual measured rotor speed deviation. Compensated frequency is a calculated frequency signal derived from the PT and CT signals. The PSS also includes a user selectable quantity sometimes referred to Xq* (or XQslip). Depending on the software platform, the model may or may not allow for the user to use compensated frequency (as compared with rotor speed deviation). 
	If the compensated frequency nearly matches the rotor speed deviations, then it would not matter significantly from a modeling standpoint. On the other hand, sometimes the measured and actual responses do not match as closely, and this may be attributable to the input signals being used between the actual implementation and the modeled representation. The PSS models in commercially available software that do not have PSS2A where the user can select compensated frequency as the input and an additional parameter Xq* may have this issue where different inputs will result in different output when comparing with reality. 
	Modelers should be aware of this fact that there is a difference between the types of input signals to the PSS, and it may cause a difference in simulation vs. measurements if the compensated frequency is different than that of rotor speed deviation. All commercially available software vendors should include this feature to select compensated frequency as an input in the PSS models.
	Modern PSSs may have a low power cutoff threshold where the PSS will toggle on and off. It may be useful to implement a hysteresis on this low power cutoff threshold so the PSS does not chatter or toggle on and off if the unit is operating around this range (although this is rare, it has occurred in the past). In addition, some units may have different PSS operating modes where different gains may be used in rough areas of operation (e.g., min loading conditions for gas turbines, hydro rough zone operating ranges, etc.). These are typically not modeled since the unit is not intended to operate in this range, and the TP should know where these ranges are to avoid dispatching the unit there in simulations.
	Also, some older legacy PSS designs (some of which are still in service on generating units) were poorly designed such as to not afford adequate lead/lag compensation blocks and range to allow for proper tuning. These legacy PSSs are likely in most cases ineffective and grandfathered into the system. Moving forward, however, if the excitation systems associated with such PSSs are retrofitted, the opportunity should be taken to replace the PSS with a modern digital PSS2B or PSS2A, as appropriate.
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	Plant-Level and Outer Loop Controls Verification

	The purpose of MOD-027-1 is to verify the turbine/governor and load control or active power/frequency control function dynamic models. This section describes the various tests that may be performed to develop or verify the dynamic models related to the turbine/governor and load control or active power/frequency control functions. 
	It is important to note Footnote 1 of MOD-027-1, which describes the power plant elements that are considered part of the turbine/governor and load control (synchronous generation) or active power/frequency control function (inverter-based generation):
	1 Turbine/governor and load control or active power/frequency control:
	a. Turbine/governor and load control applies to conventional synchronous generation.
	b. Active power/frequency control applies to inverter connected generators (often found at variable energy plants).
	As well as the turbine/governor, any outer loop or plant-level controls that interact with the active power response of the plant should also be verified as part of MOD-027-1 and modeled accordingly. The section first lists the tests relevant to verifying turbine/governor dynamic models and model parameters, then lists tests relevant for testing the outer loop or plant-level controls. 
	The active power-frequency controls of the machine should be verified as part of MOD-027-1, including the turbine-governor model, as well as any plant-level control systems that may interact with the governor. First, the turbine-governor model should be verified, and then any additional controls can be overlaid on this model to represent the overall plant active power response and that should also be verified. In the case of large thermal units, the turbine-governor models used to represent these controls in power system simulation programs are far simpler as compared to the actual turbine controls in a large thermal plant (e.g., as compared with the relationship between excitation system models and actual controls). For example, in a typical model for a steam-turbine (IEEEG1), there is a single valve modeled whereas in an actual steam-turbine there is an arc of valves around each turbine stage. The goal is to develop a model that reasonably represents the droop, deadband, and response time of the turbine-governor such that the model is able to emulate the real power response of the unit for a given frequency deviation. 
	The turbine-governor droop (permanent droop for hydro units) should be tested for all expected types of feedback – electrical output, valve position, gate position, etc. If gate or valve position is used as the feedback signal instead of power, droop is calculated based on this signal. It is important to know the power base used for defining the permanent droop. For example, hydro units use gate feedback rather than power feedback for improved control stability and therefore droop as well as other settings are based on the turbine rating MW. In general, for all turbine types (i.e., hydro, gas, or steam), it is better practice to per unitize the model on the MW rating of the turbine.
	Droop (or permanent droop for hydro units) can be tested through various means. One method that can be used with various OEM turbines, is to measure the steady-state parameters (speed, speed / load reference and real power output) over a wide operating range of the unit. 
	If speed/load reference signal is not available, the application of changes in frequency or speed reference in either or both directions at different operating points may be possible. When applying the steps, they should last long enough for the unit to reach a new steady-state operating condition to record speed deviation and output power. 
	Figure 5.1 shows an example of data points collected during a test. The unit was loaded to several different operating levels from minimum power output to base load. The steady-state parameters (real power and speed reference minus speed) were recorded at each operating point. These values were then plotted against each other in order to determine the droop. 
	Droop can then be calculated as 
	In this example, the calculation can be made using discrete data points along the linear estimate. 
	/
	Figure 5.1: Estimation of Droop Test [Source: GE]
	It should be stressed that this test is not necessarily a measurement of the droop setting in the governor. This is a measurement of the sum total of the signal gains throughout the turbine-governor system including gate or valve nonlinearity, turbine efficiency, effective head (on hydro units), etc. These can drastically affect the net regulation. For modern gas turbines, however, this test typically yields an accurate and close correspondence to the digital droop setting, since the fuel valves are quite linear.
	Overall deadband consists of two components:
	 Intentional Deadband: An intentional deadband setting in the turbine-governor programmed to minimize dithering on digital controls and movement of valves, gates, etc.
	 Unintentional Deadband: The unintentional range of speed deviation for which due to the mechanical systems (e.g., backlash, etc.) may result in little to no movement of the turbine-governor.
	The intentional deadband should be determined and explicitly modeled. Unintentional deadband due to mechanical effects is difficult to consistently measure and characterize. It varies over time or operating point, is not consistent or linear, and is generally not considered “deadband” in many situations. Rather, these are combinations of backlash, friction, saturation, looseness, tightness, leakiness, etc. In many gas turbines, the unintentional physical deadband is relatively small to negligible while in steam and hydro units this may be more prevalent and quite significant. The model should represent this type of unintentional deadband when consistent mismatch in model verification tests demonstrate that the deadband exists and reasonable adjustment to the deadband addresses the mismatch. The model representation of the deadband may be a combination of the verified intentional deadband as well as the measured unintentional deadband. 
	Plant operators may not be aware of frequency control requirements or recommendations put forth by their respective BA or by NERC, and may enable a governor deadband to minimize any undesirable servomotor and/or power oscillations. Deadbands should be minimized to the extent possible, and appropriate settings of governor PID controls or transient gain droops can help minimize these undesirable oscillations. This minimizes a “frequency dead zone” for primary frequency control, and provides and overall more stable power system. If deadband is to remain enabled, then it should be tested and modeled appropriately in the dynamic model. It is understood that some minimal level of intentional deadband (e.g., 15 to 30 mHz) is likely, in most cases, necessary to minimize constant movement in turbine valves, gates etc.
	The governor deadband can be tested via two different methods; frequency disturbance recording or introducing a frequency step. Each method has its benefits, drawbacks, and practical limitations; however either test is suitable to confirm the unit provides primary frequency response and can be used to estimate the deadband and droop for modeling purposes provided the test is run with the governor in its normal mode of operation (refer to the section “Representation of Typical Operating Mode(s)”). For digital control systems, intentional deadband can be confirmed by extracting the setting from the controls.
	Turbine/governor models include a number of parameters that can be derived through measurement of steady-state operating conditions. These steady-state conditions may be part of a set of tests or may be captured during normal operating conditions depending on the circumstances at the plant. Typically some form of steady-state test (e.g., load ramp test) is performed to collect a number of steady-state parameter values. The following sub-sections illustrate how capturing this data can be used to derive the parameter values.
	For gas turbines, no load fuel flow (wfnl) and turbine gain (Kturb) can be determined by operating the unit at different power output levels and comparing power versus fuel valve position (e.g., fuel stroke reference (FSR)). Figure 5.3 shows an example of these operating points and how the two parameters are derived. A line is drawn between the operating points, crossing through the no load point. The fuel stroke reference at the no load point defined as wfnl (e.g., 14.2% = 0.142 pu). The turbine gain is determined as the slope of the line in per unit: 
	/
	Figure 5.3: Turbine Gain and No Load Fuel Flow Determination [Source: GE]
	/
	For hydro units, gate position is adjusted across its allowable range and active power is monitored. Usually, water flow vs. gate servomotor opening and active power vs. water flow data are collected as the gate position is adjusted across its allowable range. Values are corrected to account for the rated vs. actual head value to be used as the reference for the computation of the water starting time. The water starting time can also be calculated using penstock dimensions. A common error is using the rated active power of the generator as the per unit base. The reference values that should be used for correctly modeling the turbine output power are:
	 Turbine output power at rated head and 1 pu gate servomotor opening
	 Generator output power at rated head and 1 pu gate servomotor opening if stator resistance is to be neglected
	 Water flow at rated head and 1 pu gate servomotor opening (i.e., “Qflow,ref”)
	 1 pu base for the gate servomotor opening should exactly be the same as the reference value used in the PID controller and/or in the transient and permanent gate droop functions
	/
	Figure 5.5: Power-Gate Response [Source: US ACE]
	Data previously collected (e.g., at commissioning), should be periodically validated. Whenever water flow measurements are unavailable, at least steady-state power vs. gate data (including corrections according to actual net head values) should be collected. The typical translation from power data collected at different net head from the rated value is as follows:
	P (G, Rated Head) = P(G, measured) * (Rated Head/Hm)1.5
	If water flow happens to be measurable, the translation for water flow vs. gate servomotor is as follows:
	Qflow(G, Rated Head) = Qflow(G, measured) * (Rated Head/Hm)0.5
	where G is the gate servomotor stroke; Rated Head is the head value used to compute the water starting time coefficient Tw in the turbine model (generally the designed rated head on the turbine nameplate); Hm is the net head (or approximated net head) value at the moment of the measurement; and Qflow is the water flow through the turbine wheel.
	Hydro-turbine models should account for the non-linear characteristics of water flow vs. gate servomotor stroke and power vs. water flow (see Figure 5.6). Most of the simulation programs use look-up tables to represent this; however, a third order polynomial will provide the best fit. Software vendors and subject matter experts should consider model improvement to enable polynomial representation. Figure 5.7 shows a non-linear water column available in common power system stability software. This model is adequate for a typical hydro plant with one equivalent penstock and no surge tank. There is no need to model the whole water adduction system if the surge tank is large enough to be considered as an infinite reservoir. Linear turbine-water column models should not be used.
	/
	Figure 5.6: Power vs. Gate Servomotor [Source: OPAL-RT]
	/
	Figure 5.7: Francis Turbine Model with One Equivalent Penstock [Source: IEEE PES-TR1]
	This test is the same as the Power-Gate test, with blade position also recorded for Kaplan turbines. The unit output is gradually raised from 0 MW to maximum MW. Head, power, blade, and gate are recorded. Steady-state measurements are taken at increments of power, e.g., 5%, as power is raised. This can also be done while lowering; however, the control input (speed or power setting in load control mode) should only be adjusted in one direction until the maximum (or minimum) is reached to avoid backlash. Data is then used to create characteristic curve data points as defined by the model being used (see Figure 5.8).
	/
	Figure 5.8: Example of Blade vs. Gate Data Collected During Test
	Data collected during grid disturbances when the unit is online and operating in its normal operating mode can be used to verify dynamic model parameters. The overall plant response can be verified, as described in previous sections. In addition, specific aspects of the turbine/governor model can be verified and these are discussed here.
	Deadband can be observed by a generating unit’s response to grid disturbances. System frequency excursions such as generation or load tripping events occur fairly regularly within an interconnection and these conditions are suitable to drive frequency outside the governor deadband for reasonable deadbands (e.g., ± 36 mHz). This method is the only approach for mechanical governors used on older hydroelectric turbines. Some type of disturbance recorder needs to be installed to capture this data. Frequency or speed and active power are recorded when the unit is in its normal operating mode between minimum and full load. 
	Figure 5.9 shows an example of a frequency deviation event and the actual and simulated response of the unit to that frequency excursion. The red plot shows the actual response and the grey, blue, and yellow response show various modeled responses with different deadband settings to try to match. The deadband was tested at 0 mHz and this clearly proved incorrect since the unit does not respond to small changes in frequency throughout. Deadband was tested at 33 mHz and this also proved incorrect since the initial match is good and the transient response is good but the return to pre-event output was not captured. As the frequency began to recover, the actual unit response reduced to match this increase in frequency. The 33 mHz deadband setting did not capture this until frequency reached outside the upper deadband. In this case, the planning engineer tested the position of the deadband and determined that the deadband was not located in the correct location in the model. Upon moving the deadband (e.g., from speed deviation to speed error, or vice versa), they were able to obtain an excellent match (yellow plot). Plotting time synchronized measured unit MW output and frequency against simulated response provides a useful verification of the overall dynamic turbine-governor model for the unit. 
	 /
	Figure 5.9: Disturbance Measurement for a 225MVA Gas Turbine [Source: IESO]
	Figure 5.10 shows that the number of opportunities to capture data diminishes with the size of the deadband and there is a practical limit to the size of the deadband that can be confirmed via this method. For example, 10% of the hours in a year will have at least a minimum frequency value of ≤ 59.95 Hz as compared to 75% of the hours in a year will have a minimum frequency ≤ 59.97 Hz. For expected deadbands in the range of ± 36 mHz, there are ample opportunities to confirm the deadband setting. Large deadbands outside the expected, reasonable range may not be practical to test with this approach since frequency may not reach lower limits. 
	/
	Figure 5.10: Hourly Minimum Frequency – Calendar Year 2016 [Source: IESO]
	As mentioned above, it may be beneficial to measure quantities such as gate or valve position when either the droop is based on gate or valve position rather than electrical power or when the electrical power measurement has low resolution or accuracy. Figure 5.11 provides an example where the resolution of the electrical power measurement was too low to determine the hydroelectric turbine deadband of ±5 mHz. However when the gate position is plotted rather than electrical power the deadband of 5 mHz can be confirmed.
	/
	/
	Figure 5.11: Measured Power and Gate during Ambient Measurements for 6.9 MVA Hydroelectric Generator [Source: IESO]
	Governor model verification is often performed using staged tests involving a step change injected into the turbine-governor controls. Frequency, speed, power output, and feedback signals (e.g., gate position, valve position, etc.) are collected to verify performance. The unit is operated in its normal mode of operation and at an operating point between minimum and maximum load (i.e., capable of providing governor response). The following subsections describe the various tests that may be performed. 
	The turbine-governor response (controller PID gains, droop, and deadband) to perceived changes in system frequency can be verified by using speed/frequency reference step tests into the governor or MW load reference steps into the plant load controller. The type of test performed is highly dependent on the capability of the unit/plant controller’s ability to inject an additive component into the appropriate speed, frequency or load reference location. This is a controlled test of speed/frequency change perceived by the governor or MW change perceived by the plant controller, and testing engineers can quickly observe response and make any necessary changes or correction following a test run. These tests may also be used to verify other elements of the model such as rate limiters, if applicable.
	Figure 5.12 shows three locations where a step may be applied in the model – perceived speed/frequency, unit speed/load reference, or plant load controller reference. These points relate to some degree to actual points in the physical equipment and this should be verified during testing. It should also be verified that the step input is applied before the intentional deadband used in the governor, if any, so that this control component can also be verified during the test. 
	/
	Figure 5.12: Load Reference Step Input [Source: Duke]
	Typically, for hydro turbines where mechanical stresses are not as concerning, a 0.5 percent and 1 percent change in speed reference is applied and removed with the unit online with sufficient governor headroom to prevent reaching the maximum output conditions (e.g., gate or stator output limit). Active power, gate position, and blade position are typically monitored on a hydro unit. If possible for hydro units, tests should be performed with permanent droop at gate instead of power, for easier verification of control gains. For steam and gas turbines, typically a speed reference change of the order of 0.2 to 0.5 percent is applied. Larger steps are rarely used. For a gas-turbine in addition to active power, the fuel stroke position may also be monitored. For a steam-turbine the valve position(s) are likely not easily monitored, and do not necessarily have a one to one correspondence in the simple planning models used.
	For hydro units, if the nonlinear gain characteristic between gate position and power is modeled by a piecewise linear function (Figure 5.13), the continuous gain change in power output for changes in gate position that will be measured will not be reproduced in the simulations with these models. In these cases, the power output responses may match adequately during some portions of the response, but not typically throughout. The problem will be most acute near the most abrupt transitions in the characteristic. In most cases, the gate responses are the best signals for response comparison, and some error in the power signal should be acceptable (Figure 5.14). Since the unit will normally be operated near the top part of the curve, it is recommended in this case to define as many points as possible at the top, typically most curved part of the power vs. gate characteristic. 
	/
	Figure 5.13: Piecewise Linear Power-Gate Characteristic Representation [Source: USBR]
	/
	Figure 5.14: Load Reference Step Input [Source: USBR]
	Two examples for speed/frequency and speed/load reference steps for two different OEM gas turbines are shown below. Gas turbine fuel controls have several control paths, including the following:
	 Speed Control
	 Acceleration Control
	 Temperature Control
	Figure 5.15 shows the perceived speed/frequency steps for a Pratt & Whitney aeroderivative gas turbine using a Woodward controller test function. The perceived speed to the governor is held to 3600 RPM and injections of +6, +12 and -12 RPM where made at various times during the test.
	/
	Figure 5.15: Online Governor Speed Reference Step Test [Source: GE]
	The first two speed injections (+6 and +12 RPM) allow for the speed governor controls to be simulated. Figure 5.16 shows the simulated response by “playing back” the perceived speed into the simulation. This corresponds to injecting a signal into the governor speed/frequency reference point in Figure 5.12. The blue line represents the measured values while the red line represents the simulation response.
	/
	Figure 5.16: Online Governor Speed Reference Step Test versus SimulationDetermination of Speed Governor Controls [Source: GE]
	The third speed injection (-12 RPM) allow for the exhaust temperature controls to be simulated. Figure 5.17 shows the simulated response by “playing back” the perceived speed into the simulation. Once again this corresponds to injecting a signal into the governor speed/frequency reference point in Figure 5.12. The blue line represents the measured values while the red line represents the simulation response.
	/
	Figure 5.17: Online Governor Speed Reference Step Test versus SimulationDetermination of Exhaust Temperature Controls [Source: GE]
	Figure 5.18 shows the speed/load reference steps for a GE gas turbine using Mark VI controls. The gas turbine controls see the grid frequency during the event but also experience a deliberate change to the speed/load reference injected by the test engineer. The perceived speed to the governor is “played back” while speed/load injections of (-0.2%, -0.4% and +0.4%) where made at various times during the test. These steps are equivalent to a 0.2, 0.4 and -0.4 Hz frequency reference changes.
	/
	Figure 5.18: Online Governor Speed/Load Reference Step Test [Source: GE]
	The first two speed/load injections (-0.2% and -0.4%) allow for the speed governor controls to be simulated. Figure 5.19 shows the simulated response by “playing back” the perceived speed into the simulation and injecting a speed/load reference change. This corresponds to injecting a signal into the governor unit MW load reference point in Figure 5.12. The blue line represents the measured values while the red line represents the simulation response.
	/
	Figure 5.19: Online Governor Speed/Load Reference Step Test versus SimulationDetermination of Speed Governor Controls [Source: GE]
	The third speed/load injection (-0.4 %) allow for the exhaust temperature controls to be simulated. Figure 5.20 shows the simulated response by “playing back” the perceived speed into the simulation and injecting a speed/load reference change. Once again, this corresponds to injecting a signal into the governor unit MW load reference point in Figure 5.12. The blue line represents the measured values while the red line represents the simulation response.
	/
	Figure 5.20: Online Governor Speed/Load Reference Step Test versus SimulationDetermination of Exhaust Temperature Controls [Source: GE]
	Frequency sweep tests involve injecting an oscillation into the speed/frequency meter or the speed reference entry port and monitoring the available signals (gate servomotor and power output signals, at a minimum). For example, Figure 5.21 shows gate servomotor position over time as the test is performed. An oscillation ranging from near 0 Hz up to 5 Hz is overlaid on the rated frequency signal. The frequency of oscillation is continuously increased (“swept”), linearly or not. The frequency value is computed in such a way that it will increase slowly enough for detecting resonances but fast enough not to generate damage on the equipment. Once the maximum oscillation frequency is reached, the oscillation is removed from the system. Focusing on frequencies that generate some resonance and/or unsuspected behaviors enable quick identification of any deficiencies (e.g., “dead times” or delays that could occur when the speed governor is driven by speed/frequency oscillations) in the system and/or discrepancies between reality and expected model. 
	These tests often require the PSS to be turned off to avoid interactions between the PSS’s frequency response and the test result. The GOP must inform the TOP of any status change of the PSS, as per VAR-002-4.1 Requirement R3.
	/
	Figure 5.21: Frequency Sweep Test [Source: Opal-RT]
	The inherent servomotor deadband is usually very small and can be neglected, but if substantial can contribute to deteriorating the stability of an islanded system and should be included in the model. Many models represent the servo system as a gain and time constant with the integrator of the main servo, resulting in a second order system which is the proper representation of this part of the system.
	Accurately modeling the turbine-governor for stability studies requires the servo system be modeled with both a gain and time constant in addition to the integrator as shown in Figure 5.22. For electronically controlled governor systems, the response of the servo control system is easily obtained through small signal testing – step or swept frequency response (see Figure 5.21). In mechanical-hydraulic systems, the gain and time constant can be obtained with the dashpot disabled as part of normal maintenance measurements. Gate rate limits and temporary droop measurements should also be determined at this time. A mechanical engineer responsible for the governor adjustment and maintenance should be consulted.
	/
	Figure 5.22: Gate Servomotor Model Representation
	Tw (or Tturb) is referred to as the water starting time or water time constant. It represents the time required for a head H0 to accelerate the water in the penstock from stand still to the velocity U0. The equations below represent the “classical” transfer function of the turbine-penstock system. It shows how the turbine power output (Pm) changes in response to a change in gate opening (G) for small perturbation (prefix Δ) about a steady-state operating point (subscript ‘0’) for an ideal lossless turbine. 
	where
	Where L = length of conduit, m
	    ag = acceleration due to gravity, m/sec2
	    U0 = velocity at a given operating point
	    H0 = water head at a given operating point 
	It should be noted that Tw varies for different operating points based on this equation. Typically, Tw at full load lies between 0.5 seconds and 4.0 seconds. The transfer function represents a “non-minimum phase” system. This special characteristic of the transfer function may be illustrated by considering the response to a step change in gate position. The time domain response is given by: 
	Figure 5.23 below shows that immediately following a unit increase in gate position, the mechanical power actually decreases by 2.0 per unit. It then increases exponentially with a time constant of Tw/2 to a steady state value of 1.0 per unit above the initial steady state value.
	/
	Figure 5.23: Hydraulic turbine mechanical power in response to 1.0 pu gate step change. 
	The initial power surge is opposite to that of the direction of change in gate position. This is because, when the gate is suddenly opened, the flow does not change immediately due to water inertia; however, the pressure across the turbine is reduced causing the power to reduce. With a response determined by Tw, the water accelerates until the flow reaches the new steady value which establishes the new steady power output. Similarly, Figure 5.24 shows the hydraulic turbine mechanical power response to a 0.1 pu gate ramp down change. 
	/
	Figure 5.24: Hydraulic turbine mechanical power in response to 0.1 pu gate ramp change. 
	The linear model given by the equation above represents the small-signal performance around a certain operating point. A nonlinear model is required where speed and power changes are large, such as in islanding, load rejection, and system restoration studies. Figure 5.25 shows a block diagram of the complete per-unit equations representing the water column and turbine characteristics. In this model, Tw refers to the water starting time constant at a rated load and with the gate fully open (G=1.0), which is given by the equation below. 
	/
	Figure 5.25: Complete per-unit equations representing the water column and turbine characteristics 
	where  L = length of conduit, m
	    ag = acceleration due to gravity, m/sec2
	     Ur = velocity at rated load
	     Hr = water head at rated load
	The water starting time constant can be verified by on-site testing by applying a quick change to the wicket gate position using speed adjuster motor (gate limiter), causing a large step change in unit output. Figure 5.26 shows the curve matching result of the water starting time constant test by “playing-back” the measured gate position to the model. 
	/
	Figure 5.26: Water Starting Time Constant Model Verification Test for a 37.5 MVA hydro unit
	Once the model of the turbine-governor has been validated (for example, lower part of Figure 5.27), any plant-level or outer loop controls should also be validated (for example, upper part of Figure 5.27) to ensure the overall simulated dynamic response of the plant matches the actual plant performance. Staged tests can be performed to verify outer-loop controls, but this can be more complex and caution should be exercised to avoid interactions between the turbine-governor controls and the outer loop controls. The outer-loop controller, in many cases, may be of a different vendor than the turbine-governor and in the plant’s DCS. Therefore, the access point for the outer-loop controller may be different than the turbine-controls. For a staged test, a small load reference step is injected at the input of the outer-loop controller (“Load reference step input” in Figure 5.27), while the outer-loop controller and turbine-governor are both active. The turbine should not be near base-load for this test to allow it room to move. The step change in load should be small (e.g., ≤ 5% of the rated turbine MW) to avoid undue stress on the turbine. Some outer loop plant controllers include a frequency bias that disables the outer-loop controller for typical system-wide frequency excursion events. In these situations, if disturbance monitoring of significant system-wide frequency events show that the outer-loop controller does not come into play, then modeling the outer-loop controller may not be necessary for system planning studies (the GO should confirm this with data and coordination with their TP/PC). If the outer-loop controller is modeled in these cases, the frequency bias must also be properly modeled.
	/
	Figure 5.27: Load Reference Step Input [Source: Duke]
	Disturbance-based model verification is perhaps the best approach for doing both these tasks, and the approach which will best capture the overall plant response to an actual system event. As an example of disturbance based verification, Figure 5.28 shows verification of a large steam turbine generator during a system under-frequency event. In this case, the governor model as well as the outer loop load control model were both verified. Basically, by measuring the total power output of the plant and frequency at the generator, one can play-back the measure frequency into the model and then compare the simulated and measured power output of the plant.
	/
	Figure 5.28: Large Steam Turbine Generator Model Verification [Source: © IEEE 2011] 
	Chapter 6: Recommended Usability Testing
	An integral part of the process for developing representative and useable models for planning and operating the BPS is the usability testing of these models within the interconnection-wide base cases created for each interconnection. This section describes the expected testing performed by the TP to ensure a sufficient level of usability of the models supplied. These tests may be adapted or modified by the TP as deemed appropriate for their system. TPs should have a clearly defined process for testing the usability of these models so that they can provide this information to the GO, if necessary. This will help the GO understand the types of tests and simulations for which this model is suitable. The GO, working with any applicable model developer and/or manufacturer, should understand how the model will be tested and used so they can also test for usability before submitting the model to the TP. The recommended approach is to have the GO, TP, and model builder all coordinate throughout the process to maximize efficiency and minimize any potential modeling issues or errors. This discussion is limited to positive sequence dynamic models used for stability analysis; however, the concepts may also be applied other types of models such as electromagnetic transient models.
	The NERC MOD-026-1 and MOD-027-1 standards generally outline the types of tests that can and should be performed by the Transmission Planner to ensure usability, numerical stability, and accuracy of the models provided by the Generator Owner. It is important to differentiate between how and when these tests are most appropriate. There are two distinct timeframes for testing usability and accuracy of models – (1) pre-commissioning during the interconnection process (e.g., System Impact Studies phase) and (2) online operation either during grid events or during the re-verification process pursuant to the NERC MOD standards. 
	 Pre-commissioning: Models provided during the interconnection process are used to study the impact that a newly interconnecting generator will have on the BPS performance from a steady-state and dynamic standpoint. Typically, a detailed model of the expected dynamic behavior of the plant is required during the System Impact Study phase of this process. Since the unit is not yet commissioned, the most relevant and representative data for the expected type of generator should be used for creating a model. This generally requires the GO to work with the manufacturer to provide a model that reasonably represents the class and type of machine expected to be installed. During this phase, the TP can only test usability of the model since no actual online measurement data is available. Expected usability tests are discussed in the next section.
	 Online performance and re-verification: Once the plant is online and operational, the TP can check usability and accuracy of the model in two ways. During a grid disturbance, should they occur, unit or plant electrical quantities (POI voltage, current, frequency, phase angle) can be measured and disturbance-based power plant dynamic model verification can be performed. This enables the TP to establish a degree of confidence in model accuracy compared to actual system disturbances, and the TP can coordinate with the GO on rectifying any significant discrepancies identified during the verification. The other option is to perform the usability tests, as for pre-commissioning, to ensure the model is usable and numerically stable; however, this does not integrate the ability to test model accuracy.
	These concepts are captured in Requirement R3 of MOD-026-1 and MOD-027-1. The sub-bullets of R3 describe three situations where the TP tests either the usability or the accuracy of the model provided by the GO:
	 Model Usability: R3 sub-bullet #1 describes that the TP may test the model to ensure it is usable. Examples of usability tests are provided below.
	 Verification Documentation: R3 sub-bullet #2 describes that the TP may review the verification documentation and model provided by the GO. The TP may request additional information or clarification if it is determined that insufficient or incorrect information is provided in a test report or verification document.
	 Model Accuracy: R3 sub-bullet #3 describes that the TP can perform disturbance-based model verification using dynamic measurement data to ensure that the performance of the model under grid disturbances is reflective of the actual response of the unit or plant under those same disturbances.
	Requirement R6 or MOD-026-1 and Requirement R5 of MOD-027-1 outline the requirements on the TP to inform the GO that the model is usable. Three sub-requirements describe the specific tests that, at a minimum, must be performed by the TP. The GO should supply both a powerflow and dynamics record for the unit(s) under test and those units should pass the following usability tests:
	 Initialization: The model, when added to an interconnection-wide and/or more localized system model, should initialize properly for the dynamic simulation. The dynamic model(s) provided by the GO should be added to this case and tested to ensure initialization is successful. The model should be dispatched within real power, reactive power, and terminal voltage limits prior to initialization. Initialization should occur with no error and the TP should provide the initial conditions from the initialization to show that no errors occurred and reasonable machine conditions were achieved. The log file should also be checked to ensure the added model(s) does not initialize outside any limits. If so, the TP should check to ensure the unit is dispatched within MW capability, temperature limits (e.g., ldref), head level (e.g., hydro units), voltage limits, etc. Figure 6.1 shows an example of a screenshot of machine initial conditions during successful initialization of a dynamic simulation. 
	/
	Figure 6.1: Example of Machine Initial Conditions during Initialization [Source: SOCO]
	 No-Disturbance Flat Run: A successfully initialized dynamics case should be able to remain at equilibrium during a dynamic simulation when no contingency is applied. A no-disturbance “flat run” simulation is performed to ensure negligible transients occur due to the new model or interactions with other models. This simulation is typically run for at least 20 seconds to capture any potential small signal or control interaction instabilities that could arise over this time period. Worst channel deviations for the entire case should be analyzed (Figure 6.2). The angle and power output of the unit being assessed can be plotted to show that the no-disturbance simulations results in negligible transients (Figure 6.3). 
	/
	Figure 6.2: Maximum Channel Deviations during No-Disturbance Simulation [Source: SOCO]
	/
	Figure 6.3: Machine Power and Angle during No-Disturbance Simulation [Source: SOCO]
	 Positive Damping: Testing for positive damping when adding a new model to the case requires an understanding of the stability of the case prior to adding the model. TPs may use this test as a usability test as well as a stability screening tool. For example, applying a 3-phase, normally cleared fault at the high side of the GSU or POI can test for both unit stability, and positive damping of the model. If no issues arise, then both topics can be addressed. If stability or damping issues are identified, then the TP will need to do additional analysis to determine if the instability or poor damping is due to an actual stability issue on the system or due to issues with the new model being added to the case. Other types of damping tests can be used by the TP such as reactor/capacitor switching, ling switching, and other simulated events to ensure positive damping. The selection of these events are left to the discretion of the TP; however, the TP is recommended to test using at least a 3-phase, normally cleared fault since those are the majority of stability contingencies that are simulated. The goal is to test for worst case conditions that the model may be subjected to, to mitigate the potential for numerical issues to arise with the model at a later time in the planning process. It is recommended to perform a 60 second simulation to capture any potential small signal or control interaction instabilities that could arise over this time period. It is also advisable to include at least one unbalanced fault simulation in the verification process. Planning studies now incorporate unbalanced faults (specifically in TPL-001-4) and while unit response is not as stressed as during a 3-phase fault, it can help reveal issues with the sequence model of the unit.
	/
	Figure 6.4: Positive Damping of Excitation System for Fault on GSU [Source: SOCO]
	The TP should use a powerflow and dynamics case that is known to be numerically stable and free of any initialization errors. When a new or updated dynamic model is provided by the GO, the TP should ensure that the GO provides an updated powerflow case as well, if applicable. The GO should provide models in the format specified by the PC or TP according to the NERC MOD Standards. Any modifications of ratings (e.g., generator or turbine limits, temperature limits, etc.) should include an updated powerflow model. The simulation case used by the TP to evaluate the GO model should exhibit constant states during a flat run and positive damping during a disturbance prior to adding any new or modified model. Furthermore, the addition of the model should not significantly degrade system dynamic performance either during initialization, flat run, or reasonable contingency events. 
	It is important that the TP select a case that is reasonable for testing model performance as opposed to system planning. The model under test should be dispatched within reasonable operating limits and set up for intended operating conditions (e.g., within reasonable temperature, voltage, and MW limits). Planning cases may be intentionally overstressed to identify stability or transfer limits. These cases may exhibit poor damping, initialization issues, etc., and may not be suitable for testing usability of new models. While TPs should be cognizant of this issue, it is up to the discretion of the TP to determine which case (or set of cases) is most suitable for testing the models.
	If the model is not usable for any of the reasons outlined in MOD-026-1 Requirement R6 or MOD-027-1 Requirement R5, the TP is required to provide a technical description of why the model is not usable so the GO can correct any issues identified.
	Appendix A: Combined Cycle Power Plants
	A combined cycle power plant (CCPP) consists of one or more gas turbine and a steam turbine. The exhaust heat from the gas turbine(s) is fed into a heat-recovery steam generator (HRSG), which then supplies the steam for the steam turbine. This can be done in various configurations, but generally falls into two main categories:
	 Single-shaft combined-cycle units where the gas turbine, steam turbine and electrical generator are all in tandem on a single rotating mechanical shaft (Figure A.1), and
	 Multi-shaft units where one or more gas turbines, each typically with its own HRSG, feed steam to a single steam turbine, with all the units being on separate mechanical shafts (Figure A.2).
	The gas turbine(s) in a CCPP are typically no different than those in simple-cycle operation. The main difference is in the way they are operated. In a CCPP, typically the GT inlet-guide vanes are modulated at partial load. , The airflow through the GT compressor and turbine can be adjusted by changing the angular position of the variable inlet guide vanes (VIGVs), which are essentially the first few stages of stator blades of the axial-compressor. By keeping the VIGVs at their minimum angle, and slowly opening them as the unit it loaded, the exhaust temperature is kept high at lower loading levels to maintain the desired level of the heat transfer into the HRSG and maintain an overall higher plant efficiency. When the gas turbine is loaded close to baseload, the VIGVs are wide open. The airflow is a function of the VIGV angle, ambient temperature at compressor inlet, atmospheric pressure, and the shaft speed. For the purposes of power system studies, the GT in a CCPP and simple-cycle GT plant are modeled using the same models. 44, 
	In a CCPP, the steam turbine (ST) is typically operated in one of two different mode: (1) sliding pressure or (2) fixed steam inlet pressure control.43, 44 A combination of these operation modes is common over the operating range of a CCPP. 
	When in sliding pressure control, the valves that control the flow of steam entering the steam turbine are wide open. Steam pressure is a function of the steam mass flow entering the steam turbine. Since power output of the ST depends on the steam mass flow, it is not directly controlled (as the valves are wide open) and thus the power output of the ST can only be increased by increasing steam flow. This involves generating more steam in the HRSG and generally requires an increase in heat from the gas turbines or supplemental firing, if present. Therefore, the ST simply follows the output of the GTs. The ST will provide an increase in MW output when the amount of steam from the HRSG is increased from the increased waste heat from the GT(s); however, this takes many minutes due to the HSRG steam production process. 
	/
	Figure A.1: Single-shaft combined-cycle power plant (IEEE© 200343)
	/
	Figure A.2: Multi-shaft combined-cycle power plant (IEEE© 200343)
	Figure A.3 shows a simulation of a multi-shaft combined-cycle power plant using the generic models developed by CIGRE 77, 78. The load/speed reference set point of the GT was increase by a small step. The results show what would be the expected behavior of a typical CCPP connected to a large power grid where system frequency would remain effectively unchanged due to such a step increase in the plant output. The GT output increases until it is limited by the temperature control loop, transiently over-shooting its steady-state maximum power limit. The ST, operating in sliding pressure mode, follows the gas turbine output with a delay of several minutes. The ST will change its response at different rates depending on the number of GT(s) providing response. This affects the time constants and droop parameters and needs to be accounted for with a link between the GT(s) and ST in the model. 
	/
	Figure A.3: Simulated response of a multi-shaft combined-cycle power plant to a step-change in gas turbine power reference. (IEEE © 200343)
	Figure A.4 shows a real-life example of this, with measured and simulated active power at a 3-on-1 CCPP. A speed reference step is applied to one of the three GTs to illicit governor response from the GT. At time t = 250 s, GT speed is dropped by approximately 80 mHz. The ST takes approximately 1000 s (t = 1250 s) to reach its new output level after steam pressure has increased and stabilized. This can be modeled using the CIGRE models, (available in certain simulation software programs); however, typical transient stability studies are usually run for no longer than 60 seconds, and more commonly 30 seconds, and this response is not significant during this timeframe. 
	/
	Figure A.4: Change in Active Power for a 574 MVA ST as a Result of GT Governor Action
	Based on the explanation of CCPP operation above, and clear recommendations in the CIGRE44 and IEEE45 Task Force reports, the following recommendations are presented as guidance for modeling CCPPs in power system studies: 
	 Transient stability analysis: When data is provided that confirms the ST is operated with valves wide open (i.e., sliding pressure), it should be acceptable to provide a governor model for the ST that represents constant mechanical power – that is, to use no governor model for the steam turbine. The TP should accept this modeling approach since the ST power output will be relatively constant during the timeframes studied for transient stability analysis, changing its output slowly over several hundred seconds. It is adequate to use a representative generic model for the GT(s) (e.g., GGOV1, or the CIGRE models). For single-shaft combined-cycle units, a model such as that shown in the CIGRE report44 may need to be used. However, single-shaft units are presently quite rare in North America.
	 Mid-term time-domain analysis: Mid-term time-domain stability studies include simulations over several minutes following a system disturbance. These simulations are often performed in relation to voltage stability. If such studies involve disturbances that result in generation/load imbalance, then the CIGRE and/or IEEE Task Force models to represent the HRSG and ST dynamics may be needed. Note: models such as IEEEG1, TGOV, etc. should not be used when modeling the behavior of the ST in a CCPP since these models do not have a direct link between the ST and GT. On the other hand, the CIGRE models do represent the direct link between the GT(s) and the ST through a simple model of the HSRG.
	 Small-signal analysis: Small-signal stability analysis involves linearizing the power system model equations at a specific operating condition to form the state-space representation of the system. Thus, inherent in this analysis is the assumption that system perturbations are small and should not invoke any nonlinearities. Therefore, if the CCPP is baseloaded at its peak output, then the GTs are on their temperature limit and the ST at its maximum output with valves wide open, therefore small perturbations in electrical power and or system frequency will most likely have little to no effect on the mechanical power output of either the GTs or ST, and so they should be modeled at constant power. Under partial-load conditions a linearized version of a simple GT model (e.g. GGOV1) should typically be adequate, and once again since the ST is most likely in sliding pressure mode, constant mechanical power (i.e. no governor model) should be assumed for the ST.
	 Islanding studies or other detailed studies: There are several detailed models that may be appropriate for more detailed studies, particularly where islanding and other conditions may apply. Such detailed models should be used with guidance from the equipment vendor and where deemed necessary and appropriate.
	 Software implementation: Software vendors should adopt the CIGRE models for potential future use, as necessary, for special studies in the timeframes discussed. Due to the reasons listed above, this is not considered an urgent modeling improvement issue. 
	/
	Appendix B: Verification of Equivalent Units
	MOD-026-1, Attachment 1, Row 4 describes the Verification Condition and associated Required Action for testing. If the Verification Conditions are satisfied, then the verification can be met by a written statement and inclusion of the other equivalent unit. The Verification Condition states:
	“Existing applicable unit that is equivalent to another unit(s) at the same physical location.
	AND
	Each applicable unit has the same MVA nameplate rating.
	AND
	The nameplate rating is ≤ 350 MVA.
	AND
	Each applicable unit has the same components and settings.
	AND
	The model for one of these equivalent applicable units has been verified.”
	While MVA nameplate rating, size threshold, and “same components and settings” are relatively straightforward, the concept of equivalency is bit vague. Generating unit equivalency to another unit(s) at the same physical location should be carefully considered, and this determination should be made on the basis of factual measurements and engineering judgment. For units to be considered equivalent, they should have:
	 The same manufacturer and model for the electrical turbine, mechanical turbine, excitation system, and governing system
	 These components should have the same electrical characteristics, settings in the AVR and governor, the same mechanical and civil characteristics of the governing system, etc.
	During commissioning, adequate baseline testing should illustrate that the units are in fact equivalent from the point of view of modeling the response for use in simulation software. Over time, any of the above characteristics may change as a result of:
	 Equipment wear
	 Intentional or unintentional settings changes during maintenance practices
	 Component replacement
	Engineering judgment should first be used to consider the unit’s history, generator rewinds, length of service, etc. Documentation should be provided to back up assertions regarding equivalent units. In situations where unit equivalency is under question, testing can be used to demonstrate that the units are still in fact equivalent. For example, Figure B.1 shows the measured open circuit saturation curves for two hydroelectric units with the same equipment and at the same facility. The two units were commissioned one after another and have been operating with over 50 years of service. The first unit requires more field current to achieve the same terminal voltage as the other unit, indicating that there is a possibility of shorted turns in the rotor winding of G1. From this test result, it is clear that S(1.0), S(1.2), and Ifgbase will be different between the two models. As a result, one can no longer conclude that these units are equivalent and model re-verification should be performed for each unit.
	/
	Figure B.1: Two Different Open Circuit Saturation Curves for Units Once Considered Equivalent
	On the other hand, Figure B.2 shows two other units (G3 and G4) where the open circuit saturation curves are much closer. While not identical, they also have a similar history, identical equipment, and settings, but also exhibit relatively similar saturation effects as well. The air gap line estimates are nearly identical (as opposed to G1 and G2 comparison) and the associated S(1.0), S(1.2), and Ifgbase parameters will be very close. For these reasons, these units could be considered equivalent. Figure B.3 shows another example of two units considered identical that have less than a 5% variation in airgap current – note the slight differences in test data collected, air gap line estimates, and Ifgbase estimates. 
	/
	Figure B.2: Two Different Open Circuit Saturation Curves on Units Considered Equivalent
	/
	Figure B.3: Two Different Open Circuit Saturation Curves on Units Considered Equivalent
	Appendix C: Specialized Testing
	V/Hz Limiter Test
	Overexcitation Limiter Test
	Underexcitation Limiter Test
	Closed Loop Tests Emulating Islanded Mode of Operation

	In addition to the tests outlined in this guideline, more specialized testing may be performed in some situations to identify modeling parameters or verify the response of controls or protection. This section briefly describes some of these tests.
	Testing of the V/Hz limiter may occur during AVR commissioning, following changes to AVR settings, or excitation system upgrades. The test can be used to demonstrate stable response of the limiter action, and also enables determining when the limiter will operate and when it will not operate; hence, it proves that the limiter is properly coordinated with any V/Hz protection relays. Many V/Hz limiters will limit the terminal voltage set point with a given slope starting from a maximum terminal voltage as shown in Figure C.1.
	/
	Figure C.1: Example V/Hz Limiter Settings
	In most cases the settings will be such that it will not be practical to test the unit at the voltages and frequencies to illicit a limiter response. Therefore the recommended method of testing the limiter is to temporarily lower the V/Hz limiter settings while the unit is off-line (open circuit) and either introduce a positive voltage step or a negative speed reference step. This may depend on the implementation of the V/Hz limiter, as some limiters may only operate on declining frequency. 
	Figure C.2 shows a V/Hz limiter test where the unit is off-line at rated voltage and rated speed. Vmax was temporarily lowered to 1.0 pu and a negative speed reference change was introduced at 35 s. Terminal voltage and frequency were recorded to show stable V/Hz limiter operation. As the unit was slowing down, terminal voltage was lowered to limit the flux in the unit as per the V/Hz limiter implementation. In this case, the terminal voltage was limited to 0.995 pu. Following the test, the value of Vmax was placed back at its normal value of 1.09 pu. 
	/
	Figure C.2: V/Hz Limiter Test for a 156MVA Steam Turbine
	The outcome of this test is not generally used for modeling purposes unless a V/Hz limiter model is provided to the TP or required by the TP.
	Testing of the OEL also may occur during AVR commissioning, following changes to AVR settings, or excitation system upgrades. The test can be used for model verification where OEL models are required, to demonstrate stable response of the limiter action, and also to predict when the limiter will operate and when it will not operate. Hence, the test proves that the limiter is properly coordinated with any protection relays. OEL limiters will limit the AVR output such that the field winding current is inside the trip curve and damage curve as specified by IEEE C50.13. This is shown in Figure C.3 where 1.0 pu current represents a value of greater than rated field current.
	/
	Figure C.3: Representative OEL time inverse curves
	In many cases, it may not be possible to operate at the values of rotor current for the times specified in the inverse-time OEL curve due to system conditions (i.e., it may not be possible to operate a unit at full load and rated power factor due to voltage constraints). As such, this test should be conducted by temporarily lowering OEL pickup settings and applying a voltage step change while the unit is online and lagging. The temporary OEL setting must be a value greater than the pre-step field current and must not be so high that it cannot be reached with an appropriately sized voltage reference step. An example of such a test is shown in Figure C.4.
	/
	Figure C.4: OEL Test for a 135MVA Hydroelectric Turbine
	At time t = 5 s, a +4 percent voltage reference step is introduced. As observed in the measured terminal voltage, field current, field voltage, power, reactive power, and PSS output, the machine did not reach the new terminal voltage (represented by the magenta line) because the field current hit the lower temporary limit. At t = 17 s, the field current is limited further by the inverse-time characteristic, and this can be see seen by a reduction in both terminal voltage and reactive power. At t = 35 s, the +4 percent step was removed. Following the test, the pickup value was placed back at its normal value. These results show that the unit is stable when the OEL is reached, and provides measurement for which a model can be developed (where required by the TP) including model structure. For example, if the output of AVR summing junctions can be recorded, then this would provide confirmation of model parameters (e.g., excitation system OEL flag parameter).
	Similar to OEL testing, testing of the UEL also may occur during AVR commissioning, following changes to AVR settings, or excitation system upgrades. The test can be used for model verification where UEL models are required, to demonstrate stable response of the limiter action, and also to predict when the limiter will operate and when it will not operate. Hence, proving that the limiter is properly coordinated with any protection relays. UEL limiters will limit AVR output within the field winding current above core end heating limits or minimum excitation limits, as shown on the capability curve and damage curve. Many AVRs implement this as a series of (P,Q) pairs that decrease with the square of the terminal voltage.
	In many cases, it may not be possible to operate at the values of real and reactive power specified by the UEL (P,Q) pairs due to system conditions (i.e., it may not be possible to operate a unit at full output and rated power factor due to voltage constraints). As such, this test can be conducted by temporarily raising UEL (P,Q) pairs and applying a negative voltage step change while the unit is on-line and leading. The temporary OEL setting should be a value less than the pre-step values and mustn’t be so low that it cannot be reached with an appropriately sized voltage reference step. An example of such a test is shown in Figure C.5.
	/
	Figure C.5: UEL Test for a 5MVA Hydroelectric Turbine
	At time t = 1 s, a -2 percent voltage reference step is introduced. From the measured values of terminal voltage, field current, field voltage, active power, reactive power, and PSS output, one can see that the machine did not achieve the new terminal voltage (represented by the magenta line) because the UEL temporary limit was reached. At t = 7.25 s, the 2 percent step was removed. Following the test, the pickup value is placed back at its normal value. These results show that the unit is stable when the UEL is reached, and provide measurements for which a model can be developed (where required by the TP) including model structure. For example if the output of AVR summing junctions can be recorded, then this would provide confirmation of model parameters (e.g., ESST1A UEL flag position).
	In some situations, closed loop tests may be used to estimate the turbine-governor response, meaning that the speed/frequency error signal injected into the governor controller is computed in real-time as a result of the imbalance between mechanical torque and electrical torque, rather than pre-defined. A closed loop test can emulate generator islanded mode of operation. This test may be useful to validate the open loop test results. See IEC Std. 60308 on hydraulic turbine testing, section “Tests by simulated isolation”, for more information. Figure C.6 shows a setup for conducting a closed loop test for a turbine-governor. 
	/
	Figure C.6: Setup for Closed Loop Tests of Speed Governor [Source: Opal-RT]
	Figure C.7 shows a comparison of results from a closed loop test and two off-line simulations. Following a -5% load step disturbance, the actual behavior appears to be unstable. However, the offline simulation using a dynamic model and parameters derived from an open loop frequency step test show stable behavior. 
	/
	Figure C.7: Closed Loop Test Emulating Generating Unit Operating in Islanded Mode [Source: Opal-RT]
	Appendix D: MOD-025-2 Testing and Calculations Example
	Case 1: Single Generator and GSU
	Case 1A: Single Generator and GSU (tap = 105%)
	Case 1B: Single Generator and GSU (Tap Change without System Change)
	Summary Cases 1, 1A, and 1B
	Case 2: Two Generators Sharing a Common GSU
	Case 3: Two Generators with Separate GSUs

	Table D.1 shows the ratings of the synchronous generator considered in this example. The GSU is represented by a reactance (expressed in percent of given MVA base, depending on the example) and an off-nominal tap at the high-side of the GSU. Rated voltages of the GSU match the rated voltage of the generator (16.5 kV) and the rated voltage of the grid to make the example as simple as possible. In terms of calculations, these differences are mostly related to the proper definition of the tap ratio of the GSU model, but might also impact the calculation of the GSU impedance, as it should be reflected to a common per unit base. Thus, this example, although simplified to avoid these issues with per unit system calculations, is still representative of the process and results that can be obtained via calculations to support the analysis of the actual field test results.
	For actual testing, operational limits for every equipment under test should be understood, including the GSU. Proper documentation of voltage ranges for operation of the GSU is essential, particularly in these examples where the GSU windings are rated at different voltages than the equipment connected to them. For instance, could a GSU with a LV winding rated at 13.2 kV operate at 105% of the generator terminal voltage, when the generator is rated at 13.8 kV? If not, if the limit is 105% of the GSU rating, that becomes a limitation to the maximum voltage of the generator, that will have to be restricted to 105% of 13.2 kV, or just 100.4% of the generator rated voltage 13.8 kV. On the other hand, if the generator is operated at 105% of its rated voltage, the LV winding of the GSU will have to operate at 105% of 13.8 kV, or 109.8% of the LV winding rating of 13.2 kV. 
	Table D.1: Example Generator Ratings
	Units
	Value
	Parameter
	Description
	MVA
	203
	MBASE
	Generator Base MVA
	MW
	182.7
	MCR
	Turbine Maximum Continuous Rating
	kV
	16.5
	ETbase
	Generator Stator Base Voltage
	–
	0.90
	pf
	Rated Power Factor
	ADC
	1272
	IFGrated
	Rated Field Current (rated MVA and pf)
	ADC
	498
	IFGbase
	Base Field Current 
	Capability curves for this unit are shown in Figure D.1. The top curve is associated with rated field current (ampacity of the rotor field winding) and the lower curve corresponds to the core-end heating characteristic typical of round rotor machines (over-heating conditions at the core ends due to localized over-fluxing). The core-end heating curve is thus a thermal limit but not directly related to a winding current. This is usually provided by the OEM and, unless temperature transducers are properly located at the core ends, it is a difficult limit to be tested and verified through field tests. The right-hand side of the curve is associated with the rated stator current (ampacity of the stator windings). This is related to the rated MVA of the machine (a thermal limit associated with the stator current IT, not apparent power). 
	Typically, the OEM provides capability curves similar to Figure D.1. These curves are usually presented for rated terminal voltage conditions (ET = 1.0 pu). It is imperative to understand that these curves are, in reality, associated with thermal limits and, as such, to currents on the windings of the synchronous machine. Therefore, the curves in Figure D.1 change with changes in generator terminal voltage, and thus the capability curves cannot be considered constant and independent of the generator terminal voltage. 
	Considering the requirement from MOD-032-1 to provide steady state (power flow) limits for the reactive power output of the generator, it is tempting to use, for instance, the points marked by the colored circles in Figure D.1 to determine Qmin and Qmax. This is a simplified example and it ignores the turbine capability, which might limit the generator output to a given maximum value of active power (Pmax). This example assumes that the prime mover capability matches generator capability and is therefore capable of delivering a continuous rating (MCR) of 182.7 MW, equal to the generator MVA multiplied by the rated power factor. Under these assumptions, the values for Qmin and Qmax can be calculated as 
	The question is whether these values for Qmin and Qmax can be reached during reactive capability testing.
	The first case corresponds to a single generator connected to the BPS through its own dedicated GSU transformer. This is a single-generator plant, or the configuration of one generator on a multi-machine plant if it is going to be tested individually. 
	Figure D.2 represents the initial generator operating conditions at the beginning of the test, at maximum active power output. In this case, the GSU tap position is at 100%, with 10% GSU reactance on the same MVA base as the generator (203 MVA). The reactance between the high-side of the GSU (POI of the plant) and the infinite bus is 8%, on the same MVA base. 
	This dispatch is somewhat arbitrary, corresponding to a system voltage of approximately 101%. In practice, the initial dispatch will be related to the system voltage set point and system conditions at the time the test is initiated. Without coordination with the TOP, system voltage may be significantly modified by this single generating unit. In this example, the system is considered as an infinite bus, so the system voltage is considered constant. 
	/
	Figure D.2: Initial Generator Dispatch Conditions (Case 1)
	To perform the over-excited reactive capability test, the plant operator raises the voltage set point of the generator excitation system until a limitation is reached. This is a simplistic example that does not consider plant auxiliary loads, which could become a limiting factor. In this example, the limiting factor is the generator terminal voltage reaching 105%, as shown in Figure D.3. 
	/
	Figure D.3: Case 1 Generator Dispatch Conditions for Over-Excited Test without System Support
	The generator terminal voltage raised by 5%, while the voltage at the POI changed by approximately 2%. The generator reached 91.8% of its rated field current and the reactive power output reached 57.8 MVAR, approximately 30 MVAR less than the value for Qmax = 88.5 MVAR calculated before (for these operating conditions). Thus, without support from the TOP to slightly adjust POI voltage, the values shown in Figure D.3 would be the conditions reported in the form in Attachment 2 of MOD-025-2 for the over-excited test of this unit. 
	Let us assume the TOP is able and willing to adjust dispatch and the POI voltage slightly to accommodate this test. This could enable a further increase in the excitation level of the generator under test. Figure D.4 represents the new conditions for the test. Generator terminal voltage is still at its limit (105%) but now the generator field current reached its rated value (1272 ADC). This was possible with a slight reduction of POI voltage by roughly 2%, which may or may not be achievable since it depends on system conditions and availability of other local reactive power resources that could be adjusted. 
	/
	Figure D.4: Case 1 Generator Dispatch Conditions for Over-Excited Test with System Support
	Even considering the full system support to bring the generator field current to its rated value, it is important to note that the reactive power output of the machine did not reach Qmax = 88.5 MVAR, as this value for Qmax is calculated for generator terminal voltage equal to 100%. To reach the Qmax calculated above, it is necessary to hold the generator field current at its rated value and reduce the generator terminal voltage to 100%, which is only possible (in a theoretical sense) through adjustment of the system voltage. Figure D.5 shows the system conditions that would be necessary, and it can be seen that the system voltage is impractically low, below 95%. 
	/
	Figure D.5: Case 1 Generator Rated Dispatch Conditions with 100% Terminal Voltage
	This case illustrates the steps for reactive capability testing, the interactions of generator terminal voltage, system POI voltage, field current, and reactive power output (excluding any other limitations or auxiliary equipment for simplicity). 
	Quite often, the tap position of the GSU is selected and adjusted (see IEEE Std. C57.116-2014) to help support system voltage, so the tap position at the high-side of the GSU is raised to 102.5% or even 105%. Figure D.6 represents the operating conditions (compared to Figure D.2) when the exact same dispatch is used at the generator (182.7 MW, unity power factor, 100% terminal voltage). It can be seen that the system voltage would have to be higher to allow for this system dispatch. 
	/
	Figure D.6: Case 1A Generator Rated Dispatch Conditions with 100% Terminal Voltage
	If the MOD-025-2 over-excited test is conducted starting with the conditions shown in Figure D.6, the plant operator would raise the voltage set point of the unit until reaching a limit. Similar to the previous example, that limit corresponds to 105% terminal voltage (ignoring the high voltage profile seen at the grid) and the conditions given in Figure D.7 would be reached. 
	Figures D.7 and D.3 have comparable generator terminal conditions, but the generator was able to get closer to its capability, reaching field current of 1177 A (92.5% of rated) as compared to 1167 A (91.8% of rated) when the GSU tap was set to 100%. The GSU tap position impacts the system side, resulting in a higher system voltage profile and a larger reactive power flow from the generator into the grid, as measured at the POI. In other words, the GSU tap position affects, primarily, the net reactive power measured at the POI, but has no impact on the capability of the generator, which is entirely related to the generator’s limits and ratings. Nonetheless, in terms of the test conditions for MOD-025-2, the generator could get closer to its rated field current (and higher reactive power output) with the GSU tap at 105%, compared to what was possible with the GSU tap at 100%.
	/
	Figure D.7: Case 1A Generator Dispatch Conditions for Over-Excited Test without System Support
	On the other hand, the higher voltage profile on the system might make it more acceptable for the TOP to support the test and adjust the system voltage profile as required. Figure D.8 presents the results considering a system voltage adjustment to bring the generator field current to its rated value, with the generator terminal voltage still at its limit (105%). Once again, the system voltage had to be reduced by approximately 2%, but at this point starting from a higher initial voltage, so it might be less disruptive to the normal operation of the BPS. 
	/
	Figure D.8: Case 1a Generator Dispatch Conditions for Over-Excited Test with System Support
	Case 1A corresponds to a change in GSU tap compared to Case 1 without adjustment on the generator terminal conditions. In other words, it assumes that the system voltage profile was changed. The other way to look at the impact of changing the GSU tap position is considering that the system voltage profile does not change when the tap position is modified. This case corresponds, for instance, to the action of an on-load tap changer (OLTC) on the GSU. 
	Figure D.9 shows the impact of changing the tap position from 100% to 105%, without changing the voltage at the system (infinite bus) and without changing the terminal voltage at the generator. Comparing initial dispatch for Case 1B (Figure D.9) and initial dispatch for Case 1 (Figure D.2), the change in tap position resulted in an increased voltage at the HV side of the GSU (plant POI) and required an increase in the reactive power output of the generator. In other words, the generator is operating further overexcited than in Case 1. 
	/
	Figure D.9: Initial Generator Dispatch Conditions (Case 1B)
	To perform the over-excited reactive capability test, as before, the plant operator raises the voltage set point of the generator excitation system until a limitation is reached. Figure D.10 shows that, if the terminal voltage of the machine could be raised to 105%, the rated field current of the machine would be exceeded. In other words, the rated field current limit of the generator can be reached with a generator terminal voltage between 100% and 105% (estimated 102.6%, in this example). 
	/
	Figure D.10: Case 1B Generator Dispatch Conditions for Over-Excited Test without System Support
	There would be an impact on the underexcited reactive capability test, as shown in Figure D.11. The generator terminal voltage would reach 95% and the generator would be barely under-excited, absorbing just 1 MVAR. Once again, support from the system would be required (in this case by raising the system voltage profile) to help the outcome of the test and get the generator further into its under-excited capability. 
	/
	Figure D.11: Case 1B Generator Dispatch Conditions for Under-Excited Test without System Support
	Table D.2 presents the summary of the results for Cases 1 and 1A for both over- and under-excited (not shown above) cases. The GSU and the system impedances are intentionally represented as reactance’s (no resistive part), so there are no active power losses in these calculations. Therefore, the generator active power output (182.7 MW) is also the net active power output of the plant, as seen from the POI (no losses in the GSU). Thus, the active power is not explicitly shown in Table D.2. 
	As explained before, the generator capability curve is usually presented for rated generator terminal voltage and thus the value for Qmax = 88.5 MVAR can only be obtained (for rated field current of 1272 ADC) when the generator terminal voltage is equal to 100%. In practice, this is a condition that will seldom be possible when testing an individual machine, as it would require low system voltages. These results are shown in the rows labeled “Rated”.
	The selected arbitrary starting point for the MOD-025-2 reactive capability test corresponded to rated terminal voltage (100% voltage) and unity power factor, as shown in the rows labeled “Base Case”. When the GSU tap position is changed from 100% (Case 1) to 105% (Case 1A), the generator terminal conditions are not changed, but the POI and system voltages are modified. For the same generator terminal conditions, the system voltages are higher when the GSU tap position is at 105%. When the GSU tap position is changed from 100% (Case 1) to 105% (Case 1B), the generator terminal conditions and the system voltages are not modified. This is similar to the expected outcome of using an OLTC, if available, to move the tap positions in the GSU. In this case, the POI voltage is raised and the reactive power output of the generator also increases, so the machine is initially operating at a higher field current (more overexcited) than the corresponding initial conditions for Case 1. 
	If the GSU is equipped with an OLTC, different tap positions could be used for the overexcited and underexcited reactive capability tests for MOD-025-2. On the other hand, changing GSU tap positions on a GSU without an OLTC is not a trivial task and is generally not considered reasonable solely for conducting MOD-025-2 tests. The generator has to be shut down to allow changes in tap position, which poses an undue burden on the overall test procedure and is not part of the requirements in MOD-025-2. Furthermore, for GSUs with fixed tap positions, the reactive capability tests should be conducted at the tap position that will be used for online operation, particularly if operational data will be used in the future to meet the requirements of the standard.
	To represent the MOD-025-2 test conditions without the support from the system, the infinite (system) bus voltage is held constant while the generator terminal voltage is raised (or lowered) via the excitation system. It can be seen that the over-excited test did not reach Qmax and the under-excited test did not reach Qmin, as the generator terminal voltage become the limiting factor (± 5% range). More significantly, the generator field current did not reach its rated value (1272 ADC) in the over-excited test. 
	Generator terminal conditions (voltage, active power, and reactive power) were exactly the same, independent of the GSU tap position. In a way, this result is related to the adjustment of the system conditions rather than the generator initial condition, for the different GSU tap positions. The system voltage profile is higher for the results with the GSU tap at 105%. On the other hand, for a given generator terminal voltage and generator active conditions are the same (e.g., 105% voltage, same active power output). 
	Table D.2: Summary of Cases 1 and 1A
	System
	POI
	Generator
	Voltage
	Voltage
	Voltage
	Description
	Q
	IFG
	Q
	
	%(345 kV)
	%(345 kV)
	% (16.5 kV)
	(MVAR)
	(ADC)
	(MVAR)
	(deg)
	93.6
	96.1
	68.2
	1272
	88.5
	47.5
	100.0
	Rated (over-excited)
	106.9
	103.5
	–81.8
	806
	–63.4
	78.4
	100.0
	Rated (under-excited)
	101.3
	100.4
	–16.4
	949
	0.0
	62.2
	100.0
	Base Case
	101.3
	102.6
	41.4
	1167
	57.8
	47.6
	105.0
	Over-Excited 
	101.3
	98.2
	–71.7
	839
	–52.0
	80.8
	95.0
	Under-Excited
	99.1
	101.4
	66.5
	1272
	84.6
	44.2
	105.0
	Over-Excited with Grid
	Case 1 (GSU tap = 100%)
	102.0
	98.6
	–80.2
	828
	–60.0
	83.1
	95.0
	Under-Excited with Grid
	98.5
	100.9
	68.2
	1272
	88.5
	46.5
	100.0
	Rated (over-excited)
	111.9
	108.7
	–81.8
	806
	–63.4
	78.1
	100.0
	Rated (under-excited)
	106.3
	105.4
	–16.4
	949
	0.0
	61.8
	100.0
	Base Case
	106.3
	107.7
	43.8
	1177
	60.4
	46.9
	105.0
	Over-Excited
	106.3
	103.2
	–74.3
	835
	–54.4
	81.1
	95.0
	Under-Excited
	104.2
	106.5
	66.5
	1272
	84.6
	43.8
	105.0
	Over-Excited with Grid
	Case 1A (GSU tap = 105%)
	106.8
	103.5
	–80.2
	828
	–60
	82.7
	95.0
	Under-Excited with Grid
	98.5
	100.9
	68.2
	1272
	88.5
	47.1
	100.0
	Rated (over-excited)
	111.9
	108.7
	–81.8
	806
	–63.4
	78.1
	100.0
	Rated (under-excited)
	101.3
	102.5
	38.2
	1133.5
	56.2
	51.6
	100.0
	Base Case
	101.3
	103.7
	69.4
	1272
	88.7
	45.1
	102.6
	Over-Excited
	101.3
	100.3
	–19.2
	944.2
	–1.0
	67.0
	95.0
	Under-Excited
	Not necessary: rated field current reached in the over-excited test
	Over-Excited with Grid
	Case 1B (GSU tap = 105%)
	Similar to Case 1A, but requiring a larger change in the system voltage
	Under-Excited with Grid
	Color Legend
	Generator rated conditions
	System voltage for generator rated conditions
	System voltage held constant (no grid support)
	This case corresponds to two generators connected to the BPS through a common (shared) GSU transformer. Figure D.12 represents the initial operating conditions of the generators at the beginning of the test. Both units are dispatched at their maximum active power output and the units are represented as sister units, with the same parameters and ratings as presented above. To make the results comparable to those for Cases 1 and 1A (single generator and single GSU), the GSU and the system impedance base have been changed to double the original ratings (from 203 MVA to 406 MVA). In this configuration, the two units combined (total 406 MVA) are connected to the grid with the same external impedance (10% for the GSU and 8% for the system transfer impedance), when expressed in the total combined MVA base. It can be seen that the initial generation dispatch of each unit is equal to the base case conditions used in Case 1. The POI and system voltages are also the same, despite transferring twice as much power to the grid, due to the adjustment to the GSU and system impedances. 
	/
	Figure D.12: Initial Generator Dispatch Conditions (Case 2)
	Figure D.13 presents one possible scenario for the over-excitation test of unit G1 without calling for support from the system operators. This condition was established by using unit G2 to maintain its excitation level (same field current as in Figure D.12), while the voltage set point for unit G1 was increased. This is somewhat equivalent to the operation of unit G2 on manual control (constant field current), which might not be a practical approach for these tests. On the other hand, it is possible to adjust the field current in unit G2 by adjusting the voltage set point for the AVR on that unit. 
	The most important aspect, though, is that unit G1 reached its rated field current (1272 ADC) for a generator terminal voltage below 105%, so it wasn’t necessary to coordinate and require additional support from the system. 
	On the other hand, Transmission Planners and/or Planning Coordinators should understand that these test conditions match the requirements from MOD-025-2 (considering that Unit G1 is being tested individually) but these conditions are not to be expected in any practical operational conditions. The operation of the plant will, most likely, have both units at more or less the same voltage set point and therefore similar reactive power outputs. Thus, if a system event happens that would bring the system voltage down, both units are expected to respond following their AVR characteristics and raise their field current (and therefore their reactive power output) simultaneously. 
	Therefore, the reactive power losses in the GSU transformer during the MOD-025-2 test conditions shown in Figure D.13 will be quite different than what would be expected if both units are responding together and trying to push as much reactive power as possible towards the grid. As such, the determination of the plant net reactive power capability, as seen from the POI, should not be performed based on the MOD-025-2 test conditions from Figure D.13. The combined (net) reactive power output of the plant, at the POI, would have to be calculated based on the results of the MOD-025-2 tests of each unit at the plant, as they would be tested individually per the requirements in MOD-025-2. 
	If the units are supposed to be tested as a group (all units on the same GSU), then the same issues observed in Case 1 above would apply. These units would not reach their rated field current without support from the system operators adjusting the system voltage accordingly. 
	It should also be noted that an angular separation between units G1 and G2 will occur, and it increases as more reactive power is transferred from one unit to the other. This angular separation between the units might impact the damping of the intra-plant electromechanical oscillation mode and might also have an impact on the transient stability of the plant. Thus, it is important to recognize that the generator dispatch associated with the MOD-025-2 test conditions in Figure D.13 has reduced stability margins when compared to the usual dispatch of these plants, with both units having approximately the same excitation levels (approximately the same reactive power output). 
	/
	Figure D.13: Over-Excited Test on Unit G1 without System Support
	This case corresponds to a plant with two machines, where each machine has its own GSU transformer. This is a single-generator plant, or the configuration of one generator on a multi-machine plant if it is going to be tested individually. 
	Figure D.14 represents the initial operating conditions of the generators at the beginning of the test. Both units are dispatched at their maximum active power output and the units are represented as sister units, with the same parameters and ratings as presented above. To make the results comparable to those for Cases 1 and 1A (single generator and single GSU), the system impedance base has been changed to double the original ratings (from 203 MVA to 406 MVA). It can be seen that the initial generation dispatch of each unit is equal to the base case conditions used in Case 1. The POI and system voltages are also the same, despite transferring twice as much power to the grid, due to the adjustment to system impedance. 
	/
	Figure D.14: Initial Generator Dispatch Conditions (Case 3)
	Figure D.15 presents one possible scenario for the over-excitation test of unit G1 without calling for support from the system operators. This condition was established without changing unit G2 excitation level (same field current as in Figure D.14), while the voltage set point for unit G1 was increased. This is somewhat equivalent to the operation of unit G2 on manual control (constant field current), which might not be a practical approach for these tests. On the other hand, it is possible to adjust the field current in unit G2 by adjusting the voltage set point for the AVR on that unit. 
	Since units G1 and G2 are now connected through the HV bus of their GSUs (POI), the support from unit G2 for the test at unit G1 is different than what was calculated for case 2, with both units connected to the same terminal (LV) bus. Nonetheless, unit G1 reached its rated field current for a terminal voltage higher than 105% while unit G2 maintained the same field current as in the initial dispatch. The terminal voltage of unit G2 was raised (due to the adjustment in terminal voltage at unit G1). There is a small difference in the POI voltage, as compared to Case 2, but the biggest difference is the net reactive power output of the plant as measured at the POI. In practice, unit G2 can support the test on unit G1, as shown in Figure D.16. A relatively small change in voltage reference on unit G2 (compared to the initial conditions in Figure D.14) allows unit G1 to reach its rated field current with a terminal voltage equal to 105%.
	/
	Figure D.15: Over-Excited Test on Unit G1 without System or Unit G2 Support
	/
	Figure D.16: Over-Excited Test on Unit G1 with Unit G2 Support
	Appendix E: MOD-032-1 Data Request Examples
	MOD-032-1 requires each Planning Coordinator and each of its Transmission Planners to “jointly develop steady-state, dynamics, and short circuit modeling data requirements and reporting procedures for the Planning Coordinator’s planning area”. Each TP and PC may need to collect MOD-032-1 data slightly differently based on the specific studies being performed, their planning case selection, their modeling assumptions, etc. It is not feasible for all TPs and PCs to use the same reporting procedures or formats. However, it is recommended that TPs and PCs review their modeling data requirements and reporting procedures for MOD-032-1 to ensure they are consistent with those of other TPs and PCs, as applicable, to aid in the data gathering and submittal by GOs and other entities. 
	For this reason, a list of MOD-032-1 modeling data requirements and reporting procedures are provided here for reference:
	 NATF MOD-032-1 document: 
	http://www.natf.net/docs/natf/documents/resources/natf-modeling-data-request-mod-032-reference-document.xlsx
	 IESO: 
	http://www.ieso.ca/-/media/files/ieso/document-library/registration/facility/online_facility_registration_help.pdf
	 PJM: 
	http://www.pjm.com/planning/rtep-development/powerflow-cases/mod-032.aspx
	http://www.pjm.com/-/media/planning/rtep-dev/powerflow-cases/20150630-mod-032-ss-dynamics-sc-data-requirements-reporting-procedures-v1.ashx?la=en
	 MISO: 
	https://www.misoenergy.org/_layouts/MISO/ECM/Redirect.aspx?ID=207579
	 WECC Data Preparation Manual: 
	https://www.wecc.biz/Reliability/WECC-Data-Preparation-Manual-Rev-7-Approved.pdf
	 ISO New England:
	https://www.iso-ne.com/static-assets/documents/2015/06/iso_new_england_compliance_bulletin_mod_032.pdf
	Appendix F: List of Terms and Acronyms
	Table F.1: List of Acronyms
	Description
	Acronym
	Alternating Current
	AC
	Automatic Voltage Regulator
	AVR
	Combined Cycle Power Plant
	CCPP
	Current Transformer
	CT
	Direct Current
	DC
	Distributed Control System
	DCS
	Dynamic Disturbance Recorder
	DDR
	Digital Fault Recorder
	DFR
	Fast Fourier Transform
	FFT
	Full Speed No Load
	FSNL
	Fuel Stroke Reference
	FSR
	Generator Step-Up (Transformer)
	GSU
	Gas Turbine
	GT
	Heat-Recovery Steam Generator
	HRSG
	High Voltage
	HV
	Low Voltage
	LV
	Linear Variable Differential (Displacement) Transformer
	LVDT
	Over-Excitation Limiter
	OEL
	Original Equipment Manufacturer
	OEM
	On-Load Tap Changer
	OLTC
	Proportional-Integral-Derivative
	PID
	Programmable Logic Controller
	PLC
	Phasor Measurement Unit
	PMU
	Point of Interconnection
	POI
	Power Plant Model Verification
	PPMV
	Power System Stabilizer
	PSS
	Potential Transformer
	PT
	Steady State Stability Limit
	SSSL
	Steam Turbine
	ST
	Static Synchronous Compensator
	STATCOM
	Static Var Compensator
	SVC
	Under-Excitation Limiter
	UEL
	Variable Inlet Guide Vanes
	VIVG
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	Reliability Guideline: Methods for Establishing IROLs
	Action
	Authorize posting
	Background
	The establishment and communication of System Operating Limits (SOL) and Interconnection Reliability Operating Limits (IROLs) are addressed in NERC Reliability Standards FAC-010-3, FAC-011-3, and FAC-014-2. These standards have remained essentially unchanged since their inception. A NERC Standards Drafting Team (SDT) was formed in 2015 (Project 2015-09) to revise the standards and address recommendations from a periodic review. 
	In support of standards development, the NERC Standards Committee (SC) requested technical assistance from the NERC Operating Committee and Planning Committee to: 
	(1) Assess the impact that instabilities can have on BPS reliability
	(2) Describe simulation methods for assessment of Instability, including appropriate methods for use in quantifying impact the Instability and available means for demonstrating impact containment
	(3) Identify technically sound methodologies for use in establishing IROLs to address different types of instabilities
	(4) Evaluate the reliability impacts, if any, resulting from use of different methods to establish IROLs across North America
	This Reliability Guideline was developed by the joint MEITF to provide guidance for the utility industry to develop technically sound methods for establishing IROLs. The MEITF is also proposing for PC endorsement: (1) revised definitions for inclusion in the NERC Glossary of Terms, and (2) an IROL framework of recommended changes to applicable NERC Reliability Standards. Collectively these items respond to the SC request.
	The guideline provides an overall framework and detailed technical reference material related to the assessment of System Instability, Uncontrolled Separation, and Cascading to ensure Reliable Operation of the BPS. Each of the three concepts are discussed in depth, including analysis techniques and considerations that should be made when determining how they may contribute to the establishment of an IROL. Recommended practices and techniques are described using example simulations and actual system studies. 
	The Reliability Guideline primarily applies to Reliability Coordinators (RCs), as well as Planning Coordinators (PCs), Transmission Planners (TPs), and Transmission Operators (TOPs). It is recommended that RCs use or adapt the techniques described in this guideline for their own IROL methodologies.
	The MEITF intends to post the guideline for stakeholder comments according to the PC reliability guidelines process. 
	Proposed motion language: I move for the NERC Planning Committee to authorize posting the Methods for Establishing IROLs Reliability Guideline for 45-day comment period as presented.
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	Implementation Guidance PRC-023-4
	Action
	Endorse
	Background
	The System Protection Coordination Subcommittee (SPCS) developed Implementation Guidance for Reliability Standard PRC-023-4 – Transmission Relay Loadability, as specified in the PC Work Plan. The Implementation Guidance provides technical information and guidance for Transmission Owners (TO), Generator Owners (GO), and Distribution Providers (DP) to use in complying with Reliability Standard PRC-023-4 requirements for setting protective relays associated with applicable circuits. 
	The requirements in PRC-023-4 are intended to ensure that protective relay settings shall not limit transmission loadability; not interfere with system operators’ ability to take remedial action to protect system reliability and; be set to reliably detect all fault conditions and protect the electrical network from these faults. The Implementation Guidance provides supporting technical information, equations, methods, and procedures for establishing criteria that can be used to determine protective relay settings that meet the reliability objective of PRC-023-4.
	The Implementation Guidance was reviewed by PC members Dale Burmester, David Mercado, Brian Zavesky, Russ Schussler in October/November 2017. No technical or substantive issues were raised by reviewers. The SPCS considered all feedback, revised the Implementation Guidance, and submits it for endorsement. If endorsed by the PC, the Implementation Guidance will be forwarded to the ERO-Enterprise for ERO-Endorsement according to the Compliance Guidance Policy.  
	Proposed motion language: I move for the NERC Planning Committee to endorse the Implementation Guidance for Reliability Standard PRC-023-4 as presented.
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	Preface
	The North American Electric Reliability Corporation (NERC) is a not-for-profit international regulatory authority whose mission is to assure the reliability and security of the bulk power system (BPS) in North America. NERC develops and enforces Reliability Standards; annually assesses seasonal and long‐term reliability; monitors the BPS through system awareness; and educates, trains, and certifies industry personnel. NERC’s area of responsibility spans the continental United States, Canada, and the northern portion of Baja California, Mexico. NERC is the Electric Reliability Organization (ERO) for North America, subject to oversight by the Federal Energy Regulatory Commission (FERC) and governmental authorities in Canada. NERC’s jurisdiction includes users, owners, and operators of the BPS, which serves more than 334 million people. 
	The North American BPS is divided into eight Regional Entity (RE) boundaries as shown in the map and corresponding table below.
	/
	The North American BPS is divided into eight RE boundaries. The highlighted areas denote overlap as some load-serving entities participate in one Region while associated transmission owners/operators participate in another.
	Disclaimer
	This supporting document may explain or facilitate implementation of a reliability standard PRC-023-4 — Transmission Relay Loadability but does not contain mandatory requirements subject to compliance review.
	Introduction
	This document is intended to provide additional information and guidance for complying with the requirements of Reliability Standard PRC-023-4 — Transmission Relay Loadability.
	The function of transmission protection systems included in the referenced reliability standard is to protect the transmission system when subjected to faults. System conditions, particularly during emergency operations, may make it necessary for transmission lines and transformers to become overloaded for short periods of time. During such instances, it is important that protective relays do not prematurely trip the transmission elements out-of-service preventing the system operators from taking controlled actions to alleviate the overload. Therefore, protection systems should not interfere with the system operators’ ability to consciously take remedial action to protect system reliability. The relay loadability reliability standard has been specifically developed to not interfere with system operator actions, while allowing for short-term overloads, with sufficient margin to allow for inaccuracies in the relays and instrument transformers.
	While protection systems are required to comply with the relay loadability requirements of Reliability Standard PRC-023-4; it is imperative that the protective relays be set to reliably detect all fault conditions and protect the electrical network from these faults.
	The following protection functions are addressed by Reliability Standard PRC-023-4: 
	1. Any protective functions which could trip with or without time delay, on normal or emergency load current, including but not limited to: 
	1.1. Phase distance 
	1.2. Out-of-step tripping 
	1.3. Out-of-step blocking 
	1.4. Switch-on-to-fault 
	1.5. Overcurrent relays 
	1.6. Communications aided protection schemes including but not limited to: 
	1.6.1. Permissive overreaching transfer trip (POTT) 
	1.6.2. Permissive underreaching transfer trip (PUTT) 
	1.6.3. Directional comparison blocking (DCB) 
	1.6.4. Directional comparison unblocking (DCUB) 
	2. The following protection systems are excluded from requirements of this standard:
	2.1. Relay elements that are only enabled when other relays or associated systems fail.
	2.1.1. Overcurrent elements that are only enabled during loss of potential conditions.
	2.1.2. Elements that are only enabled during a loss of communications.
	2.2. Protection systems intended for the detection of ground fault conditions.
	2.3. Generator protection relays
	2.4. Relay elements used only for Special Protection Systems, applied and approved in accordance with NERC Reliability Standards PRC-012 through PRC-017
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	R1.2 — Transmission Line Established 15-Minute Rating
	R1.3 — Maximum Theoretical Power Transfer Limit Across a Transmission Line
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	R1.13 — No Explanation Necessary


	Each Transmission Owner, Generator Owner, and Distribution Provider shall use any one of the following criteria (Requirement R1, criteria 1 through 13) for any specific circuit terminal to prevent its phase protective relay settings from limiting transmission system loadability while maintaining reliable protection of the BES for all fault conditions. Each Transmission Owner, Generator Owner, and Distribution Provider shall evaluate relay loadability at 0.85 per unit voltage and a power factor angle of 30 degrees. [Risk Factor: High] 
	Set transmission line relays so they do not operate at or below 150% of the highest seasonal Facility Rating of a circuit, for the available defined loading duration nearest 4 hours (expressed in amperes).
	Where: 
	Zrelay30 = Relay reach in primary Ohms at a power factor angle of 30 degrees 
	VL-L = Rated line-to-line voltage 
	Irating = Facility Rating
	When the study to establish the original loadability parameters was performed, it was based on the 4-hour facility rating. The intent of the 150% factor applied to the Facility Rating in the loadability requirement was to approximate the 15-minute rating of the transmission line and add some additional margin. Although the original study performed to establish the 150% factor did not segregate the portion of the 150% factor that was to approximate the 15-minute capability from that portion that was to be a safety margin, it has been determined that a 115% margin is appropriate. In situations where detailed studies have been performed to establish 15-minute ratings on a transmission line, the 15-minute highest seasonal Facility Rating can be used to establish the loadability requirement for the protective relays.
	Set transmission line relays so they do not operate at or below 115% of the maximum power transfer capability of the circuit (expressed in amperes) using one of the following to perform the power transfer calculation: 
	An infinite source (zero source impedance) with a 1.00 per unit bus voltage at each end of the line
	/
	The power transfer across a transmission line (Figure 1) is defined by the equation:
	Where: 
	P = the power flow across the transmission line 
	VS = Line-to-Line voltage at the sending bus 
	VR = Line-to-Line voltage at the receiving bus 
	δ = Voltage angle between Vs and VR 
	XL = Reactance of the transmission line in ohms
	The theoretical maximum power transfer occurs when δ is 90 degrees. The maximum power transfer will be less than the theoretical maximum power transfer and will occur at some angle less than 90 degrees since the source impedance of the system is not zero. A number of conservative assumptions are made: 
	 δ is 90 degrees 
	 Voltage at each bus is 1.0 per unit 
	 An infinite source is assumed behind each bus; i.e. no source impedance is assumed. 
	The equation for maximum power becomes:
	Where: 
	Pmax = Maximum power that can be transferred across a system 
	Ireal = Real component of current 
	V = Nominal line-to-line bus voltage 
	At maximum power transfer, the real component of current and the reactive component of current are equal; therefore:
	Where: 
	Itotal is the total current at maximum power transfer.
	Actual source and receiving end impedances are determined using a short circuit program and choosing the classical or flat start option to calculate the fault parameters. The impedances required for this calculation are the generator subtransient impedances (Figure 2).
	/
	The recommended procedure for determining XS and XR is: 
	 Remove the line or lines under study (parallel lines need to be removed prior to doing the fault study) 
	 Apply a three-phase short circuit to the sending and receiving end buses. 
	 The program will calculate a number of fault parameters including the equivalent Thévenin source impedances. 
	 The real component of the Thévenin impedance is ignored. 
	The voltage angle across the system is fixed at 90 degrees, and the current magnitude (Ireal) for the maximum power transfer across the system is determined as follows:
	Where: 
	Pmax = Maximum power that can be transferred across a system 
	ES = the line-to-line internal voltage for the generator modeled behind the equivalent sending end reactance XS 
	ER = the line-to-line internal voltage for the generator modeled behind the equivalent receiving end reactance XR 
	δ = Voltage angle between ES and ER
	XS = Thévenin equivalent reactance in ohms of the sending bus 
	XR = Thévenin equivalent reactance in ohms of the receiving bus 
	XL = Reactance of the transmission line in ohms 
	V = Line-to-Line bus voltage
	The theoretical maximum power transfer occurs when δ is 90 degrees. All stable maximum power transfers will be less than the theoretical maximum power transfer and will occur at some angle less than 90 degrees since the source impedance of the system is not zero. A number of conservative assumptions are made: 
	 δ is 90 degrees 
	 Voltage at each bus is 1.05 per unit 
	 The source impedances are calculated using the sub-transient generator reactances. 
	At maximum power transfer, the real component of current and the reactive component of current are equal; therefore:
	Where: 
	Itotal = Total current at maximum power transfer
	This should be re-verified whenever major system changes are made.
	Series capacitors are used on long transmission lines to allow increased power transfer. Special consideration must be made in computing the maximum power flow that protective relays must accommodate on series compensated transmission lines. Series capacitor emergency ratings, typically 30-minute, are frequently specified during design.
	/
	The capacitor banks are protected from overload conditions by triggered gaps and/or metal oxide varistors (MOVs) and can be also be protected or bypassed by breakers or Motor Operated Disconnects (MODs). Triggered gaps and/or MOVs (Figure 3) operate on the voltage across the capacitor (Vprotective) whichever may be present in a given installation. 
	This voltage can be converted to a current by the equation: 
	Where: 
	Vprotective = Protective level of voltage across the capacitor spark gaps and/or MOVs 
	XC = Capacitive reactance 
	The protection limits the theoretical maximum power flow because Itotal, assuming the line inductive reactance is reduced by the capacitive reactance, will typically exceed Iprotective. A current of Iprotective or greater will result in a capacitor bypass. This reduces the theoretical maximum power transfer to that of only the line inductive reactance as described in R1.3. 
	The relay settings must be evaluated against 115% of the highest series capacitor emergency current rating and the maximum power transfer calculated in R1.3 using the full line inductive reactance (uncompensated line reactance). This must be done to accommodate situations where the capacitor is bypassed for reasons other than Iprotective. The relay must be set to accommodate the greater of these two currents. 
	In some cases, the maximum line end three-phase fault current is small relative to the thermal loadability of the conductor. Such cases exist due to some combination of weak sources, long lines, and the topology of the transmission system (Figure 4).
	/
	Since the line end fault is the maximum current at one per unit phase to ground voltage and it is possible to have a voltage of 90 degrees across the line for maximum power transfer across the line, the voltage across the line is equal to:
	It is necessary to increase the line end fault current Ifault by 2 to reflect the maximum current that the terminal could see for maximum power transfer and by 115% to provide margin for device errors. An additional factor of 105% is also included due to the assumption that the voltage on each bus is 1.05 per unit.
	Where: 
	Ifault is the line-end three-phase fault current magnitude obtained from a short circuit study, reflecting sub-transient generator reactances.
	Some system configurations have load centers (no appreciable generation) remote from the generation center where under no contingency, would appreciable current flow from the load centers to the generation center (Figure 7).
	/
	Although under normal conditions, only minimal current can flow from the load center to the generation center, the forward reaching relay element on the load center breakers must provide sufficient loadability margin for unusual system conditions. To qualify, one must determine the maximum current flow (Imax) from the load center to the generation center under any system configuration.
	Some system configurations have one or more transmission lines connecting a remote, net importing load center to the rest of the system. 
	For the system shown in Figure 8, the total maximum load at the load center defines the maximum load that a single line must carry.
	/
	Also, one must determine the maximum power flow on an individual line to the area (Imax) under all system configurations, reflecting any higher currents resulting from reduced voltages, and ensure that under no condition will loop current in excess of Imax flow in the transmission lines.
	Some system configurations have one or more transmission lines connecting a cohesive, remote, net importing load center to the rest of the system. For the system shown in Figure 9, the total maximum load at the load center defines the maximum load that a single line must carry. This applies to the relays at the load center ends of lines addressed in R1.8.
	/
	However, under normal conditions, only minimal current can flow from the load center to the transmission system. The forward reaching relay element on the load center breakers must provide sufficient loadability margin for unusual system conditions, including all potential loop flows. To qualify, one must determine the maximum current flow (Imax) from the load center to the transmission system under any system configuration.
	The transformer fault protective relaying settings are set to protect for fault conditions, not excessive load conditions. These fault protection relays are designed to operate relatively quickly. Loading conditions on the order of magnitude of 150% (50% overload) of the maximum applicable nameplate rating of the transformer can normally be sustained for several minutes without damage or appreciable loss of life to the transformer. 
	For transformers with operator established emergency ratings, the minimum overcurrent setting must be the greater of 115% of the highest established emergency rating, or 150% of the maximum nameplate rating.
	This criterion is also applicable for transmission line relays on transmission lines terminated only with a transformer.
	Set load-responsive transformer fault protection relays, if used, such that the protection settings do not expose the transformer to a fault level and duration that exceeds the transformer’s mechanical withstand capability as illustrated by the “dotted line” in IEEE C57.109-1993 - IEEE Guide for Liquid-Immersed Transformer Through-Fault-Current Duration, Clause 4.4, Figure 4.
	/
	If the pickup of overcurrent relays is less than that specified in criterion 1.10, then the relays must be set to allow the transformer to be operated at an overload level of at least 150% of the maximum applicable nameplate rating, or 115% of the highest operator established emergency transformer rating, whichever is greater, for at least 15 minutes to provide time for the operator to take controlled action to relieve the overload.
	Alternatively, the relays may be set below the requirements of criterion 1.10 if tripping is supervised using either a top oil or simulated winding hot spot temperature element set no less than 100° C for the top oil temperature or no less than 140° C for the winding hot spot temperature.
	This description applies only to classical two-terminal lines. For lines with other configurations, see R1.12b, Three (or more) Terminal Lines, and Lines with One or More Radial Taps. A large number of transmission lines in North America are protected with distance based relays that use a mho characteristic. Although other relay characteristics are now available that offer the same fault protection with more immunity to load encroachment, generally they are not required based on the following: 
	1. The original loadability concern from the Northeast blackout (and other blackouts) was overly sensitive distance relays (usually Zone 3 relays). 
	2. Distance relays with mho characteristics that are set at 125% of the line length are clearly not “overly sensitive,” and were not responsible for any of the documented cascading outages, under steady-state conditions. 
	3. It is unlikely that distance relays with mho characteristics set at 125% of line length will misoperate due to recoverable loading during major events. 
	4. Even though unintentional relay operation due to load could clearly be mitigated with blinders or other load encroachment techniques, in the vast majority of cases, it may not be necessary if the relays with mho characteristics are set at 125% of the line length. For available techniques see reference 14.
	/
	It is prudent that the relays be adjusted to as close to the 90 degree MTA setting as the relay can be set to achieve the highest level of loadability without compromising the ability of the relay to reliably detect faults. 
	The basis for the current loading is as follows: 
	Vrelay = Line-to-Line voltage at the relay location 
	Zline = Line impedance 
	Θline = Line impedance angle 
	Zrelay = Relay setting in ohms at the maximum torque angle 
	MTA = Maximum torque angle, the angle of maximum relay reach 
	Zrelay30 = Relay trip point at a 30 degree phase angle between the voltage and current 
	Itrip = Relay operating current at 30 degrees with normal voltage 
	Irelay30 = Current (including a 15% margin) that the circuit can carry at 0.85 per unit voltage at a 30 degree phase angle between the voltage and current before reaching the relay trip point 
	For applying a mho-characteristic relay at any maximum torque angle to any line impedance angle:
	The relay reach at the load power factor angle of 30°is determined from:
	The relay operating current at the load power factor angle of 30° is:
	The load current with a 15% margin factor and the 0.85 per unit voltage requirement is calculated by:
	Three (or more) terminal lines present protective relaying challenges from a loadability standpoint due to the apparent impedance as seen by the different terminals. This includes lines with radial taps. The loadability of the line may be different for each terminal of the line so the loadability must be done on a per terminal basis: 
	The basis for the current loading is as follows:
	/
	The basis for the current loading is as follows: 
	Vrelay = Phase-to-phase line voltage at the relay location 
	Zapparent = Apparent line impedance as seen from the line terminal. This apparent impedance is the impedance calculated (using in-feed) for a fault at the most electrically distant line terminal for system conditions normally used in protective relaying setting practices. 
	Θapparent = Apparent line impedance angle as seen from the line terminal 
	Zrelay = Relay setting at the maximum torque angle. 
	MTA = Maximum torque angle, the angle of maximum relay reach 
	Zrelay30 = Relay trip point at a 30 degree phase angle between the voltage and current 
	Itrip = Trip current at 30 degrees with normal voltage 
	Irelay30 = Current (including a 15% margin) that the circuit can carry at 0.85 voltage at a 30 degree phase angle between the voltage and current before reaching the trip point 
	For applying a mho-characteristic relay at any maximum torque angle to any apparent impedance angle
	The relay reach at the load power factor angle of 30° is determined from:
	The relay operating current at the load power factor angle of 30° is:
	The load current with a 15% margin factor and the 0.85 per unit voltage requirement is calculated by:
	Appendix A: Long Line Maximum Power Transfer Equations
	/
	Lengthy transmission lines have significant series resistance, reactance, and shunt capacitance. The line resistance consumes real power when current flows through the line and increases the real power input during maximum power transfer. The shunt capacitance supplies reactive current, which impacts the sending end reactive power requirements of the transmission line during maximum power transfer. These line parameters should be used when calculating the maximum line power flow. 
	The following equations may be used to compute the maximum power transfer:
	The equations for computing the total line current are below. These equations assume the condition of maximum power transfer, 𝛿 = 90º, and nominal voltage at both the sending and receiving line ends:
	Where: 
	P = the power flow across the transmission line 
	VS = Phase-to-phase voltage at the sending bus 
	VR = Phase-to-phase voltage at the receiving bus 
	V = Nominal phase-to-phase bus voltage 
	δ = Voltage angle between VS and VR 
	Z = Reactance, including fixed shunt reactors, of the transmission line in ohms* 
	Θ = Line impedance angle 
	B = Shunt susceptance of the transmission line in mhos* 
	* The use of hyperbolic functions to calculate these impedances is recommended to reflect the distributed nature of long line reactance and capacitance.
	Appendix B: Impedance –Based Pilot Relaying Considerations
	Unmodified Permissive Overreaching Transfer Trip
	Directional Comparison Blocking

	Some utilities employ communication-aided (pilot) relaying schemes which, taken as a whole, may have a higher loadability than would otherwise be implied by the setting of the forward (overreaching) impedance elements. Impedance based pilot relaying schemes may comply with PRC-023-4 Requirement R1 if all of the following conditions are satisfied. 
	For purposes of this discussion, impedance-based pilot relaying schemes fall into two general classes: 
	1. Unmodified permissive overreaching transfer trip (POTT) (requires relays at all terminals to sense an internal fault as a condition for tripping any terminal). Unmodified directional comparison unblocking schemes are equivalent to permissive overreach in this context. 
	2. Directional comparison blocking (DCB) (requires relays at one terminal to sense an internal fault, and relays at all other terminals to not sense an external fault as a condition for tripping the terminal). Depending on the details of scheme operation, the criteria for determining that a fault is external may be based on current magnitude and/or on the response of directionally-sensitive relays. Permissive schemes which have been modified to include “echo” or “weak source” logic fall into the DCB class. 
	Unmodified POTT schemes may offer a significant advantage in loadability as compared with a non-pilot scheme. Modified POTT and DCB schemes will generally offer no such advantage. Both applications are discussed below.
	/
	In a non-pilot application, the loadability of the tripping relay at Station “A” is determined by the reach of the impedance characteristic at an angle of 30 degrees, or the length of line AX in Figure B-1. In a POTT application, point “X” falls outside the tripping characteristic of the relay at Station “B”, preventing tripping at either terminal. Relay “A” becomes susceptible to tripping along its 30-degree line only when point “Y” is reached. Loadability will therefore be increased according to the ratio of AX to AY, which may be sufficient to meet the loadability requirement with no mitigating measures being necessary. 
	/
	In Figure B-2, blocking at Station “B” utilizes impedance elements which may or may not have offset. The settings of the blocking elements are traditionally based on external fault conditions only. It is unlikely that the blocking characteristic at Station “B” will extend into the load region of the tripping characteristic at Station “A”. The loadability of Relay “A” will therefore almost invariably be determined by the impedance AX. 
	Appendix C: Out-of-Step Blocking Relaying
	Impact of System Loading of the Out-of-Step Relaying

	Out-of-step blocking is sometimes applied on transmission lines and transformers to prevent tripping of the circuit element for predicted (by transient stability studies) or observed system swings. 
	There are many methods of providing the out-of-step blocking function; one common approach, used with distance tripping relays, uses a distance characteristic which is approximately concentric with the tripping characteristic. These characteristics may be circular mho characteristics, quadrilateral characteristics, or may be modified circular characteristics. 
	During normal system conditions the accelerating power, Pa, will be essentially zero. During system disturbances, Pa > 0. Pa is the difference between the mechanical power input, Pm, and the electrical power output, Pe, of the system, ignoring any losses. The machines or group of machines will accelerate uniformly at the rate of Pa/2H radians per second squared, where H is the inertia constant of the system. During a fault condition Pa >> 1 resulting in a near instantaneous change from load to fault impedance. During a stable swing condition, Pa < 1, resulting in a slower rate of change of impedance. 
	For a system swing condition, the apparent impedance will form a loci of impedance points (relative to time) which changes relative slowly at first; for a stable swing (where no generators “slip poles” or go unstable), the impedance loci will eventually damp out to a new steady-state operating point. For an unstable swing, the impedance loci will change quickly traversing the jx-axis of the impedance plane as the generator slips a pole as shown in Figure C-1 below.
	For simplicity, this appendix discusses the concentric-distance-characteristic method of out-of-step blocking, considering circular mho characteristics. As mentioned above, this approach uses a mho characteristic for the out-of-step blocking relay, which is approximately concentric to the related tripping relay characteristic. The out-of-step blocking characteristic is also equipped with a timer, such that a fault will transit the out-of-step blocking characteristic too quickly to operate the out-of-step blocking relay, but a swing will reside between the out-of-step blocking characteristic and the tripping characteristic for a sufficient period of time for the out-of-step blocking relay to trip. Operation of the out-of-step blocking relay (including the timer) will in turn inhibit the tripping relay from operating.
	/
	Figure C-1 illustrates the relationship between the out-of-step blocking relay and the tripping relay, and shows a sample of a portion of an unstable swing. 
	Figure C-2 illustrates a tripping relay and out-of-step blocking relay, and shows the relative effects of several apparent impedances.
	/
	Both the tripping relay and the out-of-step blocking relay have characteristics responsive to the impedance that is seen by the distance relay. In general, only the tripping relays are considered when evaluating the effect of system loads on relay characteristics (usually referred to as “relay loadability”). However, when the behavior of out-of-step blocking relays is considered, it becomes clear that they must also be included in the evaluation of system loads, as their reach must necessarily be longer than that of the tripping relays, making them even more responsive to load. 
	Three different load impedances are shown. Load impedance (1) shows an impedance (either load or fault) which would operate the tripping relay. Load impedance (3) shows a load impedance well outside both the tripping characteristic and the out-of-step blocking characteristic, and illustrates the desired result. The primary concern relates to the fact that, if an apparent impedance, shown as load impedance (2), resides within the out-of-step blocking characteristic (but outside the tripping characteristic) for the duration of the out-of-step blocking timer, the out-of-step blocking relay inhibits the operation of the tripping relay. It becomes clear that such an apparent impedance can represent a system load condition as well as a system swing; if (and as long as) a system load condition operates the out-of-step blocking relay, the tripping relay will be prevented from operating for a subsequent fault condition! A timer can be added such that the relay issues a trip if the out of step timer does not reset within a defined time.
	Appendix D: Out-of-Step Blocking Relaying
	Introduction
	SOTF scheme applications
	SOTF line loadability considerations
	SOTF scheme designs
	SOTF and Automatic Reclosing


	Switch-on-to-fault (SOTF) schemes (also known as “close-into-fault schemes or line-pickup schemes) are protection functions intended to trip a transmission line breaker when closed on to a faulted line. Dedicated SOTF schemes are available in various designs, but since the fault-detecting elements tend to be more sensitive than conventional, impedance-based line protection functions, they are designed to be “armed” only for a brief period following breaker closure. Depending on the details of scheme design and element settings, there may be implications for line relay loadability. This paper addresses those implications in the context of scheme design. 
	SOTF schemes are applied for one or more of three reasons:
	1. When an impedance-based protection scheme uses line-side voltage transformers, SOTF logic is required to detect a close-in, three-phase fault to protect against a line breaker being closed into such a fault. Phase impedance relays whose steady-state tripping characteristics pass through the origin on an R-X diagram will generally not operate if there is zero voltage applied to the relay before closing into a zero-voltage fault. This condition typically occurs during when a breaker is closed into a set of three-phase grounds which operations/maintenance personnel failed to remove prior to re-energizing the line. When this occurs in the absence of SOTF protection, the breaker will not trip, nor will breaker failure protection be initiated, possibly resulting in time-delayed tripping at numerous remote terminals. Unit instability and dropping of massive blocks of load can also occur. 
	2. Current fault detector pickup settings must be low enough to allow positive fault detection under what is considered to be the “worst case” (highest) impedance to the source bus. 
	3. When an impedance protection scheme uses line-side voltage transformers, SOTF current fault detectors may operate significantly faster than impedance units when a breaker is closed into a fault anywhere on the line. The dynamic characteristics of typical impedance units are such that their speed of operation is impaired if polarizing voltages are not available prior to the fault. 
	4. Current fault detector pickup settings will generally be lower in this application than in (1) above. The greater the coverage desired, and the longer the line, the lower the setting. 
	5. Regardless of voltage transformer location, SOTF schemes may allow high-speed clearing of faults along the entire line without having to rely or wait on a communications-aided tripping scheme. 
	6. Current or impedance-based fault detectors must be set to reach the remote line terminal to achieve that objective.
	This reference document is intended to provide guidance for the review of existing SOTF schemes to ensure that those schemes do not operate for non-SOTF conditions or under heavily stressed system conditions. This document also provides recommended practices for application of new SOTF schemes. 
	1. The SOTF protection must not operate assuming that the line terminals are closed at the outset and carrying up to 1.5 times the Facility Rating (as specified in Reliability Standard PRC-023-4), when calculated in accordance with the methods described in this standard. 
	2. For existing SOTF schemes, the SOTF protection must not operate when a breaker is closed into an unfaulted line which is energized from the remote terminal at a voltage exceeding 85% of nominal at the local terminal. For SOTF schemes commissioned after formal adoption of this report, the protection should not operate when a breaker is closed into an unfaulted line which is energized from the remote terminal at a voltage exceeding 75% of nominal at the local terminal.
	1. Direct-tripping high-set instantaneous phase overcurrent 
	This scheme is technically not a SOTF scheme, in that it is in service at all times, but it can be effectively applied under appropriate circumstances for clearing zero-voltage faults. It uses a continuously-enabled, high-set instantaneous phase overcurrent unit or units set to detect the fault under “worst case” (lowest source impedance) conditions. The main considerations in the use of such a scheme involve detecting the fault while not overreaching the remote line terminal under external fault conditions, and while not operating for stable load swings. Under NERC line loadability requirements, the overcurrent unit setting also must be greater than 1.5 times the Facility Rating (as specified in Reliability Standard PRC-023-4), when calculated in accordance with the methods described in this standard. 
	2. Dedicated SOTF schemes 
	Dedicated SOTF schemes generally include logic designed to detect an open breaker and to arm instantaneous tripping by current or impedance elements only for a brief period following breaker closing. The differences in the schemes lie (a) in the method by which breaker closing is declared, (b) in whether there is a scheme requirement that the line be dead prior to breaker closing, and (c) in the choice of tripping elements. In the case of modern relays, every manufacturer has its own design, in some cases with user choices for scheme logic as well as element settings. 
	In some SOTF schemes the use of breaker auxiliary contacts and/or breaker “close” signaling is included, which limits scheme exposure to actual breaker closing situations. With others, the breaker-closing declaration is based solely on the status of voltage and current elements. This is regarded as marginally less secure from misoperation when the line terminals are (and have been) closed, but can reduce scheme complexity when the line terminates in multiple breakers, any of which can be closed to energize the line. 
	With appropriate consideration of dead-line reclosing voltage supervision, there are no coordination issues between SOTF and automatic reclosing into a de-energized line. If pre-closing line voltage is the primary means for preventing SOTF tripping under heavy loading conditions, it is clearly desirable from a security standpoint that the SOTF line voltage detectors be set to pick up at a voltage level below the automatic reclosing live-line voltage detectors and below 0.8 per-unit voltage. 
	Where this is not possible, the SOTF fault detecting elements are susceptible to operation for closing into an energized line, and should be set no higher than required to detect a close-in, three-phase fault under worst case (highest source impedance) conditions assuming that they cannot be set above 1.5 times the Facility Rating (as specified in Reliability Standard PRC-023-4). Immunity to false tripping on high-speed reclosure may be enhanced by using scheme logic which delays the action of the fault detectors long enough for the line voltage detectors to pick up and instantaneously block SOTF tripping.
	Appendix E: Out-of-Step Blocking Relaying
	The listed IEEE technical papers are available at: 
	http://www.pes-psrc.org/Reports/Apublications_new_format.htm 
	The listed IEEE Standards are available from the IEEE Standards Association at: 
	http://www.techstreet.com/ieee 
	The listed ANSI Standards are available directly from the American National Standards Institute at 
	https://webstore.ansi.org/default.aspx 
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	Preface
	The North American Electric Reliability Corporation (NERC) is a not-for-profit international regulatory authority whose mission is to assure the reliability and security of the bulk power system (BPS) in North America. NERC develops and enforces Reliability Standards; annually assesses seasonal and long‐term reliability; monitors the BPS through system awareness; and educates, trains, and certifies industry personnel. NERC’s area of responsibility spans the continental United States, Canada, and the northern portion of Baja California, Mexico. NERC is the Electric Reliability Organization (ERO) for North America, subject to oversight by the Federal Energy Regulatory Commission (FERC) and governmental authorities in Canada. NERC’s jurisdiction includes users, owners, and operators of the BPS, which serves more than 334 million people. 
	The North American BPS is divided into eight Regional Entity (RE) boundaries as shown in the map and corresponding table below.
	/
	The North American BPS is divided into eight RE boundaries. The highlighted areas denote overlap as some load-serving entities participate in one Region while associated transmission owners/operators participate in another.
	Overview
	Preamble
	Purpose
	Scope

	Background

	Implementation Guidance provides a means for registered entities to develop examples or approaches to illustrate how registered entities could comply with a standard that are vetted by industry and endorsed by the Electric Reliability Organization (ERO) Enterprise.  The examples provided in this Implementation Guidance are not exclusive, as there are likely other methods for implementing a standard.  The ERO Enterprise’s endorsement of an example means the ERO Enterprise Compliance Monitoring and Enforcement Program (CMEP) staff will give these examples deference when conducting compliance monitoring activities.  Registered entities can rely upon the example and be reasonably assured that compliance requirements will be met with the understanding that compliance determinations depend on facts, circumstances, and system configurations. 
	 Guidance documents cannot change the scope or purpose of the requirements of a standard. 
	 The contents of this guidance document are not the only way to comply with a standard. 
	 Compliance expectations should be made as clear as possible through the standards development process which should minimize the need for guidance after final ballot approval of a standard.
	 Forms of guidance should not conflict. 
	 Guidance should be developed collaboratively and posted on the NERC website for transparency. 
	This guidance document is to assist NERC Registered Entities in developing a common understanding of the
	practices and processes surrounding the evaluation of voltage protective relay settings with respect to
	NERC Standard PRC-024-2. It is also intended to establish reasonable assumptions to be used in the
	calculations to meet the intent of this standard. It provides examples of these calculations to demonstrate
	compliance.
	This guidance document applies to Generator Owners (GO) who are demonstrating compliance with PRC 024-2 Requirement R2. 
	R2. Each Generator Owner that has generator voltage protective relaying activated to trip its applicable generating unit(s) shall set its protective relaying such that the generator voltage protective relaying does not trip the applicable generating unit(s) as a result of a voltage excursion (at the point of interconnection3) caused by an event on the transmission system external to the generating plant that remains within the “no trip zone” of PRC-024 Attachment 2. If the Transmission Planner allows less stringent voltage relay settings than those required to meet PRC-024 Attachment 2, then the Generator Owner shall set its protective relaying within the voltage recovery characteristics of a location-specific Transmission Planner’s study. Requirement R2 is subject to the following exceptions:
	 Generating unit(s) may trip in accordance with a Special Protection System (SPS) or Remedial Action Scheme (RAS).
	 Generating unit(s) may trip if clearing a system fault necessitates disconnecting (a) generating unit(s).
	 Generating unit(s) may trip by action of protective functions (such as out-of-step functions or loss-of-field functions) that operate due to an impending or actual loss of synchronism or, for asynchronous generating units, due to instability in power conversion control equipment.
	 Generating unit(s) may trip within a portion of the “no trip zone” of PRC-024 Attachment 2 for documented and communicated regulatory or equipment limitations in accordance with Requirement R3.
	This guidance document does not demonstrate any calculations for auxiliary equipment voltages as auxiliary equipment relays are not included in the scope of PRC-024-2.
	The examples provided in this document are applicable to facilities where the GSU impedance is the only significant impedance between the POI and the relay voltage sensing location and the resource is capable of +/- 0.95 power factor at the POI.
	For facilities that do not produce a significant amount of reactive power, the voltage drop through the GSU transformer is not significant.  Therefore, the generator bus voltage can be estimated by reflecting the high-side (POI) voltage to the generator-side solely based on the GSU transformers turns ratio.
	There have been numerous requests for clarification on various points of PRC-024 from the Industry. Due to the number of requests and, additionally, a specific request from the IEEE PSRC J Subcommittee JTF2 task force for a PRC-024-2 example, this Implementation Guidance was determined to be a needed document for the industry.
	A common question that has consistently been asked by the Industry is whether the “no trip” area of the voltage curve ends at 4 seconds or extends infinitely. The PRC-024 Voltage Ride-Through Time Duration Curve in Attachment 2 of the standard is intended to prevent generators from tripping for recoverable transient voltage disturbances on the BES. For this reason, the curve only covers a four second time window. These voltage level and time duration steps are meant to allow time for a generator with its AVR set in automatic voltage control mode to recover from the disturbance before protective relays trip the unit. The standard development record shows that the intent of the standard is to simplify the analysis of voltage sensitive protective relay tripping characteristics using steady-state techniques to provide reasonable levels and times for the controls to respond. 3   The accompanying examples, displaying the relay trip characteristic plotted with the PRC-024 Voltage Ride-Through Time Duration Curve, indicate that the “no trip” area stops at 4 seconds.
	Another question that has come up consistently is: “Is the area outside the Voltage Ride-Through Time Duration Curve a “must trip” area?” The Standard prescribes an area that is a “no trip” area. There is no requirement to trip for the area outside the “no trip” area. Rather, it is a “may trip” area, if needed to protect equipment for abnormal voltages. In the tabular tables, the term ‘instantaneous trip’ is used. This term is intended to indicate instantaneous tripping is allowed, not required.
	/
	In Attachment 2 of PRC-024-2 titled “Voltage Ride-Through Curve Clarifications, Evaluating Protective Relay Settings:” the standard states: 
	Voltage Ride-Through Curve Clarifications
	Curve Details:
	1. The per unit voltage base for these curves is the nominal operating voltage specified by the Transmission Planner in the analysis of the reliability of the Interconnected Transmission Systems at the point of interconnection to the Bulk Electric System (BES).
	2. The curves depicted were derived based on three-phase transmission system zone 1 faults with Normal Clearing not exceeding 9 cycles. The curves apply to voltage excursions regardless of the type of initiating event. 
	3. The envelope within the curves represents the cumulative voltage duration at the point of interconnection with the BES. For example, if the voltage first exceeds 1.15 p.u. at 0.3 seconds after a fault, does not exceed 1.2 per unit voltage, and returns below 1.15 p.u. at 0.4 seconds, then the cumulative time the voltage is above 1.15 p.u. voltage is 0.1 seconds and is within the no-trip zone of the curve.
	4. The curves depicted assume system frequency is 60 Hertz (Hz). When evaluating Volts/Hertz protection, you may adjust the magnitude of the high-voltage curve in proportion to deviations of frequency below 60 Hz.
	5. Voltages in the curve assume minimum fundamental frequency phase-to-ground or phase to-phase voltage for the low-voltage duration curve and the greater of maximum RMS or crest phase-to-phase voltage for the high-voltage duration curve.
	Chapter 1: Evaluating Protective Relay Settings
	1. Use either the following assumptions or loading conditions that are believed to be the most probable for the unit under study to evaluate voltage protection relay setting calculations on the static case for steady-state initial conditions: 
	a. All of the units connected to the same transformer are online and operating.
	b. All of the units are at full nameplate real-power output.
	c. Power factor is 0.95 lagging (i.e. supplying reactive power to the system) as measured at the generator terminals.
	d. The automatic voltage regulator is in automatic voltage control mode.
	2. Evaluate voltage protection relay settings assuming that additional installed generating plant reactive support equipment (such as static VAr compensators, synchronous condensers, or capacitors) is available and operating normally.
	3. Evaluate voltage protection relay settings accounting for the actual tap settings of transformers between the generator terminals and the POI.
	a. The clarifications to Attachment 2 provide guidance to the generator asset owner (GO) on how to verify compliance. One question that has arisen is how to define one per unit voltage at the POI when comparing the limits to relay settings. Item 1 of the Curve Details of Attachment 2 says, "The per unit voltage base for these curves is the nominal operating voltage specified by the Transmission Planner in the analysis of the reliability of the Interconnected Transmission Systems at the point of interconnection to the Bulk Electric System (BES)." Planners must plan the system such that it operates within the equipment capabilities of BES assets. They generally limit their acceptable operating states to some range of the system nominal voltage. The voltage used in the analysis is meant to designate the nominal voltage base used in the planner's system model. The GO must confirm the system nominal voltage for the POI bus that is used in the planner's model of the bulk electric system. This will normally be the standard nominal voltage of the system and will not vary from bus to bus for a given voltage level of the BES. Because the no-trip zone limits are steady-state representations of the severity of the voltage transient versus the time to recover during a transient event, it is acceptable to use the system model nominal in defining these limits. If the planners determine that operating voltages must deviate significantly from nominal, they generally recommend changes in the recommended setting of the no-load tap changer (NLTC) on the generator step-up transformer to ensure that the generation assets can operate within their nominal operating ranges. Thus, if a NLTC is adjusted, verification of compliance of voltage sensitive relays with PRC-024 limits should be repeated.
	b. Another question that has arisen is how to define the steady-state load flow conditions when accounting for the voltage drop between the POI and the generator. Item 1 of the Evaluating Protective Relay Settings section of Attachment 2 says, "Use either the following assumptions or loading conditions that are believed to be the most probable for the unit under study . . ." The clarifications then go on to suggest assuming that generator is at full nameplate real-power output and at 0.95 lagging power factor and that the AVR is in automatic voltage control mode. In order to interpret the intent of this guidance, we have to go back to understanding that we are using a steady-state analysis to provide ride-through capability for a transient event.
	c. Let us first look at the undervoltage limits. A transient undervoltage condition is likely to occur due to a short circuit in the vicinity of a generating unit. A severe short circuit should be cleared relatively quickly and the unit should be able to recover. If the unit is initially running at leading power factor (under excited and absorbing VArs from the system), the internal voltage behind the generator impedance will be low and the generator's ability to ride-through the transient low voltage event is reduced. Thus, for evaluating undervoltage element coordination with the ride-through curve, this will likely be the worst-case scenario. Assuming that leading power factor will reduce the generator voltage in steady-state conditions and reduce coordination margins with undervoltage tripping elements relative to assuming lagging power factor in the calculations. In steady-state conditions, one would not expect the unit to be absorbing VArs during an undervoltage condition. However, the four-second time window of the ride-through curves is intended to represent a transient disturbance. The guidance allows us to assume lagging power factor for this condition so that is what is used in the examples. If the GO would like to find the worst case for coordination, they are allowed to use an assumption of leading power factor in the calculations.
	d. Examining the overvoltage limits, for a transient condition, a fast-acting exciter will likely have boosted the excitation during a slow-clearing short circuit to help the unit remain stable. Thus, once the short circuit is cleared, the generator terminal voltage will be elevated until the AVR has had time to reduce the excitation to steady-state levels. For this case, the unit during the four-second transient time window will be running at lagging power factor (over excited and supplying VArs into the system). Thus, we use the assumption recommended in the standard of lagging power factor in the example for evaluating overvoltage elements.
	Chapter 2: Compliance Implementation and Evidence
	This guidance document demonstrates multiple aspects of determining the generator terminal and GSU high-side simultaneous voltages.  Three methods are provided for voltage calculations. The first method demonstrates how to project the relay voltage characteristic to the high-side of the GSU (the typical POI) for a given generator voltage relay setting. This will allow the relay setting to be directly compared to the voltage ride-through time duration curves in Attachment 2 of PRC-024-2.
	The second and third methods demonstrate how to project the voltage ride-through time duration curve to the secondary of the instrument transformer that supply the generator voltage relay. This will allow the voltage ride-through time duration curves in Attachment 2 of PRC-024-2 to be compared to the relay setting. Method two is based on the PRC-025-1 Option 1b iterative calculation. Method three is a simplified single-iteration approach.
	Chapter 3: Load Flow Assumption for Low-Voltage Condition
	2.1 Load Flow Assumption for High-Voltage Condition

	The power factor assumption for the low-voltage condition used in these examples is 0.95 lagging (supplying VArs into the system) as suggested by the standard. This will be the most likely steady-state condition during a low-voltage event, in that the generator will be trying to support the voltage at the POI. While the calculations in this document use these assumptions, other assumptions could be used.  A more severe scenario may be a leading power factor condition (absorbing VArs from the system) as the unit would be under excited (lower voltage behind the generator impedance). This would be the more conservative assumption during a low-voltage event for verifying relay setting compliance.
	The power factor assumption for the high-voltage condition used in these examples is 0.95 lagging (supplying VArs into the system) as suggested by the standard. Using lagging power factor would be the more conservative assumption during a high-voltage event for verifying relay setting compliance.
	Chapter 4: Example Calculations
	The following are example of calculations that could be documented and used to support compliance with the standard. The one-line diagram for the example calculation is shown in Figure 1 and the system parameters are shown below in Table 1.
	Input Values
	Input Descriptions
	MVAGEN_BASE = 176 MVA
	Generator nameplate (MVA @ rated p.f.)
	p.f.GEN = 0.85
	kVGEN_BASE = 16 kV
	Generator nominal voltage (line to line)
	MVAGSU_BASE = 170 MVA
	Generator step-up (GSU) transformer rating
	ZGSU = 10.12%
	GSU transformer reactance (170 MVA base)
	kVGSU_HS = 138 kV
	GSU transformer high-side Nameplate Voltage
	kVGSU_LS = 15 kV
	GSU transformer low-side Nameplate Voltage
	kVGSU_TAP = 134.5 kV
	GSU transformer high-side no-load tap Voltage
	kVSYS_BASE  = 138 kV
	Nominal System Voltage (line to line)
	VTRGEN = 140:1
	Generator VT Ratio
	p.f.LOAD = 0.95
	Load power factor
	MVASYS_BASE = 100 MVA
	System MVA base
	Table 1
	In the sample calculations, the following relays and settings were used:
	 One level of undervoltage (27) used for tripping. Pickup set to 102.9 V with a 60 cycle (1 second) delay.
	 One level of overvoltage (59) used for tripping. Pickup set to 125.7 V with a 1800 cycles (30 second) delay.
	 One level of definite time Volts/Hertz (V/Hz) (24) used for tripping. Pickup set to 118% of generator nominal with a time delay of 120 cycles (2 seconds).
	 One level of inverse time V/Hz (24) used for tripping. Pickup set at 110% of generator nominal with a delay of 45 seconds at 118% of generator nominal.
	 The operate time of the inverse time V/Hz (24) can be determined at any multiple of pickup using the following formula: 
	/
	Figure 1
	Example Calculations: Project the Relay Characteristic to PRC-024 Graph Method
	The required voltage ride-through limits, as shown in Attachment 2 of PRC-024, are given in per unit voltage at the point of interconnection (POI) on the high-side of the GSU. The voltage transformer (VT) providing the signal to the voltage relay is located at the generator terminals. In order to validate compliance with PRC-024, the required relay element pickup voltage has to be reflected to the POI and account for the voltage drop across the GSU at the assumed loading level. The actual tapped ratio and per unit voltage base ratio must be accounted for in projecting the generator relay set points to the POI. The calculations are done in per unit on the generator base, then converted to the power system base using the ratio of the power system base to the generator base.
	Calculate the generator real power output (MWGEN):
	1. MWGEN = MVAGEN_BASE * p.f.GEN
	MWGEN = 176 MVA * 0.85
	MWGEN = 149.6 MW
	Calculate the GSU transformer impedance on the generator base (ZGSU_GBASE):
	2. ZGSU_GBASE = ZGSU * 𝐌𝐕𝐀𝐆𝐄𝐍_𝐁𝐀𝐒𝐄𝐌𝐕𝐀𝐆𝐒𝐔_𝐁𝐀𝐒𝐄 * 𝐤𝐕𝐆𝐒𝐔_𝐋𝐒𝐤𝐕𝐆𝐄𝐍_𝐁𝐀𝐒𝐄𝟐
	ZGSU_GBASE = 10.12% * 𝟏𝟕𝟔 𝐌𝐕𝐀𝟏𝟕𝟎 𝐌𝐕𝐀 * 𝟏𝟓 𝐤𝐕𝟏𝟔 𝐤𝐕𝟐
	ZGSU_GBASE = 9.21% on the generator base
	Calculate the nominal generator VT secondary voltage (VSEC):
	3. VSEC = kVGEN_BASE VTRGEN
	VSEC = 16 kV140
	VSEC = 114.29 V
	Calculate the ratio of generator base voltage to POI base voltage (RatioGEN-POI) using the actual high-side voltage tap selected on the GSU (kVGSU_TAP) to project the VGEN to the POI, neglecting the load flow voltage drop on the GSU:
	4. RatioSYS_GEN =   𝐤𝐕𝐒𝐘𝐒_𝐁𝐀𝐒𝐄 𝐤𝐕𝐆𝐄𝐍_𝐁𝐀𝐒𝐄   (5) GSURATIO =  𝐤𝐕𝐆𝐒𝐔_𝐓𝐀𝐏𝐤𝐕𝐆𝐒𝐔_𝐋𝐒       (6) RatioGEN_POI = 𝐑𝐚𝐭𝐢𝐨𝐆𝐒𝐔𝐑𝐚𝐭𝐢𝐨𝐒𝐘𝐒_𝐆𝐄𝐍
	      RatioSYS_GEN =  𝟏𝟑𝟖 𝐤𝐕  𝟏𝟔 𝐤𝐕        GSURATIO = 𝟏𝟑𝟒.𝟓 𝐤𝐕  𝟏𝟓 𝐤𝐕        RatioGEN_POI = 𝟖.𝟗𝟔𝟕 𝟖.𝟔𝟐𝟓
	      RatioSYS_GEN = 8.625        GSURATIO = 8.967        RatioGEN_POI = 1.040
	Verify the generator to power system base conversion and convert the generator base voltage at the low-side of the GSU in per unit to the voltage at the system (POI) at the actual voltage tap selected on the GSU (neglecting load flow voltage drop):  
	5. kVGEN_pu = 𝐤𝐕𝐆𝐄𝐍_𝐁𝐀𝐒𝐄∗𝐆𝐒𝐔𝐑𝐀𝐓𝐈𝐎𝐤𝐕𝐒𝐘𝐒_𝐁𝐀𝐒𝐄
	 kVGEN_pu = 𝟏𝟔 𝐤𝐕∗𝟖.𝟗𝟔𝟕𝟏𝟑𝟖 𝐤𝐕
	 kVGEN_pu = 1.040 on the generator base
	Load Flow Assumptions for Steady-state Voltage Drop Calculations
	As per the Voltage Ride-Through guidance provided in PRC-024, the voltage protective relay settings were evaluated using the following loading conditions:
	1. The generator is operating at full nameplate real-power output.
	2. The load power factor (pfLOAD) is 0.95, as measured at the generator terminals:
	 0.95 lagging (supplying VArs into the system) for evaluation of the undervoltage elements as prescribed in PRC-024 as most likely loading condition when the system voltage is low.
	 0.95 lagging (supplying VArs into the system) for evaluation of the overvoltage elements as the condition that would be the worst case for coordination between the overvoltage protective elements and the Voltage Ride-Through Time Duration Curve in Attachment 2 of PRC-024
	Calculate the generator apparent power at 0.95 load power factor (MVALOAD) using the value of MWGEN from Eq. 1:
	3. MVALOAD =  MWGENp.f.LOAD
	MVALOAD =  𝟏𝟒𝟗.𝟔 𝐌𝐖𝟎.𝟗𝟓  
	MVALOAD = 157.5 MVA
	Convert MVALOAD from Eq. 8 to per unit on the generator base (MVALOAD_pu):
	4. MVALOAD_pu =  MVALOADMVAGEN_BASE
	MVALOAD_pu =  𝟏𝟓𝟕.𝟓 𝐌𝐕𝐀𝟏𝟕𝟔 𝐌𝐕𝐀 
	MVALOAD_pu = 0.895 p.u. on the generator base
	Undervoltage Element
	One level of undervoltage is set to trip with a pickup of 102.9 V (V27) and a time delay of 1 second. 
	Calculate the undervoltage pickup (V27_pu) in per unit of secondary volts:
	5. V27_pu =   𝐕𝟐𝟕𝐕𝐬𝐞𝐜
	V27_pu =  𝟏𝟎𝟐.𝟗 𝐕𝟏𝟏𝟒.𝟐𝟗 𝐕 
	V27_pu = 0.9 p.u. on the generator V.T. voltage base
	Calculate the generator load current (ILOAD_27) at the rated generator MW output with 0.95 lagging power factor for the generator terminal voltage at the relay undervoltage set point: 
	6. ILOAD_27 =  𝐌𝐕𝐀𝐋𝐎𝐀𝐃_𝐩𝐮 𝐕𝟐𝟕_𝐩𝐮∠𝐜𝐨𝐬−𝟏𝐩𝐟𝐋𝐎𝐀𝐃
	ILOAD_27 =  𝟎.𝟖𝟗𝟓𝟎.𝟗∠𝐜𝐨𝐬−𝟏𝟎.𝟗𝟓
	ILOAD_27 = 0.994∠-18.2° p.u. on the generator base
	Calculate the per unit voltage drop across the GSU (VDROP_27) at the rated generator MW output with a 0.95 lagging power factor:
	7. VDROP_27 = ILOAD_27 *   𝐣 𝐙𝐆𝐒𝐔_𝐆𝐁𝐀𝐒𝐄
	VDROP_27 = 𝟎.𝟗𝟗𝟒∠−𝟏𝟖.𝟐° *  𝟎.𝟎𝟗𝟐𝟏∠𝟗𝟎°
	VDROP_27 = 𝟎.𝟎𝟗𝟐∠𝟕𝟏.𝟖𝟏° p.u. on the generator base
	Calculate the per unit voltage at the POI (VPOI_27) for the rated generator MW output with 0.95 lagging power factor:
	8. VPOI_27 = 𝐕𝟐𝟕_𝐩𝐮 - 𝐕𝐃𝐑𝐎𝐏_𝟐𝟕
	VPOI_27 = 𝟎.𝟗∠𝟎° - 𝟎.𝟎𝟗𝟐∠𝟕𝟏.𝟖𝟏°
	VPOI_27 = 𝟎.𝟖𝟕𝟔∠−𝟓.𝟔𝟗° p.u. on the generator base
	Figure 2
	Project the voltage element setting (VPOI_27_SET) from the generator terminals to the POI, accounting for the voltage drop across the GSU:
	9. VPOI_27_SET = |VPOI_27 | * RatioGEN_POI 
	 VPOI_27_SET = 0.876 * 1.040 
	 VPOI_27_SET = 0.911 p.u. on the system base
	Plotting these results on the chart from Attachment 2 in Figure 3, it can be seen that this setting lies within the ‘No Trip’ zone and would not be compliant with PRC-024-2.
	/
	Figure 3
	Overvoltage Settings 
	One level of overvoltage is set to trip with a pickup of 125.7 V (V59) and a time delay of 30 seconds.
	Calculate the overvoltage pickup in per unit (V59_pu):
	1. V59_pu =   𝐕𝟓𝟗𝐕𝐬𝐞𝐜
	V59_pu =  𝟏𝟐𝟓.𝟕 𝐕𝟏𝟏𝟒.𝟐𝟗 𝐕 
	V59_pu = 1.1 p.u. on the generator V.T. base
	Calculate the load current at rated MW output with 0.95 lagging power factor (ILOAD_59) for generator terminal voltage at the relay overvoltage set point:
	2. ILOAD_59 =  𝐌𝐕𝐀𝐋𝐎𝐀𝐃_𝐩𝐮 𝐕𝟓𝟗_𝐩𝐮∠𝐜𝐨𝐬−𝟏𝐩𝐟𝐋𝐎𝐀𝐃 
	ILOAD_59 =  𝟎.𝟖𝟗𝟓𝟏.𝟏∠𝐜𝐨𝐬−𝟏𝟎.𝟗𝟓
	ILOAD_59 = 0.813∠−18.2° p.u. on the generator base
	Calculate the per unit voltage drop across the GSU at the rated generator MW output at a 0.95 lagging power factor (VDROP_59):
	3. VDROP_59 =  𝐈𝐋𝐎𝐀𝐃_𝟓𝟗 *   𝐣 𝐙𝐆𝐒𝐔_𝐆𝐁𝐀𝐒𝐄
	VDROP_59 = 𝟎.𝟖𝟏𝟑∠−𝟏𝟖.𝟐° *  𝟎.𝟎𝟗𝟐𝟏∠𝟗𝟎°
	VDROP_59 = 𝟎.𝟎𝟕𝟓∠𝟕𝟏.𝟖𝟏° p.u. on the generator base
	Calculate the per unit voltage at the POI at rated MW output with 0.95 lagging power factor (VPOI_59):
	4. VPOI_59 = 𝐕𝟓𝟗_𝐩𝐮 - 𝐕𝐃𝐑𝐎𝐏_𝟓𝟗
	VPOI_59 = 𝟏.𝟏∠𝟎°− 𝟎.𝟎𝟕𝟓∠𝟕𝟏.𝟖𝟏° 
	VPOI_59 = 𝟏.𝟎𝟕𝟗∠−𝟑.𝟕𝟖° p.u. on the generator base
	Figure 4
	Project the voltage element setting (VPOI_59_SET) from the generator terminals to the POI, accounting for the voltage drop across the GSU:
	5. VPOI_59_SET = |VPOI_59 | * RatioPOI_GEN 
	 VPOI_59_SET = 1.079 * 1.040 
	 VPOI_59_SET = 1.122 p.u. on the system base
	Plotting these results on the chart from Attachment 2 in Figure 5, it can be seen that this setting lies outside the ‘No Trip’ zone and would be compliant with PRC-024-2.
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	Figure 5
	Volts/Hertz Setting
	Assuming one level of definite-time volts per hertz (V/Hz) element set to trip the generator if the V/Hz ratio exceeds 118% for 2 seconds. Using Eq. 11:
	1. ILOAD_24D =   MVALOAD_pu V24_pu∠cos−1pfLOAD
	ILOAD_24D =   0.895 1.18∠cos−10.95 
	ILOAD_24D =   0.758∠−18.2° p.u on the generator base
	Calculate the voltage drop across the GSU:
	2. VDROP_24D =  𝐈𝐋𝐎𝐀𝐃_𝟐𝟒𝐃 *   𝐣 𝐙𝐆𝐒𝐔_𝐆𝐁𝐀𝐒𝐄
	VDROP_24D = 𝟎.𝟕𝟓𝟖∠−𝟏𝟖.𝟐° *  𝟎.𝟎𝟗𝟐𝟏∠𝟗𝟎°
	VDROP_24D = 𝟎.𝟎𝟔𝟗𝟖∠𝟕𝟏.𝟖𝟏° p.u. on the generator base
	Calculate the generator voltage at the POI for the assumed load flow:
	3. VPOI_24D = 𝐕𝟐𝟒_𝐩𝐮 - 𝐕𝐃𝐑𝐎𝐏_𝟐𝟒𝐃
	VPOI_24D = 𝟏.𝟏𝟖∠𝟎°− 𝟎.𝟎𝟔𝟗𝟖∠𝟕𝟏.𝟖𝟏° 
	VPOI_24D = 𝟏.𝟏𝟔∠−𝟑.𝟐𝟖° p.u. on the generator base
	Project the voltage element from the generator terminals to the POI, including the voltage drop on the GSU:
	4. VPOI_24D_SET = |VPOI_24D | * RatioGEN_POI 
	 VPOI_24D_SET = 1.16 * 1.040 
	 VPOI_24D_SET = 1.206 p.u. on the system base
	One level of inverse-time V/Hz element is set to trip for V/Hz ratio greater than 110% with a time-dial setting for 45 seconds at 118% (TD = 3.27). Since the inverse-time curve requires multiple calculations, depending on the desired resolution of the curve to be produced, the calculations for the point on the curve that intersects with the definite time element (118%) will be shown and a table of results used to develop the rest of the curve in this example will be given.
	Calculate the load current at the rated MW output at 0.95 lagging power factor for the example point on the curve:
	5. ILOAD_24IT =   MVALOAD_pu V24IT∠cos−1pfLOAD 
	ILOAD_24IT =   0.895 1.18∠cos−10.95 
	ILOAD_24IT =   0.758∠−18.2° p.u. on the generator base 
	Calculate the per unit voltage drop from the generator terminals to the POI at assumed load flow:
	6. VDROP_24IT =  𝐈𝐋𝐎𝐀𝐃_𝟐𝟒𝐈𝐓 *   𝐣 𝐙𝐆𝐒𝐔_𝐆𝐁𝐀𝐒𝐄
	VDROP_24IT = 𝟎.𝟕𝟓𝟖∠−𝟏𝟖.𝟐° *  𝟎.𝟎𝟗𝟐𝟏∠𝟗𝟎°
	VDROP_24IT = 𝟎.𝟎𝟔𝟗𝟖∠𝟕𝟏.𝟖𝟏° p.u. on the generator base
	Calculate the per unit voltage at the POI at assumed load flow:
	7. VPOI_24IT = 𝐕𝟐𝟒𝐈𝐓 - 𝐕𝐃𝐑𝐎𝐏_𝟐𝟒𝐈𝐓
	VPOI_24IT = 𝟏.𝟏𝟖∠𝟎°− 𝟎.𝟎𝟔𝟗𝟖∠𝟕𝟏.𝟖𝟏° 
	VPOI_24IT = 𝟏.𝟏𝟔∠−𝟑.𝟐𝟖° p.u. on the generator base
	Project the inverse-time V/Hz element from the generator terminals to the POI accounting for the voltage drop across the GSU:
	8. VPOI_24IT_SET = |VPOI_24IT | * RatioGEN_POI 
	 VPOI_24IT_SET = 1.16 * 1.040 
	 VPOI_24IT_SET = 1.206 p.u. on the system base
	Table 2 contains the results of Eq. 24-27 for the range of values for V24IT from 110% to 118% V/Hz ratios. Figure 6 shows the results of the calculated voltage plot of the definite and inverse-time curves for the V/Hz settings on the graph from Attachment 2.
	Table 2
	/
	Figure 6
	As an alternative to graphing the results to verify compliance, the results can be presented in a tabular form as shown below in Table 3:
	Undervoltage (27) Settings to be evaluated:
	27 Setting Pickup:
	Vsec
	102.90
	27 Time Delay:
	sec
	1
	Op Time (sec)
	PT ratio / 1
	Delay required (sec)
	27 Pick Up
	Notes
	Result
	PUPOI
	Vgen (kV)
	VPOI
	DOES NOT COMPLY
	Relay operate time is LESS than the required delay
	1.00
	0.911
	140
	14.25
	3.00
	0.900
	DOES NOT COMPLY
	Relay operate time is LESS than the required delay
	1.00
	0.911
	140
	11.99
	2.00
	0.750
	Relay operate time is greater than the required delay
	COMPLY
	1.00
	0.911
	140
	10.47
	0.30
	0.650
	Relay operate time is greater than the required delay
	COMPLY
	1.00
	0.911
	140
	7.23
	0.15
	0.450
	Overvoltage (59) Settings to be evaluated:
	59 Setting Pickup:
	Vsec
	125.70
	59 Setting Time Delay:
	sec
	30
	Op Time (sec)
	PT ratio / 1
	Delay required (sec)
	59 Pick Up
	Notes
	Result
	PUPOI
	Vgen (kV)
	VPOI
	Applied voltage is below pickup of 59 element - No Operation
	COMPLY
	NoOp
	1.122
	140
	17.28
	1.00
	1.100
	Relay operate time is greater than the required delay
	COMPLY
	30.00
	1.122
	140
	18.04
	0.50
	1.150
	Relay operate time is greater than the required delay
	COMPLY
	30.00
	1.122
	140
	18.42
	0.20
	1.175
	Relay operate time is greater than the required delay
	COMPLY
	30.00
	1.122
	140
	18.81
	0.00
	1.200
	Overvoltage (24DT) Settings to be evaluated:
	24DT Setting Pickup:
	118% of generator nominal = 1.18 * 16000V / 140 = 134.86Vsec
	Vsec
	134.86
	24DT Setting Time Delay:
	sec
	2
	Op Time (sec)
	PT ratio / 1
	Delay required (sec)
	24D Pick Up
	Notes
	Result
	PUPOI
	Vgen (kV)
	VPOI
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	1.206
	140
	17.28
	1.00
	1.100
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	1.206
	140
	18.04
	0.50
	1.150
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	1.206
	140
	18.42
	0.20
	1.175
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	1.206
	140
	18.81
	0.00
	1.200
	Overvoltage (24IT) Settings to be evaluated:
	24IT Setting Pickup:
	110% of generator nominal = 1.10 * 16000V / 140 = 125.71Vsec
	Vsec
	125.71
	24IT Setting Time Delay:
	sec
	2
	Op Time (sec)
	PT ratio / 1
	Delay required (sec)
	24I Pick Up
	Notes
	Result
	PUPOI
	Vgen (kV)
	VPOI
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	1.100
	140
	17.28
	1.00
	1.100
	Relay operate time is greater than the required delay
	COMPLY
	133.3
	1.150
	140
	18.04
	0.50
	1.150
	Relay operate time is greater than the required delay
	COMPLY
	70.6
	1.175
	140
	18.42
	0.20
	1.175
	Relay operate time is greater than the required delay
	COMPLY
	48.6
	1.200
	140
	18.81
	0.00
	1.200
	Table 3
	Example Calculations: PRC-025 Iterative Method
	This is an iterative method that has its basis in PRC-025-1, Option 1b. It begins with the per unit voltage at the POI and reflects it to the generator terminals. The voltage calculated at the generator terminals is used to evaluate operation of the generator protective voltage relays.
	Calculate Real Power output (MWGEN):
	9. MWGEN = MVAGEN_BASE * p.f.GEN
	MWGEN = 176 MVA * 0.85
	MWGEN = 149.6 MVA
	Calculate Reactive Power Output (MVArGEN):
	10. MVArGEN = MWGEN * tan (cos-1(p.f.LOAD))
	MVArGEN = 149.6 MW * tan (18.2°)
	MVArGEN = 49.17 MVAr
	Convert the generator power output during system disturbance into per unit on the system base (MVAGEN_pu): 
	11. MVAGEN_pu = 𝐌𝐖𝐆𝐄𝐍𝐌𝐕𝐀𝐒𝐘𝐒_𝐁𝐀𝐒𝐄 + j 𝐌𝐕𝐀𝐫𝐆𝐄𝐍𝐌𝐕𝐀𝐒𝐘𝐒_𝐁𝐀𝐒𝐄
	MVAGEN_pu = 𝟏𝟒𝟗.𝟔 𝐌𝐖𝟏𝟎𝟎 𝐌𝐕𝐀 + j 𝟒𝟗.𝟏𝟕 𝐌𝐕𝐀𝐫𝟏𝟎𝟎 𝐌𝐕𝐀
	MVAGEN_pu = 1.496 p.u. + j 0.4917 p.u. on the system base
	Convert the GSU reactance into per unit on the system base (ZGSU_pu):  
	12. ZGSU_pu = ZGSU * 𝐌𝐕𝐀𝐒𝐘𝐒_𝐁𝐀𝐒𝐄𝐌𝐕𝐀𝐆𝐒𝐔_𝐁𝐀𝐒𝐄 * 𝐤𝐕𝐆𝐒𝐔_𝐇𝐒𝐤𝐕𝐆𝐄𝐍_𝐁𝐀𝐒𝐄𝟐
	ZGSU_pu = 10.12% * 𝟏𝟎𝟎 𝐌𝐕𝐀𝟏𝟕𝟎 𝐌𝐕𝐀 * 𝟏𝟑𝟖 𝐤𝐕𝟏𝟑𝟖 𝐤𝐕𝟐
	ZGSU_pu = 0.0595 𝛀𝐩𝐮 on the system base
	Calculate kVLOW_BASE to account for the difference between kVSYS_BASE and kVGSU_TAP:
	13. (32) kVLOW_BASE = kVSYS_BASE * 𝐤𝐕𝐆𝐄𝐍_𝐁𝐀𝐒𝐄𝐤𝐕𝐆𝐒𝐔_𝐓𝐀𝐏
	kVLOW_BASE = 138 kV * 𝟏𝟓 𝐤𝐕𝟏𝟑𝟒.𝟓 𝐤𝐕
	kVLOW_BASE = 15.39 kV
	Calculations for Undervoltage Values 
	Using the formulas below, calculate the generator voltage (kVLOW_pu) for each high-side voltage (kVPOI pu) from the Voltage Ride-through Time Duration Curve in Attachment 2.
	Set the initial value of kVLOW_pu to 0.9 p.u. and repeat calculations until kVLOW_pu converges with a difference of less than 1% between iterations:
	2. |kVLOW pu| = |𝐤𝐕𝐏𝐎𝐈 𝐩𝐮|∗𝐜𝐨𝐬(𝛉𝐋𝐕𝐱)± |𝐤𝐕𝐏𝐎𝐈 𝐩𝐮|𝟐∗ 𝐜𝐨𝐬𝟐𝚯𝐋𝐕_𝐱+𝟒∗ 𝐌𝐕𝐀𝐫𝐆𝐄𝐍 𝐩𝐮∗𝐙𝐆𝐒𝐔_𝐩𝐮 𝟐
	3. %Δx-y =  kVLOW_pu_x− kVLOW_pu_yVLOW_pu_y 
	Using Eq. 33-35 with kVLOW pu_1 = 0.9, calculate iteratively until %Δ < 1.0%:
	7. |kVLOW pu_2| = |𝐤𝐕𝐏𝐎𝐈 𝐩𝐮|∗𝐜𝐨𝐬(𝛉𝐋𝐕𝟏)± |𝐤𝐕𝐏𝐎𝐈 𝐩𝐮|𝟐∗ 𝐜𝐨𝐬𝟐𝚯𝐋𝐕_𝟏+𝟒∗ 𝐌𝐕𝐀𝐫𝐆𝐄𝐍 𝐩𝐮∗𝐙𝐆𝐒𝐔_𝐩𝐮 𝟐
	8. |kVLOW pu_2| = 𝟎.𝟗 ∗𝐜𝐨𝐬(𝟔.𝟑𝟏𝟐)± (𝟎.𝟗)𝟐∗ 𝐜𝐨𝐬𝟐𝟔.𝟑𝟏𝟐+𝟒∗ 𝟎.𝟒𝟗𝟏𝟕∗𝟎.𝟎𝟓𝟗𝟓 𝟐
	9. |kVLOW pu_2| = 0.926 Vpu  
	The result of the quadratic equation yields a positive and negative result with the negative value being ignored.
	Check value of kVLOW_pu for convergence:  
	10. %Δ1-2 =  kVLOW pu 1− kVLOW pu 2VLow pu 2
	11. %Δ1-2 =  0.926 −0.90..9  
	12. %Δ1-2 = 2.9%
	Since %Δ is greater than 1%, substitute 0.926 kVpu for kVLOW pu_3 in the next iteration:
	16. |kVLOW pu_3| = |𝐤𝐕𝐏𝐎𝐈 𝐩𝐮|∗𝐜𝐨𝐬(𝛉𝑳𝑽_𝟐)± |𝐤𝐕𝐏𝐎𝐈 𝐩𝐮|𝟐∗ 𝐜𝐨𝐬𝟐𝚯𝐋𝐕_𝟐+𝟒∗ 𝐌𝐕𝐀𝐫𝐆𝐄𝐍 𝐩𝐮∗𝐙𝐆𝐒𝐔_𝐩𝐮 𝟐
	17. |kVLOW pu_3| = 𝟎.𝟗 ∗𝐜𝐨𝐬(𝟔.𝟏𝟑𝟑)± (𝟎.𝟗)𝟐∗ 𝐜𝐨𝐬𝟐𝟔.𝟏𝟑𝟑+𝟒∗ 𝟎.𝟒𝟗𝟏𝟕∗𝟎.𝟎𝟓𝟗𝟓 𝟐
	18. |kVLOW pu_3| = 0.926 Vpu
	Check value of kVLOW_pu for convergence:
	22. %Δ2-3 =  Vlow pu 2− Vlow pu 3Vlow pu 3
	23. %Δ2-3 =  0.926 −0.9260.926
	24. %Δ2-3 = 0%
	25.  %Δ is less than 1% so iteration is complete. Convert kVLOW pu to generator voltage base:
	26. kVGEN_0.9pu = kVLOW pu_3 * kVLOW_BASE
	27. kVGEN_0.9pu = 0.926 p.u. * 15.39 kV
	28. kVGEN_0.9pu = 14.25 kV
	Table 4 contains the results for the calculations for each undervoltage step in Attachment 2:
	Table 4
	Calculations for Overvoltage Values
	Repeat the calculations for each step of the overvoltage curve using Eq 33-35. Table 5 contains the results for the calculations for each overvoltage step in Attachment 2:
	Table 5
	Evaluate relay operations based on applied voltage from the generator VTs. The results of the evaluation are shown in Table 6 below:
	Undervoltage (27) Settings to be evaluated:
	27 Setting Pickup:
	Vsec
	102.90
	27 Time Delay:
	sec
	1
	Op Time (sec)
	Vsec applied to relay
	PT ratio / 1
	Delay required (sec)
	Vgen (kV)
	Notes
	Result
	VPOI
	Relay operate time is LESS than the required delay
	DOES NOT COMPLY
	1.00
	101.79
	140
	14.25
	3.00
	0.900
	Relay operate time is LESS than the required delay
	DOES NOT COMPLY
	1.00
	85.64
	140
	11.99
	2.00
	0.750
	Relay operate time is greater than the required delay
	COMPLY
	1.00
	74.79
	140
	10.47
	0.30
	0.650
	Relay operate time is greater than the required delay
	COMPLY
	1.00
	51.64
	140
	7.23
	0.15
	0.450
	Overvoltage (59) Settings to be evaluated:
	59 Setting Pickup:
	Vsec
	125.70
	59 Setting Time Delay:
	sec
	30
	Op Time (sec)
	Vsec applied to relay
	PT ratio / 1
	Delay required (sec)
	Vgen (kV)
	Notes
	Result
	VPOI
	Applied voltage is below pickup of 59 element - No Operation
	COMPLY
	NoOp
	123.43
	140
	17.28
	1.00
	1.100
	Relay operate time is greater than the required delay
	COMPLY
	30.00
	128.86
	140
	18.04
	0.50
	1.150
	Relay operate time is greater than the required delay
	COMPLY
	30.00
	131.57
	140
	18.42
	0.20
	1.175
	Relay operate time is greater than the required delay
	COMPLY
	30.00
	134.36
	140
	18.81
	0.00
	1.200
	Overvoltage (24DT) Settings to be evaluated:
	24DT Setting Pickup:
	118% of generator nominal = 1.18 * 16000V / 140 = 134.86Vsec
	Vsec
	134.86
	24DT Setting Time Delay:
	sec
	2
	Op Time (sec)
	Vsec applied to relay
	PT ratio / 1
	Delay required (sec)
	Vgen (kV)
	Notes
	Result
	VPOI
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	123.43
	140
	17.28
	1.00
	1.100
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	128.86
	140
	18.04
	0.50
	1.150
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	131.57
	140
	18.42
	0.20
	1.175
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	134.36
	140
	18.81
	0.00
	1.200
	Overvoltage (24IT) Settings to be evaluated:
	24IT Setting Pickup:
	110% of generator nominal = 1.10 * 16000V / 140 = 125.71Vsec
	Vsec
	125.71
	24IT Setting Time Delay:
	sec
	2
	Vsec applied to relay
	PT ratio / 1
	Delay required (sec)
	Op Time (sec)
	Vgen (kV)
	Notes
	Result
	VPOI
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	123.43
	140
	17.28
	1.00
	1.100
	Relay operate time is greater than the required delay
	COMPLY
	130.8
	128.86
	140
	18.04
	0.50
	1.150
	Relay operate time is greater than the required delay
	COMPLY
	70.19
	131.57
	140
	18.42
	0.20
	1.175
	Relay operate time is greater than the required delay
	COMPLY
	47.56
	134.36
	140
	18.81
	0.00
	1.200
	Table 6
	Example Calculations: Simple Iteration Method
	This method starts by assuming a 0.95 lagging power factor at the POI. It then calculates the angular difference between the generator voltage and the POI voltage to account for the I2X losses of the GSU. The load-flow current angle at the POI is then adjusted by this voltage-drop angle to give the 0.95 power factor load flow out of the generator recommended in the standard. This simple iteration provides results with adequate accuracy. The calculations are done in per-unit on the power system base, then converted to the generator base using the ratio of the generator base to the power system base. The ratio of the GSU is considered using its actual no-load tap setting. One set of calculations is required for each of the eight voltage levels that define the voltage curve in Attachment 2 of PRC-024. The generator relay set-point values are compared to the newly-constructed graph in relay secondary volts of Attachment 2 of PRC-024 to determine if the generator voltage relay settings are compliant.
	Calculate the generator real power output at rated MVA (MWGEN):
	1. MWGEN = MVAGEN_BASE * p.f.GEN
	MWGEN = 176 MVA * 0.85
	MWGEN = 149.6 MW
	Convert the GSU transformer impedance from the GSU base to the power system base (ZGSU_SYS_BASE):
	2. ZGSU_SYS_BASE = ZGSU * 𝐌𝐕𝐀𝐒𝐘𝐒_𝐁𝐀𝐒𝐄𝐌𝐕𝐀𝐆𝐒𝐔_𝐁𝐀𝐒𝐄 * 𝐤𝐕𝐆𝐒𝐔_𝐇𝐒𝐤𝐕𝐒𝐘𝐒_𝐁𝐀𝐒𝐄𝟐
	 ZGSU_SYS_BASE = 10.12% * 𝟏𝟎𝟎 𝐌𝐕𝐀𝟏𝟕𝟎 𝐌𝐕𝐀 * 𝟏𝟑𝟖 𝐤𝐕𝟏𝟑𝟖 𝐤𝐕𝟐
	 ZGSU_SYS_BASE = 5.95% on the system base
	Calculate the ratio of POI base voltage to generator base voltage (RatioPOI-GEN) using the actual high-side voltage tap selected on the GSU (kVGSU_TAP) to project the VPOI to the generator terminals, neglecting the load flow voltage drop on the GSU:
	3. RatioSYS_GEN = 𝐤𝐕𝐒𝐘𝐒_𝐁𝐀𝐒𝐄𝐤𝐕𝐆𝐄𝐍_𝐁𝐀𝐒𝐄 (39) GSURATIO = 𝐤𝐕𝐆𝐒𝐔_𝐓𝐀𝐏𝐤𝐕𝐆𝐒𝐔_𝐋𝐒    (40)  Ratio POI-GEN = 𝐑𝐚𝐭𝐢𝐨𝐒𝐘𝐒_𝐆𝐄𝐍𝐆𝐒𝐔𝐑𝐀𝐓𝐈𝐎
	 RatioSYS_GEN = 𝟏𝟑𝟖 𝐤𝐕𝟏𝟔 𝐤𝐕   GSURATIO = 𝟏𝟑𝟒.𝟓 𝐤𝐕𝟏𝟓 𝐤𝐕     RatioPOI-GEN = 𝟖.𝟔𝟐𝟓𝟖.𝟗𝟔𝟕
	 RatioSYS_GEN = 8.625   GSURATIO = 8.967     RatioPOI-GEN = 0.962
	Verify the power system to generator base conversion and convert the system base voltage (POI) at the low-side of the GSU in per unit to the voltage at the generator at the actual voltage tap selected on the GSU (neglecting load flow voltage drop):  
	1. kVGEN_PU = 𝐤𝐕𝐒𝐘𝐒_𝐁𝐀𝐒𝐄𝐆𝐒𝐔𝐑𝐀𝐓𝐈𝐎𝐤𝐕𝐆𝐄𝐍_𝐁𝐀𝐒𝐄
	 kVGEN_PU = 𝟏𝟑𝟖 𝐤𝐕𝟖.𝟗𝟔𝟕𝟏𝟔 𝐤𝐕
	 kVGEN_PU = 0.962 p.u.  1 p.u. at the POI equals 0.962 p.u. at the generator terminals
	Load Flow Assumptions for Steady-state Voltage Drop Calculations
	As per the Voltage Ride-Through guidance provided in PRC-024, the voltage protective relay settings are evaluated using the following load conditions:
	1. The generator is operating at full nameplate real-power output.
	2. The load power factor (p.f.LOAD) is 0.95, as measured at the generator terminals:
	 0.95 lagging (supplying VArs into the system) for evaluation of the undervoltage elements, as prescribed in PRC-024, as most likely loading condition when the system voltage is low.
	 0.95 lagging (supplying VArs into the system) for evaluation of the overvoltage elements as the condition that would be the worst case for coordination between the overvoltage protective elements and the Voltage Ride-Through Time Duration Curve in Attachment 2 of PRC-024
	Calculate the generator apparent power at 0.95 load power factor (MVALOAD) using the value of MWGEN from Eq. 36:
	3. MVAPOI_1 = 𝐌𝐖𝐆𝐄𝐍𝐩.𝐟.𝐋𝐎𝐀𝐃
	 MVAPOI_1 = 𝟏𝟒𝟗.𝟔 𝐌𝐖𝟎.𝟗𝟓
	 MVAPOI_1 = 157.5 MVA
	Convert to a per unit value on the system base:
	4. MVAPOI_1_pu = 𝐌𝐕𝐀𝐏𝐎𝐈_𝟏.𝟎𝐌𝐕𝐀.𝐒𝐘𝐒_𝐁𝐀𝐒𝐄
	 MVAPOI_1_pu = 𝟏𝟓𝟕.𝟓 𝐌𝐕𝐀𝟏𝟎𝟎 𝐌𝐕𝐀
	 MVAPOI_1_pu = 1.575 p.u. on the system base
	1.2 p.u. voltage
	VPOI_1.2_pu = 𝟏.𝟐∠𝟎° p.u.
	Iteration 1:
	Calculate the load flow current in per unit assuming rated MW output at 0.95 lagging power factor: 
	5. ILOAD_1.2-1 =  𝐌𝐕𝐀𝐏𝐎𝐈_𝟏_𝐩𝐮 𝐕𝐏𝐎𝐈_𝟏.𝟐_𝐩𝐮∠𝐜𝐨𝐬−𝟏𝐩𝐟𝐋𝐎𝐀𝐃 
	ILOAD_1.2-1 =  𝟏.𝟓𝟕𝟓 𝟏.𝟐∠𝐜𝐨𝐬−𝟏𝟎.𝟗𝟓 
	ILOAD_1.2-1 =  𝟏.𝟑𝟏𝟐∠−𝟏𝟖.𝟐° p.u. on the generator base
	Calculate the per unit voltage drop from the POI to the generator terminals at the assumed load flow:
	6. VDROP_1.2-1 = ILOAD_1.2-1 *   𝐣 𝐙𝐆𝐒𝐔_𝐒𝐘𝐒_𝐁𝐀𝐒𝐄
	VDROP_1.2-1 = 𝟏.𝟑𝟏𝟐∠−𝟏𝟖.𝟐° *  𝟎.𝟎𝟓𝟗𝟓∠𝟗𝟎°
	VDROP_1.2-1 =  𝟎.𝟎𝟕𝟖∠𝟕𝟏.𝟖° p.u. on the generator base
	Calculate the per unit voltage drop at the generator terminals at the assumed load flow:
	7. VGEN_1.2-1 = VPOI_1.2_pu + VDROP_1.2-1
	 VGEN_1.2-1 = 𝟏.𝟐∠𝟎° +  𝟎.𝟎𝟕𝟖∠𝟕𝟏.𝟖°
	 VGEN_1.2-1 = 𝟏.𝟐𝟐𝟕∠𝟑.𝟒𝟕° p.u. on the generator base
	Calculate the power factor at the generator for 0.95 at the POI:
	8. p.f.1.2-1 = cos (∠VGEN_1.2-1 - ∠ILOAD_1.2-1)
	 p.f.1.2-1 = cos𝟑.𝟒𝟕°+𝟏𝟖.𝟐°
	 p.f.1.2-1 = 0.929
	The calculated values and their vector relationships are shown in Figure 7 below.
	/
	Figure 7
	Rotate the load-flow current by the difference of power factor angle between the POI and the generator calculated in the first iteration to obtain the desired generator power factor angle for the next iteration.
	Iteration 2:
	9. MVA1.2-2 = 𝐌𝐖𝐆𝐄𝐍𝐩.𝐟.𝟏.𝟐−𝟏
	 MVA1.2-2 = 𝟏𝟒𝟗.𝟔 𝐌𝐖𝟎.𝟗𝟐𝟗
	 MVA1.2-2 = 161.0 MVA
	10. MVA1.2-2_pu = 𝐌𝐕𝐀𝟏.𝟐−𝟐𝐌𝐕𝐀.𝐒𝐘𝐒_𝐁𝐀𝐒𝐄
	 MVA1.2-2_pu = 𝟏𝟔𝟏.𝟎 𝐌𝐕𝐀𝟏𝟎𝟎 𝐌𝐕𝐀
	 MVA1.2-2_pu = 1.61 p.u. on the system base
	Calculate the load flow current in per unit assuming rated MW output at the power factor calculated in the first iteration:  
	11. ILOAD_1.2-2 =  𝐌𝐕𝐀𝟏.𝟐−𝟐_𝐩𝐮 𝐕𝐏𝐎𝐈_𝟏.𝟐_𝐩𝐮∠𝐜𝐨𝐬−𝟏𝐩𝐟𝐋𝐎𝐀𝐃+ ∠𝐕𝐆𝐄𝐍𝟏.𝟐−𝟏 
	ILOAD_1.2-2 =  𝟏.𝟔𝟏 𝟏.𝟐∠𝐜𝐨𝐬−𝟏𝟎.𝟗𝟓+ 𝟑.𝟒𝟕° 
	ILOAD_1.2-2 =  𝟏.𝟑𝟒𝟏∠−𝟏𝟒.𝟕𝟑° p.u. on the generator base
	Calculate the per unit voltage drop from the POI to the generator terminals at the assumed load flow:
	12. VDROP_1.2-2 = ILOAD_1.2-2 *   𝐣 𝐙𝐆𝐒𝐔_𝐒𝐘𝐒_𝐁𝐀𝐒𝐄
	VDROP_1.2-2 = 𝟏.𝟑𝟒𝟐∠−𝟏𝟒.𝟕𝟑° *  𝟎.𝟎𝟓𝟗𝟓∠𝟗𝟎°
	VDROP_1.2-2 =  𝟎.𝟎𝟖∠𝟕𝟓.𝟐𝟕° p.u. on the generator base
	Calculate the per unit voltage drop at the generator terminals at the assumed load flow:
	13. VGEN_1.2-2 = VPOI_1.2_pu + VDROP_1.2-2
	 VGEN_1.2-2 = 𝟏.𝟐∠𝟎° +  𝟎.𝟎𝟖∠𝟕𝟓.𝟐𝟕°
	 VGEN_1.2-2 = 𝟏.𝟐𝟐𝟑∠𝟑.𝟔𝟐° p.u. on the generator base
	Calculate the power factor at the generator to confirm the simple iteration gives 0.95 at the generator:
	14. p.f.1.2-2 = cos (∠VGEN_1.2-2 - ∠ILOAD_1.2-2)
	 p.f.1.2-2 = cos𝟑.𝟔𝟐°+𝟏𝟒.𝟕𝟑°
	 p.f.1.2-2 = 0.949
	The calculated values and their vector relationships for the second iteration are shown in Figure 8 below.
	/
	Figure 8
	Convert the voltage ride-through value to the generator VT secondary voltage seen by the relay:
	15. VGEN_1.2_SEC = 𝐕𝐆𝐄𝐍_𝟏.𝟐.𝟐∗𝐑𝐀𝐓𝐈𝐎𝐏𝐎𝐈_𝐆𝐄𝐍∗𝐤𝐕𝐆𝐄𝐍_𝐁𝐀𝐒𝐄𝐕𝐓𝐑𝐆𝐄𝐍
	VGEN_1.2_SEC = 𝟏.𝟐𝟐𝟑∗𝟎.𝟗𝟔𝟐∗𝟏𝟔 𝐤𝐕𝟏𝟒𝟎
	VGEN_1.2_SEC = 134.42 V
	Repeat Equations 44-54 for each voltage level from the graph in Attachment 2. The results for each equation at each voltage are in Table 7:
	VGEN_SEC
	p.f.2
	VGEN
	VDROP
	ILOAD
	MVAPOI_pu
	Iteration
	VPOI
	(V)
	(p.u.)
	(p.u.)
	(p.u.)
	(p.u.)
	(p.u.)
	0.929
	𝟏.𝟐𝟐𝟕∠3.47°
	0.078∠71.8°
	𝟏.𝟑𝟏𝟐∠-18.2°
	1.575
	1
	1.2
	134.42
	0.949
	1.223∠𝟑.𝟔2°
	0.08∠𝟕𝟓.2𝟕°
	1.341∠-14.73°
	1.610
	2
	1.2
	0.928
	𝟏.𝟐𝟎𝟐∠3.61°
	0.08∠71.8°
	𝟏.𝟑𝟒𝟎∠-18.2°
	1.575
	1
	1.175
	131.71
	0.949
	1.198∠𝟑.𝟕𝟖°
	0.082∠𝟕𝟓.𝟒𝟐°
	1.371∠-14.58°
	1.611
	2
	1.175
	0.927
	𝟏.𝟏𝟕𝟖∠3.77°
	0.082∠71.8°
	𝟏.𝟑𝟔𝟗∠-18.2°
	1.575
	1
	1.15
	129.01
	0.949
	1.174∠𝟑.𝟗𝟓°
	0.084∠𝟕𝟓.5𝟕°
	1.403∠-14.43°
	1.613
	2
	1.15
	0.925
	𝟏.𝟏𝟑𝟎∠4.11°
	0.085∠71.8°
	𝟏.𝟒𝟑𝟐∠-18.2°
	1.575
	1
	1.1
	123.62
	0.949
	1.125∠𝟒.𝟑𝟑°
	0.088∠𝟕𝟓.92°
	1.470∠-14.08°
	1.617
	2
	1.1
	0.912
	𝟎.𝟗𝟑𝟖∠6.06°
	0.104∠71.8°
	𝟏.𝟕𝟓𝟎∠-18.2°
	1.575
	1
	0.9
	102.11
	0.947
	0.929∠𝟔.𝟓𝟔°
	0.109∠𝟕𝟕.𝟖𝟔°
	1.823∠-12.14°
	1.641
	2
	0.9
	0.893
	𝟎.𝟕𝟗𝟖∠𝟖.𝟓𝟔°
	0.125∠71.8°
	𝟐.𝟏𝟎𝟎∠-18.2°
	1.575
	1
	0.75
	86.11
	0.944
	0.783∠𝟗.𝟔𝟑°
	0.133∠𝟖𝟎.𝟑𝟔°
	2.234∠-9.64°
	1.675
	2
	0.75
	0.872
	𝟎.𝟕𝟎𝟖∠𝟏𝟏.15°
	0.144∠71.8°
	𝟐.𝟒𝟐𝟑∠-18.2°
	1.575
	1
	0.65
	75.55
	0.939
	0.687∠𝟏𝟑.𝟏2°
	0.157∠𝟖𝟐.𝟗𝟔°
	2.640∠-7.04°
	1.716
	2
	0.65
	0.775
	𝟎.𝟓𝟓𝟐∠21.02°
	0.208∠71.8°
	𝟑.𝟒𝟗𝟗∠-18.2°
	1.575
	1
	0.45
	55.67
	0.888
	0.506∠𝟑𝟎.25°
	0.255∠𝟗𝟐.𝟖𝟐°
	4.291∠2.82°
	1.931
	2
	0.45
	Table 7
	Evaluate relay operations based on applied voltage from the generator VTs (VGEN_SEC) from Table 7. The results of the evaluation are shown in Table 8 below:
	Undervoltage (27) Settings to be evaluated:
	27 Setting Pickup:
	Vsec
	102.90
	27 Time Delay:
	sec
	1
	Op Time (sec)
	Vsec applied to relay
	Delay required (sec)
	Notes
	Result
	VPOI
	DOES NOT COMPLY
	Relay operate time is LESS than the required delay
	1.00
	102.11
	3.00
	0.900
	DOES NOT COMPLY
	Relay operate time is LESS than the required delay
	1.00
	86.11
	2.00
	0.750
	Relay operate time is greater than the required delay
	COMPLY
	1.00
	75.55
	0.30
	0.650
	Relay operate time is greater than the required delay
	COMPLY
	1.00
	55.67
	0.15
	0.450
	Overvoltage (59) Settings to be evaluated:
	59 Setting Pickup:
	Vsec
	125.70
	59 Setting Time Delay:
	sec
	30
	Op Time (sec)
	Vsec applied to relay
	Delay required (sec)
	Notes
	Result
	VPOI
	Applied voltage is below pickup of 59 element - No Operation
	COMPLY
	NoOp
	123.62
	1.00
	1.100
	Relay operate time is greater than the required delay
	COMPLY
	30.00
	129.01
	0.50
	1.150
	Relay operate time is greater than the required delay
	COMPLY
	30.00
	131.71
	0.20
	1.175
	Relay operate time is greater than the required delay
	COMPLY
	30.00
	134.42
	0.00
	1.200
	Overvoltage (24DT) Settings to be evaluated:
	24DT Setting Pickup:
	118% of generator nominal = 1.18 * 16000V / 140 = 134.86Vsec
	Vsec
	134.86
	24DT Setting Time Delay:
	sec
	2
	Op Time (sec)
	Vsec applied to relay
	Delay required (sec)
	Notes
	Result
	VPOI
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	123.62
	1.00
	1.100
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	129.01
	0.50
	1.150
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	131.71
	0.20
	1.175
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	134.42
	0.00
	1.200
	Overvoltage (24IT) Settings to be evaluated:
	24IT Setting Pickup:
	110% of generator nominal = 1.10 * 16000V / 140 = 125.71Vsec
	Vsec
	125.71
	24IT Setting Time Delay:
	sec
	2
	Op Time (sec)
	Vsec applied to relay
	Delay required (sec)
	Notes
	Result
	VPOI
	Applied voltage is below pickup of 24DT element - No Operation
	COMPLY
	NoOp
	123.62
	1.00
	1.100
	Relay operate time is greater than the required delay
	COMPLY
	124.67
	129.01
	0.50
	1.150
	Relay operate time is greater than the required delay
	COMPLY
	68.57
	131.71
	0.20
	1.175
	Relay operate time is greater than the required delay
	COMPLY
	47.23
	134.42
	0.00
	1.200
	Table 8

	Item 6a. MEITF White Papers Proposed NERC Glossary Definitions and IROL Framework Background Material
	Agenda Item 6a
	Planning Committee
	December 12, 2017
	MEITF White Papers: Proposed NERC Glossary Definitions and IROL Framework
	Action
	Endorse the white papers
	1. Proposed Modifications to NERC Glossary Definitions Related to IROLs
	2. Proposed IROL Framework for FAC Standards
	Background
	The establishment and communication of System Operating Limits (SOL) and Interconnection Reliability Operating Limits (IROLs) are addressed in NERC Reliability Standards FAC-010-3, FAC-011-3, and FAC-014-2. These standards have remained essentially unchanged since their inception. A NERC Standards Drafting Team (SDT) was formed in 2015 (Project 2015-09) to revise the standards and address recommendations from a periodic review. 
	In support of standards development, the NERC Standards Committee (SC) requested technical assistance from the NERC Operating Committee and Planning Committee to: 
	1. Assess the impact that instabilities can have on BPS reliability
	2. Describe simulation methods for assessment of Instability, including appropriate methods for use in quantifying impact the Instability and available means for demonstrating impact containment
	3. Identify technically sound methodologies for use in establishing IROLs to address different types of instabilities
	4. Evaluate the reliability impacts, if any, resulting from use of different methods to establish IROLs across North America
	The white papers were developed by the joint MEITF to provide technical input to the SDT to support (1) revised definitions for inclusion in the NERC Glossary of Terms, and (2) an IROL framework of recommended changes to applicable NERC Reliability Standards. The white papers do not constitute changes to definitions or Reliability Standard requirements; rather they are inputs to assist the SDT in developing new or modified definitions and standards requirements using NERC’s Standards Development Process. The MEITF also is proposing a Reliability Guideline for PC and OC to authorize posting for stakeholder comment (Agenda Item 4.c). Collectively these items respond to the SC request.
	The definitions white paper proposes a set of new and revised definitions with associated justification. The IROL Framework white paper contains the MEITF’s recommendations for modifications to the FAC standards that work cohesively with the proposed revisions to the NERC Glossary terms and the Reliability Guideline. These documents promote clarity and consistency across the industry while maintaining flexibility for system characteristics. The proposed framework presented in this document is the outcome of extensive discussions between industry, NERC Staff, and FERC Staff within the MEITF. 
	Proposed motion language: 
	1. I move for the NERC Planning Committee to endorse the white paper “Proposed Modifications to NERC Glossary Definitions Related to IROLs” as presented.
	2. I move for the NERC Planning Committee to endorse the white paper “Proposed IROL Framework for FAC Standards” as presented.
	Summary
	Leave Blank for meeting participant notes

	Item 6a. Proposed IROL Framework for FAC Standards
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	Item 6b. Essential Reliability Services Working Group (ERSWG) Technical and Policy Briefs Background Material - ERSWG PC Agenda Item 6b
	Agenda Item 6b
	Planning Committee
	Dec 12-13, 2017
	Essential Reliability Services Working Group (ERSWG) Technical and Policy Briefs
	Action
	Approve
	Background
	The NERC Planning Committee and Operating Committee charged the Essential Reliability Services Working Group (ERSWG) to consider reliability issues that may result from the changing generation resource mix and was charged with evaluating and developing “Sufficiency Guidelines” for each quantifiable measure. These sufficiency guidelines were proposed in the “Essential Reliability Services Whitepaper on Sufficiency Guidelines” in December 2016.
	The ERSWG has now assisted the relevant subcommittees of the PC and OC in assuming the ongoing assessment activities for essential reliability services using historical data. For the frequency response measures (Measures 1, 2 and 4), the historical measures have been refined since the 2016 report, so both a Technical Brief and a Brief for Regulators and Policymakers are included in the meeting materials for your approval. For the balancing measure (Measure 6), the method in the 2016 report is not changed and the Brief for Regulators and Policymakers is in the meeting materials for your approval.
	The ERSWG plans to provide additional documents to the PC and OC for their March meeting. After completing these documents and working with the relevant subcommittees of the PC and OC for the ongoing assessments of forward looking measures, it is anticipated that the ERSWG will have completed its current charter.
	Proposed motion language: Move for approval of the following documents from the ERSWG:
	1. Brief for Regulators and Policymakers on ERS Measure 6 Ramping/Balancing using a Historical Perspective
	2. Technical Brief on ERS Measures 1, 2, and 4 Frequency Response using a Historical Perspective
	3. Brief for Regulators and Policymakers on ERS Measures 1, 2, and 4 Frequency Response using a Historical Perspective
	Summary
	Leave Blank for meeting participant notes

	Item 6b.i. ERS Historical Measure 6 - Brief for Regulators and Policymakers FINAL 2...
	Historical Balancing Trends
	A Brief for Regulators and Policymakers ERS Framework Measure 6 – Historical Balancing/Ramping Analysis
	System operators must maintain a continuous balance between generation and demand on the grid during real-time operations. The operators require some level of flexibility and control to maintain this balance. This balancing effort can be affected by characteristics of the resource mix, resources under the operator’s control, demand behaviors, and other system-specific factors. While maintaining the continuous balance between generation and demand is not a new requirement for the operation of an interconnected electric system, the combination of those factors could result in periods of excessive or insufficient generation, limited availability of resource ramping capability, and other real-time conditions that cause the system operator to rely on other Balancing Authorities (BAs) for balancing.
	There are various ways to mitigate balancing concerns, but it is important to identify the anticipated challenges early so that appropriate changes can be planned and implemented in a timely and reliable manner. For this reason, methods have been developed by the Essential Reliability Services (ERS) Working Group and the NERC Resources Subcommittee (RS) to help BAs identify trends and indications of potential balancing concerns. This briefing discusses the use of historical operating data by the BAs and the RS to identify trends that could become a concern. A separate briefing for forward-looking balancing trends is being developed by the ERS Working Group with the NERC Reliability Assessment Subcommittee (RAS).
	The analysis method is based on a commonly used “control performance standard” called CPS1, which is a statistical measure of the BA’s area control error variability as it relates to the interconnection frequency error. The CPS1 values reflect how well the BA maintains balance of resources and load in its area. Periods where the BA’s resources are even slightly out of balance with load are directly reflected in the CPS1 values. The CPS1 values are averaged over a twelve-month rolling window and reported to NERC on a monthly basis to reflect overall performance characteristics of the BA.
	The approach used for Measure 6 is to analyze the hourly CPS1 values to identify repeated patterns of imbalance. This is done by counting the hours with low CPS1 values (indicating imbalance) and the occurrences where CPS1 values are low for periods of three consecutive hours. Working with the BAs, the RS has obtained three years of historical hourly CPS1 values and continues to receive this data on a quarterly basis. Moving forward, the RS will identify BAs that are trending toward levels where additional analysis and risk mitigation activities may be prudent. The RS will work with these BAs to understand the trends and discuss options for improving any ramping issues. This method of using historical data will identify ramping and balancing concerns for each BA given their unique characteristics and resources. 
	The ongoing process is summarized in the diagram below.
	/
	If a BA appears to be trending toward conditions where balancing could become more challenging, there are numerous alternatives to provide the BA with additional flexibility and dispatch control, such as use of more flexible resources, demand-side management, changes to operating and scheduling procedures, or changes to operation of non-dispatchable resources (both conventional and renewable) to mitigate such trends. By identifying balancing trends in advance of when they could become a potential reliability issue, BAs and system operators can plan for any changes to support the ongoing reliable operation of the Bulk Power System. A summary of interconnection results from the historical data will be included in the NERC State of Reliability Report on an annual basis.
	For Further Information
	9BFor Further Information
	Earlier work on this topic was discussed in greater detail in Chapter 2 of the ERS Whitepaper on Sufficiency Guidelines.
	The ERS Working Group is currently working with the NERC Reliability Assessment Subcommittee (RAS) on the forward-looking Measure 6. This planning method, which will look at the flexibility of balancing resource and demand for future years, will be the subject of a separate Brief for Regulators and Policymakers. The RAS will summarize these results annually in the NERC Long Term Reliability Assessment Report.
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	Historical Frequency Trends 
	Technical Brief
	ERS Framework  Measures 1, 2 & 4 – Historical Frequency Analysis 
	The NERC Planning Committee and Operating Committee jointly created the Essential Reliability Services Task Force (ERSTF) to consider reliability issues that may result from the changing generation resource mix, resulting in the development of essential reliability services (ERS) measures for examination and monitoring to identify trends. The ERSTF was converted into the ERS Working Group (ERSWG) and charged with identifying, evaluating, and developing “Sufficiency Guidelines” for each quantifiable measure. 
	The ERSWG frequency measures are intended to monitor and identify trends in frequency response performance as the generation mix continues to change. The holistic frequency measure, called Measure 4 in ERSWG reports, tracks phases of frequency performance for actual disturbance events in each interconnection (e.g., initial frequency rate of change, and timing of the arresting and recovery phases). Other measures look at components of this coordinated frequency response, such as the amount of synchronous inertial response (SIR, Measure 1) and the initial rate of change in frequency following the largest contingency event (RoCoF, Measure 2). This paper describes the analysis being conducted by the NERC Resources Subcommittee (RS) for these measures using historical data.
	Background
	Frequency support is the response of generators and loads to maintain the system frequency in the event of a system disturbance. Frequency support is provided through the combined interactions of synchronous inertia (traditionally from generators such as natural gas, coal, and nuclear plants as well as from motors at customer locations) and frequency response (from a wide variety of generators and loads). Working in a coordinated way, these characteristics arrest and eventually stabilize frequency. A critical issue is to stabilize the frequency before it falls below underfrequency load shedding values or rises above overfrequency relay trip settings. 
	It is important to understand that inertia and frequency response are properties of the interconnection (not to each balancing area individually) and these properties have different characteristics for each interconnection. For example, if changes to the resource mix alter the relative amounts of synchronous inertial response or frequency response, various mitigation actions are possible (such as obtaining faster primary frequency response from other generators or loads) to maintain or improve overall frequency support. 
	𝑪′to 𝑪 𝑹𝒂𝒕𝒊𝒐=𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑪′−𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑨𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑪−𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑨
	𝑪 𝒕𝒐 𝑩 𝑹𝒂𝒕𝒊𝒐=𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑪−𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑨𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑩−𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑨
	𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑹𝒆𝒔𝒑𝒐𝒏𝒔𝒆 𝑨 𝒕𝒐 𝑪=𝑮𝒆𝒏𝒆𝒓𝒂𝒕𝒊𝒐𝒏 (𝒐𝒓 𝑳𝒐𝒂𝒅) 𝑳𝒐𝒔𝒕 (𝑴𝑾)𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑨−𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑪
	𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑹𝒆𝒔𝒑𝒐𝒏𝒔𝒆 𝑨 𝒕𝒐 𝑩=𝑮𝒆𝒏𝒆𝒓𝒂𝒕𝒊𝒐𝒏 (𝒐𝒓 𝑳𝒐𝒂𝒅)  𝑳𝒐𝒔𝒕 (𝑴𝑾)𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑨 −𝑭𝒓𝒆𝒒𝒖𝒆𝒏𝒄𝒚 𝑩
	Trends in the frequency measures can be analyzed using historical data. This document discusses each frequency measure and describes the analysis being conducted by the NERC RS using historical data. The results of this analysis by the NERC RS will be reflected in the NERC State of Reliability (SOR) Report. 
	The ERSWG is also working with the NERC RS on forward-looking projections for these frequency measures, and when available, these planning methods will be discussed in a separate Technical Brief.
	Measure 4 Frequency Performance after Large Contingency
	Submeasure 4.1 A to B Frequency Response
	Submeasure 4.2: A to C Frequency Response
	Submeasure 4.3: C to B Ratio
	Submeasure 4.4: C’ to C Ratio
	Submeasure 4.5: Time t0 to tC
	Submeasure 4.6: Time tC to tC’
	Submeasure 4.7: Time t0 to tC’

	Measure 4 is a holistic measure that tracks the system frequency performance following large contingency events that have actually occurred in each interconnection. On a quarterly basis, the NERC RS selects the events and calculates a number of submeasures that reflect the minimum/maximum frequency points and the timing of the minimum/maximum frequencies and recovery period. For Measure 4, multiple years of these values will be monitored to highlight trends that could be due to changes in the generation mix or other factors.
	The actual events that are being analyzed by the NERC RS are referred to as Metric 4 events. (The NERC RS was previously using Metric 4 to select significant events, and the naming similarity of Measure 4 and Metric 4 is purely coincidental.)  
	Table 1. Metric 4 Event Selection Criteria
	fAC (mHz)  or  >= MW Loss
	Interconnection
	800 MW
	36 mHz
	Eastern
	700 MW
	70 mHz
	Western
	450 MW
	80 mHz
	Texas
	450 MW
	300 mHz
	Québec
	Measure 4 consists of a number of submeasures that use a common nomenclature for identifying points and values in frequency response traces. Figure 1 shows two frequency traces after the loss of a generation resource and the naming conventions commonly used in event analysis are indicated on the figure. The event starts at time t0. Value A is the average frequency from t-16 to t-2 seconds. Point C is the lowest frequency point observed in the first 12 seconds. Value B is the average frequency from t+20 to t+52 seconds. Point C’ occurs if and when the frequency (t+52 to t+300 seconds) falls below either Point C or Value B. 
	Frequency response values are generally calculated as a ratio of the megawatts affected in the event and a frequency deviation. In this document, these values are shown as a positive value in MW/0.1Hz.
	/
	Figure 1. Frequency traces after a loss of a generation resource
	The NERC RS uses “box-and-whisker” plots for the submeasures of Measure 4. In the plots, the central value (the red line and number) is the median value, the top and bottom edges of the box (in blue) are the 25th and 75th percentiles, and the whiskers correspond to +/- 2.7 standard deviations (i.e., 2.7 sigma, representing 99.3% coverage of all the events in the set, assuming the data are normally distributed). If necessary, the RS can adjust the whiskers to show a different coverage, but all figures in this document use these default settings. Individual outliers (red crosses) are events outside of the 99.3% coverage.
	For the plots shown in this document, loss of load events are excluded. All plots show only the loss of generation events. The NERC RS also analyzes loss of load events in an analogous way, but such events are less common than loss of generation events and are omitted here to avoid confusion.
	Measure 4 contains analyzed events that occurred between December 2015 and November 2016. Table 2 shows the number of Metric 4 events during this period for all interconnections.
	Table 2. Metric 4 Number of Events
	Number of Events
	Interconnection
	65
	Eastern
	46
	Western
	51
	Texas
	47
	Québec
	The A to B Frequency Response reflects the initial primary frequency response for the interconnection. This submeasure is the ratio of net MW lost to the difference between Value A and Value B frequencies. 
	An increasing trend over time indicates that frequency response is improving for the interconnection. Histogram distributions show the variability of the interconnection response for multiple individual events. Figure 2 shows boxplots for Submeasure 4.1, for analyzed events that occurred between December 2015 and November 2016. The median A to B frequency in MW/0.1 Hz is listed next to the centerline (red line) of each boxplot. The table under the plot shows average generation loss in MW for the analyzed events in each interconnetcion.
	The boxplots are shown in the same figure for convenience, but since all four interconnections are of different sizes with very different resources and characteristics, this is for purposes of illustration and not for comparison. As more data becomes available, each interconnection will be analyzed separately to show their individual trends across multiple years. The average MW loss for the time period under study should be considered when evaluating individual interconnection trends. The same approach and caveats apply to the boxplots for Submeasures 4.2 through 4.7 discussed below.
	/
	Figure 2. A to B Frequency Response (Submeasure 4.1) for Analyzed Events between December 2015 and November 2016
	The A to C frequency response captures the impacts of inertial response, load response (load damping) and initial governor response. This submeasure is the ratio of net MW lost to the difference between Value A and Point C frequencies. 
	An increasing trend over time would indicate that the interconnection frequency response is improving. Figure 3 shows boxplots for Submeasure 4.2, for analyzed events that occurred between December 2015 and November 2016. The median A to C frequency in MW/0.1 Hz is listed next to the centerline (red line) of each boxplot. The table under the plot shows average generation loss in MW for the analyzed events in each interconnection.
	/
	Figure 3. A to C Frequency Response (Submeasure 4.2) for Analyzed Events between December 2015 and November 2016
	The C to B Ratio captures the difference between the maximum frequency deviation and the settling frequency. It reflects governor responsiveness with respect to frequency nadir for the interconnection.
	The C to B Ratio must be interpreted in the context of Submeasures 4.1 and 4.2. Because both Point C and Value B can vary, an increasing ratio can either indicate that frequency response is improving or degrading, and it is primarily the trend over time that is interesting. Figure 4 shows boxplots for Submeasure 4.3, for analyzed events that occurred between December 2015 and November 2016. The median C to B ratio is listed next to the centerline (red line) of each boxplot.
	/
	Figure 4. C to B Ratio (Submeasure 4.3) for Analyzed Events between December 2015 and November 2016
	When C’ exists, the C’ to C Ratio is the ratio between C’ and C and potentially measures withdrawal of primary frequency response.
	A declining trend is a possible indication of improving primary frequency response performance. Table 3 shows the subset of Metric 4 events where C’ exists as well as the average frequency deviation (Hz) between Value B and Point C’.
	Table 3. Metric 4 Number of Events Where C’ Exists
	Average fB to fC’ Frequency Deviation (Hz)
	Number of Events
	Interconnection
	0.006
	41
	Eastern
	0.009
	26
	Western
	0.010
	28
	Texas
	0.020
	18
	Québec
	Figure 5 shows boxplots for Submeasure 4.4, for analyzed events that occurred between December 2015 and November 2016. The median C’ to C ratio is listed next to the centerline (red line) of each boxplot.
	/
	Figure 5. C’ to C Ratio (Submeasure 4.4) for Analyzed Events between December 2015 and November 2016
	The following time-based submeasures are used to understand the speed at which primary frequency response or governor withdrawal are occurring. As with the prior submeasures, the primary value will be from the multiyear trends that can indicate whether frequency response performance or governor withdrawal phenomena are improving or degrading.
	Time t0 to tc is the difference in time between the frequency nadir and initial event.  This submeasure reflects the combined effects of system inertial response and initial primary frequency response (and in some interconnections, the added effects of other “fast frequency response” services). 
	A decreasing trend over time can reflect decreases in inertial response or the speed of frequency response due to changes in the generation and/or load resource mix. Trending this time value can also be useful for ensuring that the defined times for BAL-003-1 fit the actual event data. In addition, trending this value with respect to event size and initial frequency can help to identify how deadband settings play a role in arresting the frequency decline.
	Figure 6 shows boxplots for Submeasure 4.5, for analyzed events that occurred between December 2015 and November 2016. The median time t0 to tc in seconds is listed next to the centerline (red line) of each boxplot.
	/
	Figure 6. Time t0 to tc (Submeasure 4.5) for Analyzed Events between December 2015 and November 2016
	Time tc to tc’ to tc is the difference in time between the governor withdrawal minimum and the initial frequency nadir. This submeasure captures the time in which governor stabilization and withdrawal occur prior to when secondary controls and load responsiveness begin to return frequency to its nominal value.
	Submeasure 4.6 can be derived from Submeasure 4.5 and Submeasure 4.7. Due to this redundancy, the NERC RS retired this submeasure.
	Time t0 to tc’ is the difference in time between the potential governor withdrawal minimum and the initial event. This provides a comprehensive picture of the overall time in which frequency declines and continues to fall after the initiating event. While C’ should be mitigated and eliminated entirely, the time between the initial event and absolute minimum should be minimized. 
	Figure 7 shows boxplots for Submeasure 4.7 for analyzed events that occurred between December 2015 and November 2016. The median time t0 to tC’ in seconds is listed next to the centerline (red line) of each boxplot.
	/
	Figure 7. Time t0 to tC’ (Submeasure 4.7) for Analyzed Events between December 2015 and November 2016
	The NERC RS will continue to enhance methods to analyze and report the findings and trends based on actual events. Proposed enhancements include evaluating:
	 the maximum frequency excursion after the start of an event (Point Cn)  ; 
	 the frequency margin from Cn to the first step in underfrequency load shedding relative to each interconnection;
	 the relationship and timing associated with Cn and C’.
	Measure 1: Synchronous Inertia Response
	For historical trending of SIR (Measure 1), a process was established for conducting synchronous inertia calculations for each interconnection. System inertia depends on the inertial constant (referred to as ‘H’) and MVA base of the generators that are online and synchronized to the grid at a given point in time.  Therefore, for each historical time step, the total SIR for the interconnection can be calculated as a sum of H*MVA base for all online synchronous generators. This data, along with some supporting information, is now being collected and provided to the NERC RS on a quarterly basis. The data varies slightly depending on the interconnection as follows:
	 The Texas Interconnection and Quebec Interconnection provide total system inertia, system load, power production from non-synchronous generation, and HVDC exports/imports. The data is provided with 4 second resolution.
	 For the Western Interconnection, Peak RC provides total system inertia, system load, power production from non-synchronous generation, and HVDC exports/imports. The data is provided with 1 minute resolution.
	 For the Eastern Interconnection, MISO has been providing total system inertia and system load. The data is provided with 15 minute resolution. This data is a part of ongoing project in collaboration with Eastern Interconnection. In 2018, the Eastern Interconnect Data Sharing Network (EIDSN) will provide the data.
	A platform is being developed to facilitate the direct submission of the data to NERC using PI Historian software. The NERC RS will analyze the data and provide reports on trends each year. As an example, Figure 9 shows inertia trends in ERCOT from January 2013 to September 2017. Similar boxplots will be produced for other interconnections when sufficient amounts of data are collected. 
	/
	Figure 8. Boxplot of the system inertia in ERCOT 2013-2017
	Measure 2: Initial Rate of Change of Frequency after Large Contingency
	Measure 2 is the initial Rate of Change of Frequency (RoCoF) after a large generator trip event and is measured in Hz/s. This is an indirect measure of interconnection inertia at the time of the event. RoCoF can be calculated for each interconnection from the lowest SIR value in each year and the megawatt (MW) size of the largest contingency event for the interconnection. The Resource Contingency Criteria (RCC) as defined in the BAL-003 Standard is used as the largest contingency event. 
	The RoCoF and the load shedding settings for the interconnection can be used to calculate the shortest available time during which sufficient frequency response must be provided to the interconnection in order to establish the frequency nadir and avoid underfrequency load shedding. In reality, a component of RoCoF is the load damping coefficient for each interconnection. The load damping coefficient for each interconnection is being further refined by the NERC RS. 
	If the time between the event and the frequency nadir is becoming smaller (as suggested by the RoCoF and more precisely indicated by Submeasure 4.5), there may be value in the interconnection obtaining faster frequency response from generators and loads. 
	As with SIR, RoCoF trends will be analyzed by the NERC RS each year. As an example, Table 2 shows the largest RoCoF for each interconnection for the first two quarters of 2017 calculated without consideration of load damping (i.e., using pessimistic assumptions).
	Table 4. RoCoF by Interconnection - 2017 Q1 and Q2
	/

	Item 6b.iii. ERS_Historical_Measure_124-Brief_for_Regulators_and_Policymakers_DRAFT_2...
	Historical Frequency Trends
	A Brief for Regulators and Policymakers
	ERS Framework Measures 1, 2 & 4 – Historical Frequency Analysis
	Frequency support is the response of generators and loads to maintain the system frequency in the event of a system disturbance. Frequency support is provided through the combined interactions of synchronous inertia (traditionally from generators such as natural gas, coal, and nuclear plants as well as from motors at customer locations) and frequency response (from a wide variety of generators and loads). Working in a coordinated way, these characteristics arrest and eventually stabilize frequency. A critical issue is to stabilize the frequency before it falls below underfrequency load shedding values or rises above overfrequency relay trip settings. 
	It is important to understand that inertia and frequency response are properties of the interconnection (not to each balancing area individually) and these properties have different characteristics for each interconnection. For example, if changes to the resource mix alter the relative amounts of synchronous inertial response or frequency response, various mitigation actions are possible (such as obtaining faster primary frequency response from other generators or loads) to maintain or improve frequency support. 
	The ERSWG frequency measures are intended to monitor and identify trends in frequency response performance as the generation mix continues to change. The holistic frequency measure, called Measure 4 in ERSWG reports, tracks phases of frequency performance after actual disturbance events in each interconnection (initial frequency rate of change, arresting phase and recovery phase). Other measures look at components of this coordinated frequency response, such as the amount of synchronous inertial response (SIR, Measure 1) and the initial rate of change in frequency following the largest contingency event (RoCoF, Measure 2).
	Trends in the frequency measures can be analyzed using historical data. The NERC Resources Subcommittee (RS) is monitoring the historical trends and will be annually reporting on these results in the NERC State of Reliability Report. 
	Measure 4 is a holistic measure that tracks the system frequency performance following large contingency events that actually occurred in each interconnection. On a quarterly basis, the NERC RS selects the events and calculates values that reflect the minimum/maximum frequency points and the timing of the minimum/maximum frequencies and recovery period. These values are trended from one year to the next as the generation mix changes. The RS is enhancing methods to analyze the findings and trends for these valuable results that show the response to actual events.
	For historical trending of SIR (Measure 1), a process was established for conducting synchronous inertia calculations for each interconnection. System inertia depends on inertial constant (referred to as ‘H’) and MVA base of the generators that are online and synchronized to the grid at a given point in time. The total SIR for each interconnection can be calculated using data that is now being collected on an ongoing basis. This data is currently provided to the NERC RS on a quarterly basis. A platform is being developed to facilitate the direct submission of the data to NERC. The NERC RS will analyze the data and provide reports on trends each year. 
	RoCoF (Measure 2) is an alternative way to look at inertia. It can be calculated from the SIR value obtained in Measure 1 and the size of the largest contingency event for the interconnection (the Resource Contingency Criteria as defined in the BAL-003 Standard – this is usually the largest generator online). The RoCoF value and the load shedding values for the interconnection can be used to calculate the time during which sufficient frequency response must be provided to the interconnection. If the necessary time for response is decreasing, there may be value in obtaining faster frequency response from generators and loads. As with SIR, RoCoF trends will be analyzed by the NERC RS each year.
	For Further Information
	For more details on this topic, see Chapter 1 of the ERS Whitepaper on Sufficiency Guidelines. The ERS Working Group is currently working with the NERC RS on the forward-looking projections for Measures 1, 2 and 4. These planning methods, which will supplement the historical methods described above, will be the subject of a separate Brief for Regulators and Policymakers. The NERC RS will summarize the forward looking projections annually in the NERC Long Term Reliability Assessment Report.
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	Geomagnetic Disturbance Data Request
	Action
	Authorize posting
	Background
	On September 22, 2016, the Federal Energy Regulatory Commission (FERC) issued Order No. 830 approving Reliability Standard TPL-007-1 ( Transmission System Planned Performance for Geomagnetic Disturbance Events. In the Order, FERC also directed NERC, pursuant to Section 1600 of the NERC Rules of Procedure, to collect geomagnetically-induced current (GIC) monitoring and magnetometer data from U.S. registered entities for the period beginning May 2013, including both data existing as of the date of the Order and new data going forward (P. 89). Furthermore, FERC directed that NERC should make the collected GIC and magnetometer data available to support ongoing research and analysis of GMD risk (P. 89). The data is intended to promote greater understanding of GMD events and their potential impacts to the reliable operation of the Bulk-Power System. For example, measured GIC and magnetometer data can help validate various models used in calculating GICs and assessing their impacts in power systems.
	NERC and the Geomagnetic Disturbance Task Force (GMDTF) have drafted the attached NERC Rules of Procedure Section 1600 data request for the collection of GIC monitoring and magnetometer data as required by Order No. 830. The GMD data request applies to U.S. registered Transmission Owners and Generator Owners. Although not required, Canadian registered Transmission Owners and Generator Owners are encouraged to participate. Reporting entities would be requested to provide information related to their installed GIC monitor and magnetometer capabilities, and to provide data from these devices to NERC for strong GMD events (K-7 and greater as reported by U.S. Space Weather Prediction Center). The projected timeframe for implementing an approved GMD data request is 2019, allowing time for NERC and the GMDTF to develop data reporting instructions and NERC to obtain a data collection application for the specified GMD data.  
	Per NERC Rules of Procedure, NERC plans to notify FERC and post the GMD Data Request for 45-day stakeholder comment period. NERC staff and the GMDTF will review the comments received and make appropriate revisions. The GMD Data Request will be provided to the PC for endorsement and to the NERC Board of Trustees for approval in 2018. 
	Summary: (left blank for your notations)

	Item 6c. GMD_data_request_draft_Nov_20_2017
	Geomagnetic Disturbance Data 
	Rules of Procedure Section 1600 Data Request in Response to FERC Order No. 830
	Background
	On September 22, 2016, the Federal Energy Regulatory Commission (FERC) issued Order No. 830 approving Reliability Standard TPL-007-1 ( Transmission System Planned Performance for Geomagnetic Disturbance Events. In the Order, FERC also directed NERC, pursuant to Section 1600 of the NERC Rules of Procedure, to collect geomagnetically-induced current (GIC) monitoring and magnetometer data from registered entities for the period beginning May 2013, including both data existing as of the date of the Order and new data going forward. Furthermore, FERC directed that NERC should make the collected GIC and magnetometer data available to support ongoing research and analysis of GMD risk. 
	FERC also directed NERC to develop certain revisions to Reliability Standard TPL-007-1, including development of one or more requirements for responsible entities to obtain GIC monitoring and magnetometer data to enable model validation and situational awareness. NERC standards Project 2013-03 – Geomagnetic Disturbance Mitigation is addressing revisions to TPL-007-1 in accordance with the NERC Standard Processes Manual. NERC must file revisions to TPL-007-1 for regulatory approval by May 28, 2018. 
	In accordance with Section 1600 of the NERC Rules of Procedure, NERC may request data or information that is deemed necessary to meet its obligations under Section 215 of the Federal Power Act, as authorized by Section 39.2(d) of FERC regulations (“data request”). This is a proposal for such a request.
	Authority
	Under Section 215 of the Federal Power Act (16 U.S.C. § 824o), Congress entrusted FERC with the duties of approving and enforcing rules to ensure the reliability of the nation’s Bulk-Power System, and with the duties of certifying an Electric Reliability Organization (“ERO”) that would be charged with developing and enforcing mandatory Reliability Standards, subject to FERC approval. NERC was certified as the ERO on July 20, 2006. NERC’s authority for issuing this data request is derived from Section 215 of the Federal Power Act, and from the following sources:
	NERC is requesting this information in accordance with its authority provided in 18 C.F.R. §39.2(d), which provides: 
	Each user, owner or operator of the Bulk-Power System within the United States (other than Alaska and Hawaii) shall provide the Commission, the Electric Reliability Organization and the applicable Regional Entity such information as is necessary to implement Section 215 of the Federal Power Act as determined by the Commission and set out in the Rules of the Electric Reliability Organization and each applicable Regional Entity. The Electric Reliability Organization and each Regional Entity shall provide the Commission such information as is necessary to implement section 215 of the Federal Power Act.
	NERC Rules of Procedure Section 1600 provides: 
	1601. Scope of a NERC or Regional Entity Request for Data or Information 
	Within the United States, NERC and Regional Entities may request data or information that is necessary to meet their obligations under Section 215 of the Federal Power Act, as authorized by Section 39.2(d) of the Commission’s regulations, 18 C.F.R. § 39.2(d). In other jurisdictions NERC and Regional Entities may request comparable data or information, using such authority as may exist pursuant to these Rules of Procedure and as may be granted by Applicable Governmental Authorities in those other jurisdictions. The provisions of Section 1600 shall not apply to Requirements contained in any Reliability Standard to provide data or information; the Requirements in the Reliability Standards govern. The provisions of Section 1600 shall also not apply to data or information requested in connection with a compliance or enforcement action under Section 215 of the Federal Power Act, Section 400 of these Rules of Procedure, or any procedures adopted pursuant to those authorities, in which case the Rules of Procedure applicable to the production of data or information for compliance and enforcement actions shall apply.
	1602. Procedure for Authorizing a NERC Request for Data or Information
	1. NERC shall provide a proposed request for data or information or a proposed modification to a previously-authorized request, including the information specified in Section 1602.2.1 or 1602.2.2 as applicable, to the Commission’s Office of Electric Reliability at least twenty-one (21) days prior to initially posting the request or modification for public comment. Submission of the proposed request or modification to the Office of Electric Reliability is for the information of the Commission. NERC is not required to receive any approval from the Commission prior to posting the proposed request or modification for public comment in accordance with Section 1602.2 or issuing the request or modification to Reporting Entities following approval by the Board of Trustees.
	2. NERC shall post a proposed request for data or information or a proposed modification to a previously authorized request for data or information for a forty-five (45) day public comment period.
	2.1. A proposed request for data or information shall contain, at a minimum, the following information: (i) a description of the data or information to be requested, how the data or information will be used, and how the availability of the data or information is necessary for NERC to meet its obligations under applicable laws and agreements; (ii) a description of how the data or information will be collected and validated; (iii) a description of the entities (by functional class and jurisdiction) that will be required to provide the data or information (“Reporting Entities”); (iv) the schedule or due date for the data or information; (v) a description of any restrictions on disseminating the data or information (e.g., “Confidential Information,” “Critical Energy Infrastructure Information,” “aggregating” or “identity masking”); and (vi) an estimate of the relative burden imposed on the Reporting Entities to accommodate the data or information request.
	2.2. A proposed modification to a previously authorized request for data or information shall explain (i) the nature of the modifications; (ii) an estimate of the burden imposed on the Reporting Entities to accommodate the modified data or information request, and (iii) any other items from Section 1602.2.1 that require updating as a result of the modifications.
	3. After the close of the comment period, NERC shall make such revisions to the proposed request for data or information as are appropriate in light of the comments. NERC shall submit the proposed request for data or information, as revised, along with the comments received, NERC’s evaluation of the comments and recommendations, to the Board of Trustees.
	4. In acting on the proposed request for data or information, the Board of Trustees may authorize NERC to issue it, modify it, or remand it for further consideration.
	5. NERC may make minor changes to an authorized request for data or information without Board approval. However, if a Reporting Entity objects to NERC in writing to such changes within 21 days of issuance of the modified request, such changes shall require Board approval before they are implemented.
	6. Authorization of a request for data or information shall be final unless, within thirty (30) days of the decision by the Board of Trustees, an affected party appeals the authorization under this Section 1600 to the Applicable Governmental Authority.
	1603. Owners, Operators, and Users to Comply
	Owners, operators, and users of the Bulk-Power System registered on the NERC Compliance Registry shall comply with authorized requests for data and information. In the event a Reporting Entity within the United States fails to comply with an authorized request for data or information under Section 1600, NERC may request the Commission to exercise its enforcement authority to require the Reporting Entity to comply with the request for data or information and for other appropriate enforcement action by the Commission. NERC will make any request for the Commission to enforce a request for data or information through a non-public submission to the Commission’s enforcement staff.
	Rules of Procedure Section 1600 Required Information
	The following information is provided to support the data request, as required by NERC Rules of Procedure Section 1602. 
	Description of the data requested, how the data will be used, and how the availability of the data is necessary for NERC to meet its obligations under applicable laws and agreement
	NERC, pursuant to Section 1600 of the NERC Rules of Procedure, will request geomagnetically-induced current (GIC) monitor data and magnetometer data for specific time period(s) from registered entities that possess such data. Attachment 1 contains details of the data and information requested. 
	The data is intended to promote greater understanding of GMD events and their potential impacts to the reliable operation of the Bulk-Power System. For example, measured GIC and magnetometer data can help validate various models used in calculating GICs and assessing their impacts in power systems. As specified in Order No. 830, NERC will make non-confidential collected GIC and magnetometer data available.
	Description of how the data will be collected and validated
	Data will be collected by electronic submission. The request covers measured (raw) data. NERC will verify completeness of received data for the collection periods described in Attachment 1.
	Description of entities that are requested to provide data (Reporting Entities)
	Transmission Owners and Generator Owners will be requested to indicate whether or not they have GIC data or magnetometer data for the period beginning May 1, 2013. Reporting Entities with GIC data or magnetometer data from May 1, 2013, or later will be requested to provide data for specific periods as described in attachment 1. A Reporting Entity may submit a consolidated report that covers the GIC data or magnetometer data of several NERC entities if the Reporting Entity desires to do so. NERC entities outside the jurisdiction of the United States may provide data specified in Attachment 1, but are not required to do so. 
	Schedule for providing data 
	Data reporting is anticipated to begin in 2019. Requested data for historical periods from May 1, 2013 to March 31, 2019, shall be provided to NERC by June 30, 2019. Thereafter, requested data for specific periods shall be provided annually that covers the period of April 1 to March 31 to NERC by June 30 of each year for the previous 12 months ending on March 31 of the reporting year. To avoid requiring Reporting Entities to store data for longer periods of time, the Reporting Entities may provide the requested data prior to the annual (June 30) deadline.  
	The schedule for data reporting will be finalized when the data collection technology application and data reporting instructions are completed. 
	Restrictions on disseminating data
	In accordance with guidance issued by FERC in Order No. 830, NERC does not anticipate that the requested information will contain Confidential Information as that term is defined by Section 1501 of the NERC Rules of Procedure. 
	If a Reporting Entity believes that any data required to be submitted under this request is Confidential Information, the entity shall submit a request to NERC for Confidential Information treatment. The burden shall rest on the Reporting Entity to justify the need for confidential treatment. This request shall: 
	1. be submitted no later than 60 days prior to the date the data submission is due; 
	2. identify the data claimed to be Confidential Information;
	3. state, with specificity, the reasons why the data is claimed to be Confidential Information; and
	4. identify the time period after which the data would no longer be considered Confidential Information (e.g., six months).
	If the request is granted, the Reporting Entity shall mark all Confidential Information or Critical Energy Infrastructure Information as instructed in Section 1502.1 of the NERC Rules of Procedure to ensure that all sensitive information will be protected. NERC will handle that data in accordance with Sections 1500 and 1605 of the NERC Rules of Procedure for as long as the data is considered Confidential Information. 
	Entities denied access to GIC and magnetometer data or Reporting Entities denied Confidential Treatment of GIC and magnetometer data may appeal this determination to FERC.
	Burden to Reporting Entities
	The burden of responding to this data request will vary depending on several factors, including the number of monitoring devices, system capabilities for data retrieval, and the specific data requested (based on GMD activity during the reporting period). The selected thresholds for reporting (GMD events of Interest in Attachment 1) are intended to minimize burden on Reporting Entities without detracting from the objective of obtaining relevant data on GMD events with the potential to impact reliable operation of the BES. GMD Events meeting the reporting threshold are expected to occur, on average, 130 days during an 11-year solar cycle.
	Attachment 1
	NERC, pursuant to Section 1600 of the NERC Rules of Procedure, requests geomagnetically-induced current (GIC) monitor data and magnetometer data from registered entities that possess such data for the period beginning May 2013, including both data existing as of the date of the approved data request and new data going forward.
	Entity Information
	The following information is requested for each NERC Registered Entity that is a Transmission Owner or Generator Owner on March 31, 2019. Entities that register as a Transmission Owner or Generator Owner after March 31, 2019 are requested to provide the following information within 90 days of registering. Reporting Entities will report changes to the information below, if any, within 90 days of completing any change. A Reporting Entity may submit a consolidated report that covers the requested information of several NERC entities if the Reporting Entity desires to do so.
	 Entity Name and NERC ID
	 Entity Point of Contact: Name, email address, and phone number
	 Number of GIC monitoring devices connected to a BES Facility providing data to the Reporting Entity, if any
	 For each GIC monitoring device connected to a BES Facility, provide:
	o Geographic Latitude, in nearest whole degree and tenth of degree
	o Geographic Longitude, in nearest whole degree and tenth of degree
	o A device identification number (Device ID) assigned by NERC. When a Reporting Entity has one GIC monitoring device, the Device ID is the Reporting Entity’s NERC ID. When the Reporting Entity has more than one GIC monitoring device, the device ID is the Reporting Entity’s NERC ID with an additional unique number (e.g. 21999-1, 21999-2,…)
	o The measurement range for the GIC Monitor in Amperes (e.g., -500 A through + 500 A)
	o The type of transformer associated with the GIC monitoring device (e.g., three-phase, single-phase, auto)
	o The type of neutral connection (“3” to indicate three-phase, “1” to indicate single-phase, or “N/A” to indicate the information is not applicable)
	 Number of magnetometers owned or operated by the Reporting Entity, if any
	 For each magnetometer, provide:
	o Geographic Latitude, in nearest whole degree and tenth of degree
	o Geographic Longitude, in nearest whole degree and tenth of degree
	o A device ID assigned by NERC.  When a Reporting Entity has one magnetometer, the Device ID is the Reporting Entity’s NERC ID. When the Reporting Entity has more than one magnetometer, the device ID is the Reporting Entity’s NERC ID with an additional unique number (e.g. 21999-1, 21999-2,…)
	o Orientation of the magnetometer (e.g., cartesian, horizontal-polar)
	o Type of instrument and manufacturer
	GIC Monitoring Device Data
	Magnetic Field Data

	Provide all GIC monitoring device data collected within the time period defined for each GMD event of interest. Ideally, data sampling rates during GMD events of interest should be at a continuous rate of one sample per 10 seconds or faster. For historical GMD events of interest (back to May 2013), provide GIC monitoring device data of one sample per 10 seconds if available. Otherwise, provide any GIC monitoring device data that the entity has or report ‘No data available’, as appropriate. 
	 Data fields. 
	o Device ID.  The unique identifier described above.
	o Date/Time stamp.  The date and time to the whole second at which the data was sampled (versus system or SCADA time), recorded in Greenwich Mean Time (GMT). (MM/DD/YYYY HH:MM:SS). If sample time is not recorded, indicate ‘System Time’
	o GIC value.  The measurement of the GIC, to the nearest tenth Amperes (A). Positive (+) and negative (-) signs indicate direction of GIC flow (Positive reference is flow from ground into transformer neutral).
	Provide all magnetic field data collected from the Reporting Entity’s magnetometers within the time period defined for each GMD event of interest. Ideally, data sampling rates during GMD events of interest should be at a continuous rate of one sample per 10 seconds or faster.
	 Data fields.
	o Device ID.  The unique identifier described above.
	o Date/Time stamp.  The date and time to the whole second at which the data was sampled (versus system or SCADA time), recorded in Greenwich Mean Time (GMT). (MM/DD/YYYY HH:MM:SS) 
	o Measurement values.  The measured magnetic field vector (e.g., three magnetic field components, to nearest tenth of nano-Tesla (nT) or higher resolution.)
	GMD Events of Interest
	GMD events of interest for the period starting May 1, 2013 and ending March 31, 2019
	GMD events of interest for annual periods (between April 1, 2019, and each year thereafter, ending on March 31 of the subsequent year)

	A listing of periods when geomagnetic activity met or exceeded K-7 as determined by NOAA Space Weather Prediction Center will be specified by date and time ranges. 
	During GMD events of moderate and stronger geomagnetic activity. Data collection periods begin when geomagnetic activity thresholds for K-7 are reached at any part of the continental United States as determined by NOAA Space Weather Prediction Center. The data collection period continues for 24-hours, or 12-hours after geomagnetic activity recedes below K-7 thresholds, whichever is longer. 
	Data Format and Submission
	To be defined separately as Data Reporting Instructions (DRI).
	Example Data Formats
	Sta 4
	Sta 3
	Sta 2
	Sta 1
	Time
	Date
	0
	5.1
	-0.2
	1.1
	0:00:00
	9/11/15
	0
	5.2
	-0.2
	1.1
	0:00:10
	9/11/15
	0
	5.1
	-0.2
	1
	0:00:20
	9/11/15
	0.1
	5.1
	-0.2
	1.1
	0:00:30
	9/11/15
	0
	5.2
	-0.2
	1
	0:00:40
	9/11/15
	0
	5.1
	-0.2
	1
	0:00:50
	9/11/15
	0
	5.1
	-0.2
	1
	0:01:00
	9/11/15
	0
	5.1
	-0.2
	1
	0:01:10
	9/11/15
	0
	5.3
	-0.1
	1
	0:01:20
	9/11/15
	0
	5
	-0.1
	1
	0:01:30
	9/11/15
	0
	4.9
	-0.6
	0.9
	0:01:40
	9/11/15
	0.1
	4.6
	-0.1
	0.8
	0:01:50
	9/11/15
	0
	4.6
	-0.3
	0.8
	0:02:00
	9/11/15
	0.1
	4.7
	-0.3
	0.8
	0:02:10
	9/11/15
	0
	5
	-0.2
	0.8
	0:02:20
	9/11/15
	0
	5.8
	-0.2
	0.5
	0:02:30
	9/11/15
	0
	6.3
	0
	0.3
	0:02:40
	9/11/15
	0.1
	5.5
	-0.2
	0.5
	0:02:50
	9/11/15
	0.1
	4.3
	-0.2
	0.5
	0:03:00
	9/11/15
	0
	4
	-0.2
	0.4
	0:03:10
	9/11/15
	Figure 1 is an example of GIC data
	Z (NT)
	E (NT)
	N (NT)
	Station
	Time_utc
	Date
	2.6
	1.5
	-0.9
	BOU
	2:00:00 AM
	1/00/15
	2.7
	1.4
	-1
	BOU
	2:00:10 AM
	1/00/15
	2.7
	0.9
	-0.3
	BOU
	2:00:20 AM
	1/00/15
	2.7
	1
	-0.9
	BOU
	2:00:30 AM
	1/00/15
	2.6
	0.9
	-0.5
	BOU
	2:00:40 AM
	1/00/15
	2.7
	0.4
	-0.5
	BOU
	2:00:50 AM
	1/00/15
	2.6
	0.3
	-0.3
	BOU
	2:01:00 AM
	1/00/15
	2.5
	0.4
	0.1
	BOU
	2:01:10 AM
	1/00/15
	2.6
	0.6
	0.3
	BOU
	2:01:20 AM
	1/00/15
	2.7
	0.3
	0.5
	BOU
	2:01:30 AM
	1/00/15
	2.7
	0.3
	0.5
	BOU
	2:01:40 AM
	1/00/15
	2.7
	0
	0.6
	BOU
	2:01:50 AM
	1/00/15
	2.7
	-0.2
	0.4
	BOU
	2:02:00 AM
	1/00/15
	2.7
	-0.1
	0.5
	BOU
	2:02:10 AM
	1/00/15
	Figure 2 is an example of magnetic field data
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	Background
	In September 2017, the NERC Planning Committee (PC) discussed potential reliability implications associated with high penetration of Distributed Energy Resources (DER) on Underfrequency Load Shedding (UFLS) programs. As noted in the 2017 DER Report, The effect of aggregated Distributed Energy Resources (DER) may not be fully represented in Bulk-Power System (BPS) planning models and operating tools. This could result in unanticipated power flows, increased demand forecast errors, and unintended consequences in protection and control of the BPS. [1] In the case of UFLS and Undervoltage Load Shedding (UVLS) programs, an unexpected loss of aggregated or an aggregated portion of DER can contribute to frequency and voltage instability at high DER penetrations.
	The PC determined that additional information from Regional Entities on practices and approaches to account for DER in UFLS and UVLS programs was needed in order to assess risks to reliability and potential actions that the PC or subcommittees should consider.
	Regional Entity representatives were asked to develop overview presentations to inform the PC on the activities and measures being taken by Planning Coordinators to account for DER in UFLS and UVLS program planning. Some topics included in these presentations are: 
	 Strategies that are in place or are being considered to minimize the impact DER can have on UFLS and UVLS programs;
	 Approaches to account for DER in UFLS and UVLS protection design (e.g., how DER is accounted for in feeder loadings); 
	 Ways that can be employed by the Planning Coordinator to evaluate the potential impact on UFLS and UVLS effectiveness caused by changes or growth in DER since the UFLS/UVLS was designed.
	The PC will discuss the reliability risks and consider potential next steps that may be warranted.
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	2017 LTRA Recap and Process Feedback 
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	Discussion
	Background
	NERC staff will offer a recap of the 2017 LTRA key findings and recommendations, along with a discussion on how to improve the review process for 2018, addressing the following concerns:
	 NERC Staff modifying the LTRA, subsequent to PC Approval / Acceptance
	 Comment matrix, review periods, and transparency
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	Scope Overview: Special Reliability Assessment on Accelerated Conventional Generation Retirements Impact
	Action
	Discussion
	Background
	In May 2017, NERC solicited policy input from stakeholders on future special reliability assessments and discussed topics with the Member Representatives Committee (MRC). NERC proposed conducting an assessment of the potential impacts on Bulk-Power System reliability that could be cause by accelerated retirements of large amounts of coal-fired and nuclear generation resources. 
	The assessment topic was selected to align with the work of the Reliability Issues Steering Committee (RISC) and other NERC reliability assessments. The ERO Reliability Risk Priorities Report have highlighted the uncertainty of resource adequacy and performance as a high risk due to the acceleration of synchronous generation retirements. The recent Department of Energy proposed rule considers implementing cost compensation for certain coal-fired and nuclear generation resources to ensure the reliability and resilience benefits provided by these assets are maintained in the resource mix. 
	Accelerated generation retirements may not be foreseen in long-range planning processes, and thus can result in an exposure period during which BPS reliability could be degraded. Furthermore, lack of energy infrastructure or other siting constraints may result in replacement generation being located at long distances from load-centers being served resulting in potential reliability and resilience issues.
	NERC is developing an assessment scope and timeline with region representatives from ERO-RAPA, the Reliability Assessments Subcommittee, and input from utilities. 
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